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PREFACE TO THE FIRST EDITION 
This book presents the developed concepts, theories, and laboratory 

procedures as related to the porous rock properties and their interactions with 
fluids (gases, hydrocarbon liquids, and aqueous solutions). The properties of 
porous subsurface rocks and the fluids they contain govern the rates of fluid flow 
and the amounts of residual fluids that remain in the rocks after all economical 
means of hydrocarbon production have been exhausted. It is estimated that the 
residual hydrocarbons locked in place after primary and secondary production, 
on a worldwide scale, is about 40% of the original volume in place. This 
is a huge hydrocarbon resource target for refined reservoir characterization 
(using the theories and procedures of petrophysics) to enhance the secondary 
recovery or implement tertiary (EOR) recovery. The use of modern methods for 
reservoir characterization with a combination of petrophysics and mathematical 
modeling is bringing new life into many old reservoirs that are near the point of 
abandonment. This book brings together the theories and procedures from the 
scattered sources in the literature. 

In order to establish the basis for the study of rock properties and rock-fluid 
interactions, the first two chapters are devoted to a review of mineralogy, 
petrology, and geology. Next, the two rock properties that are perhaps the 
most important for petroleum engineering, i.e., porosity and permeability, are 
presented in detail in Chapter 3. Finally, the problem of porosity-permeability 
correlation has been solved. The subjects of Chapter 4 are the electrical resistivity 
and water saturation of rocks which are the basis for well logging techniques. 
The next chapter takes up the theories and applications of capillary pressure and 
wettability to various phenomena associated with fluid-saturated rocks, such as 
residual saturations due to fluid trapping, variations of relative permeabilities, 
effects on production, and the measurements and use of capillary pressure for 
determination of pore size distributions and wettability. Chapter 6 is devoted 
exclusively to the applications of Darcy’s Law to linear, radial, laminar, and 
turbulent flows, and multiple variations of permeability and porosity in rocks. 

Chapter 7 presents an introduction to the important topic of rock mechanics 
by considering rock deformation, compressibility, and the effects of stress 
on porosity and permeability. The book ends with a discussion of rock-fluid 
interactions associated with various types of formation damage. Finally, a set 
of 19 laboratory procedures for determination of the rock and fluid properties, 

xxi 



and rock-fluid interactions-which are presented in the eight chapters of the 
book-are included in an Appendix. 

In addition to detailed experimental procedures, the authors have included 
examples for each experiment. Although this book was primarily organized 
and prepared for use as a textbook and laboratory manual, it also will serve 
as a reference book for petroleum engineers and geologists, and can be used in 
petrophysical testing laboratories. It is the first comprehensive book published 
on the subject since 1960 (J. W. Amyx, D. M. Bass, Jr., and R. L. Whiting, 
Petroleum Reservoir Engineering, McGraw-Hill, New York, NY). The book 
also can serve as the basis for the advancement of theories and applications of 
petrophysics as the technology of petroleum engineering continues to improve 
and evolve. This unique book belongs on the bookshelf of every petroleum 
engineer and petroleum geologist. 

Djebbar Tiab 
Erle C. Donaldson 

George I? Chilingar 
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PREFACE TO THE SECOND EDITION 
This second edition of Petrophysics has been designed to amplify the first 

volume (from 8 to 10 chapters) and comply with suggestions from colleagues 
and numerous readers who were generous in taking time to convey their advice. 

Readers will find that the first chapter, an introduction to mineralogy, has 
been considerably amplified to assist in better recognition of the multitude of 
minerals and rocks. There was no noticeable change to Chapter 2 (Introduction 
to Petroleum Geology), Chapter 7 (Applications of Darcy’s Law), or Chapter 10 
(Fluid-Rock Interactions). 

Chapter 3 (Porosity and Permeability) underwent major changes. The 
following topics were added: concept of flow units, directional permeability, 
correlations between horizontal and vertical permeability, averaging techniques, 
Dykstra-Parsons coefficient of permeability variation, effective permeability 
from cores and well test data, and several more examples. Chapter 4 
(Formation Resistivity and Water Saturation) was amplified, mainly to include the 
characterization and identification of flow units in shaly formations, and more 
examples. Chapter 5 of the first edition was divided into two new chapters: 
Chapter 5 (Capillary Pressure) and Chapter 6 (Wettability), because of the large 
amount of work that has been conducted on wettability since the publication of 
the first edition. Capillary pressure and wettability are, however, bound together 
because much of the basis for various tests and theories of wettability and its 
impact on oil recovery is based on capillary pressure behavior as a function of 
fluid saturation. It seems natural, therefore, that a thorough understanding of 
capillary pressure is necessary for the study of wettability. 

Chapter 8 (Naturally Fractured Reservoirs) is a new chapter. Practically all 
readers who contacted us suggested that we include a more detailed discussion 
of the petrophysical aspects of naturally fractured rocks. The main topics 
covered in this chapter are: geological and engineering classifications of natural 
fractures, indicators of natural fractures, determination of fracture porosity 
and permeability, fracture intensity index, porosity partitioning coefficient, and 
effect of fracture shape on permeability. A new concept of hydraulic radius of 
fracture is introduced in this chapter. Methods for determining the fracture 
storage capacity and inter-porosity from well test data are briefly discussed. 

Several important topics were added to Chapter 9 (Effect of Stress on 
Reservoir Rock Properties): the effect of change in the stress field due to 
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depletion and repressurization, stress and critical borehole pressure in vertical 
and horizontal wells, critical pore pressure, and estimation of unconfined 
compressive rock strength from porosity data. 

The Appendix, covering petrophysics laboratory experiments, is essentially 
the same because the basic methods for the experimental study of petrophysics 
have not changed very much. A recently developed general method for 
calculation of relative permeability, however, was included in Experiment 12. 
The procedure is applicable to both constant rate and constant pressure unsteady 
state displacement. 

Djebbar Tiab 
Erle C. Donaldson 
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UNITS 
Units of Area 

acre = 43,540 ft2 = 4046.9 m2 
ft2 = 0.0929 m2 

hectare = 10,000 m2 

Constants 

Darcy = 0.9869 mm2 
Gas constant = 82.05 (atm x cm3)/(g mol x K) 

= 10.732 (psi x ft3)/(lb mol x OR) 
= 0.729 (atm x ft3)/(lb mol x OR) 

Mol. wt. of air = 28.97 

Units of Length 

Angstrom = 1 x IO-' cm 
cm = 0.3937 in. 

ft = 30.481 cm 
in. = 2.540 cm 
km = 0.6214 mile 
m = 39.370 in. = 3.2808 ft 

Units of Pressure 

atm = 760 mm Hg (OOC) = 29.921 in. Hg = 14.696 psi 
atm = 33.899 ft water at 4°C 
bar = 14.5033 psi = 0.987 atm = 0.1 MPa 

dyne/cm2 = 6.895 kPa (kilopascal) 
ft water = 0.4912 psi 

kg(force)/cm2 = 14.223 psi 
psi = 2.036 in. Hg (OOC) = 6.895 kPa 
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Units of Temperature 

Degrees Fahrenheit ( O F )  = 123°C + 32 
Degrees Rankine (OR) = 459.7 + O F  

Degrees Kelvin (K) = 273.16 +"C 

Units of Volume 

acre-ft = 43,560 ft3 = 7,758.4 bbl = 1.2335 x lo3 m3 
bbl = 42 US gal = 5.6145 ft3 = 0.1590 m3 

cu ft (ft3) = 7.4805 gal = 0.1781 bbl = 0.028317 m3 
cu in. (in3) = 16.387 cm3 
cu m (m3) = 6.2898 bbl 

gal = 231 in3 = 3785.43 cm3 

1,000 grams of solvent 

of solvent (mass of solute equal to the molecular 
weight divided by the valence per 1,000 g of solvent) 

molarity = mass of solute equal to the molecular weight per 

normality = equivalent weight of solute per 1,000 grams 



C H A P T E R  1 

INTRODUCTION TO 
M I N ERALOGY 

Petrophysics is the study of rock properties and their interactions with 
fluids (gases, liquid hydrocarbons, and aqueous solutions). The geologic 
material forming a reservoir for the accumulation of hydrocarbons in the 
subsurface must contain a three-dimensional network of interconnected 
pores in order to store the fluids and allow for their movement within the 
reservoir. Thus the porosity of the reservoir rocks and their permeability 
are the most fundamental physical properties with respect to the storage 
and transmission of fluids. Accurate knowledge of these two properties 
for any hydrocarbon reservoir, together with the fluid properties, is 
required for efficient development, management, and prediction of 
future performance of the oilfield. 

The purpose of this text is to provide a basic understanding of the 
physical properties of porous geologic materials, and the interactions of 
various fluids with the interstitial surfaces and the distribution of pores of 
various sizes within the porous medium. Procedures for the measurement 
of petrophysical properties are included as a necessary part of this text. 
Applications of the fundamental properties to subsurface geologic strata 
must be made by analyses of the variations of petrophysical properties 
in the subsurface reservoir. 

Emphasis is placed on the testing of small samples of rocks to 
uncover their physical properties and their interactions with various 
fluids. A considerable body of knowledge of rocks and their fluid flow 
properties has been obtained from studies of artificial systems such as 
networks of pores etched on glass plates, packed columns of glass beads, 
and from outcrop samples of unconsolidated sands, sandstones, and 
limestones. These studies have been used to develop an understanding 
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2 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

of the petrophysical and fluid transport properties of the more complex 
subsurface samples of rocks associated with petroleum reservoirs. 
This body of experimental data and production analyses of artificial 
systems, surface rocks, and subsurface rocks make up the accumulated 
knowledge of petrophysics. Although the emphasis of this text is 
placed on the analyses of small samples, the data are correlated to 
the macroscopic performance of the petroleum reservoirs whenever 
applicable. In considering a reservoir as a whole, one is confronted with 
the problem of the distribution of these properties within the reservoir 
and its stratigraphy. The directional distribution of thickness, porosity, 
permeability, and geologic features that contribute to heterogeneity 
governs the natural pattern of fluid flow. Knowledge of this natural 
pattern is sought to design the most efficient injection-production system 
for economy of energy and maximization of hydrocarbon production [ 13. 

Petrophysics is intrinsically bound to mineralogy and geology because 
the majority of the world’s petroleum occurs in porous sedimentary 
rocks. The sedimentary rocks are composed of fragments of other 
rocks derived from mechanical and chemical deterioration of igneous, 
metamorphic, and other sedimentary rocks, which is constantly 
occurring. The particles of erosion are frequently transported to other 
locations by winds and surface streams and deposited to form new 
sedimentary rock structures. Petrophysical properties of the rocks 
depend largely on the depositional environmental conditions that 
controlled the mineral composition, grain size, orientation or packing, 
amount of cementation, and compaction. 

MINERAL CONSTITUENTS OF ROCKS-A REVIEW 
The physical properties of rocks are the consequence of their mineral 

composition. Minerals are defined here as naturally occurring chemical 
elements or compounds formed as a result of inorganic processes. The 
chemical analysis of six sandstones by emission spectrography and X-ray 
dispersive scanning electron microscopy [2] showed that the rocks 
are composed of just a few chemical elements. Analysis of the rocks 
by emission spectroscopy yielded the matrix chemical composition 
since the rocks were fused with lithium to make all of the elements 
soluble in water, and then the total emission spectrograph was analyzed. 
The scanning electron microscope X-ray, however, could only analyze 
microscopic spots on the broken surface of the rocks. The difference 
between the chemical analysis of the total sample and the spot surface 
analysis is significant for consideration of the rock-fluid interactions. The 
presence of the transition metals on the surface of the rocks induces 
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preferential wetting of the surface by oil through Lewis acid-base 
type reactions between the polar organic compounds in crude oils 
and the transition metals exposed in the pores [3].  The high surface 
concentration of aluminum reported in Table 1.1 is probably due to the 
ubiquitous presence of clay minerals in sandstones. 

The list of elements that are the major constituents of sedimentary 
rocks (Table 1.1) is confirmed by the averages of thousands of samples 
of the crust reported by Foster [4] (Table 1.2). Just eight elements make 
up 99% (by weight) of the minerals that form the solid crust of the earth; 
these are the elements, including oxygen, listed in the first seven rows of 

TABLE 1.1 
AVERAGE OF THE COMPOSITIONS OF SIX SANDSTONE ROCKS (REPORTED AS OXIDES 

OF CATIONS) OBTAINED BY EMISSION SPECTROSCOPY AND THE SCANNING 
ELECTRON MICROSCOPE [2] 

Surface Analysis 
Total Analysis (Scanning Electron 

(Emission Spectrograph) Microscope) 

Silicon oxide (Si02) 
Aluminum oxide (Al2O3) 
Sodium oxide (NaO) 
Iron oxide (FezO3) 
Potassium oxide (K20) 
Calcium oxide (CaO) 
Magnesium oxide (MgO) 
Titanium oxide (TiO) 
Strontium oxide (SrO) 
Manganese oxide (MnO) 

84.1 
5.8 
2.0 
1.9 
1.1 
0.70 
0.50 
0.43 
0.15 
0.08 

69.6 
13.6 
0.00 

10.9 
3.0 
2.1 
0.00 
1.9 
0.00 
2.0 

TABLE 1.2 
WEIGHT AND VOLUME OF THE PRINCIPAL ELEMENTS IN THE EARTH’S CRUST 

Element Weight Percent Volume Percent 

Oxygen 
Silicon 
Aluminum 
Iron 
Calcium 
Sodium 
Magnesium 
Potassium 

46.40 
28.15 
8.23 
5.63 
4.15 

2.33 
2.09 

2.36 

94.05 
0.88 
0.48 
0.48 
1.19 
1.11 
0.32 
1.49 

(Courtesy C.E. Merrill Publishing Co.,  Columbus, OH.) 
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Table 1.1 from analysis of six sandstones. Although the crust appears to be 
very heterogeneous with respect to minerals and types of rocks, most of 
the rock-forming minerals are composed of silicon and oxygen together 
with aluminum and one or more of the other elements listed in Table 1.2. 

The chemical compositions and quantitative descriptions of some 
minerals are listed in Tables 1.3 and 1.4. Some of the minerals are very 

TABLE 1.3 
LIST OF THE PRINCIPAL SEDIMENTARY ROCKS 

Sedimentary Rocks 

Mechanism 

Mechanical 
weathering 

Chemical 
weathering 

Biological 
origin 

Formation 

Sandstone 

Friable sand 

Unconsolidated 
sand 

Siltstone 

Conglomerate 

Shale 

Evaporites 

Dolomite 

Limestone 

Reefs 

Diatomite 

Composition 

Quartzose-Quartz grains, deltaic in origin 
ArIkosic-20% + feldspar grains 
Graywacke-Poorly sorted grains of other 

rocks with feldspar and clay 
Calcareous-Fragments of limestone 
Clastics-Loosely cemented grains of other 

Clastics-Loose sand-grains from other 

Clastics-Compacted, cemented, fine- 

rocks 

rocks 

grained clastics with grain size less than 
1/16 mm 

Garvel and boulders cemented with mud 
and fine sand 

Clay-Compacted fine-grain particles with 
grain size less than 1/256 111111. Usually 
laminated in definite horizontal bedding 
planes. As oil shale it contains organic 
matter (kerogen). 

Salts and some limestone 
-Gypsum (Cas04 2H2 0) 
-Anhydrite (CaSO4) 
-Chert (SiOz) 
-Halite (NaC1) 
-Limestone (CaC03) 

limestone (CaMg(CO3)z) 

calcium and precipitation of CaC03 

organisms 

plants 

Carbonate-Chemical reaction with 

Carbonate-Biological extraction of 

Carbonate-Fossil remains of marine 

Silicates-Silicate remains of microscopic 



TABLE 1.4 
MINERAL COMPOSITIONS AND DESCRIPTIONS. PARENTHESES IN THE FORMULAS 

MEAN THAT THE ELEMENTS ENCLOSED MAY BE PRESENT IN VARYING AMOUNTS. 

Agate (Chalcedony)-SiO2: silicon dioxide; variable colors; waxy luster; H = 7*. 
Anhydrite-CaS04: calcium sulfate; white-gray; H = 2. 
Apatite-Cag(PO4)gF: fluorapatite; H = 4. 
Asbestos (Serpentine)-Mg6Si4010(0H)~: hydrous magnesium silicate; light 

green to dark gray; greasy or waxy; H = 3. 
Augite (Pyroxene group)-(Ca, Na)(Al, Fe2+, Fe3+, Mg)(Si, Al)zO6: Alkali, ferro- 

magnesium, aluminum silicates; dark green to black; exhibits cleavage; large, 
complex group of minerals; H = 5 .  

Barite-BaS04: barium sulfate; white, light blue, yellow, or red; pearly luster, 
H = 3. 

Beryl-Be3d2Si6018: clear beryl forms the blue-green aquamarine and green 
emerald gems; exhibits cleavage. Beryl is an ore of the element beryllium; 

Biotite (Mica)-K(Fe, Mg)3(AlSi3010)(OH)z: hydrous potassium, ferro- 
magnesium, aluminum silicate; dark green to black (black mica); vitreous; 
exhibits cleavage; rock-forming mineral; H = 3. 

Calcite-CaCO3: calcium carbonate; colorless or white to light brown, vitreous; 
effervesces in dilute HC1; H = 3. 

Celestite-SrS04: strontium sulfate; colorless; H = 3. 
Chalk-CaC03 : calcite; white; soft fine-grained limestone formed from 

microscopic shells; effervesces with dilute HCl; H = 2-3. 
Chlorite-(Al, Fe, Mg)6(Al, Si)4010(OH)8: hydrous ferro-magnesium, aluminum 

silicate; shades of green (green mica); exhibits cleavage; rock-forming mineral; 
H = 3. 

Cinnabar-HgS: mercury sulfide; red to brownish-red; luster is dull. Only 
important ore of mercury; H = 2.5. 

Cordierite-Al4(Fe, Mg)z Si5 0 18 : ferro-magnesium aluminum silicate; blue; 
vitreous; H = 7. 

Corundurn-Al203: red varieties are rubies and other colors are known as 
sapphire; H = 9. 

Diatomite-Si02 : silica; white; formed from microscopic shells composed of 
silica; distinguished from chalk by lack of effervescence with dilute HCl; 

D0lomite-CaMg(CO3)~: calcium-magnesium carbonate; pink or light brown, 
vitreous-pearly; effervesces in HCl if powdered; H = 3. 

Feldspar (Orthoclase, Potassium feldspar)-KalSi308: white to pink; vitreous; 
large crystals with irregular veins; exhibits cleavage; rock-forming mineral; 
H = 6. 

Feldspar (Plagioclase)-CaAl~Si208 and NaAlSi308(dbite): calcium and sodium 
aluminum silicate; white to green; vitreous; exhibits cleavage; rock-forming 
mineral; H = 6. 

H = 7-8. 

H = 1-2. 

Fluorite-CaF2: calcium fluorite; H = 4. 
Galena-PbS: lead sulfide; lead-gray; bright metallic luster; lead ore; H = 2.5. 

*H = Hardness; defined in the Glossary. 
Continued 
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TABLE 1.4 
(CONTINUED) 

~~~ 

Graphite-C: carbon; gray to black; metallic luster; H = 2. 
Gypsum-Cas04 .2H20: hydrous calcium sulfate; transparent to white or gray; 

Halite-NaC1: sodium chloride; colorless to white; vitreous-pearly; H = 2. 
Hematite-FezO3: iron oxide (the most important iron ore); reddish-brown to 

black or gray, H = 6. 
Hornblende (Amphibole group)-Ca2Na(Fe2, Mg)4(Al, Fe3, TiXAl, Si)s(O, 0 H ) z :  

hydrous alkali, ferro-magnesium, aluminum silicates; dark green to black; 
exhibits cleavage. The iron and magnesium impart the dark color. H = 5. 

Illite (Muscovite)-KAt2(AlSi3 0 10)(OH)2 : hydrous potassium-aluminum silicate; 
clear to light green, vitreous; not chemically well-defined but with the 
approximate composition of muscovite; H = 2.5. 

Kaolinite (Clay)-&(Si4010)(0H)4 : hydrous aluminum silicate; light colored; 

Limonite (Goethite)-FeO(0H) . H20: hydrous iron oxide; yellow-brown to dark 
brown; H = 5 .  

Magnetite-FejO4: iron oxide; black metallic luster; strongly magnetic iron ore; 
H = 6.  

Montmorillonite (Smectite clay)-(CaNa)(Al, Fe, Mg)&i, Al)s(OH)s; generally 
light colored; H = 1. 

Muscovite (Mica)-KAl~(AlSi30 lo)(OH)2 : hydrous potassium-aluminum silicate; 
clear to light green; vitreous; rock-forming mineral; H = 2.5. 

Olivine-@e, Mg)2Si04: ferro-magnesium silicate; clear to light green, various 
shades of green to yellow; vitreous (glassy) luster with crystals in the rock; 
H = 7. 

Opal-Si02 . nH20: hydrous silicon dioxide; variety of almost any color; glassy 
luster; H = 5. 

Pyrite-FeS2: iron sulfide; pale yellow; bright metallic luster; H = 6. 
Quartz-SiO2: silicon dioxide; clear (transparent) or with a variety of colors 

imparted by impurities (purple amethyst, yellow citrine, pink rose quartz, 
brown smoky quartz, snow white chert, multiple colored agate); glassy luster; 
H = 7. 

Serpentine--Mg$3205(0€€)4: hydrous magnesium silicate; beige color; H = 3. 
Siderite-FeCOj: ferrous carbonate; light colored to brown; H = 3-4. 
Sphalerite-ZnS: zinc sulfide; yellow to dark brown or black; resinous luster; 

exhibits cleavage; zinc ore; H = 3. 
Sulfur-S: yellow; resinous; H = 1-2. 
Sylvite-KC1: potassium chloride; colorless to white; H = 1-2. 
Talc-Mg3(Si4010)(OH)2: hydrous magnesium silicate; green, gray, or white; 

Topaz-A12(Si04)(Fe,OH)z: yellow, pink, blue-green; exhibits cleavage; H = 8. 
Turquoise-C~(PO4)4(OH)s e2H20: blue or green color; H = 5. 
Vermiculite--Mg3Si4010(OH)2nH20: hydrous magnesium silicate; light 

vitreous-pearly-silky; H = 2. 

H = 1-2. 

soapy to touch; H = 1. 

colored; H = 1. 
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complex and their chemical formulas differ in various publications; in 
such cases the most common formula reported in the list of references 
was selected. 

IGNEOUS ROCKS 

Igneous rocks (about 20% of all rocks) are the product of the 
cooling of molten magma intruding from below the mantle of the crust. 
Igneous (plutonic) rocks are divided into three easily recognizable rocks, 
which are subdivided by the rate of cooling (Figure 1.1). The granites 
are intrusive rocks that cooled slowly (at high temperature) below 
the surface, whereas gabbro is a rock resulting from more rapid (low 
temperature) cooling in the subsurface. Diorite is a rock that cooled 
below the surface at a temperature intermediate between granite and 
gabbro. The minerals differentiate during the slow cooling, forming large 
recognizable, silica-rich crystals with a rough (phaneritic) texture. 

The second classification is extrusive (volcanic) rock that has 
undergone rapid cooling on or near the surface, forming silica-poor 
basaltic rocks. Rhyolite, or felsite, is light colored and estimated to be 
produced on the surface at a lower temperature than the darker andesite 
that formed at a temperature intermediate between that of rhyolite and 
the dark-colored basalt. As a result of rapid cooling on the surface, these 
rocks have a fine (alphanitic) texture with grains that are too small to be 
seen by the unaided eye [ 5 ] .  

Minerals precipitating from melted magma, or melt, do not crystallize 
simultaneously. Generally, a single mineral precipitates first and, as the 
melt cools slowly, this is joined by a second, third, and so forth; thus the 
earlier-formed minerals react with the everchanging melt composition. 
If the reactions are permitted to go to completion, the process is called 
equilibrium crystallization. If the crystals are completely or partially 
prevented from reacting with the melt (by settling to the bottom of 
the melt or by being removed), fractional crystallization takes place 
and the final melt composition will be different from that predicted by 
equilibrium crystallization. The mechanism by which crystallization takes 
place in a slowly cooling basaltic melt was summarized by Bowen [6] as 
two series of simultaneous reactions; after all of the ferro-magnesium 
minerals are formed, a third series of minerals begins to crystallize from 
the melt. From laboratory experiments Bowen discovered that the first 
two series of reactions have two branches: 

(a) The plagioclase grade into each other as they crystallize; the crystals 
react continually with the melt and change composition from an 
initial calcium plagioclase crystal to sodium plagioclase. 
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Figure 1.1. Origin of theprincipal metamorphic rocks. 
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(b) The other series of crystallization that is taking place simultaneously 
forms minerals that are compositionally distinct. The reaction series 
(olivine-pyroxene-amphibole-biotite) is discontinuous; thus the 
reaction between crystals and the melt occurs only during specific 
periods of the cooling sequence. 

(c) After all of the ferro-magnesium minerals and plagioclase are formed, 
the third series of minerals begins to crystallize as the melt continues 
to cool slowly. First potassium feldspar precipitates, followed by 
muscovite and finally quartz [7-93. 

The Bowen series of specific crystallization occurs only for some 
basaltic magmas (a variety of different reaction series occurs within 
different melts), but the processes discussed by Bowen are significant 
because they explain the occurrence of rocks with compositions 
different from that of the original melted magma. 

METAMORPHIC ROCKS 

The metamorphic rocks (about 14% of all rocks) originate from 
mechanical, thermal, and chemical changes of igneous rocks [ 101. 
Mechanical changes on or near the surface are due to the expansion 
of water in cracks and pores, tree roots, and burrowing animals. If the 
igneous rocks undergo deep burial due to subsidence and sedimentation, 
the pressure exerted by the overlying rocks, shear stress from tectonic 
events, and the increased temperature result in mechanical fracturing. 
When unequal shear stress is applied to the rocks as a result of continental 
motion of other force-fields, cleavage of the rocks (fracturing) occurs; 
alternatively, slippage of a regional mass of rocks and sediments (faulting) 
occurs. The pressure produced by overlying rocks is approximately 
1.0 psi per foot of depth (21 kPa per meter of depth). The changes 
induced by overburden pressure occur at great depth in conjunction 
with other agents of metamorphism. 

Chemical metamorphosis of igneous intrusive rocks, aided by high 
pressure, temperature, and the presence of water, results in chemical 
rearrangement of the elements into new minerals. This produces foliated 
rocks with regularly oriented bands of mineral grains because the new 
crystals tend to grow laterally in the directions of least stress. This 
chemical metamorphism of granite yields gneiss: a foliated granite with 
large recognizable crystals of banded feldspars. Gabbro changes to 
amphibolite, whose main constituent is the complex mineral known as 
hornblende. 

The chemical metamorphosis of the extrusive rocks, rhyolite, basalt, 
etc., produces changes to easily recognizable rocks. Rhyolite, light 
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colored volcanic rock, undergoes change principally to three types of 
metamorphic rock, depending on the environmental conditions inducing 
the changes: (1) gneiss, which has foliated bands of feldspars; (2) schist 
or mica; and (3) slate, which is a fine-grained smooth-textured rock. 
Basalt, the dark-colored volcanic rock, produces two main types of 
metamorphic rock: (1) amphibolite and (2) greenschist, or green mica, 
as illustrated in Figure 1.1. 

On a regional scale, the distribution pattern of igneous and meta- 
morphic rocks is belt-like and often parallel to the borders of the 
continents. For example, the granitic rocks that form the core of the 
Appalachian mountains in eastern United States are parallel to the east 
coast and those in the Sierra Nevada are parallel to the west coast. 

Igneous and metamorphic rocks are not involved in the origin of 
petroleum as source rocks. In some cases they do serve as reservoirs, 
or parts of reservoirs, where they are highly fractured or have acquired 
porosity by surface weathering prior to burial and formation into a trap 
for oil accumulated by tectonic events. 

SEDIMENTARY ROCKS 

All of the sedimentary rocks (about 66% of all rocks) are important to 
the study of petrophysics and petroleum reservoir engineering. It is 
possible to interpret them by considering the processes of rock degra- 
dation. The principal Sedimentary rocks may be organized according 
to their origin (mechanical, chemical, and biological) and their 
composition, as illustrated in Table 1.3. 

Mechanical weathering is responsible for breaking large preexisting 
rocks into small fragments. The most important mechanism is the 
expansion of water upon freezing, which results in a 9% increase of 
volume. The large forces produced by freezing of water in cracks and 
pores results in fragmentation of the rocks. Mechanical degradation of 
rocks also occurs when a buried rock is uplifted and the surrounding 
overburden is removed by erosion. The top layers of the rock expand 
when the overburden pressure is relieved, forming cracks and joints that 
are then further fragmented by water. Mechanical weathering produces 
boulder-size rocks, gravel, sand grains, silt, and clay from igneous and 
metamorphic rocks. These fragments remain in the local area, or they 
may be transported by winds and water to other sites to enter into the 
formation of conglomerates, sandstones, etc., as shown in Table 1.3. 

Water is the principal contributor to chemical weathering, which 
occurs simultaneously with mechanical weathering. Mechanical weath- 
ering provides access to a large area for contact by water. Chemicals 
dissolved in the water, such as carbonic acid, enter into the chemical 
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reactions that are responsible for rock degradation. One of the processes 
that takes place is leaching, which is the transfer of chemical constituents 
from the rock to the water solution. Some minerals react directly with the 
water molecules to form hydrates. Carbonic acid, formed from biogenic 
and atmospheric carbon dioxide dissolved in water, plays an important 
role in the chemical weathering process by reacting with the minerals to 
form carbonates and other minerals such as clays. The feldspars react with 
carbonic acid and water forming various clays, silica, and carbonates, as 
illustrated in the reaction below for potassium feldspar: 

2KAlSijO8 + H2COj + H2O + AlzSi05(0H)4 + 4SiO2 + K2CO3 

The sedimentary deposits that make up the large variety of rocks are 
continually altered by tectonic activity, resulting in deep burial of 
sediments in zones that are undergoing subsidence. Uplift of other 
areas forms mountains. The continual movement and collisions of conti- 
nental plates cause folding and faulting of large blocks of sedimentary 
deposits. This activity forms natural traps that in many cases have 
accumulated hydrocarbons migrating from the source rocks in which 
they were formed. The geologic processes of sedimentation, subsidence, 
compaction, cementation, uplift, and other structural changes occur 
continuously on a gradual scale and are intrinsically associated with 
the physical properties of the rocks as well as the migration and 
accumulation of hydrocarbon reserves. The physical properties of rocks, 
such as density, rate of sound transmission, compressibility, and the 
wetting properties of fluids, are the consequence of the mineral compo- 
sition of the rocks. Thus the basic materials that make up the rocks 
and their chemistry are associated with the petrophysical characteristics 
of rocks. 

Siltstones (mud-rocks) 

Quartz grains (originating from weathering of igneous and meta- 
morphic rocks) are very hard; they resist further breakdown, but are 
winnowed by currents of winds and water and distributed according to 
size. Larger grains accumulate as sandstones, and grains having an average 
size of 15 pm mix with clays and organic materials in turbulent aqueous 
suspensions that are transported and later deposited in quiet, low energy, 
valleys from flooding rivers, lakes, and the continental shelves. Tidal 
currents on the continental shelves effectively sort the grains of sand, 
silt, and clay once more until they settle in quiet regions, forming very 
uniform thick beds. Bottom-dwelling organisms burrow through the 
mud, kneading and mixing it until the depth of burial is too great for 
this to happen. The material then undergoes compaction and diagenesis, 
with the clay minerals changing composition as they react with chemicals 
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in the contacting water. The compacted mud forms the siltstones and 
beds of shale that are encountered throughout the stratigraphic column, 
making up two-thirds of the sedimentary deposits. Where they overlie 
hydrocarbon reservoirs, the compacted layers of mud provide seals for 
the petroleum traps. 

Beds of mud containing organic materials that are deposited in 
anaerobic environments, such as swamps, form siltstones and shales 
that are gray to black in color. Many of these are the source rocks of 
petroleum hydrocarbons. Red deposits of mud were exposed to oxygen 
during burial and the organic material was lost to oxidation while 
iron compounds formed ferric oxide (Fe2O3) that produced the bright 
red coloration. Brown muds underwent partial oxidation with iron 
constituents, forming the hydroxide geothite [FeO(OH)] . If the mud does 
not contain iron, it will exhibit the coloration of the clays (biotite, 
chlorite, illite, etc.) that range in color from beige to green. 

Sandstones 

The quartz grains and mixed rock fragments resulting from mechanical 
and chemical degradation of igneous, metamorphic, and sedimentary 
rocks may be transported to other areas and later transformed into 
sandstones. 

After the loose sediments of sand, clay, carbonates, etc., are accu- 
mulated in a basin area they undergo burial by other sediments form- 
ing on top. The vertical stress of the overlying sediments causes 
compaction of the grains. Transformation into sedimentary rocks occurs 
by lithification, or cementation, from minerals deposited between the 
grains by interstitial water. The main cementing materials are silica, 
calcite, oxides of iron, and clay. The composition of sandstones is 
dependent on the source of the minerals (igneous, metamorphic, 
sedimentary) and the nature of the depositional environment. 

Theodorovich [ l l ]  used the three most general constituents of 
sandstones to establish a scheme of classification which is useful in 
petroleum engineering because it encompasses the majority of the 
clastic petroleum reservoirs (Figure 1.2). Only the three most important 
classifications are shown; many other subdivisions of these were devel- 
oped by Theodorovich and other investigators, and are summarized by 
Chilingarian and Wolf [ 121. 

A distinctive feature of sandstones is the bedding planes, which are 
visible as dark horizontal lines. The bedding planes are the consequence 
of layered deposition occurring during changing environmental 
conditions over long periods of deposition in the region. Layering 
introduces a considerable difference between the vertical (cross-bedding 
plane direction) and horizontal (parallel to the bedding planes) flow 
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Figure 1.2. l”he major classijkations of sandstones, based on composition [l l] .  

of fluids. The vertical permeability can be 50-75% less than the horizontal 
permeability; therefore, any fluid flow experiments, or numerical 
simulations, must account for the directional permeability. 

Sandstones that originate from the cementation of wind-blown 
sand dunes have bedding planes that are oriented at various angles 
(cross-bedding). Cross-bedding also can be produced by ripples and 
swirling currents in water while it is transporting the grains. 

Clastic sediments transported to continental shelves by rivers are 
subjected to wave action and currents that sort and transport the grains 
over large distances. The sediments tend to form rocks that are quite 
uniform in properties and texture over large regions. The deposits can 
be several kilometers in thickness due to contemporaneous subsidence 
of the zone during the period of deposition. 

Carbonates 

Carbonate rocks form in shallow marine environments. Many small 
lime (CaO) secreting animals, plants, and bacterid live in the shallow 
water. Their secretions and shells form many of the carbonate rocks. In 
addition, calcite can precipitate chemically: calcite is soluble in water 
containing carbon dioxide; however, if the amount of dissolved carbon 
dioxide is decreased by changes of environmental conditions, or uplift, 
the dissolved calcite will precipitate because it is only slightly soluble in 
water free of carbon dioxide. 

There are three major classifications of limestone (which is generally 
biogenic in origin): oolitic limestone is composed of small spherical 
grains of calcite (encapsulated fossils and shell fragments); chalk 
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is composed of accumulated deposits of skeletal or shell remains 
of microscopic animals; and coquina is fossiliferous limestone composed 
almost entirely of fossil fragments cemented by a calcareous mud. 

Dolomite forms in areas where sea water has been restricted, or 
trapped, by land enclosure where the concentration of salts increases 
due to evaporation. As the concentration of magnesium increases it reacts 
with the calcite that has already been deposited to form dolomite by the 
following reaction: 

2CaCO3 + Mg2+ += CaMg(C03)~ + Ca2+ 

In some cases the limestone formations are changed to dolomite by 
reaction with magnesium which is dissolved in water percolating through 
pores and fractures in the limestone. Porous carbonate rocks derived 
from chemical and biogenic precipitation of calcium carbonate form 
a large portion of the petroleum reservoirs [ 13 J . 

Evaporites 
Evaporites are salts that are deposited in isolated marine basins by 

evaporation of the water and subsequent precipitation of salts from the 
concentrated solutions. Salt Lake in Utah, United States, and the Dead Sea 
in the Middle East, are examples of lakes that are gradually forming beds 
of evaporites as the water evaporates. Anhydrite (CaSO4), sodium halite 
(NaCl), sylvite (KCl), and other salts are associated with evaporites. 

Table 1.5 contains a general description of the rocks that have been 
discussed. The principal rock-forming minerals are feldspars, olivine, 
pyroxene, amphibole, mica, and quartz. Almost all coarse-grained rocks 
contain feldspars. There are three feldspars: calcium-, potassium-, and 
sodium-aluminum silicates. Other descriptive names that are used for 
them are placed in parentheses. 

PROPERTIES OF SEDIMENTARY PARTICLES 
There are a large number of tests that can be made to obtain 

quantitative and qualitative data for characterization of sedimentary 
rocks. All of the methods listed in Table 1.6 are discussed in various 
locations in the book and can be found by reference to the Index. The 
loose particle analyses are made on disaggregated rock particles that 
are obtained using a crushing apparatus, or by carefully breaking the 
rock with a hammer. The other analyses are obtained from core samples 
of rock which are oriented parallel to the bedding planes. Tests of the 
vertical fluid flow properties can be useful for analyses of gravity drainage 
of oil, vertical diffusion of gas released from solution, and transport 



PROPERTIES OF SEDIMENTARY PARTICLES 

TABLE 1.5 
GENERAL DESCRIPTIONS OF ROCKS DISCUSSED IN CHAPTER 1 
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Andesite: fine-grained extrusive igneous rock; intermediate color between 

Basalt: fine-grained extrusive igneous rock; dark colored. 
Coquina: a form of limestone that is composed of shells and shell fragments. 
Diotrite: coarse-grained intrusive igneous rock intermediate in color between 

granite and gabbro; composed principally of potassium feldspar (-- 25%), 
sodium plagioclase (- 35%), biotite (- 20%), and hornblend (- 20%). 

rhyolite and basalt. 

Evaporite: sedimentary rock originating from the evaporation of water. 
Gabbro: coarse-grained intrusive igneous rock; dark colored with an approx- 

imate composition of calcium plagioclase (- 40%), augite (- 50%), and 
olivine (-- 10%). 

Gneiss: coarse-grained, foliated metamorphic rock. Contains feldspar and is 
generally banded. The rock has recrystallized under pressure and temperature 
with growth of new crystals in bands. 

Granite: coarse-grained intrusive, quartz-bearing rock. The coarse texture 
implies that it came from a large, slowly cooled, intrusive body and has been 
exposed by uplift and deep erosion (light-colored to dark). Granite is generally 
composed of a mixture of quartz (- 35%), potassium feldspar (- 45%), biotite 
(- 15%), and hornblende (- 5%). 

Marble: originates from metamorphosis of limestone or dolomite; the fine 
crystals of limestone grow bigger and develop an interlocking texture to yield 
marble. 

Rhyolite (felsite): fine-grained, extrusive igneous rock; light colored. 
Schist: coarse-grained, foliated, metamorphic rock containing mica; derived 

from high temperature and pressure metamorphosis of shale. 
Shale: fine-grained, sedimentary rock composed of clay and silt. 
Slate: fine-grained, metamorphic rock derived from shale. 

properties using mathematical simulation. More recent microgeometry 
analyses are discussed by Ceripi et al. [14] and Talukdar and 
Torsaeter [ 151. 

A simplifying theme resulting from the analysis of the sources of 
sedimentary rocks is that they are composed of materials from two 
different sources: (1) detrital sediments are composed of discrete 
particles, having a wide range of sizes, that are derived from weathering 
of pre-existing rocks; (2) chemical sediments are inorganic compounds 
precipitated from aqueous solutions, and may be subdivided into 
carbonates and evaporites as shown in Figure 1.2. The detrital sediments 
form beds of unconsolidated sands, sandstones, and shales. In the process 
of being transported from the source to a depositional basin, the grains 
are reduced in size and rounded, and as a result they cannot pack together 
without having pore spaces between the grains. 
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TABLE 1.6 
LIST OF TESTS FOR ROCK CHARACTERIZATION 

Disaggregated Rock Particles 

1. Particle size distribution by sieve analysis 
2. Sphericity and roundness of the grains by microscopic analyses 
3. Chemical composition of the fraction by instrumental analyses 
4. Type of grains (quartz, feldspar, older rock fragments, etc.) 
5. Clay mineral analyses 
6. Organic content of the particle size fractions 

Core Samples 

1. 
2. 
3. 
4. 
5.  
6. 
7. 
8. 
9. 

10. 
11. 
12. 
13. 
14. 
15. 

Geologic setting and origin of the rock 
Bedding plane orientation 
Fluid content by retort analysis 
Capillary pressure curves 
Pore size distribution 
Surface area 
Porosity 
Absolute permeability 
Irreducible water saturation 
Oil-water wettability 
Residual oil saturation 
Cation exchange capacity 
Point-load strength 
Surface mineral analyses by scanning electron microscope 
Formation resistivity factor 

Chemical sediments originate from soluble cations, particularly 
sodium, potassium, magnesium, calcium, and silicon. They form beds of 
evaporites with very low to zero porosity because they have a granular, 
interlocking texture. Chemical sediments also serve as most of the 
cementing agents for sandstones by forming thin deposits between the 
rock grains. 

Sedimentary particles range in size from less than one micrometer to 
large boulders of several meters diameter (Table 1.7). The classification 
of sizes, from boulders to clay, is indicative of their source, mode of 
transportation, and hardness. Angular particles remain close to their 
source of origin whereas spherical, smooth particles indicate transpor- 
tation by streams. Sand, silt, and clay may be transported long distances 
by water and winds. Soft carbonates will rapidly pulverize in the process 
of transport, eventually being dissolved and later precipitated from 
a concentrated solution. 
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TABLE 1.7 
STANDARD SIZE CLASSES OF SEDIMENTS 

Limiting Parliclr Diameter 
(mml ( + u n i ~ s l  Size Class 

2048 - 
I024 - 
512- 

256 - 
128- 

64 - 
32 - 
16- 

8-  

4- 

2- 

I -  

‘4 - 
14 - 
I/( - 

I/= - 
h a  - 

‘/I6 - 
‘164 - 

‘/OS6 - 
‘1512 - 

The phi-size classification of Table 1.7 is based on a geometric scale 
in which the size of adjacent orders differs by a multiple of two. The 
phi-scale is used as a convenient scale for graphical presentations of 
particle size distributions since it allows plotting on standard arithmetic 
graph paper. It is based on the negative base-2 logarithm of the particle 
diameter (d): 

The size distribution may be represented as the cumulative curve of grains 
that are retained on a given sieve size “percent larger,” or the grains that 
pass through a given sieve, “percent finer.” The cumulative curve is often 
represented as a histogram, which is more amenable to visual inspection. 
Figures 1.3 and 1.4 compare the cumulative curves and histograms of 
the Berea sandstone outcrop from Amherst, Ohio, to the coarse-grained 
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Figure 1.3. Histogram and cumulative size curves showing textural parametersfor 
the Berea sandstone, Amherst, Ohio. Porosity = 0.219;permeability = 363 mD. 

Elgin sandstone outcrop from Cleveland, Oklahoma [ 161. Although the 
porosities of these two sandstones are not very different (0.219 and 0.240, 
respectively) the permeability of the Elgin sandstone is about 10 times 
greater because it is composed of a relatively large amount of coarse 
grains, which produces a network of large pores. 

The sphericity and roundness of particles are two important attributes 
that affect the petrophysical properties of the rocks and consequently 
may be used to explain differences between rocks and their properties. 
For example, these two attributes control the degree of compaction 
and thus can explain the differences between rocks that have the same 
sedimentary history but differ in porosity and permeability. 
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Figure 1.4. Histogram and cumulative size curves showing textural parameters 
for the Elgin sandstone, Cleveland, Oklahoma. Porosity = 0.240; permeability = 
3,484 mD. 

Sphericity is a measure of how closely a particle approximates the 
shape of a sphere. It is a measure of how nearly equal are the three 
mutually perpendicular diameters of the particle, and is expressed as the 
ratio of the surface area of the particle to the surface area of a sphere of 
equal volume 117, 181. 

Roundness is a measure of the curvature, or sharpness, of the particle. 
The accepted method for computing the roundness of a particle is to 
view the particle as a two-dimensional object and obtain the ratio of the 
average radius of all the edges to the radius of the maximum inscribed 
circle. 
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Krumbein [19] established a set of images for visually estimating 
roundness, ranging from a roundness of 0.1 to 0.9. Later, Pettijohn 
[20] defined five grades of roundness as: (1) angular, (2) subangular, 
(3) subrounded, (4) rounded, and (5) well rounded. The degree of 
roundness is a function of the maturity of the particle. The particles 
are more angular near their source just after genesis and acquire greater 
roundness from abrasion during transportation to a depositional basin. 

The texture of clastic rocks is determined by the sphericity, roundness, 
and sorting of the detrital sediments from which they are composed. The 
sphericity and roundness are functions of the transport energy, distance 
of transport from the source, and age of the particles. Young grains, or 
grains near the source, are angular in shape while those that have been 
transported long distances, or reworked from preexisting sedimentary 
rocks, have higher sphericity and roundness. 

DEVELOPMENT AND USE OF PETROPHYSICS 
The study of fluid flow in rocks and rock properties had its beginnings 

in 1927 when Kozeny [21] solved the Navier-Stokes equations for fluid 
flow by considering a porous medium as an assembly of pores of the 
same length. He obtained a relationship between permeability, porosity, 
and surface area. 

At about the same time the Schlumberger brothers introduced the first 
well logs [22]. These early developments led to rapid improvements of 
equipment, production operations, formation evaluation, and recovery 
efficiency. In the decades following, the study of rock properties and fluid 
flow was intensified and became a part of the research endeavors of all 
major oil companies. In 1950 Archie [23] suggested that this specialized 
research effort should be recognized as a separate discipline under the 
name of petrophysics. Archie reviewed an earlier paper and discussed 
the relationships between the types of rocks, sedimentary environment, 
and petrophysical properties. Earlier, in 1942, Archie [24] discussed 
the relationships between electrical resistance of fluids in porous media 
and porosity. Archie proposed the equations that changed well log 
interpretation from a qualitative analysis of subsurface formations to 
the quantitative determination of in situ fluid saturations. These and 
subsequent developments led to improvements in formation evaluation, 
subsurface mapping, and optimization of petroleum recovery. 

The Hagen-Poiseuille equation [25], which applies to a single, straight 
capillary tube, is the simplest flow equation. By adding a tortuosity 
factor, however, Ewall [25] used pore size distributions to calculate 
the permeability of sandstone rocks. The calculated values matched the 
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experimentally determined permeability within 10%. She was then able 
to show the relative amount of fluid flowing through pores of selected 
pore sizes. Thus the Hagen-Poiseuille equation, with modification to 
account for the tortuous flow path in a rock, may be used for non-rigorous 
analysis of fluid flow characteristics. 

The general expression for fluid flow in porous media was developed 
by Darcy in 1856 from investigations of the flow of water through sand 
filter beds [26]. Darcy developed this expression from interpretation of 
the various parameters involved in the flow of water through sand filters 
to yield the expression known as Darcy’s law. 

Although Darcy’s law was developed for the single-phase flow of 
a fluid through a porous medium, it applied also to multiphase flow. 
In 1936, Hassler et al. [27] discussed procedures and apparatus for 
the determination of multiphase flow properties in rocks. Morse et al. 
[28] introduced a dynamic steady-state method for simultaneous flow 
of fluids in rocks, using a small piece of rock at the face of the core 
to evenly distribute the fluids entering the test sample. They showed 
that consistent values of the relative permeabilities of two flowing fluids 
could be obtained as a function of the wetting phase saturation. In 
1952 Welge [29] developed a method for calculating the ratio of the 
relative permeabilities as a function of the wetting phase saturation for 
unsteady-state displacement of oil from rocks, using either gas or water as 
the displacing phase. Then in 1959 Johnson et al. [30] extended Welge’s 
work, enabling the calculation of individual relative permeabilities for 
unsteady-state displacements. This method is the most consistently used 
method because it can be run in a short time and the results are consistent 
with other methods that require several days for complete analysis. 

In 1978, Jones and Roszelle [31] presented a graphical method for the 
evaluation of relative permeabilities by the unsteady-state method. 

Applications of the concept of relative permeability to analysis of 
reservoir performance and prediction of recovery were introduced by 
Buckley and Leveret [ 321 , who developed two equations that are known 
as the fractional flow equation and the frontal advance equation. These 
two equations enabled the calculation of oil recovery resulting from 
displacement by an immiscible fluid (gas or water). 

Research in petrophysics reached a plateau in the 1960s but received 
increased emphasis in the following decades with the advent of efforts to 
improve ultimate recovery by new chemical and thermal methods; this 
has generally been recognized as enhanced oil recovery [33]. Enhanced 
oil recovery techniques are new and developing technologies and only 
a few processes (thermal and miscible phase displacement) have been 
proven on a large scale. Research on the displacement mechanisms of 
chemical solutions, trapping of residual oil, measurement of residual oil 
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saturation, phase relationships of multiple fluids in porous media, and 
other complex characteristics of fluid behavior in rocks have become 
the new areas of petrophysical research. More emphasis is now placed 
on the origin of rocks and petroleum, since the mineral composition of 
the rocks and the chemical characteristics of crude oils are involved in 
the fluid flow properties and the amount of residual oil saturation. 

The evaluation of any petroleum reservoir, new or old, for maximum 
rate of production and maximum recovery of the hydrocarbons requires 
a thorough knowledge of the fluid transport properties of rocks and 
the fluid-rock interactions that influence the flow of the fluids. General 
knowledge of fluid flow phenomena can be gained through the study of 
quarried outcrop samples of rocks. The behavior of a specific reservoir, 
however, can only be predicted from analyses of the petrophysical 
properties of the reservoir and fluid-rock interactions obtained from core 
samples of the reservoir. Analyses of the cores only yields data at point 
locations within the reservoir; therefore, the petrophysical analyses must 
be examined with respect to the geological, mineralogical, and well-log 
correlations of the reservoir to develop a meaningful overall performance 
estimate. 

OBJECTIVES AND ORGANIZATION 

This text is a presentation of the theories and methods of analyses of 
rock properties, and of single, multiple, and miscible phase transport 
of fluids in porous geologic materials. The presentation is oriented to 
petroleum engineering and is designed to provide the engineer with 
the required theory, together with methods of analyses and testing, for 
measurement of petrophysical and fluid flow properties for application to 
reservoir evaluation, reservoir production engineering, and the diagnosis 
of formation damage. 

The physical and fluid transport properties of rocks are a consequence 
of their pore structure, degrees of grain cementation, and electrolytic 
properties. Chapter 1 therefore begins the text with a brief review of 
mineralogy and the origin of sedimentary rocks. Chapter 2 is a general 
discussion of the origin and composition of hydrocarbons and water 
solutions of salts and gases that form an integral part of petroleum 
reservoirs. Chapter 3 follows naturally from this by describing specific 
rock properties, and procedures for measurement, that are important 
to petroleum engineering. Porosity, permeability, surface area, etc. 
are all considered in the development and prediction of the fluid 
transport behavior of petroleum reservoirs. Some of these properties are 
more important than others at various stages of petroleum production. 
During initial development porosity, permeability, and wettability, 
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together with hydrocarbon saturation, are important; but at later stages 
of development, especially if enhanced recovery techniques (EOR) are 
being considered, pore size distribution, surface area, and capillary pres- 
sure become very important petrophysical properties in the planning and 
design of continued reservoir development. 

Chapter 4 presents various fundamental theories establishing quanti- 
tative and qualitative relationships among porosity, electrical resistivity, 
and hydrocarbon saturation of reservoir rocks. A brief discussion of 
core analysis, well logging, and well testing is included. Laboratory tech- 
niques for measuring core properties are presented in the Appendix. Well 
logging techniques are presented solely for the purpose of explaining 
the applications of the Archie and Waxman and Smits [34] equations. 
A discussion is included on how well logs provide data not directly 
accessible by means other than coring; and how well logs can be used 
to extend core analysis data to wells from which only logs are available. 
Several field examples are included in this chapter. 

Capillary pressure and its measurement by several methods are 
presented in Chapter 5. Laboratory techniques (semi-permeable disk, 
mercury injection, and centrifuge) are presented for measuring capillary 
pressure. Chapter 6 is in many ways an extension of the capillary 
phenomena to the measurement and determination of the influence 
of wettability on oil recovery, pore size distribution, and relative 
permeability. Methods for determining the wettability index are also 
included in this chapter. 

The flow of fluids (oil and gas) through porous rocks is presented 
in Chapter 7. The analysis of linear, laminar flow is followed by a 
discussion of radial and turbulent flow. Equations for calculating the 
average permeability of naturally fractured rocks and stratified formations 
are derived in this chapter. This chapter concludes with a discussion of 
rocks of multiple porosity. 

Chapter 8 is a discussion of naturally fractured rocks and their 
properties. 

The effect of stress on reservoir rock properties, including 
permeability, porosity, compressibility, and resistivity, is the subject of 
Chapter 9. The mechanical properties of rocks are very important when 
designing drilling, well completion, production, and field development 
programs. Laboratory techniques for measuring elastic properties of 
formation rocks are discussed. Also, a number of correlations used to 
predict the behavior of these elastic properties are included. 

Chapter 10 presents a discussion of the transport properties of 
discrete particles in porous geologic materials. Fine rock particles 
and precipitated particles from fluids tend to migrate to production 
wells where they decrease production by plugging the rock pores. 
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Also discrete particles injected into a formation with water for secondary 
recovery of EOR fluids can cause serious formation damage. Methods for 
diagnosing formation damage are included in this chapter. 

PROBLEMS 
1. What are the principal natural processes that affect the petrophysical 

properties of sedimentary rocks? 
2. As shown in Table 1.1, the total bulk chemical analysis of rock samples 

is clearly different from the surface analysis. What effect does this have 
on the rock properties? 

3. Since all rocks have a single source (molten magma from below the 
crust), what general processes produce the differentiation into many 
different recognizable rocks? 

4. List three natural processes that are constantly operating to produce 
sedimentary rocks. 

5 .  The average particle sizes from a sieve analysis are, in millimeters, 
2.00, 0.050, 0.10, and 0.06. What are the respective phi-sizes? 

GLOSSARY (CHAPTER 1) 
Aphanitic: refers to rock texture that contains minerals that are too 

Arkose: sandstone that contains a large amount of feldspar. 
Batholith: large intrusive body of rock, generally granite. 
Breccia: similar to tuff, but contains large angular fragments (>2 mm) 

within the fine matrix. 
Cleavage: a separation along a plane of weakness that produces a 

smooth plane which reflects light when broken. A fracture is an irregular 
break of the rock. 

Conglomerate: rock composed of fragments of pre-existing rocks 
greater than 2 mm and inclusion of other rocks (pebbles, cobbles, and 
boulders; see Table 1.7) 

Continental shelf the gently inclined, flat portions of the continent 
below sea level, extending from the shore to the continental slope where 
it slopes into the deep ocean platform. The shelfis generally covered with 
clastic sediments and the slope with fine sediments. 

Diagenesis: the chemical and physical changes that a sediment 
undergoes after deposition. Most of the diagenesis occurs after burial of 
the sediment. In deep burial (>3,000 m) the principal diagenetic changes 
are compaction and lithification. 

small to see. 



GLOSSARY (CHAPTER 1) 25 

Fissility: the property of breaking along thinly spaced sheets, or planes, 
parallel to the depositional bedding orientation. 

Foliation: directional property of metamorphic rocks caused by layered 
deposition of minerals. 

Lithification: the process of changing accumulated unconsolidated 
sediments into a rock. The grains are compacted by the overburden 
sediments and cemented by deposition (from interstitial water) of silica, 
calcite, clays, iron oxide, and other minerals, between the grains. 

Hardness 0: and arbitrary scale of approximately equal steps between 
numerical hardness numbers, except for 9 to 10, which is a very 
large step (the hardness value is followed by a mineral that represents 
that value): 1 -Talc, 2-Gypsum, 3-Calcite, 4--Fluorite, 5--Apatite, 
6 -Orthoclase, 7 -Quartz, 8 -Topaz, 9- Corundum, 1 0- Diamond. 
The minerals 1-3 can be scored by a fingernail, 4-5 by a copper penny, 
5-6 by a knife or piece of glass, 6-8 by a piece of quartz, but 9-10  cannot 
be scored by any of the above. 

Igneous rocks solidify from a melt, or magma. They are classified 
according to texture and mineralogy; however, they are not uniform in 
either composition or texture. A homogenous magma produces a variety 
of chemically different rocks by the process of fractional crystallization, 
or differentiation. Igneous rocks that are rich in light-colored mineral 
are generally referred to as felsic because they contain a relatively large 
amount of feldspar. Composition and texture (grain size) are used for 
classification. The common groups of rocks fall into various steps in 
the differentiation of a basaltic magma according to the Bowen series. 
Igneous rocks occur in two ways: intrusive (below the surface) and 
extrusive (on the surface). The source is magma from the upper part 
of the mantle. 

Luster: reflection of light by a clean surface. 
Metamorphic rocks form as a result of a new set of physical and 

chemical conditions being imposed on pre-existing rocks. Metamorphic 
rocks differ significantly in mineralogy and texture. Most are regional 
and related to orogenic events. The naming of metamorphic rock is 
based principally on textural features, but some names are based on 
composition. Most have distinct anisotropic features: foliation, lineation, 
and rock cleavage. 

Obsidian: a dark-colored, or black, essentially non-vesicular volcanic 
glass. It usually has the composition of rhyolite. 

Pegmatic: having crystals greater than 1 cm. 
Porphyritic: named for the texture of the matrix. Porphyritic basalt 

is fine-grained dark rock, with inclusions of large crystals. Porphyritic 
granite is coarse-grained granite with much larger crystals imbedded in it. 
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Porphyroblasts: crystals created during metamorphism that are larger 
than the mineral grains in the rock. 

Pyroclasts: viscous magma containing gas erupting at the surface; the 
gas expands rapidly, blowing the plastic magma into fragments high in 
the air. Pyroclasts less than 2 mm in size are called ash, between 2 mm 
and 64 mm it is lapilli, and when the size is greater than 64 mm pyroclasts 
are known as blocks or bombs. 

Pumice: formed from a froth of small bubbles in magma which has 
erupted suddenly. It is light, glassy, and floats on water. 

Sedimentary rocks: composed of the weathered fragments of older 
rocks that are deposited in layers near the earth’s surface by water, wind, 
and ice. 

Shale: composed of clay particles less than 1/256 mm. Not gritty when 
tested by biting. Exhibits fissility. 

Siltstone (mudstone): composed of particles between 1/256 and 
1/16 mm in size. Noticeably gritty to the teeth. 

Tuff a deposit of volcanic ash that may contain as much as 50% 
sedimentary material. 

Vitreous (glassy): variously described as greasy, waxy, pearly, or si lky .  
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C H A P T E R  2 

INTRODUCTION TO 
PETROLEUM 
GEOLOGY 

REVIEW OF COMPOSITION OF THE GLOBE 
Geology is the study of the earth, which is a dynamic system covered by 

crustal plates that are constantly moving and changing in structure. The 
crustal plates are driven by deeplying forces that are not yet completely 
understood. New crustal plates are being formed by magma rising from 
molten regions deep in the earth at mid-ocean r i f ts .  Other crustal plates 
are being consumed as they are drawn downward into the mantle at 
subduction zones at the edges of some continents, such as the Pacific 
coasts of North and South America. 

Detailed analyses of earthquake wave seismograms, waves that travel 
on the earth’s surface, gravity and magnetic differences, heat flow from 
the interior, and electrical conductivity have been used to develop a 
composite picture of the globe. Four distinct zones have been identified: 

(1) the lithosphere, which includes the continental and ocean crusts; 
(2) the mantle underlying the lithosphere, which is readily recognized 

because the seismic (earthquake) waves increase in velocity at the 
boundary known as the Mohorovicic discontinuity in honor of its 
discoverer (generally called the Moho discontinuity); 

(3) a liquid outer core composed principally of nickel and iron; and 
(4) the solid inner core. 

29 
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More than 100,000 detectable earthquakes occur each year around 
the globe, and most of these originate at specific focal points (a point of 
maximum intensity within the crust) [ 1-31. Two types of waves emanate 
from the focal point of the earthquake: compression and shear waves. 
Compression waves travel through all materials by moving particles 
forward and backward. Shear waves, however, can propagate only 
through solids by moving the particles back and forth perpendicular to 
the direction of travel. A worldwide network of seismographs records 
the paths and velocities of these waves, making it possible to locate the 
focal point of any earthquake and to infer the composition of the interior 
of the earth. 

Compression waves (P waves) travel at a velocity approximately two 
times the velocity of the shear waves (S waves). The velocities are 
functions of the elastic properties and density of the materials through 
which they travel: 

(K +4G/3) ' I 2  ..=[ P I 
and 

where: Vc = velocity of the compression wave, m/s .  
V, = velocity of the shear wave, m/s. 
K = bulk modulus, Pa. 
G = shear modulus, Pa. 
p = density of material, kg/m3. 

EXAMPLE 

Calculate the velocities of the compression and shear waves 
through limestone: K = 7.0336 x lo1' Pa, G = 3.1026 x lo1' Pa, p = 
2,7 10.6 kg/m3. 

SOLUTION 

[7.0336 + (4/3)(3.1026)] x lo1' ' I 2  
= 6,419.5 m/s 

2,710.6 I vc= { 
[ 3.1026 x vc = = 3,383.2 m/s 

2, 710.6 
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In the crustal plates, the P-wave velocity ranges from about 6.4 to 
7 km/s. At the Moho discontinuity, where the P waves enter the mantle, 
the velocity increases to about 8 km/s. The velocity ranges from 9 to 
10 km/s in the upper mantle, 12 to 13 in the middle mantle, and peaks 
at 13.7 km/s at 2,800 km depth. When the P and S waves encounter the 
liquid core, the P-wave velocity decreases sharply to about 8 km/s and 
the S waves disappear, because a liquid cannot support a shear wave. 
At the inner solid core of the earth, the P-wave velocity increases once 
more to about 1 1.3 km/s. 

CRUST 

Crust is the term that originated for the outer solid shell of the earth 
when it was generally believed that the interior was completely molten, 
and it is still used to designate the outer shell, which has different 
properties than the underlying mantle. The crust varies in thickness 
and composition. The continental masses are composed of a veneer of 
sediments over a layer of light-colored granitic rocks. The granite-type 
layer is called the SIAL layer because its most abundant components are 
silicon and aluminum, with an average density of 2.7 g/cm3. Below the 
SIAL layer, there is a layer of dark rocks resembling basalt and gabbro, 
which is known as the SIMA layer because its principal constituents are 
silicon and magnesium. The density of SIMA is slightly higher than the 
SIAL layer, about 2.9 g/cm3. Under the oceans, the SIMA layer is covered 
only by a thin layer of soft sediments (Figure 2.1). 

The mantle is a shell, which is apparently a plastic-like solid, that 
extends about 2,900 km deep from the Moho discontinuity to the outer 
liquid core. The movement of crustal plates and continents on top of the 
mantle is partially explained by the theory of convective currents within 

Figure 2.1. Cross-section of the must at a continental shelf showing the relationship 
between the S U L  (granite rocks) and SIMA (basalt) layers under the continents and 
oceans [2]. 
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the mantle. Theoretically, the mantle responds to the continuous stress 
created by heat rising from the interior of the globe by developing current 
cells of very slowly ascending and descending material. Continental 
masses accumulate over the descending zones, and the ocean basins 
lie over the ascending zones. Thus, the slow movement of the mantle, 
as a plastic material, could be the mechanism causing the drift of the 
continental masses and the spreading of the Ocean floor at mid-ocean 
rifts around the globe. Continuous drifting motion of the crustal plates 
also may be influenced by body forces generated by gravitational earth 
tides and by the rotation of the earth. 

Rocks and magma at volcanic eruptions that have apparently come 
from the upper mantle are basic in composition, and are rich in 
magnesium and iron. The density of the mantle is greater than the 
lithosphere, approximately 3.3 g/cm3. 

The boundary at the base of the mantle, where the S waves disappear 
and the P-wave velocity decreases, marks the beginning of the outer 
liquid core. The fact that the P waves increase in velocity once more at 
a depth of 5,000 km suggests that the inner core is a solid. It is believed 
to be composed principally of nickel and iron with a density of about 
10.7 g/cm3, which is more than twice as dense as the mantle. The Earth’s 
magnetic field is assumed to be created by an electric field resulting from 
circulation of currents within the liquid core [ 1-53. 

PLATE TECTONICS 

Theories of plate tectonics are based on spreading of the sea floor 
at mid-ocean r i f ts  and the motion, or drift, of the continents. The 
Earth’s lithosphere is composed of six major plates whose boundaries 
are outlined by zones of high seismic activity [4].  The continents appear 
to be moved by the convection currents within the mantle at rates of two 
to three inches (5.1-7.6 cm) per year. The convection cells apparently 
occur in pairs and thus provide the kinetic energy for movement of the 
continental masses. 

Mid-ocean ridges form a network of about 65,000 km of steep 
mountains with branches circling the globe. Some of the mountains are 
as high as 5,500 meters above the ocean floor, and some emerge above 
the ocean as islands. 

The crustal plates are manufactured from magma rising to the surface 
through rifts at the sites of the mid-ocean ridges. Material from the 
mantle apparently liquifies as it nears the surface and is relieved of 
a great part of its pressure. The liquid, or magma, rises to the crust 
and adds to the mass of the plate. As the plate moves across the ocean 
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floor, it accumulates a layer of sediments that were eroded from the 
continents. The sedimentary layer that accumulates on the ocean floor is 
thin in comparison to the sedimentary layers on the continents because 
the ocean floor is very young. Driven by convective, rotational, and 
gravitational forces, the plates move around until they are eventually 
drawn into the mantle at subduction zones before sedimentation has 
time to form thick layers [ 1, 2, 61. 

If two ocean plates of equal density collide, they will slowly deform at 
the edges and become a range of mountains. If the colliding forces remain 
active long enough, the range of mountains will rise above sea level. 
The Alp Mountains in Switzerland constitute an example of this process 
due to a collision between Eurasia and Africa that began about 80 million 
years ago when the region was covered by a sea. Marine sediments can 
be found high in the Alpine regions. 

India was once a separate continent riding on a plate moving in a 
northerly direction. The plate carrying the Indian continent was diving 
under the Asian continental plate. Eventually, India collided with Asia 
and pushed up the massive Himalayan Mountains range [3, 41. 

Island arcs, such as those that have developed in the Pacific Ocean east 
of Asia, also occur as a result of plate collisions. The Asian plate is more or 
less stationary with respect to the Pacific Ocean plate, which is slipping 
under the large land mass and forming a range of offshore islands. As the 
more dense ocean plate returns to the high-temperature mantle, selective 
melting of some of its material takes place, and the lighter materials are 
squeezed upward as rising columns called diapirs. Diapirs are pushed 
through the overriding plate and form chains of offshore volcanoes that 
eventually rise above sea level to form islands. Lavas from the island arc 
volcanoes are generally intermediate in composition between granitic 
continental rocks and basaltic rocks. Deep-focused earthquakes occur 
along the arcs, indicating deep fracture zones between the continent 
and ocean plates. 

The plates also may slip laterally with respect to each other, forming 
transform faults. These faults may be very long (hundreds of miles) such 
as the San Andreas Fault of California, where the Pacific plate abuts 
the North American continental plate. The Pacific plate is moving in 
a northwest direction with respect to the American plate, which is 
moving west. The difference in the relative motions of the plates pro- 
duces a shear-type phenomena at the junction and results in a transform 
fault, many thrust faults parallel to the Earth’s surface, and devastating 
earthquakes. 

The ancient supercontinent known as Pangaea was formed by the 
union of a number of other continents. North America apparently 
moved east about 500 million years ago to collide into Pangaea, and the 
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collision brought about the formation of the Appalachian Mountains. This 
movement of North America apparently crushed a chain of ancient island 
arcs and welded them onto the continent, because layers that appear 
to be crushed island arcs have been located east of the Appalachian 
Mountains. The junction between Pangaea and North America was 
apparently weak, leading to the development of a line of rising magma 
between them with the formation of spreading ocean plates on both sides 
that gradually pushed the two continental masses apart and formed the 
Atlantic Ocean [ 1, 2,6,  71. 

The convolutions of old crustal plates and sedimentary rocks at 
continental margins provide conditions for entrapment of hydrocarbons 
in porous sedimentary rocks under impermeable layers that seal the oil 
in place. Continental margins bordering a sea with restricted circulation 
permits the collection of sediments and salt deposits, which are 
associated with the genesis, migration, and trapping of oil. Margins that 
are separating from one another also are zones where oil is formed and 
trapped. Usually if oil is formed on one side of a continental margin, it 
also will be found across the gulf, or ocean, on the margin of the other 
continent. Divergent, convergent, and transform continental margins 
provide the necessary conditions for sedimentation and accumulation of 
hydrocarbon deposits [ 1, 8- 101. 

GEOLOGIC TIME 

Geologic time scales in use today were developed by numerous 
geologists working independently. Different methods for subdividing 
the records of flora, fauna, minerals, and radioactive decay found in 
sedimentary rocks were suggested; some were repeatedly used and 
have been generally accepted. Table 2.1 shows the subdivisions of 
geologic time, approximate dates in millions of years, and recognized 
physical events that took place during the long record of geologic 
history. The Earth is estimated to be about 4.6 billion years. The 
Paleozoic Era began 580 million years ago; therefore, approximately 
87% of the Earth’s history occurred during the Precambrian age. The 
approximate dates of most of the boundaries in the geologic time 
column are established from extensive analyses of radioactive isotopes 
and the flora and fauna records in sedimentary rocks. Isotopic dating 
also allows estimates of the rates of mountain building and sea-level 
changes [5]. 

Geologic age dating using radioisotopes is carried out by determining 
the amount of the specific daughter isotope present with the radioactive 
element and then multiplying by the rate of decay of the parent element 
(Table 2.2). The rate of radioactive element decay is exponential and is 



TABLE 2.1 
SUBDIVISIONS OF THE THREE GEOLOGIC ERAS AND THE ESTIMATED TIMES 

OF MAJOR EVENTS [SI 

Recent or 
Holocene 

Pleistocene 

Pliocene 

Miocene 

Oligocene 

Systems1 
Periods 

0 

2 

6 

22 

36 

Subdivisions Based on Stratamime I Radiometric 

Precambrian (Mainly igneous and 
metamorphic rocks, no worldwide 
subdivisions) 

. . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . .  

Dates (millions 
Epochs of years ago) 

1000 

2000 
3000 

Quaternary 

Birth of Planet Earth 

Tertiary 

4650 

Cretaceous 

Jurassic 

Triassic 

Permian 
Pennsylvanian 

(upper 
Carboniferous) 

(Lower 
Carboniferous) 

Devonian 
Silurian 
Ordovician 
Cambrian 

Mississippian 

Eocene 
Paleocene 

58 
63 

n 
h 

145 

210 

I 255 

280 
320 

360 

415 
465 
520 
580 

In Physical 
Histow 

Several glacial 
ages 

Colorado River 
begins 

Mountains and 
basins in Nevada 

Yellowstone Park 
volcanism 

Rocky 
Mountains begin 

Lower Mississippi 
River begins 

Atlantic Ocean 
begins 

Appalachian 
Mountains 
climax 

Appalachian 
Mountains 
begin 

Oldest dated 
rocks 
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TABLE 2.2 

“DAUGHTER” ELEMENTS [3] 
RADIOACTIVE ELEMENTS, THEIR HALF-LIVES AND RADIOACTIVE DECAY 

Elem en t Half-life Stable Daughter 

Carbon- 14 
Potassium40 

Uranium-23 5 
Uranium-238 

ThOfiUm-232 

5,710 years 
1.3 billion years 
13.9 billion years 
0.7 1 billion years 
4.5 billion years 

Nitrogen-14 
Argon-40 
Lead-208 
Lead-207 
Lead-206 

characterized by the following equations: 

Ct = In (No/Nt) 

Ctlp = In (1.0/0.5) = 0.693 

ti12 = 0.693/C 

(2.3) 

where: C = radioactive decay constant. 
No = original amount of parent element. 
Nt = amount of daughter isotope currently present. 
t1p = half-life of the parent element. 
t = age, years 

Dating early events from the decay of carbon-14 is possible because the 
radiocarbon is formed in the atmosphere by collision of cosmic rays with 
nitrogen. The carbon dioxide in the atmosphere thus contains a small 
amount of radiocarbon and, therefore, all plants and animals contain 
carbon-14 along with the stable carbon-12. When the plant or animal 
dies, the accumulation of carbon-14 stops and its content of radiocarbon 
decays steadily. The carbon dating is then made possible by measuring 
the ratio of 14C to 12C in the remains of organism and comparing it 
to the ratio of these isotopes in current living plants or animals; for 
example, if the relative radiocarbon content of a specimen of bone 
[(14C/’2C)dead/(14C/12C)living] is one-fourth that of the modern specimen, 
the age of the specimen is 11,420 years. This is because 1/4 = 1/2 x 1/2 
of two half-lives (2 half-lives x 5,710 years/half-life = 11,420 years). 

EXAMPLE 

If 0.35 grams of N-14 per 1.0 grams of C-14 is found in a sediment, 
determine the age of the sediment. 
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SOLUTION 

t = -In 1 (g) = (8.3 x lO5)(l.O5l) 
C 

Age = 8,723 years 

(refer to Equation 2.3 and U-238 in Table 2.2). 
Several important events in the geologic history of the Earth already 

have been mentioned, and others are shown in the geologic column 
of Table 2.1. The Appalachian Mountains were formed by collision 
of North America with Pangaea about 500 million years ago, and the 
climax of their growth coincides with the birth of the Atlantic Ocean 
at the beginning of the Mesozoic Era about 255 million years ago. The 
Mississippi River and the Rocky Mountains originated at about the same 
time (63-65 million years ago), and Yellowstone Park volcanism is 
estimated to have begun about 40 million years ago. Several ice ages 
occurred in the Recent or Holocene Epoch that began about 2 million 
years ago [ 3 ,  51. 

SEDIMENTARY GEOLOGY 
Sedimentary geology is fundamental to the exploration and develop- 

ment of petroleum reservoirs. It establishes the criteria for petroleum 
exploration by providing the geologic evidence for prediction of the 
location of new petroleum provinces. Petroleum is found in many areas 
in a variety of sedimentary basins. Hydrocarbons may occur at shallow 
depths along the edges of the basin, the deep central areas, and in the 
far edges where tectonic motion may have provided sealed traps for oil 
and gas [l-101. 

BASINS 

Sedimentary basins differ in origin and lithology. Each is individually 
unique, but all share several common characteristics. Basins represent 
accumulations of clastic and evaporite materials in a geologically depres- 
sed area (an area that has undergone subsidence with respect to the 
surrounding land mass) or an off-shore slope. They have thick sedimen- 
tary layers in the center that thin toward the edges. The layers represent 
successive sedimentary episodes. 
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Dynamic sedimentary basins exist when sediment accumulation 
occurs simultaneously with subsidence of the basin area. The forces 
producing localized subsidence are not fully understood, but they have 
been related to isostatic adjustment of unbalanced gravitational forces. 
The theory of isostatic equilibrium is that the outer, lighter SUI. crust 
of the earth is essentially floating on a plastic-type mantle in a state of 
equilibrium. Therefore, part of the Earth’s crust can gradually subside 
into the plastic mantle while an adjacent area is slowly uplifted. 

No earthquake foci have been recorded deeper than about 1,600 km, 
where the pressure and temperature are probably great enough to 
transform the mantle into a plastic-type material that can develop 
slow convective currents and gradually move to adjust for changing 
gravitational loads on the crust. The Great Lakes area of the United 
States, Canada, and the Scandinavian peninsula are still gradually rising 
in response to the melting of Pleistocene glaciers. 

Continental masses have stable interiors known as cratons, or shields, 
which are composed of ancient metamorphosed rocks. Examples are 
the Canadian, Brazilian, Fenno-Scandian, and Indian shields that form 
the nuclei of their respective continents. Sedimentary deposits from the 
cratons have accumulated to form much of the dry land of the 
earth’s surface, filling depressions and accumulating on the shelves of 
continental margins. 

DIVERGENT CONTINENTAL MARGINS 

Sediments accumulated on the shelves at the margins of the continents 
form several types of geologic structures that are the result of the 
direction and stress imposed on them by motion of the drifting crustal 
plates. Divergent continental margins develop on the sides of continents 
that are moving away from the spreading ocean rifts. Examples are the 
east coasts of North and South America and the west coasts of Europe 
and Africa, which were originally joined together at the mid-ocean rift. 
The continents are extending, leaving wide, shallow, subsea continental 
shelves where carbonate sediments originate from the reefs in shallow 
areas and clastic sediments result from the washing down of clastics from 
the land surface. 

In considering sedimentation and the attributes of a sedimentary basin, 
one must include the entire region that has furnished the detrital materials 
that have accumulated in the basin as sediments, and the environmental 
conditions of the various episodes of sedimentation. Chapman defined 
this as the physiographic basin, an area undergoing erosion which will 
furnish material for the sediments accumulating in a depositional basin 
or depression on the surface of the land or sea floor [9]. Thus the nature 
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of the sediments is determined by the geology of the peripheral areas 
of weathering and erosion, and by the physiography and climate of the 
entire interacting area. 

CONVERGENT CONTINENTAL MARGINS 

Convergent continental margins develop when two crustal plates 
collide. When an ocean plate collides with a less dense continental plate, 
a marginal basin forms between the island arc and the continent. This 
basin fdls with carbonate deposits from marine animals and clastics from 
the land mass, forming large areas for accumulation of hydrocarbons such 
as the oilfields of Southeast Asia. 

Continual movement of the plates against each other will result in 
the formation of a long, narrow trough (several hundreds of miles long) 
called a geosyncline. The resulting trough is filled with great thicknesses 
of sediments that may become uplifted and folded as mountain building 
(orogeny) begins, accompanied by volcanic activity. The Appalachian 
Mountains in the eastern United States and the Ural Mountains in 
Russia are the result of convergent continental margins where sediments 
accumulated. Subsequently, they were uplifted during the orogenic 
period to form the stable mountains that are eroding today and furnishing 
sediments to the lowland areas on both sides of the mountains. 

Some of the petroleum that may have accumulated in the sediments 
is lost during the orogenic period, because the seals (caprocks) holding 
the oil in geologic traps are destroyed, allowing the hydrocarbons to 
migrate to the surface. Folding and faulting of the sediments, however, 
also produce structural traps in other areas of the region. 

TRANSFORM CONTINENTAL MARGINS 

When two crustal plates slide past each other, they create a long 
transform fault with branches at 30" to the main fault, creating fault 
blocks at the edge of the transform fault. Numerous sealed reservoirs 
occur along such faults where clastic sediments have accumulated. 
An example is the San Andreas Fault in California and its associated 
oilfields. Transform faults on the ocean floor are sites of sea mounts, 
some of which project above the ocean floor and are accompanied by 
volcanic activity [9 ] .  

TRANSGRESSIVE-REGRESSIVE CYCLES 

A transgressive phase occurs when the sea level is rising or the basin 
is subsiding. During this period, the volume created by subsidence 
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generally exceeds the volume of sediments entering the basin, and hence 
the depth of the sea increases. As the sea advances over the land surface, 
the depositional facies also migrate inland, creating a shallow, low-energy 
environment along the shore that tends to accumulate fine-grained 
particles. The fine-grained sediments have low permeability and are 
potential petroleum source rocks rather than reservoirs [9]. 

During a regressive phase in the formation of a basin, the basin 
becomes shallower and the depositional facies migrate seaward into 
a high-energy environment. A regressive sequence may develop because 
the supply of sediments is greater than the amount accumulating in 
the basin that can be removed by the available energy. This occurs in 
river deltas where the delta is growing because the supply of sediments 
to the delta is greater than the amount of sediments being removed from 
the area by sea currents and waves. Thus, one of two elements may be 
active: (1) the sea level may be decreasing, or (2) the sediment supply 
may exceed the capacity for removal and redistribution. The sediments 
accumulating during the regressive phase tend to be coarse-grained 
because of the higher energy level in the depositional basin during 
this period. The rocks of this sequence, therefore, have relatively high 
permeabilities and are potential reservoirs layed down on top of potential 
source rocks deposited during the transgressive phase. 

The transgressive-regressive stages tend to accumulate sequences 
of sediments that are either shalehand or shale/carbonate-evaporite. 
The carbonate-evaporite sequences are associated with some, but not 
all, of the transgressive phases resulting in periodic accumulations of 
carbonate-evaporite lithologies. The low-energy environment of the 
shallow shelves provides opportunities for development of abundant 
shellfish whose shells become beds of limestone. Calcium and magne- 
sium tend to precipitate from the shallow seas resulting in depositions of 
limestone (CaC03) and dolomite [CaMg(C03)~]. Porosity is developed 
by dolomitization, chemical leaching by percolating waters (solution 
porosity), and mechanical fissuring from structural movements leading 
to jointing and vertical cracks. Carbonates also are deposited as reefs at 
the edge of continental shelves and along the continental slope. 

ACCUMULATION OF SEDIMENTS 

The accumulation of sediments in a given area depends on equilibrium 
between the energy of the environment and the inertia of sedimentary 
particles. For example, sediments transported to the mouth of a river 
may be moved by waves and currents to another location where the 
environmental energy is not high enough to move the particles. This 
is the concept of base level [9]. Sediments of a given size and density 
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will accumulate in an area at their base level of energy, but finer grades 
of the material cannot accumulate in that location and are carried in 
suspension to an area of lower energy equivalent to their base level. 
This is the process that leads to sorting with accumulation of sand grains 
in one area and silt and clay in another area. The base level of a given 
area fluctuates with time; thus, during one period of accumulation sand 
particles are deposited, whereas later, finer particles of silt and clay are 
deposited on top of the sand. This sequence may be repeated many 
times, leading to alternate deposition of sand and shale, and formation of 
sand-shale sequences. 

Pirson identified three types of physiographic areas that lead to 
the accumulation of either quartzose, graywacke, or arkose sands in 
basins [ll].  Each depends on the relief of the land mass and thus 
the time available for chemical weathering of the rocks and particles 
prior to accumulation in the sedimentary basin. This is a simplifi- 
cation of the sedimentary process, which is a complex interplay of 
the numerous depositional situations including those idealized by 
Pirson. Nevertheless, the simplifications present a clear explanation of 
sedimentary accumulations that lead to different lithologies. 

During periods of negligible orogenic activity in flat plains bordered 
by shallow seas, erosion of the land mass is at a minimum, whereas 
chemical weathering is occurring at a rapid rate because the residence 
time of interstitial fluids at and near the surface is relatively long. Under 
these conditions, weathering processes go to completion, furnishing 
stable components from igneous and metamorphic rocks, such as quartz 
and zircon, for clastic sediments. These materials are carried into the 
depression forming the sea and are accumulated as clean, well-sorted 
sediments with uniform composition and texture. The sediments may 
remain as unconsolidated sand formations, or the grains may be cemented 
by carbonate, siliceous, clayey, and ferruginous compounds precipitated 
from the seawater, interstitial solution, or ferruginous waters percolating 
gradually through the deposits at some later stage (Figure 2.2). Changes 
of the climatic conditions of the physiographic area can change the type 
of sediments accumulating in the basin, from clean granular material to 
mixtures of silt, clay, and organic materials. These become shale beds 
that can serve as source rocks for hydrocarbons as well as impermeable 
caprocks. 

Well-sorted, granular, quartzose reservoirs exhibit relatively high 
vertical permeability (kv) with respect to the horizontal permeability 
(kh); however, kh is still higher than k,. Therefore, primary oil recovery 
will be relatively high, whereas secondary recovery will be very low 
due to severe fingering and early water breakthrough. Pirson lists the 
Oriskany Sandstone in Pennsylvania, St. Peter Sandstone in Illinois, 
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Figure 2.2. Accumulation of quartzose-type sediments in a bash from a low-relief 
continental shelf: On a lowelief land suqace, erosion is at a minimum and chemical 
degradatton of rocks to quartz is at a maximum [ll]. 

Wilcox Sandstone in Oklahoma, and Tensleep Sandstone in Wyoming 
as examples of quartzose-type reservoirs [ 1 11. 

In conditions where the uplifted land areas bordering seas are steep 
enough to prevent total chemical weathering of the exposed rocks to 
stable minerals such as quartz, the detrital material accumulating in the 
basin will be composed of mixed rock fragments, or graywacke-type 
sediments. The sedimentary particles are irregular in shape and are 
poorly sorted, with variable amounts of intergranular clay particles. 
Changes of the climatic conditions of the physiographic area result 
in variable episodes of fine clastic deposition on top of the coarse 
particles forming the layers that become the caprocks of the reservoirs 
(Figure 2.3). The permeabilities of these reservoirs vary considerably 
over short distances, and the vertical permeability is usually much 
lower than the horizontal permeability. The permeability variation is 
one reason why graywacke-type reservoirs do not produce as well 
during primary production as the quartzose-type reservoirs, but exhibit 
excellent secondary recovery. Due to the mixed sediments containing 
clay minerals, the reservoirs are generally subject to water sensitivity 
problems (clay swelling and clay particle movement). The Bradford 
Sandstone in Pennsylvania and the Bartlesville Sandstone in Oklahoma 
are examples of graywacke sandstone formations. 

A third general class of clastics, arkose-type sediments, wiU accumulate 
in basins or dendritic canyons adjacent to Iand areas of steep relief. 
Due to the steep relief, chemical weathering of the sediments is 
incomplete, resulting in deposition of angular grains with considerable 
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Figure 2.3. Accumulation of graywacke-type sediments in a geosyncline adjacent to 
a land mass of moderate relief [ll]. 

Figure 2.4. Idealized conditions that lead to deposition of arkose-type sediments. 
Steep land relief results in incomplete chemical weathm'ng that yielas arkose-type 
sediments I1 I ] .  

size variation. Reactive clays and unstable minerals such as feldspars 
are mixed with other grains and also make up a large portion of the 
cementing agents. Variable climatic conditions of the physiographic 
area result in periods of deposition of coarse clastics followed by fine 
sediments that eventually become the caprocks of reservoirs (Figure 2.4). 
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Thick reservoirs are formed, but the permeability is extremely variable, 
both vertically and horizontally. Consequently, both primary and 
secondary production may be poor and the reactive clays produce severe 
water sensitivity. Examples of arkose-type formations are the Kern River 
formation in California and the Granite Wash in the Oklahoma-Texas 
panhandle area [ 111. 

HYDROCARBON TRAPS 

Hydrocarbon traps may be illustrated by considering a porous, 
permeable formation that has been folded into an anticlinal trap by 
diastrophism and is enclosed between impermeable rocks (Figure 2.5). 
The closure of the trap is the distance between the crest and the spill point 
(lowest point of the trap that can contain hydrocarbons). In most cases, 
the hydrocarbon trap is not filled to the spill point. It may contain a gas 
cap if the oil contains light hydrocarbons and the pressure-temperature 
relationship of the zone permits the existence of a distinct gas zone at the 
top of the reservoir. If a gas cap exists, the gas-oil contact is the deepest 
level of producible gas. Likewise, the oil-water contact is the lowest level 
of producible oil. Transition zones exist between various zones grading 
from a high oil saturation to hydrocarbon-free water. For example, the 
water zone immediately below the oil-water contact is the bottom water, 
whereas the edge water is laterally adjacent to the oil zone. The gas-oil 
and water41 contacts are generally planar, but they may be tilted due 
to hydrodynamic flow of fluids, a large permeability contrast between 
opposite sides of the reservoir, or unequal production of the reservoir. 

IMPERMEABLE ROCKS ABOVE THE PERMEABLE FORMATION 

GAS-OIL CONTACT 

SPILL POINT I 

IMPERMEABLE ROCKS UNDER 
THE PERMEABLE FORMATION 

Figure 2.5. Idealized cross-section through an anticlinal trap formed by a porous, 
permeable formation surrounded by impermeable rocks. Oil and gas are trapped at 
the top of the anticline. 
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An anticline structure may contain several oil traps, one on top of the 
other, separated by impermeable rocks. Furthermore, the lithology of the 
individual traps may vary from sands to limestone and dolomite [9, 1 11. 

Hydrocarbon traps are generally classified as either structural or 
stratigraphic, depending on their origin. Structural traps were formed 
by tectonic processes acting on sedimentary beds after their deposition. 
They may generally be considered as distinct geological structures 
formed by folding and faulting of sedimentary beds. Structural traps 
may be classified as: (1) fold traps formed by either compressional or 
compactional anticlines, (2) fault traps formed by displacement of blocks 
of rocks due to unequal tectonic pressure, or (3) diapiric traps produced 
by intrusion of salt or mud diapirs (Figure 2.6). 

Stratigraphic traps are produced by facies changes around the porous, 
permeable formation such as pinchouts and lenticular sand bodies 
surrounded by impermeable shales. Stratigraphic traps may develop 
from offshore sand bars, reefs, or river channels. The processes of 
formation are more complex than those of structural traps because they 
involve changes of the depositional environment that lead to isolation of 
permeable zones by different lithologies. Distinctions are made between 
those that are associated with unconformities and those that are not [6 ] .  

Many hydrocarbon accumulations are associated with unconformities. 
An unconformity forms when a site of sedimentation is uplifted, eroded, 
and buried again under a new layer of sediments that may delineate 
the boundaries of an oil trap, because unconformities generally separate 

. . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . .  

. . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . .  

Figure 2.6. Illustration of several types of traps: (A) stratigraphic pinch-out 
(Bj trap sealed by a salt dome, (Cj trap formed by a normal fault, (0) domal tl 

trap, 
rap. 
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Figure 2.7. Unconfomzity, showing the uplaped, eroded strata overlain in an 
unconfomzhg pattern by younger sediments. 

formations that developed under very different environmental conditions 
(Figure 2.7). The rocks immediately below an unconformity are likely to 
be porous and permeable because an unconformity is a zone of erosion 
that is on top of a weathering zone where water is percolating through 
the rocks causing solution of some minerals and precipitation of others 
as cementing agents. This is especially true of carbonate formations 
underlying unconformities. In addition, the mixed debris deposited on 
top of an unconformity can form permeable conduits for migration of oil 
from source rocks to geologic traps [ 121. 

ORIGIN OF PETROLEUM 

The biogenic origin of petroleum is widely accepted on the basis 
of geochemical studies. Petroleum contains compounds that have 
characteristic chemical structures related to plants and animals such 
as porphyrins, isoprenoids, steranes, and many others. In addition, 
the source rocks where the precursors of petroleum were originally 
deposited are the fine-grained sediments that are deposited in shallow 
marine environments during the low-energy transgressive phases of geo- 
logic basin formation. Particulate organic matter is not much denser than 
water and, therefore, sedimentation along with clay and line carbonate 
precipitates will take place slowly in low-energy environment. Depletion 
of oxygen takes place in quiet water leading to an anaerobic condition 
and preservation of organic matter. Anaerobic bacteria tend to reduce 
organic compounds by removal of oxygen from the molecules in some 
cases, but they do not attack the carbon-to-carbon bond of hydrocarbons. 
The evidence for the origin of petroleum in low-energy, anaerobic 
environments is supported by the fact that in the opposite condition 
(high-energy, aerobic environments) aerobic bacteria decompose 
organic matter to carbon dioxide and water [9, 13, 141. 



ORIGIN OF PETROLEUM 47 

TRANSFORMATION OF ORGANICS INTO KEROGEN 

Organic materials from dead plants and animals are either consumed 
by living organisms or left to be decomposed by bacteria. If the orga- 
nic material remains in an oxygen-rich, aerobic environment, aerobic 
bacteria will decompose it to carbon dioxide and water. If the envi- 
ronment is anaerobic, the products of decomposition will be essentially 
compounds of carbon, hydrogen, and oxygen. The hydrocarbons of 
crude oils can originate from the fundamental biological molecules: 
proteins (amino acids), lipids (fats, waxes, and oils), carbohydrates 
(sugars and starches), and lignins (polymeric hydrocarbons related to 
cellulose) of plants. If these are preserved in a lowenergy environment 
free of oxygen, they can be mixed with the clays and precipitates that 
are forming the fine-grained sediments characteristic of the low-energy 
transgressive phase of basin formation. Therefore, to be preserved, this 
organic matter must be buried as it is supplied with fine-grained sedi- 
ments. The source rocks of petroleum are, therefore, those rocks formed 
from fine-grained sediments mixed with organic materials. Not all fine- 
grained sediments are source rocks for petroleum, which implies that 
a necessary criterion is the availability of abundant organic matter in an 
area of fine-grained deposition. This implies a sedimentary basin along a 
gentle continental slope and the presence of aquatic life (plankton, algae, 
etc.), in addition to copious terrestrial plant life. Land vertebrates are not 
a very likely source for organic matter in shallow marine sediments. 

Higher-order land plants contain abundant quantities of cellulose and 
lignin, yielding aromatic-type compounds with a low hydrogen-to-carbon 
ratio (1 .O-1.5). Marine algae contain proteins, lipids and carbohydrates; 
these are aliphatic in character with a high hydrogen-tocarbon ratio 
of 1.7- 1.9. ("he hydrogen-to-carbon ratios of specific compounds are: 
benzene-1 .O, cyclohexane-2.0, and n-pentane-2.4.) 

The organic materials, fine-grained sediments, and bacteria that are 
mixed together and deposited in the quiet, low-energy environments 
are not in thermodynamic equilibrium. The system approaches thermo- 
dynamic equilibrium during initial burial while it is undergoing diagenetic 
transformations. Inasmuch as burial is shallow during this stage, the 
temperature of the environment is low, and the sediment undergoes 
diagenetic changes slowly under mild conditions. The first 10 feet or 
so of sediment represents an interface where the biosphere passes into 
the geosphere. The residence time in this shallow sediment, before 
deeper burial, may range from 1,000 to 10,000 years. During this time, 
the organic matter is subjected to both microbial and chemical action 
that transforms it from the biopolymers (proteins, etc.) to more stable 
polycondensed compounds that are the precursors of kerogen. In time 
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the sediments are buried deeper, where the anaerobic environment 
prevails and where the organic matter continues to transform to more 
insoluble high-molecular-weight polymers due principally to the increase 
of pore fluid pressure and temperature. 

Anaerobic bacteria reduce sulfates to hydrogen sulfide and may 
remove oxygen from some low-molecular-weight organic compounds, 
but otherwise they add to the total biomass rather than depleting it, which 
occurs in the aerobic regions. Some organically produced compounds 
of calcium and silica dissolve in the water and later are precipitated 
with the mixture of clay minerals and organics as they reach saturation 
in the aqueous layer. The organic matter is gradually transformed into 
new polymeric organic compounds that eventually become kerogen. 
Considerable methane is formed and released-mixed with hydrogen 
sulfide-as marsh gas. Low-molecular-weight water-soluble compounds 
formed during diagenesis probably are lost to the interstitial water 
percolating upward, leaving behind a solid organic mass compacted into 
fine kerogen particles. 

TRANSFORMATION OF KEROGEN INTO OIL AND GAS 

Consecutive deposition of sediments in the basin leads to deeper 
burial reaching several thousand feet deep, which imposes an increase 
of temperature and pressure on the kerogen mixed with the fine-grained 
sediments. The increase of temperature with burial places the materials 
once more out of thermodynamic equilibrium, which induces further 
reactions and transformations (catagenetic stage). During catagenesis, 
the reactions are catalyzed to some extent by the inorganic matrix. While 
the organic material is undergoing major transformations, the sediments 
are being compacted with expulsion of water and decrease of porosity 
and permeability. The kerogen evolves through a liquid bitumen to 
liquid petroleum. If the petroleum remains in the compacted source 
rock undergoing deeper burial with continued heating, the kerogen is 
ultimately reduced to graphite and methane. 

The thermodynamic stability of the organic matter is never reached 
because of the gradual increase in temperature as burial proceeds. 
Chilingarian and Yen describe the approximate depths for the various 
diagenetic and catagenetic changes: 10-20 feet is the zone of change 
to humic materials; 20-1,500 feet is where the diagenetic changes 
take place; 1,500-6,000 feet is the zone of catagenetic changes and 
formation of oil from kerogen; and below 6,000 feet there is a zone 
of metagenesis where petroleum changes to graphite and methane 
(Figure 2.8) [15]. 
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Figure 2.8. Average relationship between porosity and depth of burial for shales, and 
the temperatures and depths for the genesis of oil and gas 1151. 

MIGRATION AND ACCUMULATION OF PETROLEUM 

The genesis of petroleum occurs in compacted clay and shale beds, 
which are essentially impermeable to fluid flow. Therefore, the processes 
by which hydrocarbons migrate from the source rock to a porous, 
permeable reservoir (called primary migration) are not completely 
understood. Numerous theories have been advanced to explain the 
processes. Possibly, several different mechanisms may be operative 
under different environmental and geological conditions. Some of 
these are: 

a. Transport in colloidal solutions as micelles. 
b. Transport as a continuous hydrocarbon phase. 
c. Buoyant movement of individual droplets. 
d. Solution of hydrocarbons in water moving out of the source rock. 
e. Transport by mechanical forces during clay diagenesis. 
f. Movement through microfractures in the source rock. 
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After leaving the source rock, the hydrocarbons migrate upward 
through permeable beds until they reach a sealed hydrocarbon trap 
where accumulation occurs forming a hydrocarbon reservoir. This 
process has been called the secondary migration, which is governed 
principally by buoyancy and hydrodynamic flow [9 ] .  

PRIMARY MIGRATION 

The geochemical evidence of the generation for petroleum shows 
that hydrocarbons do not generally originate in the structural and 
stratigraphic traps in which they are found. The petroleum reservoirs 
are porous, permeable geologic structures, whereas the source rocks 
have been identified as compacted, impermeable shales. Inasmuch as 
the source rocks are impermeable, the method of expulsion of oil from 
the shales where it is generated is not obvious. Considerable data on the 
expulsion of water from shale during compaction show that most of the 
pore water is squeezed out during burial before the temperature required 
for the generation of petroleum is attained (Figure 2.8). 

Compaction of sediments begins as soon as the sediments begin 
to accumulate. During original accumulation, the loose, fine-grained 
sediments contain more than 50% water. As they are buried deeper, 
due to subsidence and continued deposition of sediments on top, the 
interstitial water from the deeper sediments is expelled, resulting in 
a decrease in porosity and an increase in density. The material acquires 
cohesive strength as the grains are pressed together tightly. Chemical 
changes occurring in the interstitial fluids produce precipitates that 
cement the grains into an even more cohesive formation. 

The major oil generation occurs well below the depth at which 
compaction of the shale is almost complete. Consequently, the dis- 
placement of oil from most source rocks could not have taken place 
when the shales were being compacted [6]. Expulsion of oil during 
compaction may have taken place in a few isolated cases where rapid 
burial resulted in the development of abnormally high pore pressures 
or zones of abnormally high temperatures at shallow depths. Barker 
contends that petroleum may be expelled from the top and bottom of 
source rocks due to the pressure gradient that develops during deep 
burial 1161. After expulsion of the pore water, petroleum formed in 
the organically rich shale may form a continuous phase and move 
along a network of fine, thread-like channels under the applied physical 
stress 1131. 

Some clay minerals (smectites in general) contain bound water 
within the lattice structure of the clay particles. This bound water is 
expelled when the smectites are transformed to illite, which begins 
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at a temperature of about 200°F. This temperature is well within the 
temperature range for generation of petroleum and thus may assist in 
the primary migration of oil when smectites are present in the shale 
body [6]. 

SECONDARY MIGRATION 

Inasmuch as petroleum reservoirs exist in a water environment, the 
migration of hydrocarbons from the point of release from a source 
rock to the top of the trap is intimately associated with capillary 
pressure phenomena and hydrology. The pore size distributions, 
tortuosity of continuous channels, porosity, permeability, and chemical 
characteristics of reservoir rocks and their interstitial fluids differ widely. 
Nevertheless, because of the ubiquitous presence of water, capillarity, 
buoyancy, and hydrology apply in all cases [ 141. 

The migration of oil as distinct droplets in water-saturated rock is 
opposed by the capillary forces, which are functionally related to pore 
size, interfacial tension between oil and water, and adhesion of oil to 
mineral surfaces (wettability). This is expressed through a contact angle 
for a capillary of uniform size as: 

where: P, = capillary pressure, Pa. 
o = interfacial tension, (NX 10-3)/m. 
8 = contact angle. 
r, = radius of the capillary, m. 

The more usual case is one in which the oil droplet exists within 
the confines of a large pore containing several smaller-sized pore throat 
exits (Figure 2.9). Under these conditions, the pressure required to 
displace the droplet from the large pore through the constriction of 
a pore throat (the displacement pressure) is the difference between 
the capillary pressures of the leading (l) and trailing (t) pores [61: 

(2 .5)  

where: Pd = displacement pressure, Pa. 
61 = contact angle of the leading edge. 
et = contact angle of the trailing edge. 
rl = radius of the leading pore, m. 
rt = radius of the trailing pore, m. 
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Figure 2.9. Displacement of an oil droplet through a pore throat in a water-wet rock 

The two forces in a reservoir that are most likely to be operating on 
the droplet are buoyancy and hydrodynamic pressure, neither of which 
are normally sufficient to dislodge an isolated droplet of oil. 

The dispfacement pressure due to buoyancy is expressed as: 

where: Z, = height of the oil column. 
gc = gravitational constant, 9.81 m/s2 .  
pw = water density, kg/m3. 
po = oil density, kg/m3. 
Pd = displacement pressure, Pa. 

Since the combined buoyant and hydrodynamic pressure acting on 
an isolated droplet are insufficient to exceed the displacement pressure 
required by the capillary forces, isolated drops of oil cannot migrate 
under the influence of these forces alone [ 141. 

As the oil leaves the source rock under the forces of compaction, large 
saturations develop at the entry to the reservoir rock. The oil then begins 
to migrate upward as a continuous phase in long filaments within the 
pores. Under these circumstances, sufficient buoyant and hydrodynamic 
forces can develop to cause migration of the oil. 

It also has been suggested that oil migration may occur by molecular 
solution of oil in water that is in motion, or by colloidal soIution brought 
about by surfactants present in petroleum. Both theories have been 
challenged because the solubility of oil molecules in water is extremely 
low and the actual concentration of surfactant-type molecules in crude 
oils is very small [9, 171. Leaching of sand containing discrete droplets 



PROPERTIES OF SUBSURFACE FLUIDS 53 

of oil is possible, however, if the sand is flushed with large quantities of 
hot water. This process may help account for the oil-free sand found 
below many hydrocarbon-saturated reservoirs, given the enormous 
amount of geologic time accompanied by changes of temperature and 
diastrophism. 

Secondary migration of petroleum ends in the accumulation in a 
structural or stratigraphic trap, and sometimes in a trap that is a complex 
combination of the two. Levorsen observed that oil has been found 
in traps that were not developed until the Pleistocene Epoch, which 
implies that the minimum time for migration and accumulation is about 
one million years [18]. The hydrocarbons accumulate at the highest 
point of the trap and the fluids are stratified in accordance with their 
densities, which shows that individual hydrocarbon molecules are free 
to move within the reservoir. Inasmuch as the sedimentary rocks may 
have formed during the Cretaceous Period or earlier, it is entirely possible 
that the oil accumulation may have been disturbed by diastrophism, and 
many changes of temperature and pressure. The petroleum accumulation 
may (1) become exposed by an outcrop and develop an oil seep, or 
(2) become uplifted and eroded to form a tar pit. In addition, petroleum 
may be transported to another sedimentary sequence as a result of rapid 
erosion and clastic transport. Levorsen identifies this type of secondary 
accumulation as recycled oil, which should be low in paraffins because 
of attack by aerobic bacteria [MI. Thus, the geologic history of an oil 
reservoir may have been quite varied, and knowledge of the sedimentary 
history, origin, migration, and accumulation is valuable for the overall 
understanding of oil recovery processes and formation damage that may 
develop during production of the oil. 

The caprock, or oil trap seal, may not be absolutely impermeable 
to light hydrocarbons. The capillary pressure relationship of the rocks 
overlying the oil trap may form an effective vertical seal for liquid 
petroleum constituents (C5+ hydrocarbons), but the seal may not be 
completely effective in retaining lighter hydrocarbons. 

PROPERTIES OF SUBSURFACE FLUIDS 
A basic knowledge of the physics and chemistry of subsurface waters 

and petroleum is essential for petroleum engineers because many 
problems associated with exploration, formation damage or production 
problems, enhanced oil recovery, wettability, and others are directly 
associated with the physical and chemical behavior of subsurface waters 
and petroleum as a whole, or as groups of constituents such as paraffins, 
asphaltenes, etc. 
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HYDROSTATIC PRESSURE GRADIENT 

An important physical property of reservoir fluids is the density and its 
relationship to the hydrostatic gradient (the increase of the fluid pressure 
with increasing depth due to the increasing weight of the overlying fluid). 
Density measurements are made relative to the maximum density of 
water, which is 1 .O g/cm3 at 15°C (bo0@ and one atmosphere of pressure. 
When the specific weight (or mass) of any substance is divided by the 
specific weight (or mass) of an equal volume of water at 15OC and one 
atmosphere of pressure, the resulting dimensionless value is described 
as the specific gravity (SG) relative to water. The pressure gradient (Gp) 
of any fluid is determined from the specific gravity as follows: 

Gp = 1,000 kg/m3 x 9.81 m/sZ x yw 
= 9,SlOr, Pa/m ( 0 . 4 3 3 ~ ~  psi/ft) (2.7) 

where: yw = specific weight of water in kg/m3 (lb/ft3). 
The hydrostatic gradient of subsurface waters is greater than 9.81 kPa 

per meter of depth (0.433 psi/ft) because the brines contain dissolved 
solids that increase the density of the fluids. The gradient also is 
affected by the temperature and in some areas by dissolved gas, both of 
which decrease the hydrostatic pressure gradient. An average hydrostatic 
gradient of 10.53 kPa/m (0.465 psi/ft) generally is used in the literature 
for subsurface brines. This value corresponds to about 80,000 ppm of 
dissolved solids at 25OC (SG = 1.074). 

LITHOSTATIC PRESSURE GRADIENT 

The lithostatic pressure gradient is caused by the density of the rocks 
and is transmitted through the grain-to-grain contacts of successive layers 
of rocks. The lithostatic weight is, however, supported by the pressure of 
the subsurface fluids in the pore spaces. Thus, the overburden pressure 
is equal to the grain-to-grain lithostatic pressure plus the fluid pressure of 
the porous formation, yielding an average overburden pressure gradient 
of 22.7 kPa per meter of depth (1.0 psi/ft), which corresponds to an 
overall bulk specific gravity of the rocks plus the interstitial fluids equal 
to 2.31 (Figure 2.10): 

where: Pob = overburden pressure. 
p1 = lithostatic pressure. 
pf = fluid pressure. 
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Figure 2.10. Subsurface pressure gradients. 

When the hydrostatic pressure gradient for any region is approximately 
10.53 kPa per meter, it is known as the normal pressure gradient. 
Abnormal pressure gradients may be either abnormally low or abnormally 
high. Abnormally high hydrostatic pressure gradients of 21.5 kPa per 
meter (0.95 psi/ft) have been encountered, for example, in the geopres- 
sured/geothermal zones (1) along the Gulf Coast of the United States 
extending from New Orleans into Mexico, (2) the Niger delta, and 
(3) the North Sea [6, 181. Abnormally low pressures have been encoun- 
tered, for example, in some gas fields of Pennsylvania and the Morrow 
Formation in Northwest Oklahoma. 

GEOTHERMAL GRADIENT 

Heat rising from the mantle produces a heat flux in midcontinent 
regions ranging from 0.8 to 1.2 pcal/cm2-s (3.0 to 4.4 pBTU/ft2-s) 
measured at the surface, which results in a geothermal gradient, Gt [5]. 
The geothermal gradient varies at different areas on the globe depending 
on the annual mean surface temperature and the thermal conductivity of 
the subsurface formations, but an overall average temperature gradient 
Gt of 18.2"C/km (l.O°F/lOO ft) of depth has been recorded around the 
world. Using this average value and the region's mean annual surface 
temperature Ts, an estimate of subsurface formation temperatures Tf 
can be obtained as follows: 

When the bottomhole temperature Tf of a well is accurately measured, 
the local geothermal gradient Gt may be obtained from Equation 2.9 
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and used to estimate the temperature of formations at any other 
depth D. 

EXAMPLE 

The bottomhole temperature at 2.2km was found to be 70°C. 
The mean surface temperature for the region is 24°C. Determine the 
geothermal gradient Gt and a temperature of the formation at a depth of 
1,700 meters. 

SOLUTION 

Solving for Gt from Equation 2.9: 

70 - 24 
2.2 

- - = 20.9"C/km 

The formation temperature at D = 1.7 km is obtained from 
Equation 2.9: 

There are zones in various locations on the globe where the geothermal 
and geopressure gradients are abnormally high. Some areas in the United 
States where abnormally high pressures and temperatures have been 
reported are: Gulf Coast Basin post-Cretaceous sediments, Pennsylvanian 
Period sediments in the Anadarko Basin in Oklahoma, Devonian zone in 
the Williston Basin in North Dakota, and the Ventura area of California. 
Outside of the United States, geopressure/geothermal zones have been 
reported in many areas, e.g., the Arctic Islands, Africa (Algeria, Morocco, 
Mozambique, and Nigeria), Europe (Austria, the Carpathians, the Ural 
Mountains, Azerbaijan, and Russia), Far East (Burma, China, India, 
Indonesia, Japan, Malaysia, and New Guinea), Middle East (Iran, Iraq, 
and Pakistan), and South America (Argentina, Colombia, Trinidad, and 
Venezuela) [ 19,201. The pressure and temperature gradients range up to 
20 kPa/m (0.9 psi/ft) and 30°C/km (1.7"F/lOO ft), respectively, as shown 
in Figures 2.11 and 2.12. 

Many possible causes for the geopressured zones are presented 
in the literature. Fertl and Timko discussed 17 causes [21]. Among 
these are rapid sedimentation accompanied by contemporary faulting, 
which is apparently the greatest contributing cause of the abnormally 
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high pressures found in the Gulf Coast Basin of the United States. 
Undercompaction of the sediments can occur during rapid sedimentation 
and burial of sediments containing a large quantity of clay minerals. The 
complete expulsion of water does not occur, leaving the sediments 
as a loosely bound system of swollen clay particles with interlayer 
water. Continued sedimentary deposition caused a shear zone to develop 
by overloading the undercompacted shale. Expulsion of the water 
was accompanied by subsidence of blocks of sediments. Thus, the 
contemporaneous fault zone of the Gulf Basin is characterized by the 
cycle of deposition, temperature increase, expulsion of water, and sub- 
sidence of blocks of sediments. As the depth of burial continued, the 
increase in temperature induced dehydration of the clays within the 
buried zone and contributed to the shearing stresses. The transformation 
of montmorillonite to illite during diagenesis and catagenesis occurs 
between 150” and 250”F, releasing an amount of water equal to about half 
of the original volume, leading to undercompaction in the geopressured 
zone. When the fluid pressure exceeds the total overburden pressure, 
the faults act as “valves” for discharge of water upward into the 
hydropressured aquifers overlying the zone. As the pressure declines, the 
“valves” close until the pressure once more exceeds the total overburden 
pressure [22 ,  231. 

Another contributor to the fluid overpressure is the temperature 
increase that occurs within the geopressured zone. The overlying, 
normally pressured sediments that are well compacted possess a lower 
thermal conductivity and act as a “blanket,” decreasing the transfer 
of heat from the mantle. The heat trapped by the blanket above the 
geopressured zone produces an abnormally high temperature in the 
formation, which contributes another incremental pressure increase to 
the fluid [ 2 4 ] .  

Geopressured zones along the Gulf Coast generally occur at depths 
below 8,000 feet and require careful and expensive drilling technology 
whenever the zones are penetrated. The zones usually contain about 
3.6 cm3 of methane per m2 of brine (20 SCFhbl). 

OILFIELD WATERS 

The genesis of petroleum is intimately associated with shallow marine 
environments; hence, it is not surprising that water found associated 
with oil generally contains dissolved salts, especially sodium and calcium 
chlorides. Petroleum source rocks originally formed in lakes or streams, 
and the porous sediments that became today’s petroleum reservoirs 
could have acquired saline waters by later exposure to marine waters. 
Thus, the original waters present in the sediments when they were 
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developed may have been either fresh water or saline marine water. After 
the original deposition, however, the oilfield sedimentary formations 
have histories of subsidence, uplift, reburial, erosion, etc. Therefore, 
the chemistry of the original water may have been altered by meteoric 
water, marine water infiltration at a later time, changes of salt types and 
concentrations due to solution of minerals as subsurface waters moved 
in response to tectonic events, and precipitation of some salts that may 
have exceeded equilibrium concentration limits [ 2 5 ] .  

The origin of deep saline subsurface waters has not been completely 
explained. The most plausible explanation is that they were originally 
derived from seawater. If seawater is trapped in an enclosed basin, 
it will undergo evaporation, resulting in precipitation of the dissolved 
salts. The least soluble salts will precipitate first, leaving a concentrated 
brine deficient in some cations and anions when compared to seawater. 
The common order of evaporative deposition from seawater in a closed 
basin is: calcium carbonate (limestone) > calcium-magnesium carbonate 
(dolomite) > calcium sulfate (gypsum) > sodium chloride (halite) > 
potassium chloride (sylvite). Dolomite begins to precipitate when the 
removal of calcium from solution increases the Mg/Ca ratio. The residual 
brines (containing unprecipitated salts at any period) may migrate away 
from the basin and leave the evaporites behind, or they may become 
the interstitial water of sediments that are rapidly filling the basin [19]. 
In accumulating marine clastic sediments, aerobic bacteria consume the 
free oxygen in the interstitial waters and create an anaerobic environment 
in which the anaerobes become active and attack the sulfate ion, 
which is the second-most important anion in seawater. The sulfate 
is reduced by the bacteria to sulfide, which is liberated as hydrogen 
sulfide (marsh gas) [ 191. Thus, the composition of saline oilfield waters, 
or brines, is quite different from the average composition of seawater 
(Table 2.3). With the exception of sulfate, all of the ions in the Smackover 
Formation (carbonate) brine are enriched with respect to seawater. 
Several mechanisms of enrichment are possible: (1) the original seawater 
may have evaporated if it was trapped in a closed basin; (2) movement 
of the waters through beds of clay may have concentrated cations by 
acting like a semipermeable membrane allowing water to pass through, 
but excluding or retarding the passage of dissolved salts; and (3) mixing 
with other subsurface waters containing high salt concentrations. The 
content of alkali cations is many times greater in the oilfield brines than 
in the water that owes its salinity to the dissolution of salts from the earth, 
or to the infiltration of high-salinity waters from other sources. 

There are many reactions between the ions that can occur as 
the environmental conditions change with burial. Consequently, the 
composition of oilfield waters varies greatly from one reservoir 
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TABLE 2.3 

OILFIELD BRINE [19] 
AVERAGE COMPOSITION OF SEAWATER COMPARED TO SMACKOVER, ARKANSAS, 

Seawater Smackover brine 
Constituent (mg/L) (mg/L) 
Lithium 
Sodium 
Potassium 
Calcium 
Magnesium 
Strontium 
Barium 
Boron 
Copper 
Iron 
Manganese 
Chloride 
Bromide 
Iodide 
Sulfate 

0.2 
10,600 

380 
400 

1,300 
8 
0.03 
5 
0.003 
0.01 
0.002 

19,000 
65 

2,690 
0.05 

174 
67,000 
2,800 

35,000 
3,500 
1,900 

23 
130 

1 
41 
30 

172,000 
3,100 

25 
45 

to another. Commonly, the salinity (total amount of dissolved salts, or 
TDS) of petroleum-associated waters increases with depth (there are a 
few exceptions to this). The principal anions change in a characteristic 
manner as depth increases: (1) sulfate is the major anion in the 
near-surface waters; (2) below about 500 meters, bicarbonate may 
become the principal anion; and (3) in brines from deeper formations, 
chloride is the principal anion. The ratios of the cations also change with 
respect to depth. The Ca/Na ratio increases, whereas the Mg/Na ratio 
decreases [ 191. 

The concentrations of salts in formation waters are expressed as weight 
percent (wt%): milligrams per liter (mg/L) or parts per million (ppm). 
The quantities are related as follows: 1% = 10,000 ppm and mg/L = 
ppm/density . 

Where ionic reactions are involved, the contents of ions are expressed 
as milliequivalents per liter (meq/L). One meq of a cation reacts 
quantitatively with exactly one meq of an anion: 

valence 
molecular weight 

meq/L = (mg/L) x ( 2 .  10) 

The calcium and magnesium cation concentrations of subsurface 
waters are probably functions of the origin of the specific oilfield 
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water as well as its history of contact with infiltrating waters. These 
cations undergo reactions forming dolomite and enter into ion exchange 
reactions; consequently, they are normally found in lower concentrations 
than sodium cations. Other cations are present in concentrations less than 
100 mg/L [13]. 

Oilfield waters are frequently referred to as connate or interstitial 
water, which is found in small pores and between fine grains in water-wet 
rocks. As defined by Collins, the two terms are synonymous and they 
are indistinguishable as used in the petroleum literature [26]. “Connate” 
implies that the water is the original fossil water present in the rocks 
from the time of original deposition. One cannot be certain of this 
because the original water may have been displaced or mixed with 
other waters during the geologic history of the sedimentary formation. 
Collins considers connate water as fossil water that has not been in 
contact with water from other sources for a large part of its geologic 
history. 

Compressibility 

Compressibility of water is a function of the environmental pressure 
and temperature as shown in Figure 2.13 [27]. At any given pressure, 
the compressibility decreases as the temperature is increased from 
ambient, reaching a minimum compressibility at about 55°C. Then, 
the compressibility increases continuously with temperature increase. 
At any given temperature, the compressibility decreases as the 
pressure is increased. The isothermal compressibility (c,) is expressed 

4.0 - 
3.8 - 

d - 

0 
2.6 - 
2.4 1 I I 1 1  1 1  I 1 1 1  I 1 1  I I I I I 
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Figure 2.13. Compressibility of water as a function of temperature andpressure [27J 
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as follows: 

1 
CW (2.11) 

where V1 and V2 are the volumes at pressures p1 and p2. The ratio V2/V1 
is equivalent to the amount of water expansion as the pressure drops 
from p2 to p1. 

EXAMPLE 

The bottomhole temperature of a gas reservoir is 140°F. Calculate 
the amount of water expansion, per unit volume, that will occur when 
the pressure is decreased from 4,000 to 3,270 psi. 

From Figure 2.13, the estimated compressibility of water at the given 
reservoir conditions (i.e., at 4,000 psi) is 2.8 x 

V2/V1 = [l - (2.8 x 10-6)(3,270 - 4,OOO)I = 1.02 

psi-'. 

Water compressibility decreases when the water contains hydrocarbon 
gases in solution according to the following empirical equation [26,27]: 

cm = cw(l.O + 0.0088 x &) (2.12) 

where: cm = compressibility of water containing solution gas 
(l/kPa or l/psi). 

cw = compressibility of water. 
Rm = solubility of gas in water, m3 gas/m3 water (ft3/bbl). 

Gas Solubility 

The solubility of hydrocarbon gases in water at any given pressure does 
not change very much as the temperature is increased. The behavior is 
similar to compressibility because the solubility decreases slightly as the 
temperature is increased from ambient temperature reaching a minimum 
solubility at about (66°C) 150°F and then increasing continuously as the 
temperature is increased (Figure 2.14). On the other hand, pressure has 
a large influence. According to Figure 2.14, the solubility of natural gas 
in water at 500 psi and 150°F is about 4.1 ft3/bbl and at 2,000 psi and 
150°F the solubility increases to about 11.9 ft3hbl (2.1 m3 gas/m3). The 
solubility of gas in water also is influenced by the amount of dissolved 
salts. Increasing salinity decreases the solubility of hydrocarbon gases in 
water according to the following empirical relationship: 

RB = RW[l - X, x (ppm salts)(lO-')I (2.13) 
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P@re 2.14. Solubility of natural gas in water as a function of temperature and 
pressure [27J. 

TABLE 2.4 

OF THE SOLUBILITY OF HYDROCARBON GASES IN BRINE [ZZ] 
SALINITY CORRECTION FACTOR FOR ESTIMATION 

X, (salinity correction factor) T ("9  
75 100 
50 150 
44 200 
33 250 

where: Rwp = solubility of gas in pure water, m3/m3 (SCF/bbl). 
RB = soiubility of gas in brine, m3/m3 (SCFhbl). 
X, = salinity correction factor (Table '2.4). 

EXAMPLE 

Brine from a 7,000 feet deep reservoir in Kansas where the mean 
annual surface temperature is 70°F contains 80,000 ppm of total 



64 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

dissolved salts (TDS). If the reservoir pressure is 3,300 psi, estimate the 
solubility of hydrocarbon gas in the oilfield brine at reservoir conditions. 

Assume a geothermal gradient of 1°F/lOO feet of depth and use 
Equation 2.11 to estimate the reservoir temperature (Tf): 

Tf = 70 + 1.0(7,000/100) = 140°F 

Use Figure 2.14 to obtain the solubility of gas in pure water (Rwp = 
16 ft3/bbl). Then, extrapolate the salinity correction factor (X) to 140'F 
using Table 2.4 (X = 55). 

RB = 16[1 - 55(80,000 x lo-')] = 8.96 SCF/bbl 

Viscosity 

All fluids resist a change of form, and many solids exhibit a gradual yield 
in response to an applied force. The force acting on a fluid between two 
surfaces is called a shearing force because it tends to deform the fluid. The 
shearing force per unit area is the shear stress (2). The absolute viscosity 
is defined by: 

z = -p(dv/dx) (2.14) 

where: z = shear stress. 
p = absolute viscosity. 
v = fluid velocity. 
x = distance. 

Viscosity is reported in terms of several different units: Poise (c.g.s unit 
of absolute viscosity) = g/cm.s = 14.88 lbm/ft-s; Centipoise = 0.01 Poise; 
Stoke (c.g.s. kinematic viscosity) = g/[(cm-s)(g/cm3)]; Centistoke = 
0.01 Stoke; and Pascal-seconds (SI units) = 0.1 Poise. 

Figure 2.15 may be used to estimate the viscosity of oilfield waters 
as a function of salinity, temperature, and pressure. A separate chart 
(insert on Figure 2.15) is used to obtain a factor relating the viscosity to 
pressure. 

EXAMPLE 

Estimate the viscosity of a brine containing 12% salts that was obtained 
from a reservoir with a fluid pressure of 6,000 psi and temperature 
of 180°F. 

Obtain the pressure correction factor from the chart on Figure 2.15 
(pressure correction factor = 1.018). 
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Figure 2.15. Viscosity of water as a function of temperature, salinity, and 
pressure [22J 

Viscosity of 12% brine at 180°F and 14.7 psia = 0.48 cP. 
Viscosity at 180°F and 6,000 psia = (0.48)(1.018) = 0.49 cP. 

PETROLEUM 

Petroleum is a complex mixture containing thousands of different 
compounds, most of which are composed exclusively of hydrogen 
and carbon (hydrocarbons). Included in the mixture are compounds 
containing nitrogen, sulfur, oxygen, and metals compounds. In 1927, 
the American Petroleum Institute (MI) initiated Research Project 6, 
“The Separation, Identification, and Determination of the Chemical 
Constituents of Commercial Petroleum Fractions, ” which was designed 
to elucidate the structure of compounds in crude oil from the Ponca City 
oilfield, Oklahoma. By 1953, 130 hydrocarbons had been identified. The 
number of compounds clearly identified has increased greatly since then 
after introduction of gas chromatography and mass spectroscopy [ 131. 

The density and viscosity of hydrocarbon gases and liquids are very 
important physical quantities. They are used to characterize pure and 
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mixed hydrocarbons and to evaluate their fluid flow behavior in the 
reservoir. 

Gas Density 

The density of gases may be calculated from the equation of state for 
real gases (Equation 2.15), which is corrected for non-ideal behavior by 
a compressibility factor 2. The factor 2 is the ratio of the actual volume 
occupied by a real gas to the volume it would occupy if it behaved like 
an ideal gas where Z = 1.0: 

pV = ZmRT/M (2.15) 

or 

p = m/V = pM/ZRT (2.16) 

where: p = pressure, psi. 
v = volume, ft3. 
2 = real gas deviation factor. 
m = mass of gas, lb. 
R = gas constant (10.73 psi-ft3/lbrnol-"R). 
T = temperature, OR. 

M = molecular weight of the gas. 

Gravitational units are used because, to date, engineering charts in the 
United States have not been converted to SI units. 

The compressibility factor, or real gas deviation factor, is obtained 
from the reduced temperatures and pressures and the compressibility 
charts for pure and mixed gases (Figure 2.16). The reduced temperature 
and pressure are calculated from the gas pseudocritical temperatures and 
pressures as follows: 

where: Tpr and ppr = pseudo reduced temperature and pressure, 

Tpc and ppc = critical temperature and pressure, respectively 
respectively. 

(Table 2.5). 

Viscosity of Gases 

Gas viscosity varies with respect to temperature, pressure, and 
molecular weight. The exact mathematical relationships have not been 
developed; however, Carr et al. developed two charts that may be used 
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Figure 2.16. Real gas deviation factor as a function of pp. and Tpr. 

to estimate gas viscosities at various temperatures and pressures (Figures 
2.17 and 2.18) [30]. 

Oil Density 

The most commonly measured physical property of crude oils and its 
fractions is the API gravity. It is an arbitrary scale adopted for simplified 
measurement by hydrometers, because it enables a linear scale for gravity 
measurement. The "MI gravity is directly related to the specific gravity 
as follows: 

OAPI = (E) - 131.5 
SGGOOF 

(2.18) 



TABLE 2.5 
PHYSICAL PROPERTIES OF VARIOUS HYDROCARBONS AND ASSOCIATED COMPOUNDS [3 11 

kwmal Boiling Point liquid Gas Density at Critical Critical 
Molecular Density 60"F, 1 atm Temperature Pressure 

Constituent Weight "F "R (lb,/cu ft) (lb,/cu ft) ("R) ( P W  
~ 

Methane, CH4 
Ethane, C1& 
Propane, C3Hs 
iso-butane, C4H10 
n-butane, C4Hlo 
iso-pentane, C3H10 
n-pentane, C3H12 
n-hexane, C3H14 
n-heptane, C7H16 
n-octane, CsHls 
n-nonane, C9H20 
ndecane, C10H22 
Nitrogen, N2 
Air ( 0 2  + N2) 
Carbon dioxide, C 0 2  
Hydrogen sulfide, HzS 
Water 

~ 

16.04 
30.07 
44.09 
58.12 
58.12 
72.15 
72.15 
86.17 

100.20 
114.22 
128.25 
142.28 
28.02 
29 
44.01 
34.08 
18.02 

-258.7 
-127.5 
-43.8 

10.9 
31.1 
82.1 
96.9 

155.7 
209.2 
258.1 
303.3 
345.2 

-320.4 
-317.7 
-109.3 
-76.5 
212 

20 1 
332 
416 
47 1 
49 1 
542 
557 
61 5 
669 
718 
763 
805 
140 
142 
35 1 
383 
672 

18.72* 
23.34* 
3 1.68** 
35.14** 
36.47** 
38.99 
39.39 
41.43 
42.94 
44.10 
45.03 
45.81 
- 
- 
68.70 
87.73 
62.40 

0.04235 
0.07986 
0.1180 
0.1577 
0.1581 
- 

- 
0.0739 
0.0764 
0.117 
0.0904 

344 
550 
666 
735 
766 
830 
847 
914 
972 

1,025 
1,073 
1,115 

227 
239 
548 
673 

1,365 

673 
712 
617 
528 
551 
483 
485 
435 
397 
362 
335 
313 
492 
547 

1,073 
1,306 
3,206 

'Apparent density in liquid phase. 
**Density at saturation pressure. 
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Figure 2.17. Viscosity of gases at one atmosphere as a function of temperature (301. 

The "API gravity does not have a linear relationship to the physical 
properties of petroleum or its fractions; therefore, it is not a measure 
of the quality of petroleum. The measurements are important, however, 
because the "MI gravity is used with other parameters for correlation of 
physical properties. Also, the price of petroleum is commonly based on 
its API gravity. 

A comparison of API gravity and specific gravity is shown in Table 2.6. 
Specific gravity (SG) is the density of the fluid at any temperature 
and pressure divided by the density of water at GOOF and 14.7 psia 
(62.34 lbm/ft3; where lbm = pounds mass). Note that the API gravity 
is inversely proportional to the specific gravity and an OAPI gravity of 10 
degrees corresponds to the specific gravity of water at GOOF (SG = 1 .O). 

Oil Viscosity 

Two methods for measuring the viscosity of crude oils and their 
fractions that have received universal acceptance are: (1) the kine- 
matic viscosity measurement, which is obtained by timing the flow of 
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Figure 2.18. Viscosity ratio as a function of pseudo-reducedpressure BO]. 

TABLE 2.6 
COMPARISON OF API GRAVITY AND SPECIFIC GRAVITY AT 60°F 

AND 1 ATMOSPHERE PRESSURE [ 131 

API Gravity Fluid Type Specific Gravity 

-8 
-4 

0 
5 

10 
15 
20 
30 
40 
50 

Heavy oil and brine 
Heavy oil and brine 
Heavy oil and brine 
Heavy oil and brine 

Heavy oil and fresh water 
Heavy oil 
Heavy oil 
Light oil 
Light oil 

Condensate fluids 

1.1460 
1.1098 
1.0760 
1.0366 
1 .ooo 
0.9659 
0.9340 
0.8762 
0.8251 
0.7796 
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TABLE 2.7 
CONVERSION OF VISCOSITY MEASURED AS SAYBOLT UNIVERSAL SECONDS AT Two 

TEMPERATURES TO CENTISTOKES [32] 

Saybolt Seconds at  Saybolt Seconds at 
Centistokes 100°F 2 10°F Centistokes 100°F 2 10°F 

2 
3 
4 
5 
6 
7 
8 
9 

10 
12 
14 
16 
18 
20 
22 
24 
26 

32.6 
36.0 
39.1 
42.3 
45.5 
48.7 
52.0 
55.4 
58.8 
65.9 
73.4 
81.1 
89.2 
97.5 

106.0 
114.6 
123.3 

32.8 
36.3 
39.4 
42.6 
45.8 
49.0 
52.4 
55.8 
59.2 
66.4 
73.9 
81.7 
89.8 
98.2 

106.7 
115.4 
124.2 

28 
30 
32 
34 
36 
38 
40 
42 
44 
46 
48 
50 
60 
70 
80 
90 

100 

132.1 
140.9 
149.7 
158.7 
167.7 
176.7 
185.7 
194.7 
203.8 
213.0 
222.2 
231.4 
277.4 
323.4 
369.6 
415.8 
462.9 

133.0 
141.9 
150.8 
159.8 
168.9 
177.9 
187.0 
196.1 
205.2 
214.5 
223.8 
233.0 
279.3 
325.7 
372.2 
418.7 
465.2 

a measured quantity of oil through a glass capillary, yields the viscosity 
in centistokes, and (2) the Saybolt viscosity measurement which is the 
time (seconds) required for a standard sample of oil to flow through 
a standard orifice (ASTM Test D-88). The Saybolt Universal viscometer 
is used for refined oil fractions and lubricating oils, and the Saybolt 
Furol (“fuel and road oil”) viscometer is used for high-viscosity crude 
oils and fractions. (The Furol viscometer has a larger diameter orifice.) 
Results of the test are expressed in Saybolt or Furol seconds at a specified 
temperature. 

Tables 2.7 and 2.8 are used to convert from Saybolt seconds to 
centistokes. Absolute viscosity (centipoises) is obtained by multiplying 
centistokes by the density of the oil [ 3 2 ] .  

PETROLEUM CHEMISTRY 
Petroleums are frequently characterized by the relative amounts of four 

series of compounds. The members of each series are similar in chemical 
structure and properties. The four series (or classes of compounds) that 
are found in petroleums are: (1) the normal and branched alkane series 
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TABLE 2.8 

TO CENTISTOKES [32] 
CONVERSION OF VISCOSITY MEASURED AS FUROL SECONDS AT 122°F 

~~ 

Furol Seconds at Furol Seconds at  
Centistokes 122°F Cent istokes 122°F 

48 
50 
52 
54 
56 
58 
60 
62 
64 
66 
68 
70 
7 2  
74 
76 
78 
80 
82 
84 
86 
88 
90 
92 
94 
96 
98 

100 
105 
110 
115 
120 
125 
130 
135 

25.3 
26.1 
27.0 
27.9 
28.8 
29.7 
30.6 
31.5 
32.4 
33.3 
34.2 
35.1 
36.0 
36.9 
37.8 
38.7 
39.6 
40.5 
41.4 
42.3 
43.2 
44.1 
45.0 
45.9 
46.8 
47.7 
48.6 
50.9 
53.2 
55.5 
57.8 
60.1 
62.4 
64.7 

140 
145 
150 
155 
160 
165 
170 
175 
180 
185 
190 
195 
200 
210 
220 
230 
240 
250 
260 
270 
280 
290 
300 
310 
320 
330 
340 
350 
360 
370 
380 
390 
400 

67.0 
69.4 
71.7 
74.0 
76.3 
78.7 
81.0 
83.3 
85.6 
88.0 
90.3 
92.6 
95.0 
99.7 

104.3 
109.0 
113.7 
118.4 
123.0 
127.7 
132.4 
137.1 
141.8 
146.5 
151.2 
155.9 
160.6 
165.3 
170.0 
174.7 
179.4 
184.1 
188.8 

(paraffins), (2) cycloalkanes (naphthenes), (3) the aromatic series, and 
( 4 )  asphalts, asphaltenes, and resins (complex, high-molecular-weight 
polycyclic compounds containing nitrogen, sulfur, and oxygen atoms 
in their structures: the NSO compounds). The petroleums are generally 
classified as paraffinic, naphthenic, aromatic and asphaltic according to 
the relative amounts of any of the series [ 141. 
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HEAW. DEGRADED OILS: 
AROMATIC ARONAllC 

PHALTIC -NAPHTHENIC 

INTERMEDIATE 

PARAFFINIC 011 PARAFFINIC 
-NAPHTnENlC OILS 

HTHENIC OILS 

N+ISO-ALKANES 
(PARAFFINS) 

CYCLO-ALKANES 
(NAPHTHRIES) 

Figure 2.19. Terna y diagram for classi@ation of crude oils as either paraf$nic, 
naphthenic, or aromatic [14/. 

Tissot and Welte refined this classification further into six groups by 
adding intermediate types of oils using a ternary diagram Pigure 2.19) 
[ 141. According to this classification, an oil is considered aromatic if the 
total content of aromatics, asphaltenes, and resins is 50% or greater. 
Paraffinic oils contain at least 50% of saturated compounds, 40% of 
which are paraffins. Likewise, naphthenic oils are those composed 
of 50% or more saturated compounds, of which 40% or more are 
naphthenes. The gases and low-boiling point fractions of petroleum 
contain greater amounts of the low-molecular-weight alkanes. Inter- 
mediate boiling fractions contain greater amounts of the cyclic alkanes 
and aromatics, where the higher boiling point fractions (> 75OoF-399"C) 
are composed predominantly of the naphtheno-aromatics. Hunt presen- 
ted the composition of a crude oil, which is classified as naphthenic 
according to Figure 2.19, because the oil contains 49% naphthenes and 
the total amount of saturated hydrocarbons (paraffins and naphthenes) 
is 79% (Table 2.9) 1331. 

Also listed in the table are the molecular size ranges (number of carbon 
atoms per molecule) of average refinery fractions of this crude oil and the 
approximate weight percentages of each fraction that can be obtained 
from the naphthenic crude oil described above. 

The U.S. Bureau of Mines Research Center at Bartlesville, Oklahoma, 
standardized the classification of crude oils by distillation and character- 
ized a large number of oils from oilfields around the world. The distillation 
of a crude oil from the Oklahoma City oilfield is shown in Table 2.10. 
A liter of oil is placed in the flask and the temperature is raised gradually 
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TABLE 2.9 
COMPOSITION AND REFINERY FRACTIONS OF A NAPHTHENIC CRUDE OIL [33] 

Molecular Type Wt% Molecular Size Wt% 

Naphthenes 49 Gasoline (C4 - Clo) 31 
Paraffins 30 Kerosone (C11 - C12) 10 
Aromatics 15 Gas Oil (C13 - C20) 15 
AsphaltsBesins 6 Lubricating oil (C20 - Q9) 20 

Residium (C40+) 

TABLE 2.10 

PAUL-KUNE No. 1 
U.S. BUREAU OF MINES DISTILUTION METHOD FOR ANALYSIS OF CRUDE OIL, 

Oklahoma City Field Oklahoma 
Prue Sand Oklahoma County 
6,511-6,646 feet Sample 38005 1 IN-3N-Indian 

General Characteristics 
Specific gravity, 0.844 
Sulfur, percent, 0.16 
Saybolt Universal viscosity at 

A.P.I. gravity, 36.2" 
Color, brownish green 

77"F, 62 sec., at 100"F, 50 sec. 

Distillation, Bureau of Mines Hempel Method 
Distillation at atmospheric First drop 86'F 

pressure, 752 mm 

S.U. Cloud 
Fraction Sum SP. Gr. "A.P.I. visc. test 

No. A t  O F  Percent Percent 60160°F 60°F C.I. 100°F "F 
1 122 - - 
2 167 1.7 1.7 0.672 79.1 - 
3 212 3.0 4.7 .702 70.1 13 
4 257 4.9 9.6 .734 61.3 19 

6 347 4.7 19.0 ,772 51.8 23 
7 392 4.7 23.7 .787 48.3 23 
8 437 5.0 28.7 B O 1  45.2 24 
9 482 5.3 34.0 .815 42.1 26 

10 527 6.7 40.7 .829 39.2 28 

- - - 

5 302 4.7 14.3 .755 55.9 21 

Continued 
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TABLE 2.1 0 
(Continued) 

Distibtion continued at 40 mm 
11 392 3.6 44.3 0.844 36.2 31 41 10 
12 437 6.7 51.0 ,851 34.8 30 47 25 

14 527 6.3 63.2 .876 30.0 36 87 65 
15 572 5.6 68.8 384  28.6 37 150 80 

13 482 5.9 56.9 366 31.9 34 61 45 

Residium 28.6 97.4 .925 21.5 
Carbon residue of residium-4.2%; carbon residue of crude-l.2%. 

Approximate Study 
Light Gasoline Percent 4.7 Sp. Gr. 0.691 "A.P. 1. 73.3 Viscosity 

Total gasoline and 23.7 0.748 57.7 
naphtha 

Kerosene distillate 10.3 ,808 43.6 
Gas oil 15.0 .838 37.4 
Nonviscous 12.4 ,854-,878 34.2-29.7 50-100 

lubricating distillate 

distillate 

distillate 

Medium lubricating 7.4 .878-. 888 29.7-27.9 100-200 

Viscous lubricating - - - +lo0 

Residium 28.6 ,925 215 
Distillation loss 2.6 

while the volume percents of condensed vapors collected at specific 
temperatures are recorded. After reaching 275"C, the flask is placed 
under a vacuum of 40 mm Hg and the distillation is continued as shown 
in Table 2.10. 

Alkanes also are referred to as saturated hydrocarbons because the 
valence (or bonding capacity) of all of the carbon atoms is satisfied 
by hydrogen atoms (Figure 2.20). Each carbon atom is connected to  
another carbon atom by a single covalent bond, and the remaining 
bonding capacity is occupied by hydrogen atoms as illustrated for 
ethane, propane, butane, and pentane in Figure 2.20. Isomers are 
compounds that have the same atomic composition but differ in 
molecular structure and properties. There are three structurally different 
pentanes although they all have the same number of carbon and 
hydrogen atoms-n-pentane, iso-pentane and 2 ,Zdimethyl propane 
(Figure 2.21). The structural difference results in slight differences in 
chemical reactivity and physical properties as indicated by the difference 
of the boiling points of the three pentanes. As the number of carbon 
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Methane, CH4 

Ethane, C2H6 

Propane, C3H8 

Butane, C4HI0 

Pentane, C5H,2 

Ethene, C2H4 

I-Propene, C3H6 

Cyclopentone, C5HI0 

Methylcyclohexane, 

C7H14 

Benzene, C6H6 

CH4 
CH3CH3 

C H ~ C H Z C H J  

CH3(CH2)2CH3 

CH3(CH213CH3 

CH2:CHz 

CH2 :CHCH3 

A 
N 
M 

A 

0 

Figure 2.20. Chemical structure of a few important hydrocarbons found in many 
crude oils. 

atoms increases in a homologous series, the number of possible isomers 
also increases; for example, there are 18 isomers of octane (eight carbon 
atoms) and 75 isomers of decane (10 carbon atoms). Thus, a single 
homologous series of compounds exhibits enormous complexity. Even 
though crude oils from different locations may have the same “MI gravity 
and viscosity, they can vary widely with respect to chemical composition. 

The alkanes with twenty-five or more carbon atoms are solids at room 
temperature and are extracted from the crude oils to make industrial 
paraffin waxes. Crude oils containing these alkanes become cloudy when 
cooled. The temperature at which this occurs is called the cloud point and 
is used in refineries as a general indication of the abundance of paraffin 
waxes. The formation around the wellbore and production tubing must 
be cleaned periodically to remove precipitated high-molecular-weight 
alkanes which reduce the rate of production [34]. 
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n-PENTANE 

C5H12 H-C-C-C-C-C-H 
r r r r ?  

BP=36.07 ' C A H H H H  I I I I  

H H H $ I  
H-C-C-C -C  -H 

150-PENTANE 

2-METHYL BUTANE A I A A  
BP=27.85°C A 
'gH12 H-C-H 

H 

H-C-H ? 
2.2-DIMETHYLPROPANE 7 I H 

H-c-c-J-H 

C5H12 e l l s  
H-C-H 

H 

BP=9.SDC 

c c 7 7  3-METHYL-L-BUTENE 

'5 H1O H-C-C-CCIC-H 

BP=20.OOoC A I  
H-C-H 

H 

Figure 2.21. Chemical structure of hydrocarbons found in crude oils. 

Crude oils derived principally from terrestrial plant organic material 
contain high amounts of alkanes, whereas the oils generated from marine 
organic materials generally contain greater amounts of cyclic saturated 
and unsaturated compounds. If, after it has migrated from the source rock 
to an oil trap, a paraffinic oil is exposed to the percolation of meteoric 
water due to diastrophism, aerobic bacteria will remove the paraffins by 
gradual degradation to carboxylic acids and carbon dioxide [ 141. A crude 
oil that has been exposed to aerobic bacterial degradation will be chiefly 
composed of aromatics, asphalts, and resins. 

The cycloalkanes (naphthenes) are composed of carbon atoms bonded 
in a cyclic chain with the remaining valence satisfied by hydrogen 
atoms. Figure 2.22 shows the structure of cyclohexane and decalin, 
which, along with the methyl derivatives, are important constituents 
of petroleum. Tri-, tetra, and pentacycloalkanes are present in crude oils 
in smaller quantities than the mono- and dicycloalkanes. The naphthenes 
are important constituents of petroleum-derived commercial solvents. 

The series of compounds known as aromatics are composed of 
multiples of benzene, a six-membered carbon ring linked with alternate 
double and single bonds (Figure 2.23). Aromatic compounds occurring 
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H H  

I I CYCLOHEXANE 

c6 H12 
8P=80.74 OC 

I I 0 
H H  

H H H H  

BICYCLO DECANE 
(DECAL IN 1 
C10H18 
BP=195.65OC 

H H H H  

Figure 2.22. Chemical structure of cyclohexane and decaltn. 

BENZENE 

c6 H6 

BP=80.1 OC 

CH CH 
H C ~  C/\C H 

I II I 
c10 "8 c.k 
NAPHTHALENE 

HC,)ckC\ /CH 

BP=218OC 

CH 

Figure 2.23. Chemical stpchcre of several aromatic compounds found in m d e  oils. 

in petroleum contain side chains of various lengths. The asphalts and 
resins are composed of high-molecular-weight condensed ring structures 
containing aromatics, saturated ring compounds, and alkane side chains 
and are interspersed with nitrogen, sulfur and oxygen compounds [ 151. 
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CLAV-GEL EXTRACTION COLUMN 

GLASS WOOL PLUG 

Figure 2.24. Clay-gel column used for separation of resins, aromatics, andparaflns 
from crude oils 1351. 

The various homologous series discussed above may be readily 
separated by first diluting a sample of crude oil with pentane and then 
filtering. The asphaltenes are insoluble in pentane and can thus be 
removed and weighed. The diluted sample may then be percolated 
through a double column of active clay mineral on top of a column of 
silica gel, as shown in Figure 2.24, and eluted with pentane. The resins are 
adsorbed by the clay, whereas the paraffins and aromatics pass through 
the clay column. The aromatics are adsorbed by the silica gel column and 
the non-adsorbing paraffins are collected in the bottom flask. The resins 
and aromatics are removed from the clay and silica gel with a mixture 
of equal parts benzene and acetone, and can be obtained quantitatively 
by evaporation of the solvent [35] (Figure 2.25). A high-pressure liquid 
chromatograph (HPLC) also may be used to obtain the same fractions 
using less than one milliliter of sample. The response from the HPLC is 
shown in Figure 2.26. 

Organometallic compounds are usually associated with the resins 
because of their polar characteristics. Alkyl derivatives of nickel and 
vanadium porphyrins have been isolated from crude oils, especially the 
Boscan heavy oil from Venezuela. The porphyrins are characterized by 
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PRECIPITATE IN n-PENTANE 
I 

SATURATES 
AROMATICS 

CLAV-GEL 
ADSORPTION 
CHROMATOGRAPHY 

HIGH PRESSURE 
LlOUlD 
CHROMATOGRAPHY 

,+ SATURATES % +, AROMATICS % &+ 
Figure 2.25. Schematic diagram of the chromatographic separation procedures used 
for extraction of resins, aromatics, andparaflns from crude oils f35J. 

Q 

Figure 2.26. Typical response peaks for high pressure liquid chromatographic 
separation of parafJins, aromatics, and polar organic compounds from crude 
oils [35J. 
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H H H H  

Figure 2.27. Chemical structure of desoxophylloe y throetioporphyrin (uanadyl 
porphyrin). 

a tetrapyrolic nucleus, which also is the base structure of chlorophyll 
in plants and hemin in blood (Figure 2.27). The transformation of the 
natural compounds to porphyrins probably takes place only during 
sedimentation with replacement of the magnesium in chlorophyll and 
iron in hemin by vanadium or nickel. This stabilizes the molecule, 
insuring its preservation. Blumer and Snyder suggested that the 
precursors of the porphyrins are incorporated into kerogen and are later 
transformed to porphyrins during the various changes that take place as 
the kerogen-type organics change to crude oil [ 171. 

The alkenes are unsaturated hydrocarbons that contain double bonds 
between the carbons. Thus, the balance of the carbon atoms are 
not completely satisfied with hydrogen atoms. An example of this is 
1-propene, in which the second and third carbon atoms are joined by 
a double bond and the rest are single-bonded (Figure 2.20). 

Asphalt is a black colloidal solution composed of high-molecular-weight 
polynuclear aromatic compounds, high-molecular-weight unsaturated 
compounds, and heterogeneous hydrocarbons containing nitrogen, 
sulfur, oxygen, and metals in their structure. The heavy oils and 
bitumens generally contain more nitrogen, sulfur, oxygen, and metal 
compounds than do the light oils, and many oils contain free hydrogen 
sulfide gas. 

PROBLEMS 
1. Convection currents in the mantle are apparently responsible for 

the movements of continents. Explain the location (accumulation) 
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of continents and basins in response to rising and descending 
convection currents in the mantle. 

2. Calculate the seismic velocities through sandstone from the 
following data and compare them to the velocities in limestone. Why 
are the velocities different? 

B = 3.4 x iolo Pa; S = 3.1 x 10” Pa; p = 2.64 g/cm 3 

3 .  Explain the initial formation of the Appalachian mountain range. 
What were the geologic periods and estimated time when this began 
and reached its climax? 

4 .  If the relative radiocarbon content of the remains of a plant is 1/7, 
how long ago did the plant live? What geologic period and epoch 
was this? 

5. Define “craton.” Where are cratons located? 
6. Discuss transgressive and regressive periods of sedimentary 

deposition. Which period leads principally to the formation of 
hydrocarbon source rocks? Why? 

7. What are “clastics,” “granite wash,” “arkose,” and “graywacke”? 
What are some general locations of these types of rocks? 

8. Well logs of an area show that the temperature at the bottom of a 
3,140 meter deep well is 92°C. If the mean surface temperature is 
27”C, what is the geothermal gradient? 

9. The composition of a brine sample from a geopressured zone 
2,929 meters deep is listed below. Compare the brine sample analysis 
to that of seawater (Table 2.3)  and give a reasonable explanation 
for the differences. What is the TDS of the brine? 

Ion Concentration, ppm 

Naf 
Ca2+ 
Mg2+ 
K+ 
Ba2+ 
c1- 
HCO- 
so- 
Br- 
1- 

29,400 
2,662 
1,011 

172 
5 

46,618 
714  
60 
40 
23 

10. The Saybolt viscosity of an oil is 117 seconds at 100OC. What is the 
viscosity in centipoises if the oil density is 0.885 g/cm3? 
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11. Show the chemical structures of the following compounds: iso- 
propane, 1-methyl-2-ethyl cyclohexane, para-xylene, and anthracene. 

NOMENCLATURE 
water FVF 
water compressibility 
compressibility of water with solution gas 
radioactive decay constant 
depth 
salinity correction factor 
gravitational constant 
geothermal gradient 
pressure gradient 
shear modulus 
height of oil column 
permeability 
bulk modulus 
mass of gas (grams or lbm) 
molecular weight 
moles 
original amount of parent element 
amount of daughter isotope currently present 
nitrogen, sulfur and oxygen 
pressure 
displacement pressure 
fluid pressure 
overburden pressure 
lithostatic pressure 
pseudocritical pressure 
pseudoreduced pressure 
capillary pressure 
radius 
radius of a capillary 
universal gas constant 
solubility of gas in brine 
solubility of gas in pure water 
solubility of gas in water 
specific gravity 
standard cubic feet 
time 
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half-life of parent element 
temperature 
formation temperature 
pseudo-critical temperature 
pseudo-reduced temperature 
reservoir temperature 
surface temperature 
total dissolved solids 
velocity 
volume 
Cartesian distance coordinate 
valence 
real gas deviation factor 
height of a column of oil 

GREEK SYMBOLS 

SUBSCRIPTS 

C 

d 
f 
h 
1 

ob 
S 

t 
V 

W 

0 

1 2  

specific weight, lb/ft3 
contact angle 
viscosity 
gas viscosity at atmospheric pressure 
viscosity at reservoir temperature and atmospheric pressure 
density 
oil density 
water density 
interfacial tension 
shear stress 

compressional wave 
displacement 
fluid 
horizontal 
leading pore or edge 
oil 
overburden 
shear wave 
trailing pore or edge 
vertical 
water 
reservoir zones 
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C H A P T E R  3 

POROSITY AND 
P E RM EAB I LITY 

The nature of reservoir rocks containing oil and gas dictates the 
quantities of fluids trapped within the void space of these rocks, the 
ability of these fluids to flow through the rocks, and other related physical 
properties. The measure of the void space is defined as the porosity 
of the rock, and the measure of the ability of the rock to transmit 
fluids is called the permeability. A knowledge of these two properties 
is essential before questions concerning types of fluids, amount of 
fluids, rates of fluid flow, and fluid recovery estimates can be answered. 
Methods for measuring porosity and permeability have comprised much 
of the technical literature of the oil industry. Other reservoir properties 
of importance include the texture, the resistivity of the rock and its 
contained fluids to electrical current, the water content as a function 
of capillary pressure, and the tortuous nature of the interstices or pore 
channels. 

The texture of sedimentary rocks is determined largely by grain 
shape and roundness, grain size and sorting, grain orientation and 
packing, and chemical composition. A specific combination of these 
variables may reveal information about diagenetic and catagenetic 
processes and mechanisms operating during transportation, deposition, 
and compaction and deformation of sedimentary materials. In some 
cases, texture may yield some information about formation permeability 
and porosity. For example, fine-grained sandstones with poorly sorted 
angular grains will generally have lower porosity than sandstones 
composed of coarse, well-sorted grains. Variation in permeability may be 
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predicted from variation in grain size and shape, and from distribution of 
pore channels in the rock. 

The resistivity of any formation to the electrical current flow is a 
function of the amount of water in that formation and the resistivity of the 
water itself. The rock grains and hydrocarbons are normally insulators. 
Changes in water saturation combined with changes in the resistivity of 
the fluids filling the pores create resistivity profiles in well logs. These 
profiles help locate hydrocarbon-bearing formations. 

POROSITY 
Sand grains and particles of carbonate materials that make up sandstone 

and limestone reservoirs usually never fit together perfectly due to the 
high degree of irregularity in shape. The void space created throughout 
the beds between grains, called pore space or interstice, is occupied by 
fluids (liquids and/or gases). The porosity of a reservoir rock is defined as 
that fraction of the bulk volume of the reservoir that is not occupied by the 
solid framework of the reservoir. This can be expressed in mathematical 
form as: 

where: 

41 = porosity, fraction. 
Vb = bulk volume of the reservoir rock. 
Vgr = grain volume. 
Vp = pore volume. 

According to this definition, the porosity of porous materials could 
have any value, but the porosity of most sedimentary rocks is generally 
lower than 50%. 

EXAMPLE 

A clean and dry core sample weighing 425 g was 100% saturated with a 
1.07 specific gravity (y) brine. The new weight is 453 g. The core sample 
is 12 cm long and 4 cm in diameter. Calculate the porosity of the rock 
sample. 
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SOLUTION 

The bulk volume of the core sample is: 

The pore volume is: 

v, = - 1 (V,,t - Vdq) = 453 - 425 = 26.17 cm3 
1.07 Y 

Using Equation 3.1,  the porosity of the core is: 

@ = 3 = 26.17 = 0.173 or 17.3% 
vb 150.80 

FACTORS GOVERNING THE MAGNITUDE OF POROSITY 

In an effort to determine approximate limits of porosity values, Fraser 
and Graton determined the porosity of various packing arrangements of 
uniform spheres [l] .  They have shown that the cubic, or wide-packed 
system, has a porosity of 47.6% and the rhombohedral, or close-packed 
system, has a porosity of 25.9%. The porosity for such a system is 
independent of the grain size (sphere diameter). However, if smaller 
spheres are mixed among the spheres of either system, the ratio of pore 
space to the solid framework becomes lower and porosity is reduced [ 21. 
Figure 3.1 shows a three-grain-size cubic packing. The porosity of this 
cubic packing is now approximately 26.5%. 

The porosities of petroleum reservoirs range from 5% to 40% but 
most frequently are between 10% and 20%. The factors governing the 
magnitude of porosity in clastic sediments are: 

(a) Uniformity of groin size: Uniformity or sorting is the gradation of 
grains. If small particles of silt or clay are mixed with larger sand grains, 
the effective (intercommunicating) porosity will be considerably reduced 
as shown in Figure 3.1. These reservoirs are referred to as dirty or shaly. 
Sorting depends on at least four major factors: size range of material, 
type of deposition, current characteristics, and the duration of the 
sedimentary process. 

(b) Degree of cementation or consolidation: The highly cemented sand 
stones have low porosities, whereas the soft, unconsolidated rocks 
have high porosities. Cementation takes place both at the time of 



90 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

A 
Figure 3.1. Collection of (a) different sized and shaped sand grains and (b) spheres 
illustrating a cubic packing of three grain sizes. 

lithification and during rock alteration by circulating groundwater. 
The process is essentially that of filling void spaces with mineral material, 
which reduce porosity. Cementing materials include: calcium carbonate, 
magnesium carbonate, iron carbonate, iron sulfides, limonite, hematite, 
dolomite calcium sulphate, clays, and many other materials including any 
combination of these materials. 

(c) Amount of compaction during and after deposition: Compaction tends 
to lose voids and squeeze fluid out to bring the mineral particles 
close together, especially the finer-grained sedimentary rocks. This 
expulsion of fluids by compaction at an increased temperature is the 
basic mechanism for primary migration of petroleum from the source to 
reservoir rocks. Whereas compaction is an important lithifying process 
in claystones, shales, and fine-grained carbonate rocks, it is negligible 
in closely packed sandstones or conglomerates. Generally, porosity 
is lower in deeper, older rocks, but exceptions to this basic trend 
are common. Many carbonate rocks show little evidence of physical 
compaction. 

(d) Methods of packing: With increasing overburden pressure, poorly 
sorted angular sand grains show a progressive change from random 
packing to a closer packing. Some crushing and plastic deformation of 
the sand particles occur. 
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ENGINEERING CLASSIFICATION OF POROSITY 

During sedimentation and lithification, some of the pore spaces 
initially developed became isolated from the other pore spaces by 
various diagenetic and catagenetic processes such as cementation and 
compaction. Thus, many of the pores will be interconnected, whereas 
others will be completely isolated. This leads to two distinct categories 
of porosity, namely, total (absolute) and effective, depending upon 
which pore spaces are measured in determining the volume of these 
pore spaces. The difference between the total and effective porosities is 
the isolated or non-effective porosity. Absolute porosities is the ratio of 
the total void space in the sample to the bulk volume of that sample, 
regardless of whether or not those void spaces are interconnected. 
A rock may have considerable absolute porosity and yet have no fluid 
conductivity for lack of pore interconnections. Examples of this are lava, 
pumice stone, and other rocks with vesicular porosity. 

Effective porosity is affected by a number of lithological factors 
including the type, content, and hydration of the clays present in the 
rock, the heterogeneity of grain sizes, the packing and cementation of 
the grains, and any weathering and leaching that may have affected the 
rock. Many of the pores may be dead-ends with only one entry to the 
main pore channel system. Depending on wettability, these dead-end 
pores may be filled with water or oil, which are irreducible fluids. 
Experimental techniques for measuring porosity must take these facts 
into consideration. 

In order to recover oil and gas from reservoirs, the hydrocarbons 
must flow several hundred feet through the pore channels in the rock 
before they reach the producing wellbore. If the petroleum occupies 
non-connected void spaces, it cannot be produced and is of little interest 
to the petroleum engineer. Therefore, effective porosity is the value used 
in all reservoir engineering calculations. 

GEOLOGICAL CLASSIFICATION OF POROSITY 

As sediments were deposited in geologically ancient seas, the first fluid 
that filled pore spaces in sand beds was seawater, generally referred to as 
connate water. A common method of classlfying porosity of petroleum 
reservoirs is based on whether pore spaces in which oil and gas are 
found originated when the sand beds were laid down (primary or 
matrix porosity), or if they were formed through subsequent diagenesis 
(e.g., dolomitization in carbonate rocks), catagenesis, earth stresses, 
and solution by water flowing through the rock (secondary or induced 
porosity). The following general classification of porosity, adapted from 
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Ellison, is based on the time of origin, mode of origin, and distribution 
relationships of pores spaces [ 3 ] .  

Primary Porosity 

1. Intercrystalline: voids between cleavage planes of crystals, voids 
between individual crystals, and voids in crystal lattices. Many of 
these voids are sub-capillary, i.e., pores less than 0.002 mm in 
diameter. The porosity found in crystal lattices and between mud-sized 
particles has been called “micro-porosity” by Pittman, as shown in 
Figure 3.2 [ 4 ] .  Unusually high recovery of water in some productive 
carbonate reservoirs may be due to the presence of large quantities of 
microporosity . 

2. Intergranular or interparticle: voids between grains, i.e., interstitial 
voids of all kinds in all types of rocks. These openings range from 
sub-capillary through super-capillary size (voids greater than 0.5 mm in 
diameter). 

3. Beddingplanes: voids of many varieties are concentrated parallel to 
bedding planes. The larger geometry of many petroleum reservoirs is 
controlled by such bedding planes. Differences of sediments deposited, 
of particle sizes and arrangements, and of the environments of deposition 
are causes of bedding plane voids. 

4. Miscellaneous sedimentary voids: (1) voids resulting from the 
accumulation of detrital fragments of fossils, (2) voids resulting from 
the packing of oolites, (3) vuggy and cavernous voids of irregular and 
variable sizes for at the time of deposition, and (4) voids created by living 
organisms at the time of deposition. 

_--- _ _ _ - - -  
Fi#yre 3.2. Types of porosity found in sandstone reservoirs (courtesy of Core 
Laboratories). 
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Secondary Porosity 

Secondary porosity is the result of geological processes (diagenesis 
and catagenesis) after the deposition of sediment. The magnitude, shape, 
size, and interconnection of the pores may have no direct relation to 
the form of original sedimentary particles. Induced porosity can be 
subdivided into three groups based on the most dominant geological 
process: 

1. Solutionporosity: channels due to the solution of rocks by circulating 
warm or hot solutions; openings caused by weathering, such as enlarged 
joints and solution caverns; and voids caused by organisms and later 
enlarged by solution. 

2.  Dolomitization: a process by which limestone is transformed into 
dolomite according to the following chemical reaction: 

limestone dolomite 

2CaCo~ + Mg2+ -+ CaMg(Co3) + Ca2+ 
( 3 . 2 )  

Some carbonates are almost pure limestones, and if the circulating pore 
water contains significant amounts of magnesium cation, the calcium 
in the rock can be exchanged for magnesium in the solution. Because 
the ionic volume of magnesium is considerably smaller than that of the 
calcium, which it replaces, the resulting dolomite will have greater 
porosity. Complete replacement of calcium by magnesium can result 
in a 12-13% increase in porosity [5,6].  

3. Fracture porosity: openings created by structural failure of the 
reservoir rocks under tension caused by tectonic activities such as folding 
and faulting. These openings include joints, fissures, and fractures. In 
some reservoir rocks, such as the Ellenburger carbonate fields of West 
Texas, fracture porosity is important. Porosity due to fractures alone in 
the carbonates usually does not exceed 1% [ 7 ] .  

4. Miscellaneous secondary voids: (1) saddle reefs, which are openings 
at the crests of closely folded narrow anticlines; (2) pitches and flats, 
which are openings formed by the parting of beds under gentle slumping; 
and (3) voids caused by submarine slide breccias and conglomerates 
resulting from gravity movement of seafloor material after partial 
lithification. 

In carbonate reservoirs, secondary porosity is much more 
important than primary porosity: Dolomites comprise nearly 80% 
of North American hydrocarbon reservoirs [6]. Primary porosity is 
dominant in clastic-also called detrital or fragmental-sedimentary rocks 
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such as sandstones, conglomerates, and certain oolitic limestones [7]. 
However, it is important to emphasize that both types of porosity often 
occur in the same reservoir rock. 

VISUAL DESCRIPTION OF POROSITY IN CARBONATE ROCKS 

The role played by the visual description of pore space in carbonate 
rocks has changed considerably since the development of a method 
for classrfying carbonate reservoir rocks in 1952 by Archie [SI. The 
development of well logging technology has provided the petroleum 
industry with effective and direct methods to measure the in-situ 
porosity of a formation. The visual description of the pore geometry, 
however, is still needed to estimate the effects of (1) the grain 
size; (2) the amount of interparticle porosity; (3) the amount of 
unconnected vugs; (4) the presence of fractures and cavities; and ( 5 )  the 
presence or absence of connected vugs on the porosity-permeability 
relationship and other petrophysical parameters of naturally fractured 
reservoirs. Lucia presented field classification of carbonate rock pore 
space based on the visual description of petrophysical parameters of 
a large number of samples [9]. He also discussed basic geological 
characteristics necessary for the visual estimation of particle size and 
recognition of interparticle pore space, and connected and unconnected 
vugs. 

Figure 3.3 shows two common types of particle sizes based on 
artificially prepared samples containing various kinds of carbonate 
particles: large sand sized particles such as those found in packstone 
or grainstone deposits, small silt-to-clay-sized particles such as mudstone 
or wackestone [9]. The particle size of primary interest is that of the 
supporting framework because interparticle porosity of the matrix rock is 
controlled by the size of the particles. The concept of support in defining 
particle size in dolomites is illustrated in Figure 3.4 [9]. If the dolomite 
crystals form a continuous, supporting network, their size controls the 
connected pore size. The dolomite crystal size is of primary interest when 
it is the same or larger than the sediment particle size, such as observed 
in dolomitized limestone or wackestone rocks. However, the sediment 
particle size becomes of primary interest if the sediment particle size is 
larger than the dolomite crystal size, as is usually the case in dolomitized 
grainstones or packstones [9] .  

Recognition of intergranular porosity depends on the size and shape of 
grains in the rock matrix. In coarsely grained rocks, the intergranular pore 
space may be identified with the naked eye. In finely grained limestones 
or dolomites, for example, the intergranular pores are more difficult 
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Figure 3.3. Mud and grain support in depositional fabric [9]. 

Figure 3.4. Fine and medium cvstal support in dolomites [9]. 

to identify, and Scanning Electron Microscopy (SEM) and petrographic 
techniques are necessary to observe this porosity. 

Visual recognition of unconnected vug porosity depends on the 
granular texture of the rock and origin of the vugs. Intrafossil, shelter, 
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and fenestral porosity, as well as leached grains and leached anhydrite 
crystals, are unconnected vug types. Vugs and cavities can be connected 
by intergranular pore channels or by fractures. Visual evaluation of 
fracture-connected porosities in core samples is complicated by the 
possibility of fractures induced by the coring operations [lo]. Based 
on these observations, Lucia proposed a field classification of carbonate 
porosity as follows [9]: (1) for fine particle size (d, less than 20 pm), 
the displacement pressure, PD, is greater than 70 psia; (2) for medium 
particle size (20 .c d, .c 100 pm), the PD is in the range of 15-70 psia; 
(3) for large grains (d, > 100 pm), the displacement pressure is 
less than 15 psia. The term PD is the extrapolated displacement 
pressure, which is determined from the mercury capillary-pressure 
curves discussed in Chapter 5. Figure 3.5 shows the relationship 
between PD and the average grain size as a function of the intergranular 
porosity for nonvuggy rocks with permeability greater than 0.1 mD. 
This relationship is the basis for dividing particle size into the three 
groups. 

FLUID SATURATION 

The porosity of a reservoir rock is very important because it is a 
measure of the ability of that rock to store fluids (oil, gas, and water). 

018 

04 16 21 
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Figure 3.5. Relationsbip between displacement pressure and particle size for 
nonvuggy rock, with k>O.1 mD [9J 
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Equally important the relative extent to which the pores of the rock 
are filled with specific fluids. This property is called fluid saturation 
and is expressed as the fraction, or percent, of the total pore volume 
occupied by the oil, gas, or water. Thus, for instance, the oil saturation 
So is equal to: 

Volume of oil in the rock, V, 
Total pore volume of the rock, Vp 

so = 

Similar expressions can be written for gas and water. It is evident that: 

so + s, + sw = 1 (3.3) 

and: 

vo+v!g+vw 'VP (3.4) 

Ideally, because of the difference in fluid densities, a petroleum reservoir 
is formed in such a way that, from top to bottom of the sand bed 
there will be gas, oil and water. Connate water, however, is nearly 
always found throughout the petroleum reservoir. Connate water is 
the seawater trapped in porous spaces of the sediments during their 
deposition and lithification, long before the oil migrated into the reservoir 
rock. In addition to density, wettability and interfacial tension combine 
to alter the manner in which the three fluids are distributed in the 
reservoir. 

The amount of connate water present in the porous space varies 
from 100% below the oil zone to theoretically zero at heights above 
the free water level. However, in practical cases a nearly constant 
content of irreducible connate water (Si,) exists above the transition 
zone. The magnitude of Si, and height of the transition zone depend 
on the pore size and texture. High Siw values are indicative of small 
pore sizes. The transition zone corresponds to the zone of varying 
water saturation. Wells completed within this zone will produce 
hydrocarbons and water, and wells completed above this zone, i.e., 
within the zone of irreducible water saturation, will produce only 
hydrocarbons [ 111. 

QUANTITATIVE USE OF POROSITY 

One of the simplest methods of calculating reservoir oil content is 
called the volumetric method. The mathematical expression for the 
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initial oil-in-place (N in bbl) by this method is: 

(3.5) 

where: 

As = surface area of the reservoir, acres. 
h = thickness of the formation, ft. 
@ = porosity, fraction. 
Soi = initial oil saturation, fraction. 

Equation 3.5 gives the volume of oil contained in the porous rock at 
reservoir conditions of pressure and temperature. However, the surface 
or “stock tank” oil as finally sold by the producer is different from 
the liquid volume that existed underground. The difference is due to 
the changes in the oil properties as the pressure is decreased from 
high underground pressure and temperature to surface pressure and 
temperature. This reduction in p and T causes some of the volatile 
components to come out of solution (evaporate), causing the liquid 
volume to shrink. This reduction in volume is expressed by the oil 
formation volume factor, Bo. Thus, the stock tank oil initially in 
place is: 

(3.6) 

where Boi is in reservoir barrels per stock tank barrel or bbVSTB. In 
this equation, Soi is replaced by (1 - Si,), where Si, is the irreducible 
or connate water saturation. This implies that no free gas is present in 
the pore space. Because no petroleum reservoir is homogenous, the 
factors A,, h, @, and Si,, must be averaged. The constant 7,758 becomes 
10,000 if A,, h are expressed in hectares (1 hectare = 10,000 m2) and m, 
respectively, and N in m3. 

EXAMPLE 

Calculate the initial oil-in-place (N) of an oil reservoir ifA = 1,600 acres, 
h = 32 ft, @ = 22%, Si, = 20%, and Boi = 1.23 bbl/STB. 

SOLUTION 

Using Equation 3.6, we have: 

N = 7,758(1,600)(32)(0.22)(1 - 0.20)/1.23 = 56.8 x lo6 STB 



POROSITY 99 

An expression similar to Equation 3.6 may be derived for estimating the 
initial gas-in-place. In this case it is convenient to express the gas volume 
in cubic feet. At standard conditions-is., P,, = 14.7 psia and T,, = 6O"F, 
the initial gas-in-place in a volumetric reservoir is given by: 

(3.7) 

where Bgi, the initial gas formation volume factor in ft3/SCF, is calculated 
from: 

(3 .8)  

The initial gas deviation (also called compressibility) factor, zi, is 
calculated at the initial pressure pi of the gas reservoir. This factor 
accounts for the difference between the actual and ideal gas volumes. 
The reservoir temperature T is in degree Rankin (OR).  

EXAMPLE 

A volumetric gas reservoir has the following characteristics: 

A = 1,320 acres 

h = 4 5 f t  
@ = 0.175 
Si, = 0.23 

T = 200°F 

Pi = 4,000 psia 

zi = 0.916 

SOLUTION 

The initial gas formation volume factor is: 

0.916(460 + 200) f t 3  
Bgi = 0.02829 = 0.004276- 

4,000 SCF 

The initial gas in place is: 

(1,320)(45)(0.175)( 1 - 0.23) 
G = 43,560 = 81.539 x lo9 SCF 0.004276 



100 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

PERMEABILITY 
In addition to being porous, a reservoir rock must have the ability 

to allow petroleum fluids to flow through its interconnected pores. 
The rock’s ability to conduct fluids is termed as permeability. This 
indicates that non-porous rocks have no permeability. The permeability 
of a rock depends on its effective porosity, consequently, it is affected 
by the rock grain size, grain shape, grain size distribution (sorting), 
grain packing, and the degree of consolidation and cementation. 
The type of clay or cementing material between sand grains also 
affects permeability, especially where fresh water is present. Some 
clays, particularly smectites (bentonites) and montmorillonites swell in 
fresh water and have tendency to partially or completely block the pore 
spaces. 

French engineer Henry Darcy developed a fluid flow equation that 
since has become one of the standard mathematical tools of the 
petroleum engineer [ 121. This equation is expressed in differential form 
as follows: 

where: 

u = fluid velocity, cm/s. 
q = flow rate cm3/s. 
k = permeability of the porous rock, Darcy (0.986923 pm’). 
& = cross-sectional area of the rock, cm’. 
p = viscosity of the fluid, centipoises (cP). 
1 = length of the rock sample, cm. 

3 = pressure gradient in the direction of the flow, atm/cm. 
dl 

One Darcy is relatively high permeability. The permeability of most 
petroleum reservoir rocks is less than one Darcy. Thus a smaller unit 
of permeability, the millidarcy (mD), is widely used in the oil and 
gas industry. In SI units, the square micrometer (pm2) is used instead 
of m2. 

The permeability, k, in Equation 3.9 is termed the “absolute” 
permeability if the rock is 100% saturated with a single fluid (or phase), 
such as oil, gas, or water. In presence of more than one fluid, permeability 
is called the “effective” permeability (b, k,, or k, being oil, gas, or water 
effective permeability respectively). Reservoir fluids interface with each 
other during their movement through the porous channels of the rock; 
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consequently, the sum of the effective permeabilities of all the phases 
will always be less than the absolute permeability. 

In presence of more than one fluid in the rock, the ratio of effective 
permeability of any phase to the absolute permeability of the rock is 
known as the "relative" permeability (kr) of that phase. For example, 
the relative permeability of the oil, gas, and water would be kro = k&, 
krg = k,,, km = k,/k respectively. 

CLASSIFICATION OF PERMEABILIN 

Petroleum reservoirs can have primary permeability, which is also 
known as the matrix permeability, and secondary permeability. Matrix 
permeability originated at the time of deposition and lithification 
(hardening) of sedimentary rocks. Secondary permeability resulted from 
the alteration of the rock matrix by compaction, cementation, fracturing, 
and solution. 

Whereas compaction and cementation generally reduce the 
permeability, as shown in Figure 3.6, fracturing and solution tend 
to increase it [13]. In some reservoir rocks, particularly low-porosity 
carbonates, secondary permeability provides the main flow conduit for 
fluid migration, e.g., in the Ellenburger Field, Texas. 

Porosity = 36% 
Horizontal permeability, 

KH = 1,000 mD 
Vertical permeability, 

KV = 600 mD 

Sand Grains without Clay 

Cementing Material 

Porosity = 36% 
Horizontal permeability, 

Vertical permeability, 
KH = 100 mD 

KV = 25 mD 

Sand Grains Without Clay 

Cementing Material 

Figure 3.6. Effects of clay cementing material on porosity and permeability [13]. 
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FACTORS AFFECTING THE MAGNITUDE OF PERMEABILITY 

Permeability of petroleum reservoir rocks may range from 0.1 to 
1,000 or more millidarcies, as shown in Table 3.1. The quality of a 
reservoir as determined by permeability, in mD, may be judged as: 
poor if k < 1, fair if 1 < k < 10, moderate if 10 < k 50, good if 
50 < k < 250, and very good if k > 250 mD. In East Texas fields, 
permeability may as high as 4,600 mD. Reservoirs having permeability 
below 1 mD are considered “tight”. Such low permeability values 
are found generally in limestone matrices and in tight gas sands of 
the western United States. Stimulation techniques such as hydraulic 
fracturing and acidizing increase the permeability of such rocks and allow 
the exploitation of such low permeability reservoirs, which were once 
considered uneconomical. Only 50 years ago rocks with permeability of 
50 mD or less were considered tight. 

TABLE 3.1 
PERMEABILITY AND POROSITY OF SELECTED OIL SANDS 

Name of Sand 

“Second Wilcox” (Ordovician) 
Oklahoma Co., OK 

Clinch (Silirian) 
Lee Co., VA 

Strawn (Pennsylvanian) 
Cook Co., TX 

Bartlesville (Pennsylvanian) 
Anderson Co., KS 

Olympic (Pennsylvanian) 
Hughes Co., OK 

Nugget (Jurassic) 
Fremont Co., WY 

Cut Bank (Cretaceous) 
Glacier Co.,  MT 

Woodbine (Cretaceous) 
Tyler Co., TX 

Eutaw (Cretaceous) 
Choctaw Co., AL 

O’Hern (Eocene) 
Dual Co.,  TX 

Porosity % Permeability (mD) 

12.0 100.0 

9.6 0.9 

22.0 81.5 

17.5 25 

20.5 35.0 

24.9 147.5 

15.4 111.5 

22.1 3,390.0 

30.0 100.0 

28.4 130.0 
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Factors affecting the magnitude of permeability in sediments are: 

(a) Shape and size of sand grains: If the rock is composed of large and 
flat grains uniformly arranged with the longest dimension horizontal, 
as illustrated in Figure 3.7, its horizontal permeability (kH) will be very 
high, whereas vertical permeability (kv) will be medium-to-large. If the 
rock is composed of mostly large and rounded grains, its permeability 
wiU be considerably high and of same magnitude in both directions, 
as shown in Figure 3.8. Permeability of reservoir rocks is generally 
lower, especially in the vertical direction, if the sand grains are small 
and of irregular shape (Figure 3.9). Most petroleum reservoirs fall in 

Large, Flat Grains 

Horizontal Permeability, kH = 2,000 mD 

Vertical Permeability, kv = 800 mD 

Figure 3.7. Effects of large3at grains on permeability [13]. 

Large, Rounded Grains 

Horizontal Permeability, kH = 2,000 mD 

Vertical Permeability, kv = 1,500 Md 

Figure 3.8. Effects of large rounded grains on permeability [131. 
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Very Small Irregular Grains 

Horizontal Permeability, kH = 150 mD 

Vertical Permeability, kv = 15mD 

Figure 3.9. Effects of small, irregular grains on permeability [U]. 

this category. Reservoirs with directional permeability are called 
anisotropic. Anisotropy greatly affects fluid flow characteristics of the 
rock. The difference in permeability measured parallel and vertical to 
the bedding plane is the consequence of the origin of the sediment, 
because grains settle in the water with their longest and flattest sides in 
a horizontal position. Subsequent compaction of the sediment increases 
the ordering of the sand grains so that they generally lie in the same 
direction [ 131. 

(b) Lamination: Platy minerals such as muscovite, and shale 
laminations, act as barriers to vertical permeability. In this case the k&v 
ratio generally ranges from 1.5 to 3 and may exceed 10 for some reservoir 
rocks. Sometimes, however, kv is higher than kH due to fractures or 
vertical jointing and vertical solution channels. Joints act as barriers to 
horizontal permeability only if they are fdled with clay or other minerals. 
The importance of the clay minerals as a determinant of permeability is 
often related not only to their abundance but also to their mineralogy 
and composition of the pore fluids. Should the clay minerals, which coat 
the grain surfaces, expand and/or become dislodged due to changes in 
the chemistry of the pore fluids or mud filtrate invasion, as explained in 
Chapter 10, the permeability will be considerably reduced. 

(c) Cementation: Figure 3.6 shows that both permeability and 
porosity of sedimentary rocks are influenced by the extent of the 
cementation and the location of the cementing material within the pore 
space. 
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(d) Fracturing and solution: In sandstone rocks, fracturing is not an 
important cause of the secondary permeability, except where sandstones 
are interbedded with shales, limestones, and dolomites. In carbonates, 
the solution of minerals by percolating surface and subsurface acidic 
waters as they pass along the primary pores, fissures, fractures, and 
bedding planes, increase the permeability of the reservoir rock. As shown 
by Chilingarian et al. [7] ,  horizontal and vertical permeabilities are equal 
in many carbonate reservoirs. 

PERM EABI LITY-POROSITY RELATIONSHIPS 
Figure 3.10 shows a plot of permeability versus porosity data obtained 

from a large number of samples of a sandstone formation. Even though 
this formation is generally considered very uniform and homogeneous, 
there is not a specifically defined trendline between permeability and 
porosity values. In this case, the relationship between permeability 
and porosity is qualitative and is not directly or indirectly quantitative 
in any way. It is possible to have very high porosity without having 
any permeability at all, as in the case of pumice stone (where the 
effective porosity is nearly zero), clays, and shales. The reverse of 
high permeability with a low porosity might also be true, such as 
in micro-fractured carbonates. In spite of this fundamental lack of 
correspondence between these two properties, there often can be found 
a very useful correlation between them within one formation, as shown 
in Figure 3.11. 

10000 
I I 

? 9 I o o o ~  

10 
0.1 0.2 0.3 0.4 

Porosity, Fraction 

Figure 3.10. PmeabiZity-porosity rehtiombip. 
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Porosity, Fraction 

Figure 3.1 1. Permeability-porosity relationship 

Chilingarian showed that the granulometric composition of sandstones 
influences the relationship between permeability and porosity [ 141. 
Figure 3.12 is a semilog plot of permeability versus porosity for (1) very 
coarse-grained, (2) coarse and medium grained, (3) fine-grained, (4) silty, 
and (5) clayey sandstones. Figure 3.13 shows typical permeability and 
porosity trends for various rock types. Such a relationship is very 
useful in the understanding of fluid flow through porous media. Many 
correlations relating permeability, porosity, pore size, specific surface 
area, irreducible fluid saturation, and other variables have been made. 
Some of these relationships are presented here for the sole purpose 
of enabling the reader to form a reasonable understanding of the 
interrelation of the rock properties in petroleum reservoirs. 

KOZENY CORRELATION 

Kozeny derived one of the most fundamental and popular correlations 
expressing permeability as a function of porosity and specific surface 
area [ 151. Consider a porous rock sample of cross-sectional area A and 
length L as being made up of a number, n, of straight capillary tubes 
in a parallel, with the spaces between the tubes sealed by a cementing 
material. If the capillary tubes are all of the same radius r (cm) and length 
L (cm), the flow rate q (cm3/s) through this bundle of tubes, according 
to Poiseuille’s equation, is: 

(3.10) 

where the pressure loss AP over length L is expressed in dynes/cm2. 
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Figure 3.12. Influence of grain size on the relationship between permeability and 
porosity. 

1000 L 

1 4  1 I I 
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Porosity, % 

Figure 3.13. Typical permeability-porosity relationship for various rock 
(courtesy of Core Laboratories). 

types 

Darcy’s law as can also approximate the flow of fluids through these n 
capillaries: 

q=(?) P L (3.11) 

where & is the total cross-sectional area, including cemented zones, of 
this bundle of capillary tubes. 
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Equating Equations 3.10 and 3.1 1 and solving for k gives: 

By definition, porosity is 

(3.12) 

(3.13) 

Substituting 4 = nn?/@ from Equation 3.13 into Equation 3.12, one 
obtains a simpler relationship between permeability and porosity for 
pores of the same size and radii equal to r: 

(3.14) 

where k is in cm2 (1 an2 = 1.013 x lo8 darcys) or in pm2 (1 mD = 
9.871 x 10-4pm2) and 4) is a fraction. 

Let svP be the internal surface area per unit of pore volume, where the 
surface area As for n capillary tubes is n(2nrL) and the pore volume Vp is 
n(nr;?L): 

(3.15) 

Let svgr be the specific surface area of a porous material or the total 
area exposed within the pore space per unit of grain volume. For a 
bundle of capillary tubes, the total area exposed, At, is equivalent to the 
internal surface area As; and the grain volume, Vg. is equal to &L(l-9). 
Thus 

Combining Equations 3.15 and 3.16 gives: 

(3.16) 

SVg' svp (") 
1-4) 

(3.17) 
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Equation 3.14 can be written as: 

Substituting for svP from Equation 3.18 yields: 

After the specific surface area per unit of pore volume, svP, is determined 
from capillary data or petrographic image analysis (PIA), then Equation 
3.17 is used to obtain svg. 

EXAMPLE 

A core sample from a uniform sandstone formation has a permeability 
of 480 mD and a porosity of 0.17. Estimate: 

(a) the average pore throat radius of the core; 
(b) specific surface areas svP and S V ~ .  

SOLUTION 

(a) Assuming the flow channels in the core sample may be represented 
by a bundle of capillary tubes, the pore throat radius can be estimated 
from Equation 3.14. First, the permeability is converted from mD to pm2: 

k = (480)(9.8717 x lo-*) = 0.4738pm2 

Solving Equation 3.14 for r: 

0.5 8(0’4738) = 4.72 pm or 4.72 x lo-* cm 
r =  ( 0.17 ) 
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(b) The specific surface area per unit pore volume is given by 
Equation 3.1 5 : 

2 
svp = - 

r 

2 
svp = = 4,237 cm-' 

4.72 x 10-4 

The specific surface area per unit grain volume can be estimated using 
Equation 3.17: 

All the above equations used in deriving the relationship between the 
permeability and porosity (Equation 3.19) are based on the assumption 
that the porous rock can be represented by a bundle of straight capillary 
tubes. However, the average path length that a fluid particle must travel 
is actually greater than the length L of the core sample. The departure of 
a porous medium from being made up by a bundle of straight capillary 
tubes can be measured by the tortuosity coefficient, 2, which is expressed 
as [16,17]: 

2 

2 =  (;) (3.20) 

where La is the actual flow path and L is the core length. Note that in 
the literature tortuosity is sometimes defined as LJL. Equation 3.20 is 
preferred here because in most laboratory experiments, the product of 
the formation resistivity factor (F) and porosity is related to the ratio LJL 
by the following correlation [ 171 : 

F @ =  (+)' (3.21) 

The exponent C is the correlation constant, which ranges from 1.7 to 2. 
Note that this range is rather similar to that of the cementation factor m. 
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Thus, for a bundle of tortuous capillary tubes, Poiseuille’s law becomes: 

Combining Equation 3.22 with Equation 3.11 and using the same 
approach as above, one can show that Equations 3.14, 3.18, and 3.19 
respectively become: 

k =  (2)  @ (3.23) 

(3.24) 

(3.25) 

Wyllie and Spangler suggested that the factor 2 be replaced by a more 
general parameter, namely, the pore shape factor Kps [18]. Carman 
reported that the product Kps7 may be approximated by 5 for most 
porous materials [ 191. Equation 3.25 for porous rocks can then be written 
as follows: 

Equation 3.26 is the most popular form of the Kozeny equation, even 
though in actual porous rock Kps7 is variable and much greater than 5 .  

EXAMPLE 

A sandpack of uniform fine grains has an effective porosity of 0.2. 
The average grain size diameter is approximately 1/8 mm. Calculate the 
permeability of this unconsolidated sandpack. 

SOLUTION 

The specific surface area of the grains can be estimated, assuming that 
the grains are spherical, as follows: 

6 
SVgr = - 

dgr 
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where d,, is in cm. 1/8 mm = 0.0125 cm. 

= 480cm-' 
6 

(0.0125) SVgr = 

= 0.0125 
(0.2)3 

(1 - 0.2)2 
Q3 - - 

(1 - $)Z 

Now, using the Kozeny equation, 3.19, the permeability can be 
estimated: 

1 
(0.0125) = 2.71 x 10-'cm or 2750 mD. 

= ( Z(0.0125)2) 

The Carman-Kozeny equation can also be used to estimate the 
permeability: 

1 
(0.0125) = 1.085 x cm or 1100 mD. 

= ( S(0.0125)2) 

Changing the constant from 2 to 5 yields a 40% change in the value of k. 

CONCEPT OF FLOW UNITS 

Petroleum geologists, engineers, and hydrologists have long 
recognized the need of defining quasi geological/engineering units to 
shape the description of reservoir zones as storage containers and 
reservoir conduits for fluid flow. Several authors have various definitions 
of flow units, which are resultant of the depositional environment and 
diagenitic process. Bear defined the hydraulic (pore geometrical) unit as 
the representative elementary volume of the total reservoir rock within 
which the geological and petrophysical properties of the rock volume are 
the same [20]. Ebanks defined hydraulic flow units as a mappable portion 
of the reservoir within which the geological and petrophysical properties 
that affect the flow of fluid are consistent and predictably different from 
the properties of other reservoir rock volume [2 11. Hear et al. defined 
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flow unit as a reservoir zone that is laterally and vertically continuous, 
and has similar permeability, porosity, and bedding characteristic [22]. 
Gunter et al. defined flow unit as a stratigraphically continuous interval 
of similar reservoir process that honors the geologic framework and 
maintains the characteristic of the rock type [23]. 

From these definitions, the flow units have the following 
characteristics: 

1. A flow unit is a specific volume of reservoir, composed of one or more 

2. A flow unit is correlative and mapable at the interval scale. 
3. A flow unit zonation is recognizable on wire-line log. 
4. A flow unit may be in communication with other flow units. 

reservoir quality lithologies. 

Gunter et al. introduced a graphical method for quantifying reservoir flow 
units based on geological framework, petrophysical rock/pores types, 
storage capacity, flow capacity, and reservoir process speed. According 
to them, the five steps for identifying and characterizing flow units 
are [23]: 

1. 

2. 

3. 

Identify rock type and illustrate the Withland porosity-permeability 
cross plot (Figure 3.14). 
Construct the stratigraphic modified Lorenz plot (SMLP) by computing 
on a foot-foot basis the percent flow capacity (permeability thickness) 
and percent flow storage (porosity thickness) (Figure 3.15). 
Select flow unit intervals based on inflection points from SMLP. 
These preliminary flow units must be verified using the SFP geologic 
framework R35 (calculated pore throat radius (pm) at 35% mercury 
saturation) curve and K/@ ratio. 

Poros i ty ,  +,% 

Figure 3.14. Sketch of K-@ Withlandplot r.231. 
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Percent, Qh 

Figure 3.15. Sketch of stratigraphic mod@ed Lorenz plot (SMM) [23]. 

4. Prepare final stratigraphic flow profile (SFP) with correlation curve, 
porosity-permeability k/$ ratio, R35, percent storage, and percent 
capacity. 

5. Construct an MLP (modified Lorenz plot) by ordering final flow units 
in decreasing unit speed @US). 

MATHEMATICAL THEORY OF FLOW UNITS 

According to Tiab [24], a hydraulic flow unit is a continuous body 
over a specific reservoir volume that practically possesses consistent 
petrophysical and fluid properties, which uniquely characterize its static 
and dynamic communication with the wellbore. Tiab, Tiab et al., and 
Amaefule et al. developed a technique for identifying and characterizing 
a formation having similar hydraulic characteristics, or flow units, based 
on the microscopic measurements of rock core samples [25-271. This 
technique is based on a modified Kozeny-Carman equation and the 
concept of mean hydraulic radius. The general form of Equation 3.26 is: 

where: 

k = permeability, pm2, 
$e = effective porosity, 
SVgr = specific surface area per unit grain volume, 
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T = tortuosity of the flow path, and 
KT = Kpsz = effective zoning factor. 

Equation 3.27 may be written as: 

where +R is: 

(3.28) 

The parameter KT, called here the pore-level effective zoning factor, 
is a function of pore size and shape, grain size and shape, pore and 
grain distribution, tortuosity, cementation, and type of pore system, e.g. 
intergranular, intercrystalline, vuggy, or fractured. This parameter varies 
between flow units, but is constant within a given unit. 

The parameter KT for a homogeneous sandstone formation can be 
estimated from [25]: 

1 
KT = - 

J: 
(3.30) 

The lithology index J1 is determined from capillary pressure data. 
Experimental data show that the plot of the Leverett J-function, J(SG), 
against the normalized water saturation S& on a log-log graph yields a 
straight line according to the following equation: 

where J1 is the intercept of the straight line (extrapolated IF necessary) 
at S& = 1, as shown in Figure 3.16. The normalized water saturation is 
defined as: 

The pore size distribution index h is the slope of the line. The lithology 
index J1 ranges from 0.44 for an unconsolidated spherical grain to 
0.20 for a consolidated clean sandstone formation with homogeneous 
pore size distribution. Table 3.2 shows typical values of J1 and KT 
for different formations. High values of J1 are usually found in high 
permeability reservoirs, while low values of J1 correspond to low 
permeability reservoirs. 
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J, = KT4.5 
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Figure 3.16. Determining KT from a plot of J versus S& 

TABLE 3.2 
TYPICAL VALUES OF 11 AND KT FOR SEVERAL FORMATIONS 

Reservoir Formation 11 KT 

Hawkins Woodbine 0.347 8.3 

RWFlY Weber 0.151 43.9 
El Robie Moreno 0.18 30.9 

Kinselia shale Viking 0.315 10.1 
Katia Deese 0.116 74.3 
Leduc Devonian 0.114 76.9 

Low values of h ((1) and J1 (tO.10) typically indicate that the 
formation has a heterogeneous pore size distribution and poorly 
connected pores, which is the case of the reservoir depicted in 
Figures 3.16 and 3.17, where J1 = 0.05 and therefore KT = 400. 

SPECIFIC SURFACE AREA 

The specific surface area can be estimated by at least three techniques: 
the gas adsorption method, petrographic image analysis (PIA), and 
nuclear magnetic resonance (NMR). The basic method for measuring 
surface area from the gas adsorption technique involves determining the 
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Figure 3.17. Determining KT from a plot of J versus S& 

quantity of inert gas, typically nitrogen, argon, or krypton, required 
to form a layer one molecule thick on the surface of a sample at 
cryogenic temperature. The area of the sample is then calculated by 
using the area known, from other considerations, to be occupied by 
each gas molecule under these conditions. The gas adsorption method 
is widely used in the determination of specific surface area of porous 
materials. It should be, however, limited to porous media that do not have 
large specific surfaces, and where the grains of the matrix are singularly 
smooth and regular, i.e. sphericity >0.7 and roundness > O S ,  as shown 
in Figure 3.18. 

The adsorption method, as currently practiced, does not measure 
the same surface area as that involved in fluid flow experiments of 
most porous rocks, especially when the rock samples are crushed. 
However, for unconsolidated porous systems, the specific surface 
area obtained by this technique is very adequate. A log-log plot of 
SV, (cm-') versus the mean grain diameter d, (cm) yielded the 
following correlation: 

4.27 
sv, = - 

dgr 
(3.33) 

The numerator is actually the grain shape factor Kgs, as indicated 
in Equation 3.34. The mean grain diameter can be obtained from 
several methods: sieve analysis, PIA, a compactor and micrometer. 
This correlation is applicable to grains with sphericity 10.7 and 
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Figure 3.18. Roundness and sphericity of different shapes. 

roundness 30.5.  The general form of Equation 3.33 is: 

(3.34) 

Note that, as sphericity and roundness approach unity, Kgs approaches 6 
(which is valid only for perfectly spherical sand grains). The petrographic 
image analysis or PIA method may be used to characterize the porous 
rock if well-prepared samples are available, i.e. samples with good optical 
contrast between the pores and grains, and the thin sections are obtained 
at overburden conditions. The specific pore surface can be determined 
from 

4LP spv = - 
ZAP 

(3.35) 

where Lp and Ap are the pore perimeter and the pore cross-section, 
respectively. Using PIA, a planar pore shape factor fps can be 
determined as: 

G fps = - 
&Ap 

(3.36) 

The factor fps, shown in Table 3.3, indicates what the perimeter Lp 
would be if the planar or 2D feature were a circle. The range of fps 
is 3.75 (sphericity of 0.5 or less and roundness of 0.3 or less) to 5.84 
(sphericity of 0.5 or less and roundness greater than 0.5). There is no 
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TABLE 3.3 
2D PIA PORE SHAPE FACTORS 

0 
0 
0 

1 

1.27 

1.65 

3.75 

0 5.84 

practical relation between the 2D pore shape factor fps and the 3D pore 
shape factor Kps. For an ideal spherical pore fps = 1 and Kps = 6. 

The nuclear magnetic resonance or NMR method appears to be 
currently the most accurate technique for estimating the specific surface 
area. In this case, the specific surface areas SVgr and spv are obtained 
from: 

(3.37) 

(3.38) 

where: 

ANMR = NMR surface area of dry material, m2/g 
pm = grain-matrix density, g/cm3 
svgr = specific surface area per unit grain volume, m2/cm3 

Values of spv and svgr obtained from NMR are generally higher than 
values obtained by PIA or the gas adsorption technique. Several studies 
have found that the specific surface area, measured with any of these 



120 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

100 

75 

50 

25 

50 psl caplllaty pressure data 

0 I I I I 
0 50 100 150 200 250 300 350 4W 450 500 

Specific Sulface Area, m*/cm3 

Figure 3.19. Irreducible water saturation as a function of suvace area (spv) in 
sandstone formation f28J 

three methods, is related to the irreducible water saturation or simply 
water saturation by a relationship of the general form: 

spv = aeb& (3.39) 

where a and b are constants of correlation. Zemanek investigated 
low-resistivity sandstone reservoirs and found surface areas measured 
with the NMR technique were quantitatively consistent with the 
irreducible water saturations from the capillary pressure curve data [28]. 
Figures 3.19 and 3.20 demonstrate a good correlation between spv and 
S, and h i ,  yielding, respectively: 

sPv = 66.493e0.0339% (3.41) 

where S, and !&, are expressed in percent and spv in m2/cm3. The 
values of spv used in Figures 3.19 and 3.20 were obtained from 
Equation 3.38. 

FLOW UNIT CHARACTERIZATION FACTORS 

(a) Reservoir quality index (RQI). Amaefule et al. also introduced 
the concept of reservoir quality index (RQI), &/+)'I2, considering 
the pore-throat, pore and grain distribution, and other macroscopic 
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Figure 3.20. Water saturation as a function of suvace area (spv) in sandstone 
formation [28]. 

parameters [27]. Dividing both sides of Equation 3.27 by porosity and 
taking the square root of both sides yields: 

(3.42) 

If permeability is expressed in millidarcies and porosity as a fraction, the 
left-hand side of Equation 3.33 becomes: 

RQI=O.O314 - :: (3.43) 

where RQI is expressed in micrometers or ym (1 ym = 

Equation 3.42 as: 

m). 

(b) Flow zone indicator (FZI). The flow zone indicator is defined from 

1 
FZI = 

SV@& 

Thus Equation 3.42 can be written as: 

(3.44) 

RQI = FZI($,) (3.45) 

where $2 is the ratio of pore volume to grain volume: 

(3.46) 
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Taking the logarithm of Equation 3.45 on both sides yields: 

Equation 3.47 yields a straight line on a log-log plot of RQI versus 
& with a unit slope. The intercept of this straight line at Qz = 1 is 
the flow zone indicator. Samples with different FZI values will lie on 
other parallel lines. Samples that lie on the same straight line have 
similar pore throat characteristics and, therefore, constitute a flow unit. 
Straight lines of slopes equal to unity should be expected primarily in 
clean sandstone formations. Slopes greater than one indicate a shaly 
formation. 

The flow zone indicator (FZl) is a unique parameter that includes the 
geological attributes of the texture and mineralogy in the structure of 
distinct pore geometrical facies. In general, rocks containing authogenic 
pore lining, pore filling, and pore bridging clay as well as fine grained, 
poorly sorted sands tend to exhibit high surface area and high tortuosity, 
hence low FZI. In contrast, less shaly, coarse-grained, and welI-sorted 
sand exhibit a lower surface area, low shape factor, lower tortuosity, and 
higher FZI. Different depositional environments and diagenetic processes 
control the geometry of the reservoir and consequently the flow zone 
index. 

(c) Tiab flow unit characterization factor (Ht). Sneider and King 
showed that most of the petrophysical properties of sandstones and 
conglomerates can be related to grain size and sorting, degree of 
rock consolidation, cementation, sizes of pores, and pore intercon- 
nections [29] .  They also showed that there are a finite number of rock 
types and corresponding pore geometries that characterize geologic 
units. However, geologic units may or may not coincide with hydraulic 
flow units. It is also possible that a geologic unit may contain several flow 
units. Equation 3.27 can be written as: 

(3.48) 

HT is called the Tiab flow unit characterization factor. Substituting for 
KT = zKps and svg (Equation 3-34), HT becomes: 

(3.49) 
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Tortuosity can be estimated from: 

Substituting for z into Equation 3.49 yields a general expression for the 
Tiab flow unit characterization factor: 

(3.51) 

The Tiab flow unit characterization factor HT clearly combines all the 
petrophysical and geological properties mentioned above by Snyder 
and King [29] .  Note that HT and FZI are related by the following 
equation: 

1 
HT = - 

F Z I ~  

The right-hand side of Equation 3.48 is also, of course, HT, i.e.: 

OR 
k 

HT = - 

(3.52) 

(3.53) 

where Q,R is given by Equation 3.29. However, HT obtained from 
Equation 3.51 reflects microscopic petrophysical properties, whereas HT 
calculated using Equation 3.53 reflects the flow unit at the macroscopic 
scale. If the petrophysical parameters in Equation 3.51 can be accurately 
measured, then a log-log plot of the two HT parameters may be used to 
normalize the data. Substituting for HT (Equation 3.51) into Equation 3.48 
and solving for permeability gives: 

(3.54) 

This is the generalized permeability-porosity equation, where the 
mean grain diameter dgr and the permeability k are expressed in cm 
and cm2, respectively. The porosity term Q, is a fraction. 

(d) free fluid index (ffl). The bulk volume water is commonly used to 
indicate whether or not a reservoir is at its irreducible water saturation, 
h i r .  It is equal to the product of total porosity and water saturation, S,: 

BVW = @Sw (3.55) 

Reservoirs with water saturation equal to irreducible or connate water 
saturation produce water-free hydrocarbons since water occupies small 
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pores and is held by surface tension and high capillary pressure. In such 
a case bulk volume water is termed bulk water volume irreducible @%VI) 
and is estimated as: 

One may consider the bulk volume of irreducible water saturation @VI) 
to be represented by the consistent minimum value of the BVW curve. 
The BVW concept generally provides a good estimate of the irreducible 
water saturation if the porosity is intergranular, not secondary, and if 
the rock contains little clay in pore throats. Swir cannot be determined 
confidently from resistivity logs when the reservoir is not at irreducible 
conditions and when the pay zone produces water. In this case, local 
experience is considered the best guide to the percentage of water 
saturation likely to be irreducible. 

is defined as the product of hydrocarbon 
saturation and porosity. It is a measure of movable liquids, oil and/or 
water, and therefore it is connected to the flow unit. It is obtained from 
the MNL tool. Mathematically, it is expressed as: 

The free fluid index 

Coates and Denoo [30] related permeability to FFI as follows: 

(3.58) 

The correlation constant 10 limits this equation to reservoirs in which 
(a) the irreducible water saturation is well defined, (b) the porosity 
is intergranular, and (c) the rock contains little clay in pore throats. 
Combining this equation and the definition of RQI yields a useful 
relationship between RQI and FFI: 

RQI = 3.14 (-) FFI f l  0 - r n  (3.59) 

where FFI and porosity are expressed as a fraction, permeability in mD, 
and RQI in pm. 

Taking the logarithm of both sides of Equation 3.59 yields: 

LogRQI = Log (e) +Log (3.14&) (3.59a) 

Thus a log-log plot of the reservoir quality index versus @ should yield a 
straight line of slope unity, assuming the reservoir is a clean homogeneous 
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sandstone formation. The intercept at ,@ = 1 may be used to calculate 
the free fluid index, which in turn can be used to estimate an average 
value of irreducible water saturation for the entire flow unit or reservoir. 
A log-log plot of RQI versus @ should also yield a straight line with the 
same intercept, but with a slope of 1.5. 

EXAMPLE 

(a) Estimate the permeability (mD) of a reservoir rock that has a porosity 

(b) Assuming this permeability is representative of the flow unit, 

(c) Calculate the flow zone indicator FZI. 
(d) Calculate the Tiab flow unit characterization factor HT. 

of 15% and an irreducible water saturation of 24%. 

calculate the reservoir quality index RQI (pm). 

SOLUTION 

(a) The free fluid index is calculated from Equation 3.57: 

FFI = (1 -GI)@ = (1 - 0.24)(0.15) = 0.111 

The permeability is estimated from Equation 3.58: 

(b) The reservoir quality index RQI is calculated from Equation 3.59: 

+ - FFI 

= 3.14 (o.l;~llll) -= 0.519pm 

Equation 3.43 also yields the same value: 

RQI = 0.0314 /: - = 0.0314 ,/:t5 - - -0.519pm 



126 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

(c) Calculate the flow zone indicator(FZI) from Equation 3.45: 

0.15 - = 0.176 &=-- @e 
1 - &  1-0.15 

RQI 0,519 
Oz 0.176 

-- FZI = - - - - 2.95p.m 

(d) The Tiab flow unit characterization factor HT is: 

1 1 
FZ12 2 S 2  

FIT=-=--- - 0.1 15 ym-2 

Accurate estimates of reservoir rock parameters should not be 
made from log data alone. A judicious combination of core analysis 
and log data is required to link these parameters in order to 
achieve a more global applicability of the equations and relationships 
presented here. A consistent and systematic approach is required 
to integrate such petrophysical data in order to develop meaningful 
relationships between microscopic and macroscopic measurements. 
The flow chart in Figure 3.21 provides such an approach. The chart 
indicates the different steps for identifying and characterizing flow 
units in clastic reservoirs. This zoning process is best suited for 
reservoirs in which intergranular porosity is dominant. Because of the 
similarity in distribution and movement of fluids within clastic and 
carbonate rock having intercrystalline-intergranular porosity, this 
zoning process can be directly applied to these reservoir systems. 
This process is, however, not applicable to carbonate reservoirs with 
vugular solution channels and/or fractures. 

EXAMPLE 

Assuming that the permeability and porosity data shown in Table 3.4 
are representative of several hundred data points taken from an oil 
reservoir: 

(a) Identify the number of flow units and their corresponding values 
of flow zone indicator, FZI, and the Tiab flow unit characterization 
factor, HT. 

(b) Calculate tortuosity and plot versus reservoir quality index, RQI, on 
a log-iog graph. Does this plot confirm the number of flow units? 

(c) Calculate the free fluid index (FFI) and plot versus RQI on a 
log-log graph. Interpret this plot. The irreducible water saturation is 
approximately 5%. 
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I Depth matched core and log data 

4 
Convert ambient stress core data to insitu 
stress 
y = k. Ot . RQI 

ki ’ k, ’ RQIi 

where b is the stress sensitivity factor 

4 
From well log & core data compute 

From J-function obtain KT 
From NMR (if available): S,, 

Calculate HT = KTSvf and Hr =Kp Q 
k 

Characterize the hydraulic units 
Mineralogically 

0 Stress sensitivity 
Pore throat geometry 
Modified J-function 

Establish relationship between above variables and 
FZI 

4 
I I Select environmentally corrected logging and tool 

remonses 

4 
Rank-correlate logging tool responses 

with FZI using spearman’s RHO statistical 
technique 

(GR, h-4b At, R,, h. etc.1 

Compute statistical measures of dispersion (mean, 
median, standard deviation) of all logging variables 

and FZI 

~~ ~ ~ 

Setup matrix solution in cored well per hydraulic 
unit 

where X,j = GR, h- h, At, R, 

Figure 3.21. A generalizedflow chart for characterizing flow units using core and 
well log data, modifled after Amaefule et al. [27J. 
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1 
Determine number of flow units 
Employ statistical applications 

Histogram 
Test for normality 
Cluster analysis 
Error analysis 

For each hydraulic unit, develop regression models for 
FZl based on logging attributes in cores 

intervals/wells 

1 
Validate models in cored wells I 

Predict hydraulic unit profiles in cored 
intervals/wells using probabilistic methods 

constrained with deterministic hydraulic unit 
variables: FZf and Hr 

1 

1 
Verify statistical similarity of hydraulic units in 

adjacent wells 

1 
Compute FZI in cored wells using the 

regression models based on logging attributes 

1 
I Calculate permeability I 

4’ 
(1 - OY 

k =lO14(FZ1>2 - 

1 
I Validate and map hydraulic units I 

1 
I Create permeability profiles in uncored wells 1 

Figure 3.21. continued 
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TABLE 3.4 

k (mD) $ (fraction) k (mD) $ (fraction) 
PERMEABILITY AND POROSITY 

~~~ ~ 

22 0.08 112 0.09 
51 0.1 430 0.19 

315 0.12 250 0.16 
344 0.13 490 0.14 
90 0.11 

SOLUTION 

The calculation of the different parameters is only presented for sample 
#l. All other values are given in Table 3.5. 

(a) Calculate RQI using Equation 3.43, i.e.: 

RQI = 0.0314 - = 0.0314 - - :: E - 0 . 5 2  

The ratio & is calculated from Equation 3.46: 

0.08 
- = 0.087 
- 1 - 0.08 

0 ” = 

TABLE 3.5 
EXAMPLE RESULTS 

k (mD) 4 RQI (pm) $/(1 - 4) F ‘I: (m=2)  FFI (“YO) 

22 0.08 

51 0.1 
315 0.12 

344 0.13 
90 0.11 

112 0.09 
430 0.18 
250 0.16 

490 0.14 

0.521 

0.709 
1.609 

1.615 
0.898 
1.108 

1.535 
1.241 
1.858 

0.087 
0.111 
0.136 

0.149 
0.124 

0.099 
0.220 
0.190 
0.163 

126.56 
81.00 

56.25 
47.92 
66.94 

100.00 
25.00 
31.64 

41.33 

12.5 
10.0 

8.3 
7.70 
9.10 

11.11 

5.5 
6.2 

7.1 

7.60 
9.50 

11.40 

12.35 
10.45 
8.55 

17.10 
15.20 

13.30 
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Calculate the formation resistivity factor using the Humble equation: 

0.81 0.81 F = - = - -  - 126.56 
$2 0.082 

The plot of RQI versus @/( 1 - 0) shows two straight lines of slope 
unity, indicating two hydraulic units. The corresponding FZI values 
are 15 and 9 respectively. The corresponding values of HT are 
obtained fiom Equation 3.52: 
Hydraulic unit #1, FZI = 15: 

1 1 
FZ12 1!j2 

&=-- - - = 4.44 x 10-3 ym-2 

Hydraulic unit #2, FZI = 9: 

(b) Calculate tortuosity using Equation 3.50, and assuming m = 2: 

This plot verifies that there are two hydraulic flow units in the 
reservoir. 

(c) Calculate free fluid index (FFI) using Equation 3.57: 

FFI = $(l - &,,) = 0.08(1 - 0.15) = 0.068 

Note that extrapolating the two straight lines to FFI = 100% yields 
the same FZI values as are obtained from the plot of RQI versus &. 
See also Figures 3.22-3.24. 

EFFECT OF PACKING ON PERMEABILITY 

The lack of global applicability of the Kozeny model has led researchers 
to generate empirical correlations on a formation-by-formation level. 
Since no plausible physical models exist, these correlations have not 
been accurate enough to gain wide acceptance. This lack of accuracy 
may however be acceptable when gauging the relative difference of 
permeability of different zones, but not for obtaining an accurate 
permeability. 



PERMWILITY-POROSITY RELATIONSHIPS 131 

100 

FZI 15 

10 m=s 

1 

0.1 
0.01 0.1 1 

441 4) 
Figure 3.22. Log-logplot of RQI versus Cp/(l - Cp), indicating the presence of two$ow 
units. 

8 

10 

1 

0.1 
1 10 100 

7 

Figure 3.23. Plot of RQI versus tortuosity, confrming the presence of two flow units. 

Slichter was the first to demonstrate mathematically the influence 
of packing and grain size on permeability [31]. His semi-empirical 
equation is: 

dgr k = 10.2- 
aP 

(3.60) 
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Figure 3.24. Log-log plot of RQI versus free fluid index. 

where k is the permeability in Darcys, dgr is the diameter of spherical 
grains in mm, and ap is the packing constant, which may be estimated 
from: 

ap = 0.97@-3.3 (3.61) 

Substituting Equation 3.61 into Equation 3.60 gives: 

k = 10.5 dgr Q3.3 (3.62) 

This correlation is valid primarily for sandstone formations. 

EFFECT OF WATER SATURATION ON PERMEABILITY 

Wyllie and Rose investigated the effect of irreducible water saturation 
Swi and porosity on the absolute permeability, and developed the 
foilowing empirical correlation 1321 : 

2 
k = ( s )  (3.63) 

where a, is a constant depending on the hydrocarbon density. For a 
medium gravity oil awr = 250 and for dry gas a, = 79, k is in mD, and 
@ and S, are fractions [33]. Inasmuch as 2502 e 1 0 ~ 7 9 ~ ,  Equation 3.63 
indicates that, for the same Cp and Swi, k,, 10 kg, which is not always 
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the case. Equation 3.63 should be used only in the presence of clastic 
sediments. A similar expression was derived by Timur [34] :  

44.4 
k = 0.136- 

Swi 
(3.64) 

where permeability is in mD and and @ are expressed in percentages. 
Equation 3.64 is independent of the type of hydrocarbon present in the 
porous medium. 

It is important to emphasize that Equations 3.60 through 3.64 are 
empirical. They are commonly used to obtain an estimate of permeability 
distribution from well log data. If porosity and irreducible water 
saturation are used in fractional form, Equation 3.64 has the form: 

(3.65) 

Langnes et al. presented another empirical equation that was used 
successfully for sandstones [35]. It relates the specific surface area per 
unit of pore volume, svP, to the porosity 4 (fractional), permeability k 
(in millidarcies), and formation resistivity factor FR &Atw, where & 
is equal to the electric resistivity of a formation 100% saturated with 
formation water and Rw is equal to the formation water resistivity): 

(3.66) 

The formation resistivity factor captures the effects of grain size, grain 
shape, grain distribution, and grain packing. 

EXAMPLE 

An oil-bearing core sample recovered from a clean sandstone formation 
has a porosity of 24% and an irreducible water saturation of 30%. 
Estimate: 

(a) The permeability of the core sample using the Wyllie and Rose 
correlation (Equation 3.63) and compare the result with that obtained 
from the Timur correlation (Equation 3.64); and 

(b) The average grain size. 
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SOLUTION 

(a) The Permeability of an oil-bearing core sample according to the 
Wyllie and Rose correlation (Equation 3.63) is [32] :  

2 

The Timur correlation (Equation 3.64) gives: 

Q4.4 
k = 0.136- 

%i 

(0.24)4.4 
k = 0.136 = 179mD 

(30l2 

The permeability obtained from the Timur equation is 25.7% higher 
than that obtained from the Wyllie and Rose equation. One of 
the reasons is that the Timur permeability-porosity correlation was 
obtained from core samples with high permeability. 

(b) The average grain size can be estimated from Equation 3.62. Solving 
for the grain diameter d,, we have, for k = 133 mD: 

k = 10.5 dg43.3 

k 

133 = 1 . 4 m  
dgt. = lC1.5(0 .24)~-~ 

For k = 179 mD, the grain diameter is dg = 1.9 mm. Thus, accord- 
ing to Table 1.7, the particles of the sandstone are very coarse and 
range in diameter from 1 to 2 mm. 

PERMEABILITY FROM NMR LOG 

The NMR log uses a permanent magnet, a radio frequency (RF) 
transmitter, and an RF receiver. The tool responds to the fluids in 
the pore space and is used to measure lithology-independent effective 
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porosity, pore size distribution, bound and moveable fluid saturation, 
and permeability on a foot-by-foot basis. Mathematical models, which 
include pore-size distribution, predict permeability more accurately than 
those that include effective porosity, since permeability is controlled by 
the pore throat size. 

A small relaxation time from an NMR tool corresponds to small pores 
and a large relaxation time reflects the large pores. The distribution of the 
time constant T2 in clastic rocks tends to be approximately log-normal. 
A good single representation of the T2 is therefore obtained from the 
geometric or logarithmic mean value. Schlumberger-Doll Research (SDR) 
developed the following model for permeability 1361 : 

(3.67) k = 4T2ML($2 4 

where: 

k = permeability, mD 
T ~ M L  = log mean of relaxation time, T2, milliseconds 
($ = NMR porosity, fraction. 

The SDR model is sensitive to the presence of a hydrocarbon phase in 
the pores. T2 response appears to be bimodal in water-wet rocks due to 
the partial presence of hydrocarbons (see Figures 3.25 and 3.26). 

I I I I I I I I I 

4 
d 

I I I I I I I I I I I I 

-3 1 - 1  0 1 2  3 4 5 6 7 8 9 

InpmRemeabiIii nD 
Figure 3.25. Core-measured permeability against calibrated NMR log derived 
permeability, reproduced after Al-Ajmi and Holditch [Mf. 
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NMR Prmeability 

0.01 1 100 10000 

NMR Calibrated 
Permeability 

0.01 1 100 10000 

- NMR 
Core 

Figure 3.26. NMRpermeability before and after calibration [36]. 

EXAMPLE 

An NMR log was run in a well, and indicated a porosity of 18% and 
log mean of relaxation time 2.5 at the depth of 6,000 feet. Estimate the 
permeability at this depth for this well, using SDR correlations. 

SOLUTION 

Using Equation 3.67: 

k = 4(2.5)4(0.18)2 = 5.06 mD 

PERMEABILITY-POROSITY RELATIONSHIPS IN CARBONATE ROCKS 

The relationship between permeability and porosity in carbonate rock 
formations is related to the grain size of the rock matrix, the size of 



PERMEABILITY-POROSITY RELATIONSHIPS 137 

intergranular pore space, the amount of unconsolidated vugs (fractures 
and solution cavities), and the presence or absence of connected 
vugs [37]. Figure 3.27 is a log-log plot of the permeability-porosity 
relationship for various particle size groups in the uniformly cemented 
nonvuggy rocks. This plot indicates that there is a reasonably good 
relation between three petrophysical parameters and, therefore, if the 
particle size and the matrix porosity are known, the permeability (in 
millidarcies) of the nonvuggy portion of the carbonate rock can be 
estimated from: 

where: 

@ma = matrix porosity, fraction 
A,, 
Amcp = cementation-compaction coefficient, dimensionless. 

= grain size coefficient, dimensionless 

The values of these coefficients are related to the average particle 
diameter de as follows: 

(1) for dW less than 20 pm, the values of Agr and Am, average 1.5 x lo5 

(2) if d,, is n the range of 20 to 100, Agr = 2.60 x lo5 and Amcp = 5.68; 

(3) for d,, greater than 100 pm, the values of A,, and Amcp are 8.25 x 10' 

and 4.18, respectively; 

and 

and 8.18, respectively. 

If the distribution of compaction or cementation is not uniform, the 
constant Amcp will be affected. Patchy cementation tends to yield higher 
values of Amcp, thus reducing the permeability. 

To quantlfy the effect of unconsolidated fractures and cavities on the 
inter-particle porosity, Lucia examined a large number of carbonate rocks 
and measured visually the fraction of the total matrix porosity due to these 
types of vugs [9]. He found that their effect is to increase the interparticle 
matrix porosity with little or no increase in the permeability of the matrix. 
The following procedure is suggested for estimating the permeability in 
carbonate rocks containing unconnected vugs: 

1. Measure the total porosity (interparticle and unconnected vugs), Ot, 

2. Estimate visually unconnected vug porosity, 0". 
from well logs or core analysis. 
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Figwe 3.27. Effects of particle size on the pertneabiliq-pomstty rekattonship in 
un@mzly cemented, nonvuggy carbonate rocks f37J. 
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3. Calculate the intergranular porosity of the matrix ($ma) as 

9t - 9 u  
@ma = - 

1 - 9" 

139 

(3.68b) 

4. Estimate the average particle size, dgr, using a compactor or 

5.  Calculate the permeability of the nonvuggy matrix, kma, using 
micrometer. 

Equation 3.68. 

A negligibly small increase in the permeability of the matrix (with 
unconsolidated vugs) will be observed if the total porosity cPt is used 
in Equation 3.68 instead of @ma. Craze and Bagrintseva demonstrated 
the influence of lithology on the relationship between porosity and 
permeability [37,38]. On the basis of core data from cretaceous Edward 
limestone (Figure 3.28), Craze noted that as the texture changes from 
microgranular to coarse-grained, the permeability increases for a given 
porosity [ 371. Bagrintseva investigated the interrelationships among 
various rock properties of several carbonate reservoirs in the former 
Soviet Union [38]. 

Chilingarian et al. used Bagrintseva's data and derived several useful 
correlations between permeability and porosity by considering two 
additional variables: irreducible fluid saturation and specific surface 

1 10 
Interparticle Porosity, % 

100 

Figure 3.28. Relationship between porosity and permeability for various types of 
cretaceous Edwards limestone [3 71. 
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area [6].  The general form of the correlation is as follows: 

(3.69) 

where: 

k = permeability to air, mD 
S,, = residual water saturation, % 
SvP = specific surface area 
$o = open porosity, % 

al, az, a3, a4, and a5 are constants for a given formation, determined 
empirically. 

Practically all permeability-porosity correlations should be used only 
for qualitative purposes. To obtain an accurate correlation between the 
porosity and permeability, one must include a large number of physical 
factors that characterize a porous medium, including irreducible fluid 
saturation, specific surface area, grain size distribution, grainshape, 
packing and layering, lithology and mineralogy, degree and type of 
cementing etc. Although some formations may show a correlation 
between permeability and porosity, a large number of physical factors 
influencing these two parameters differ widely in different formations. 

Estimating Permeability in Carbonate Rocks 

Although the absolute porosity provided by natural fractures is 
negligible (< 3%), the effective porosity is considerably enhanced 
because fractures connect the available pore volume. Consequently, the 
reservoir permeability and petroleum recovery are greatly enhanced. The 
net impact of fracture connectivity may a decisive factor in exploiting a 
particular reservoir. Many methods have been proposed for estimating 
fracture permeability, including parallel plate models, electric analog 
systems, core analysis, we11 logging, and pressure transient testing. 

The equation for volumetric flow rate between the two smooth plates, 
combined with Darcy’s law, provide the basic approach for estimating 
fracture permeability and its influence on fluid flow in naturally fractured 
rocks. Parsons used this approach to express the total permeability 
of the fracture-matrix system in which vertical fractures occur in 
sets of specified spacing and orientation relative to overall pressure 
gradient [39] .  Murray used a parallel-plates model and a geometric 
approach applicable to folded rocks to demonstrate that, in folded beds 
with extension fractures normal to the bedding and parallel to the fold 
axis, the fracture porosity and permeability are functions of bed thickness 
and curvatures [40]. He assumed that extension fractures form primarily 
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in the outer layers of curved beds. Murray applied this approach to the 
Spanish pool in McKenzie County, North Dakota, and demonstrated a 
good coincidence between areas of maximum curvature and areas of 
best productivity. 

The flow of fluid through porous media is directly analogous to the 
flow of electricity. McGuire and Sikora used this analogy and showed 
that the width of artificial fractures is much more important than their 
length in affecting communication among natural fractures [41]. Stearns 
and Friedman summarized that the permeability of a naturally fractured 
formation can be expected to be greatest where the reservoir bed 
contains wide, closely spaced, smooth fractures oriented parallel to the 
fluid pressure gradient [ 4 2 ] .  

Fracture permeability cannot be estimated directly from well logs. 
The modern trend is to combine core-derived parameters with 
computer-processed log data to establish a statistical relationship 
between the permeability of the matrix-fracture system and various 
parameters, such as porosity and irreducible water saturation. With such 
a relationship established, the formation’s petrophysical parameters, 
including permeability distribution, can be deduced from log data alone 
in wells or zones without core data. In carbonate formations, however, 
where structural heterogeneity and textural changes are common, and 
only a small number of wells are cored because of the difficulty and 
cost of the coring, the application of statistically derived correlations 
is extremely limited. Watfa and Youssef developed a sound theoretical 
model that relates directly to the flow of path length (tortuosity), pore 
radius changes, porosity, and cementation factor m [43 ] .  This model 
assumes that: 

(1) a porous medium can be represented by a bundle of tubes, as shown 
in Figure 3.29; 

k Cube Length = L 
J 

Figure 3.29. A bundle-oftubes model [43J. 
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(2) the cross-sectional area of each tube, Aa, is constant; and 
(3) the fluid path and the electric current path are same and the 

true conductivity, i.e., the reciprocal of resistivity, of the bundle 
of tubes is: 

where C, is the water conductivity and m is the cementation factor. 
Because the apparent conductivity Ca of a block having a cross-sectional 
area A and length L is related to the true conductivity C& by the following 
expression: 

where A is the cross-sectional area of all tubes, then 

(3.71) 

(3.72) 

assuming that the bundle-of-tubes model contains n tubes, the 
conductivity of the ith tube (Ci) can be defined as: 

(3.73) 

where 

block is the sum of the individual conductivities of all the tubes. Thus: 

is the length of the ith tube. 
The porosity of the tube is unity. The apparent conductivity of the 

From the assumption that A2 is constant: 

By definition: 

(3.74) 

(3.75) 

(3.76) 
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Combining Equations 3.70 and 3.75 yields: 

(3.77) 

and the tortuosity is: 

Using the same approach, the effects of flow path on the permeability 
can be evaluated. Applying Poiseiulle’s equation to the ith tube, the flow 
rate in the ith tube, qi, is equal to: 

(3.79) 

where rpai, 1, and AP are, respectively, the apparent radius of the 
ith tube, fluid viscosity, and pressure differential across the unit block. 
For n tubes, the total flow rate q is: 

and, assuming A2 is constant, the flow rate is: 

Applying Darcy’s law to the unit block, the flow rate is equal to: 

(3.80) 

(3.81) 

(3.82) 

Combining Equations 3.76, 3.77, 3.79, 3.80, and 3.81, and solving for 
the apparent permeability of the block, ka: 

(3.83) 
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This equation is similar to Equation 3.14 for m = 1 .  Combining 
Equations 3.83 and 3.78 gives: 

ka = (")? 
8 z  

(3.84) 

Assuming z = QFR, where FR is the formation resistivity factor, 
Equation 3.59 becomes: 

Expressing tortuosity as z = (QFR)~, Equation 3.84 results in: 

k a = ( % ) g  1 

and, for z = @(FR)~, Equation 3.84 gives 

(3.85) 

These equations clearly indicate that no single correlation can be used 
to determine the formation permeability from logs alone. 

If ka is expressed in mD, rPa in pm, Equation 3.83 becomes: 

ka = 126.7rpaQ 2 m  (3.88) 

Figure 3.30 is a semilog plot of this relationship. The Cartesian axis on 
this plot is Qm instead of the conventional +. The importance of including 
dimensions of the flow channels in developing k-Q relationships for 
carbonates is clearly demonstrated by this plot. FQuation 3.88, which 
also is applicable to sandstones, is derived on the basis that the average 
pore radius of the flow channels remains constant along the length of the 
unit block. As shown in Figure 3.31(A), however, the true pore radius 
changes along the flow path length. The effect of changing cross-sectional 
area along the flow path can be evaluated by considering the system 
of Figure 3.31(B) as two resistors in series. The total conductivity C 
of this system is related to the two conductivities C1 and C2 by the 
paralIel-conductivity equation: 

(3.89) 



PERMEABILITY-POROSITY RELATIONSHIPS 145 

100,000 

10.000 

1.000 

2 2  

100 

10 
0 0.05 0.1 0.15 0.2 0.25 

tJm 
Figure 3.30. Variations of ka, Qm, and rpa for an ideal system of tube bundles [43]. 
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Figure 3.31. A and B: Variations inflowpath length andpore radius with variations 
in grain size [43]. 

Substituting Equation 3.73 into the above expression, it can be shown 
that the change in conductivity caused by the change in pore radius is as 
follows: 

(3.90) 

where = L1/L (Figure 3.3 1 B), Ar = 1 - A1 /Aa, and Ca is the apparent 
conductivity of the block such that Equation 3.52 is true. Combining 
the Darcy and Poiseuille equations, it can be shown that the effect of 
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pore-radius changes on the true permeability k is: 

(3.91) 

where kR is the ratio of apparent permeability to absolute permeability. 
Assuming AP = AP1 + AP2 and AaL = AIL1 + A2L2, Equation 3.88 
becomes: 

2 
r ~ a  m 

kR 
k = 126.7-$ (3.92) 

Letting rpe, the effective pore radius, be equal to rpa/&, Equation 3.92 
becomes similar to Equation 3.88: 

k = 126.71-:~$~ (3.93) 

The value of rpe can vary considerably from the average radius value 
E, depending on the texture and heterogeneity present in the system. 
Consider two systems with different grain sizes and with no vugs or 
fractures (Figure 3.32). Because: 

(a) the path of the current represents the true inter-matrix tortuosity, 
(b) the tortuosity is a function of grain size and usually decreases with 

(c) the value of rpe varies with the variation in grain size, 
(d) a relationship between z and rpe must exist for a particular formation. 

Using experimental data of rpa, m, $, and k, Wafta and Youssef 
showed that rpe and z are related as follows [43]: 

decrease in the grain size, and 

logrp, = a1& + a2 (3.94) 

I.... 

- "...+ .- 

Figure 3.32. Two systems with dqferent grain sizes and pore radii [43J 
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Figure 3.33. Estimation of the value of the inter-math Archie factor (mm) from 
Archie factor (m) and seconday porosity index (i32) cross-plot [43J 

where the coefficients a1 and a2 can be determined according to the 
following procedure: 

(a) Obtain values of m and 0 from well logs and k from core analysis. 
(b) Determine the cementation factor of the matrix mm from: 

(3 .95)  

where Is2 is the secondary porosity index, SPI, i.e., - @SL, where Qt 

and QSL are, respectively, the total porosity and the sonic log porosity. 
Figure 3.33 shows how to obtain mm from a plot of the cementation 
factor m versus SPI. To compensate for the effects of fractures, data 
points for Is2 < 1 % are not used to obtain m,. Inasmuch as the curve 
is not linear, one needs to be careful when extrapolating the curve 
to Is2 = 1 to obtain mm on the m axis. 

(c) Determine the value of the effective pore radius rpe from 
Equation 3.93. 

(d) Calculate the tortuosity from Equation 3.78. 
(e) Establish a data bank for rpe and z, and plot log rpe versus ,h. 
(0 Draw the best-fit straight line. The general form of this line is given 

(g) Determine the correlation coefficient a2 from the rpe log-axis at 
by Equation 3.95. 

, h=Oanda l  fromthe,haxisatrp,= 1. 

DIRECTIONAL PERMEABILITY 

In homogeneous reservoirs, permeability is assumed to be the same 
in all directions. However, in heterogeneous reservoirs, permeability in 
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the horizontal direction is considerably different than the permeability 
in the y and z directions. The net impact of such changing permeability 
in different directions on the natural recovery of a reservoir and the 
efficiency of a waterflood project can be of significant importance. 
Horizontal well test analysis and selective zonal well testing techniques 
provide the estimates of directional permeability. Discussion of 
horizontal well test analysis is beyond the scope of this book. Core 
samples are also analyzed for directional permeability in the laboratory. 
Usually core plugs used for permeability measurement in the laboratory 
are cut perpendicularly (at !IO"), i.e. parallel to the bedding plane, from 
the main large core taken from the wellbore. However, to measure the 
vertical permeability, a core plug has to be cut in the direction of the main 
core taken from the wellbore, i.e. perpendicular to the bedding plane. 
The latest technological developments in well logging also provide the 
estimates of directional permeability. 

Anisotropy 

Directional permeability is frequently used to express the degree of 
heterogeneity in the formation. From the engineering point of view, 
the net effect of anisotropy is the loss or gain in effective permeability 
of a reservoir rock. Such loss or gain in effective permeability may be 
due to increased permeability in one direction and reduced permeability 
in other direction; thereby the resulting average permeability is always 
less than the highest permeability in any direction in the reservoir. 
For example, reservoirs with vertical fractures have higher fracture 
permeability in the vertical direction and low matrix permeability in the 
horizontal direction. Such variation in permeability is termed anisotropy. 

(3.96) 

Horizontal ( k ~ )  and vertical (kv) permeability are determined from core 
analysis on a regular basis. kH and kv can more accurately be determined 
from interference testing. Selective zonal well test analysis in the same 
wellbore is typically used to estimate vertical permeability. Partidly 
penetrating wells, for instance, may develop a spherical flow regime, 
which can be analyzed to estimate vertical and horizontal permeability 
as shown in Figure 3.33a [56]. 
The relationship between different petrophysical proprieties and 

fluid saturation is well established for clean sandstone rocks. Several 
empirical models have been developed to calculate water saturation, 
and all the required parameters for the evaluation of clean reservoirs. 
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Figure 3.33a. Pressure and pressure derivative curve indicating spherical pow from 
which vertical permeability is determined [56]. 

(a) Representative and non- 
representative selected horizontal 

and vertical plugs for conventional 
core analysis. 

@)Plugs from naturally fractured cores. 

Figure 3.34. Orientation or core plugs used for measuring horizontal and vertical 
permeability. 

Vertical permeability in the formation is normally different from 
horizontal permeability, even when the system is homogenous. Such 
vertical anisotropy effects are generally the result of depositional 
environment and postdepositional compaction history of the formation. 
As discussed earlier, in shale-free sandstone formations grain size, shape 
factor, and particle orientation are the most important factors in the 
k,-kH relationship (see Figure 3.34). 
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Figure 3.35. Relationship between mean hydraulic radius d m  and vertical 
permeability in lower Devonian sandstone from Illizi Basin, Algeria. 

Relationship Between KH and K, 

Clean Sandstone Formations 

Tiab et al. correlated horizontal permeability and vertical permeability 
for the lower Devonian sandstone from Illizi Basin, Algeria, as shown in 
Figure 3.35, and obtained the following correlation [44,46]  : 

2.4855 

kv = 0.0429 (E) 
where: 

k, = vertical permeability, mD. 
k H  = horizontal permeability, mD. 

= effective porosity, fraction. 

(3.97) 

This equation indicates a strong relationship detween the mean ..ydraulic 
radius and vertical permeability. Figure 3.36 indicates an excellent 
correlation between the calculated values of kv, using Equation 3.97, 
and core-measured kv . 

Figure 3.37 shows a plot of core vertical permeability values versus 
the product of the mean grain diameter and mean hydraulic radius. 
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Figure 3.37. Relationship between vertical permeability and the product of average 
grain diameter and mean bydraulic diameter in lower Devonian sandstone from 
Illizi Basin, Algeria. 

The curve fit between these two parameters is as follows: 

1.333 

kv = 13.336 (..E) (3.98) 

The Coates and Denoo model takes into account porosity and irreducible 
water saturation in the estimation of horizontal permeability [30]. Their 
correlation for estimating horizontal permeability from porosity and 
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irreducible water saturation is: 

(3.99) 

Substituting Equation 3.99 in Equation 3.97 and simplifying yields: 

2.4855 1 - swi kv = 4.012 X 103@,3.728 ( F) (3.100) 

Equation 3.100 can be used to develop a vertical permeability profile in 
the well, using the Swi and + from logs in clean sandstone rocks. 

Shaly Sandstone Formations 

Permeability in shaly heterogeneous formations is extremely 
influenced by the nature of shale distribution in the rock. Shale 
exists in dispersed and laminated form. Overall reservoir quality in 
heterogeneous sandstones is controlled by diagenesis, dissolution of 
feIdspars and carbonate, crystal feeding, mineralogical redistribution 
of clay, and various cementation processes. Tiab and Zahaf related 
vertical permeability to the mean hydraulic radius [46] .  They defined 
three general forms of correlation between vertical and horizontal 
permeability as follows: 

(a) Vertical permeability as a function of hydraulic mean radius: 

kv = Al ( (3.101) 

(b) Vertical permeability as a function of clay content: 

(3.102) 

(c) Vertical permeability as a function of mean grain size: 

(3.103) 

where AI, A2, A3, B1, B2, and B3 are coefficients and have to be 
determined for specific formation. 
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Field Example 

TAGI (Trias Argileux Greseux Inferior) sandstone is a fluvial formation 
located in Algeria. The Triassic depositional environment involves facies 
changes as well as reservoir extension. Sandstone units of TAGI formation 
are multi-layered producing zones, isolated by clay intercalation from 
flood plain deposition. TAGI has long been producing in Algeria in various 
basins with porosities ranging from 10 to 2 1 % and often exceeding these 
values. Horizontal permeability ranges from 10 to 100 mD. 

On the basis of a radiocrystallography study of the clay fraction, TAGI 
may be subdivided into two parts: 

(a) The first part is characterized by the presence of relatively equal 

(b) The second part is characterized by a high content of Illite (80% to 
Kaolinite-Illite content; and 

90%) and only traces of Kaolinite. 

Figure 3.38 shows the results of a mineralogical study of TAGI. It is 
clear that TAGI is composed of very fine sandstone and has three types 
of porosity: inter-granular, dissolution, and fissured. A log-log plot of 
vertical permeability versus horizontal permeability values measured 
on cores obtained from the TAGI formation yielded the following 
correlations (Figure 3.39): 

(a) Equal Kaolinite-Illite content: 

0 9707 kv = 0.598 kH' 

I000 

2 loo 

0 - 

k 1  
! lo 

0.1 
0 0.1 0.2 0.3 

d,, mm 

(3.104) 

+ Kv 

0 Kh(Kao1inite-Iillite) WKh(High %of Illite) 

Kv(High % of iIllite) 

Figure 3.38. Permeability-mean grain size relationship in TAGI formation 
(Kaolinite-Illite). 
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Figure 3.39. Verttcal-horlzontal permeability relationship in the TAGI formation 
(Kaolinite-Illite). 

(b) High Illite content: 

kv = 0.159ki  0 6675 (3.105) 

Both kH and kv are in millidarcies. The samples that have equal 
proportions of Kaolinite and Illite have a higher slope (0.97) than those 
with a higher content of Illite (0.66). From the regression lines, the ratios 
of anisotropy kv/kH are respectively 0.63 and 0.10. This implies that the 
kv/kH ratio decreases with increase in Illite content. 

Peffer et al. published some values of kv/kH obtained from a formation 
dynamic tester (FDM) in the TAGI formation [63]. A good agreement was 
observed from the comparison of results of the formation tester and core 
analysis for both laminated and massively bedded sandstone rock types. 
Additionally, plotting vertical permeability versus the mean hydraulic 
radius yields two trends depending on Illite content in the formation, as 
indicated by Figure 3.40 which shows two trend lines represented by the 
following equations: 

(a) Equal Kaolinite and Illite content: 

2.1675 

kv = 0.0535 (E) (3.106) 
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Figure 3.40. Relutiomhip between vertical pmeabll i ty  and mean bydraulic radius 
in TAGI formation (Kaoltnite-Illite). 

(b) High percentage of Illite: 

1.3939 

kv = 0.049 (E) (3.107) 

Permeability in equations 3.106 and 3.107 is in mD. The slope of the 
straight line decreases with increase in Illite content. A good fit (R2 = 
0.77) for both samples having equal Kaolinite and Illite and the sample 
having a high percentage of Illite is also evident. 

Other correlations have also been established by plotting vertical 
permeabilityversus (1 - Vsh)@(Figure 3.41) and (Figure 3.42) 
to show the impact of shale and grain size on the prediction of vertical 
permeability. The following correlations have been developed: 

(a) Equal contents of Kaolinite and Illite: 

1.9658 

kv = 0.1283 ((1 - vsh) (E)) 
1 .so09 

kv = 7.7445 (dg (e)) 
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Figure 3.41. Relationship between vertical permeability and mean hydraulic 
in the TAGI formation (Kaolinite-Illite) with V-shale correlation. 
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Figure 3.42. Relationship between vertical permeability and mean grain size in the 
TAGI formation (Kaolinite-Illite). 

(b) High percentage of Illite: 

1.58 

kv = 0.0461 ((1 - Vsh) (e)) 
0.9383 

kv = 2.5054 (clg (e)) 
(3.110) 

(3.111) 
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Figure 3.43. Core- and log-derivedpermeability for the TAGI formation [46]. 

where kH and kv are in millidarcies, Q is the effective porosity (fraction), 
and dgr is in cm. Figure 3.43 shows an acceptable match of k, and kH 
values obtained from well logs and core measurements. 

All the above correlations relating vertical permeability to horizontal 
permeability have a strong physical meaning in the sense that they depict 
the degree of anisotropy, expressed by equation 3.96, in a formation 
containing various types of shale. This is very critical to the efficient field 
development and productivity of the formation. 

EXAMPLE 

Core analysis in a new well in the TAGI formation revealed a 
horizontal permeability of 0.58 mD. Assuming that the TAGI is an 
equal Kaolinite-Illite formation, estimate the vertical permeability and 
anisotropy ratio for this well using the models developed for this 
formation for the following cases: 

(a) Only horizontal permeability is known. 
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(b) Only horizontal permeability and porosity data are available 

(c) Horizontal permeability, porosity, and average grain diameter data 
(porosity = 11 %). 

are available (grain diameter = 0.085 mm). 

Repeat the above example assuming that the TAG1 formation contains a 
high percentage of Illite clay. 

SOLUTION 

Equal Kaotinite-Illite Model 

(a) Using Equation 3.104: 
0.9707 kv = 0.598 kH 

kv = 0.598(0.58)0.9707 = 0.35 mD 

Anisotropy ratio, Equation 3.96: 

kH 0.58 I A = - - - -  - - 1.657 
kv 0.35 

(b) Using Equation 3.106: 
2.1675 

kv = 0.0535 (E) 
kv = 0.0535 (F) 0.58 

k H  0.58 IA = - - - - - - 1.657 

2.1675 

= 0.35 mD 
0.11 

kv 0.35 

(c) Using Equation 3.109: 
1.8009 

kv = 7.7445 (dgr (E)) 
kv = 7.7445 (0.085 (E)) 1 .SO09 

= 0.4 mD 

kH 0.58 
IA = - = - - - 1.45 

kv 0.4 
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Assuming High Percentage Illite Model 

(a) Using Equation 3.105: 

0 6675 kv = 0.159 kG 

kv = 0.159 (0.58)0.6675 = 0.11 mD 

kH 0.58 
kv 0.11 

I,=-=- = 5.27 

(b) Using Equation 3.107: 

1.3939 

kv = 0.049 (E) 
1.3939 

0.58 
0.11 

kv = 0.049 (p) = 0-15 mD 

kH 0.58 IA=-=-- - 3.86 
kv 0.15 

(c) Using Equation 3.1 1 1 : 

0.9383 

kv = 2.5054 (+ (6)) 
0.9383 

kv = 2.5054 (0.058 (E)) = 0.37 mD 

It is clear from the anisotropy values that high Illite content formations 
are more anisotropic. Incorporating the porosity and grain diameter 
reduces the scatter and predicts anisotropy more reliably, as confirmed 
from transient pressure test analysis. 

RESERVOIR HETEROGENEITY 

Heterogeneity is viewed on a broader scale than anisotropy. The 
degree of variation in the petrophysical properties of petroleum-bearing 
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TABLE 3.6 
SUMMARY OF RESULTS 

kw 
Equal Kaolinite-Illite 
0.58 
0.58 
0.58 

High Illite 
0.58 
0.58 
0.58 

0.35 
0.35 
0.4 

0.11 
0.15 
0.37 

1.66 
1.66 
1.45 

5.27 
3.87 
1.57 

rocks varies from pore level to field level. Consequently, petrophysical 
properties are better understood by using the scales of heterogeneity. 

Microscopic Heterogeneity 

The microscopic scale of heterogeneity represents the scale volume 
at which the rock properties such as porosity and permeability are 
determined by: (1) grain size and shape; (2) pore size and shape; (3) grain, 
pore size, and pore throat distribution; (4) packing arrangements; 
(5 )  pore wall roughness; and (6) clay lining of pore throats, etc. The 
major controls on these parameters are the deposition of sediments 
and subsequent processes of compaction, cementation, and dissolution. 
Microscopic scale parameters are measured using scanning electron 
microscope (SEM), pore image analysis (PIA), magnetic resonance 
imaging (MRI), and nuclear magnetic resonance (NMR). 

Macroscopic Heterogeneity 

Core analysis represents the domain scale of macroscopic heterogeneity. 
Laboratory measurement of porosity, permeability, fluid saturation, 
capillary pressure, and wettability are physically investigated at the 
macroscopic level. Rock and fluid properties are determined to cdibrate 
logs and well tests for input into reservoir simulation models. 

Mesoscopic Heterogeneity 

Information on this scale of heterogeneity is collected from well logs. 
They are represented at grid cell scale in the reservoir simulation where 
variation in rock and fluid properties, along with small-scale geological 
features, is averaged to be assigned single values for the whole grid 
block. Core calibrated well logs are used to: (1) establish the correlations 
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and compatibility between the measured parameters; (2) integrate 
downhole measurements with data from pore studies, core analysis, 
and geophysical surveys through interscale reconsolidation; (3)  identify 
lithofacies; (4) relate and integrate petrophysical interpretation with 
geochemical, sedimentological, stratigraphic, and structural information; 
and (5 )  contour different reservoir parameters such as porosity, 
permeability, net thickness, tops and bottoms, fluid saturation, and fluid 
contact. 

Megascopic Heterogeneity 

This scale of heterogeneity represents the flow units, usually 
investigated through reservoir simulation. In fact, reservoirs are 
engineered and managed at this scale of interwell spacing, which is 
commonly inferred from transient pressure well test analysis, tracer 
tests, well logs correlations, and high resolution seismic (3-D seismic, 
conventional and reverse VSP, cross-well seismic, and 3D AVC). 

Megascopic heterogeneity determines well-to-well recovery variation 
and is the result of primary stratification and internal permeability trends 
within reservoir units. It is at this scale that internal architecture and 
heterogeneity become critical for identifying the spatial distribution of 
reservoir flow units. Examples of megascopic heterogeneities include: 
(1) lateral discontinuity of individual strata; (2) porosity pinch-outs; 
(3)  reservoir fluid contacts; (4)  vertical and lateral permeability trends; 
( 5 )  shale and sand intercalation; and (6) reservoir compartmentalization; 
(see Figure 3.44). 

Gigascopic Heterogeneity 

The whole field (depositional basin) is encompassed in this largest 
scale of heterogeneities. Reservoirs are explored for, discovered, and 
delineated at this level. This gigascopic field-wide scale, utilized to define 
the reservoir outline, is the domain of structural and stratigraphic seismic 
interpretation along with conventional subsurface mapping. 

Hydrocarbon reservoirs are inferred from anomalies in the seismic 
surveys. Characterization at this level begins from inter-well spacing and 
extends up to the field dimensions. Field-wide regional variation in the 
reservoir architecture is caused by either original depositional settings or 
subsequent structural deformation and modification due to the tectonic 
activity. Examples of types of information obtained from this megascopic 
heterogeneity are: (1) division of reservoir into more than one producing 
zone or reservoir; (2) position, size, shape, architecture and connectivity 
of facies or reservoir units; (3) evaluation of the spatial distribution 
or lithologic heterogeneity that comprises barriers, baffles, widespread 
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Figure 3.44. Scales of reservoir beterogeneity. 

sealing bed unconformities, and high permeability zones; (4) large-scale 
structural features of folds and faults; and ( 5 )  the relationship of 
lithofacies to depositional environment and hydraulic flow units. 

DISTRIBUTION OF ROCK PROPERTIES 

Reservoir rocks are seldom if ever found to be homogeneous in 
physical properties or uniform in thickness. Variation in the geologic 
processes of erosion, deposition, lithification, folding, faulting, etc. 
dictate that reservoir rocks be heterogeneous and non-uniform. Although 
engineers have been producing oil and gas from reservoirs for more than 
a century, they are still inadequately informed about the distribution of 
reservoir rock properties. For a few locations in a reservoir the mineral 
composition of the rock is known. Beyond this point, the real knowledge 
becomes sparse. The overall problem, as stated partly by Hutchison et al., 
can be best expresse by the following three questions [47] : 

How can heterogeneities be identified and classified as to extent and 
geometry? 
How can the extent and geometry of heterogeneities within a specific 
reservoir be predicted? 
How can the performance of heterogeneous reservoirs be predicted 
with confidence? 
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Considerable progress in the field of numerical methods and computer 
modeling during the past twenty-five years has provided very useful 
answers to these three questions. Unfortunately, a necessary condition 
for the practical use of these models is that the reservoir be adequately 
described. In spite of all the advances in core analysis, well logging, 
geostatistics, and in particular well testing, petroleum engineers are 
still unable to specify the nature and extent of heterogeneities at every 
point in the formation. Warren and Price stated that “In many cases, 
the predicted performance of a reservoir is so completely dominated 
by irregularities in the physical properties of the formation that the 
gratuitous assumption of a particular form for the variation can reduce the 
solution of the problem to a mere tautological exercise” [48] .  Fortunately, 
however, whereas all porous media are microscopically heterogeneous, 
only macroscopic variations of the rock need to be considered because 
the fundamental concepts of fluid flow in porous media are based on 
macroscopic quantities. Inasmuch as rock samples are usually available 
only from a small portion of the total reservoir, it seems logical that if 
measurements from these samples were to be used to infer the properties 
of the actual reservoir, the data should be treated statistically. 

PERMEABILITY AND POROSITY DISTRIBUTIONS 

Lorenz coefficient LK 

The first practical attempt to statistically analyze the fluctuations 
of rock properties was reported by Law [49]. He demonstrated that 
porosity has a normal frequency distribution and that permeability has a 
log-normal frequency distribution. Using Figure 3.45, Schmalz and Rahme 
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Figure 3.45. Flow capacity distribution [51/. 
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proposed the Lorenz coefficient, LK, for characterizing the permeability 
distribution [46, 501: 

area ABCA 
area ADCA 

LK = (3.112) 

The value of LK ranges from zero to one. The reservoir is considered to 
have a uniform permeability distribution if LK x 1. This coefficient, 
however, is not unique to a particular reservoir because different 
permeability distributions can yield the same value of LK . 

Dykstra-Parsons Coefficient VK 

Dykstra and Parsons used the log-normal distribution of permeability 
to define the coefficient of permeability variation, VK [ 5 11. 

where, s and 1; are the standard deviation and the mean value of k, 
respectively. The standard deviation of a group of n data points is: 

(3.114) 

Where k is the arithmetic average of permeability, n the total number 
of data points, and ki the permeability of individual core samples. In a 
normal distribution, the value of k is such that 84.1% of the permeability 
values are less than 1; + s and 15.9% of the k values are less than 1; - s. 

The Dykstra-Parsons coefficient of permeability variation, VK, can be 
obtained graphically by plotting permeability values on log-probability 
paper, as shown in Figure 3.46, and then using the following equation: 

where: 

k50 = permeability value with 50% probability. 

k84.1 = permeability at 84.1% of the cumulative sample. 

The Dykstra-Parsons coefficient is an excellent tool for characterizing 
the degree of reservoirs heterogeneity. The term VK is also called the 
Reservoir Heterogeneity Index. 
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Figure 3.46. Log-normal permeability distribution [5I]. 

The range of this index is 0 < VK < 1: 

VK = 0, Ideal homogeneous reservoir. 
0 < VK < 0.25, Slightly heterogeneous, can be approximated by a 
homogeneous model in reservoir simulation with minimal error. 
0.25 < VK < 0.50, heterogeneous reservoir, geometric averaging 
technique is applicable. If the index is closer to 0.50 run the numerical 
simulator with the heterogeneous model. 
0.50 -= VK -= 0.75, the reservoir is very heterogeneous, a combination 
of geometric and harmonic averaging technique is necessary. 
0.75 -= VK < 1, the reservoir is extremely heterogeneous, none 
of the conventional averaging techniques (arithmetic, geometric and 
harmonic) are applicable in this range. 
VK = 1, perfectly heterogeneous reservoir. It is unlikely that such 
reservoirs exist, as geologic processes of deposition and accumulation 
of sediments are not extreme. 

Data on the probability axis are obtained by arranging permeability values 
taken from core analysis in a descending order and then computing 
the percent of the total number of k-values exceeding each tabulated 
permeability value. The best-fit straight line is drawn such that the central 
points, i-e, in the vicinity of the mean permeability, are weighted more 
heavily than the more distant points. The mid-point of the permeability 
distribution is the log mean permeability, or k50. In Figure 3.46, k50 = 10, 
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Figure 3.47. Correlation of Lorenz coeflcient andpemzeabtliv vartatton [52]. 

k84,* = 3 and the coefficient is 0.70, which indicates that the reservoir 
is very heterogeneous. 

Warren and Price presented an extensive study of fluid flow in 
heterogeneous porous media. They concentrated on understanding the 
effect of the disposition of heterogeneous permeability on single-phase 
flow for a known permeability distribution, determining if it is possible 
to infer the presence and probable configuration of heterogeneities from 
core analysis and conventional pressure transient tests. They showed that 
the Lorenz coefficient can be correlated with the permeability variation 
coefficient, as shown in Figure 3.47. 

Averaging Techniques 

There are three standard techniques used to estimate the average 
permeability of a reservoir: arithmetic, geometric and harmonic. 

k is determined from: 
(a) Arithmetic Average: The un-weighted arithmetic average permeability 

- ki kA = - 
n (3.116) 

If the analysis of pressure transient tests yields much lower permeability 
values than those obtained from core data, the lateral continuity of 
the producing formation may not be sufficient to justify the arithmetic 
averaging. 
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(b) Geometric Average: In heterogeneous and anisotropic formations, a 
geometric average, which assumes random distribution of the matrix, is 
preferable: 

According to Warren and Price, the geometric mean permeability is more 
consistent with the distribution found in many porous rocks [48].  The 
main weakness of the geometric mean is if one individual value of k is 
zero, the entire average becomes zero. To avoid this zeroing effect in 
reservoir simulation, a relatively small value is assigned to the block that 
has zero permeability. It should be noted that even shale has permeability 
in the order of lo-' mD. 

(c) Harmonic Average: The harmonic averaging technique is best suited 
for layers in series such as in composite systems. This technique is 
extensively used in reservoir simulation studies where different grid cells 
are in series. 

(d) Weighted Average: Equations 3.1 16-3.118, assume the weight 
factors, wi, are equal, and that the flow is one dimensional. If the weight 
factors are not equal, then these equations become, respectively: 

- n 
(3.12 1) 

The thickness of the formation or height of the core sample, 
corresponding to each permeability is a common weighting factors for 
the arithmetic and geometric means. The width of each block arranged 
in series is used as a weight factor in harmonic averaging technique. 
The arithmetic average will yield the highest average permeability, 
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while the harmonic averaging method will yield the lowest average 
permeability value. Thus: 

Tehrani et al. [59] investigated the practicality of these three averaging 
techniques in two and three dimensional flow problems. They showed 
that although in some heterogeneous reservoirs the geometric averaging 
method yields representative values of the effective permeability, there 
are many field cases in which none of the three averaging techniques 
gives satisfactory results. 

In two or three dimensional heterogeneous flow systems, a combin- 
ation of these three averaging techniques is necessary. For flow into a 
well in a two dimensional layered system, the arithmetic average for 
horizontal permeability, kr, and the harmonic average for the vertical 
permeability, kv, are used to estimate the anisotropy index, IA = kr/kv, 
from Equation 3.96. 

The average radial or horizontal permeability, kr, is best determined 
from a pressure buildup or drawdown test. The average radial permea- 
bility of a heterogeneous and anisotropic system is estimated from: 

kr = Jkxky - k$ (3.123) 

Where k,, ky, and kW are components of the symmetrical permeability 
tensor aligned with the coordinate system. These components are best 
determined from a multiwell interference test. Three observation wells 
located on different rays extending from the active well, which is located 
at the origin of the coordinate system, are necessary to calculate k,, ky, 
and kw. 

Effective Permeability from Core Data 

The effective permeability, obtained from core data, may be estimated 
from [57,58]: 

ke = (1 + 3) exp [&I (3.124) 

where k~ is the geometric mean of the natural log of permeability, i.e.: 

- 
kG = l lnk l lnkz lnkj  ... Ink, (3.125) 
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and 0: is the variance of the natural log of the permeability estimates: 

where: 

- C h k i  
Ink=--- 

n 

(3.126) 

(3.127) 

The effective permeability obtained from Equation 3.124 should be 
expected to be in the same range as the effective permeability obtained 
from the interpretation of a pressure transient test, if VK < 0.25. 

Corederived permeability is an accurate representation of a particular 
core sample. Using this permeability value to represent reservoir 
formation permeability can however lead to erroneous predictions 
of well productivity, as core samples represent a small portion of 
the interval in a particular well and an even smaller portion of a 
reservoir [62]. The average effective permeability obtained from pressure 
transient test should be considered as an accurate representation of the 
reservoir, but only within the drainage area of the test. Beyond this 
drainage area, the average permeability could be different if the radial 
variation in permeability is significant. As long as the measurements 
are consistent, the core derived permeability can be very useful in 
completion design, particularly in choosing the phasing and vertical 
spacing of perforation [ 581. 

EXAMPLE 

Given the permeability data in Table 3.7 1581 for well HBK5, calculate: 

1. The arithmetic, geometric and harmonic averages of the corederived 

2. The effective permeability, and 
3. The Dykstra-Parsons coefficient. 

permeability values. 

SOLUTION 

(1) Average values of permeability 
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TABLE 3.7 
PERMEABILITY DATA FOR WELL HBK5 

Interval K, mD 

1 
2 
3 
4 
5 
6 
7 
8 
9 

10 
11 
12 
13 
14 

120 
213 
180 
200 
212 
165 
145 
198 
210 
143 
79 

118 
212 
117 

The arithmetic, geometric and harmonic averages of the core-derived 
permeability values are, respectively: 

C k i  120+ 213 + * e .  + 117 
= 165 mD -- - 

n 14 

14 f k l k ~ k 3 . .  . kn = 4120 * 213 * . . . * 117 = 158.7 mD 

- 14 = 151.4mD 
n 

1 1 1 +- (.2 kl;) - 120 + Ti5 + . . -  117 I= I 

The harmonic averaging technique yields, as expected, the lowest 
value of average permeability. But the difference between the three 
averages is not significant, implying that the formation is essentially 
homogeneous. 

(2) The effective permeability of this 14-meter thick formation is 
estimated from Equation 3.124. 

From Equation 3.125, we calculate the geometric mean of the natural 
log of the corederived permeability values: 

kG=$nklInk21nk3 ... lnkn=(7 .173x lo’)& =5.05SmD 
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TABLE 3.8 
INTERMEDIATE RESULTS FOR CALCULATING VARIANCE FOR WELL HBK5 

Interval k, mD In (ki) n(ln kl In kz ... ln k14) C(ki - k)2 
1 
2 
3 
4 
5 
6 
7 
8 
9 

10 
11 
12 
13 
14 

120 
213 
180 
200 
212 
165 
145 
198 
210 
143 
79 

118 
212 
117 

4.7875 
5.3613 
5.1930 
5.2983 
5.3566 
5.1059 
4.9767 
5.2883 
5.3471 
4.9628 
4.3694 
4.7707 
5.3566 
4.7622 

4.7875E+00 
2,5667E+0 1 
1.3329E+O2 
7.0620E+02 
3.7828E+03 
1.93 15E+04 
9.6126E+04 
5.0834E+05 
2.7 181 E+O6 
1.3490E+07 
5.8942E+07 
2.8 120E+08 
1.5063E+09 
7.1730E+09 

0.0781 
0.1647 
0.1806 
0.2342 
0.3181 
0.3196 
0.3278 
0.3768 
0.4553 
0.4661 
0.9525 
1.0403 
1.1242 
1.2171 

To calculate the variance $ we need to use Equations 3.126 and 3.127 
(Table 3.8): 

- Clnki  70.938 Ink=-=-- n 14 - 5.067 mD 

2 C(lnki - C(lnki - 5.067)2 1.2171 --- - - 0.0869 - - 
14 14 

o =  
n 

The arithmetic average of the natural log of the 14 permeability values 
is practically equal to the geometric mean of the same permeability 
values. This further indicates that this particular formation is practically 
homogeneous. 

Using the geometric mean of the natural log of k values, the effective 
permeability is: 

ke = (1 + 7) exp[5.058] = 159.55 mD 

The effective permeability is essentially equal to the geometric mean 
of corederived permeability data. This should be expected, since the 
variance is very small. 
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TABLE 3.9 
FREQUENCY DISTRIBUTION FOR THE PERMEABILITY DATA W E L L  HBK5) 

Cumulative 
Number of Samples Frequency 

With Larger Distribution 
Intervals k, md Frequency Permeability ("YO >ki) 

2 213 1 0 0.0 
5,and13 212 2 1 7.1 

9 210 1 3 21.4 
4 200 1 4 28.6 
8 198 1 5 35.7 
3 180 1 6 42.9 
6 165 1 7 50.0 
7 145 1 8 57.1 

10 143 1 9 64.3 
1 120 1 10 71.4 
12 118 1 11  78.6 
14 117 1 12 85.7 
11 79 1 13 92.9 

(3) The Dykstra-Parsons coefficient is obtained from Equation 3.1 15. 
The procedure for graphically determining the Dykstra-Parsons 

coefficient is as follows: 

Arrange permeability data in descending order as shown in Column 2 
of Table 3.9. 
Determine the frequency of each permeability value (Col. 3). 
Find the number of samples with larger permeability (Col. 4). 
Calculate the cumulative frequency distribution by dividing values in 
Col. 4 with the total number of permeability points, n, which are 14 
in this example (Col. 5). 
Plot Permeability data (Col. 2) versus Cumulative Frequency data 
(Col. 5 )  on a Log-normal probability graph, as shown in Figure 3.48. 
Draw the best straight line through the data, with more weight placed 
on points in the central portion where the cumulative frequency is 
close to 50%. This straight line reflects a quantitative, as well as a 
qualitative, measure of the heterogeneity of the reservoir rock. 
From the graph (Figure 3.48), read the values: k5o = 158.7 mD and 

117.2 rnD. These values can also be interpolated from Table 3.9. 
Calculate the Dykstra-Parsons coefficient (Eq. 3.1 15): 

k50 - b 4 . 1  - 158.7 - 117.22 
k50 158.7 

VK = - = 0.26 
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Figure 3.48. LPykstra-Parsons Coeflcient for well HBK5 (Homogeneous Reservoir). 

This formation is slightly heterogeneous, but it can be treated as 
homogeneous for reservoir simulation purposes. 

Average Porosity 

Amp, Bass, and Whiting 1171 showed that the histogram distribution 
is also an excellent representation of porosity data obtained from core 
analysis. Most porosity histograms are symmetrical about the mean value, 
as shown in Figure 3.49. For classified data, i.e., arranged in increasing 
or decreasing order, the arithmetic mean porosity is given by: 

where: 

Cpi = porosity at the midpoint of range, fraction 
fi = frequency for porosity range, fraction 
n = number of porosity ranges 

For unclassified data, the arithmetic mean porosity is: 

(3.128) 

i=l  
n 

(3.129) 
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Figure 3.49. Typiealporo&y histogram (1 71, 

One disadvantage of the arithmetic mean is that any gross error in a 
porosity value of one sample can have considerable effect on the value 
of the mean. To avoid this potential problem, the average porosity value 
can be obtained from another statistical measure called the “median,” 
which is defined as the value of the middle variable of class data. It 
is also the value of the variable corresponding to the 50% point on the 
cumulative frequency curve. The mean and the median of a set of porosity 
values rarely coincide. Unlike the mean, the median is not sensitive to 
extreme values of a variable. 

EXAMPLE 

The petrophysical properties of the core samples including the 
porosity, permeability and formation resistivity factor actually measured 
in the laboratory are listed in Table 3.10. The tortuosity is calculated from 
Equation 3.78. Calculate: 

1. The arithmetic mean porosity and the median porosity, 
2. The arithmetic, geometric and harmonic averages of the corederived 

3. The effective permeability, and 
4. The Dykstra-Parsons coefficient. 

permeability values, 

SOLUTION 

(1) The arithmetic mean of porosity is obtained from Equation 3.129: 

1 1 6 = - @. - -(17 + 14.7 + 6.7 + . . + 15 + 19.4) = 20.81% 
- 29 i=l 
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TABU 3.10 
PETROPHYSICAL PROPERTIES OF A HETEROGENEOUS RESERVOIR (AFTER REF. 60) 

~~ 

Cementing Carbonates Clay 
Core # Material % % @,% k,md F ‘I: 

1 
2 
3 
4 
5 
6 

10 
11 
12 
13 
14 
15 
16 
17 
20 
22 
23 
25 
28 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 

Si03 
Clay and carbonate 
Si02 and carbonate 
Si02 and clay 
S i02  
Si02 
Si02 
Si02 and clay 
S i 0 2  
Carbon, clay, S i02  
Clay and carbonate 
Carbonate and clay 
Carbonate and clay 
Si02 
Si02 and carbonate 
Si02, carbon, clay 
Si02 and clay 
Clay 
Clay 
Clay 
Si02 and carbonate 
Clay and Si02 
Si02 and clay 
Clay 
Clay and Si02 
Clay and S i 0 3  
Carbon, clay, Si02 
Carbonate 
Si02 and carbonate 

5.1 
6.1 

21.9 
7.2 
2.3 
0.7 
1.9 
4.9 
2.8 
7 
8 

12.1 
14.1 
5.2 
9 
6.8 
1.1 
7.7 
3.8 
0 
1.4 

1.2 
2.2 
3.9 
0 

21.2 

6.1 

- 

- 

3 
9 
6 
4 
1 
0.2 
2 
4 
2 
4 
7 
1 
2 
4 
1 
0.4 
0.2 
6 
5 
2 
1 

7 
3 
7 
4 
5 

1 

- 

- 

17 90 23.3 6 
14.7 7 51 7 
6.7 4 67 15 

17.6 220 16.6 6 
26.3 1920 8.6 4 
25.6 4400 9.4 4 
13.9 145 33 7 
18.6 25 22.9 5 
18.8 410 18.6 5 
16.1 3 42 6 
15 9 41 7 
22.1 200 13.1 5 
20.6 36 16.6 5 
30.7 70 8.4 3 
16.4 330 21.1 6 
18.8 98 19.3 5 
24.8 1560 10.8 4 
19.1 36 17.2 5 
29.8 1180 8.4 3 
27.1 3200 11.7 4 
28.2 2100 10.9 4 
19.4 8 24 5 
19.7 18 20.8 5 
31.5 2200 6.9 3 
19.3 19 24.4 5 
27.3 88 12.4 4 
25.1 370 11.6 4 
15 115 37.3 7 
18.4 130 19 5 

The arithmetic mean can also be estimated graphically from a plot of 
the frequency and cumulative frequency (%) versus porosity, as long as 
the histogram is relatively symmetrical, as is the case in most porosity 
distributions. 

Figure 3.50 is a porosity histogram and distribution (cumulative 
frequency) curve for the porosity data shown in Table 3.1 1. It is evident 
from this figure that the porosity histogram is not symmetrical. This lack 
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Figure 3.50. Porosity histogram and distribution for all samples. 

TABLE 3.1 1 
CLAsSlFlCAllON OF POROSITY DATA INTO RANGES OF 2 PERCENT POROSITY 

FOR ALL SAMPLES 

Porosity Mid-value Cumulative 
Range, of range, No. of Frequency Frequency 

% % samples F, % Fc, % 
Less than 10 

10-12 
12-14 
14-16 
16-18 
18-20 
20-22 
22-24 
24-26 
26-28 
28-30 
30 + 
Totals 

9 
11 
13 
15 
17 
19 
21 
23 
25 
27 
29 
31 

1 
0 
1 
3 
4 
8 
1 
1 
3 
3 
2 
2 

29 

3.45 
0.00 
3.45 

10.34 
13.79 
27.59 

3.45 
3.45 

10.34 
10.34 
6.90 
6.90 

100 

3.45 
3.45 
6.90 

17.24 
3 1.03 
58.62 
62.07 
65.52 
75.86 
86.21 
93.10 

100.00 

of symmetry is further confirmed in Figure 3.5 1, which is plot of porosity 
data versus the cumulative frequency on a arithmetic probability graph. 
Theoretically, if the porosity data approximate a straight line, then a 
normal curve, which is completely defined by the arithmetic mean, is a 
reasonable fit of the data. 
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Figure 3.51. Porosity distribution on probability paper (Heterogeneous reservoir). 

Figure 3.52 shows a significant deviation from the fitted straight line 
between 30 and 60 percent cumulative frequency. In this particular 
example the porosity distribution is not normal and, therefore, cannot 
be represented by the frequency function. 

The ”median” porosity corresponds to the 50% point on the cumulative 
frequency curve, if the porosity distribution is normal and the histogram 
is symmetrical. Theoretically, the median value divides the histogram 
into two equal areas, which is not the case in this example, as shown 
in Figure 3.51. The “median” value of porosity (19.3%), shown in this 
figure, is only an approximation. The cumulative volume capacity for 
the porosity data is calculated in Table 3.12 and plotted in Figure 3.52. 
This plot indicates that the distribution of porosity capacity is bi-modal. 

(2) Average values of permeability 
The arithmetic, geometric and harmonic averages of the 29 core- 

derived permeability values are, respectively: 

- C k i  9 0 + 7 + 4 + 2 2 0 + . . . + 1 3 0  
kA = - = 655 mD - - 

n 29 
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Figure 3.52. Distribution of porosity capacity. 

TABLE 3.12 
CALCULATION OF POROSIN DISTRIBUTION FROM CLASSIFIED DATA FOR 

DETERMINATION OF NET PAY SAND 

Mid- Cumulative 
value Frequency capacity, 

Porosity of range, No. of Fraction, n 
Qi Fi !?$! 

i=l Qt 
Range %, $i samples Fi 

Less than 10 9 1 0.0345 0.31 0.01 1 .oo 
10-12 11 0 0.0000 0.00 0.00 0.99 
12-14 13 1 0.0345 0.45 0.02 0.99 
14- 16 15 3 0.1034 1.55 0.07 0.96 
16-18 17 4 0.1379 2.34 0.11 0.89 
18-20 19 8 0.2759 5.24 0.25 0.78 
20-22 21 1 0.0345 0.72 0.03 0.53 
22-24 23 1 0.0345 0.79 0.04 0.49 
24-26 25 3 0.1034 2.59 0.12 0.45 
26-28 27 3 0.1034 2.79 0.13 0.33 
28-30 29 2 0.0690 2.00 0.10 0.20 
30+ 31 2 0.0690 2.14 0.10 0.10 

Totals 29 1.0000 20.9310 
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29 - 
= ~3 mD - n 

- 1 1 1  1 1 kH = 
-+-+-+-+...  +- (.' 1=1 d) 90 7 4 220 130 

The harmonic averaging technique yields, as expected, the lowest value 
of average permeability. In this case, the difference between the three 
averages is very significant, implying that the formation is extremely 
heterogeneous. Another reason for this large difference is that no values 
of permeability were cutoff. Generally the amount of cementing material 
is high for low permeability values, and low for very high permeability 
values. 

(3) The effective permeability of this formation is estimated from 
Equation 3.124. 

From Equations 3.125, we calculate the geometric mean of the natural 
log of the core-derived permeability values: 

k~ = -j/lnkl Ink2 lnk3.. .Ink, = (1.9855 x lo")& = 4.275 mD 

To calculate the variance 0: we need to use Equations 3.126 and 3.127: 

- Chki 139.54 =-- I n k = - - -  - 4.812 mD 
n 29 

x ( l n  ki - In k)2 x ( l n  ki - 4.812)2 124.51 --- - 4.3 - - 0 2  = - 
n 29 29 

Using the geometric mean of the natural log of k values, the effective 
permeability is: 

ke = (1 + 7) exp [4.275] = 123 mD 

(4) The Dykstra-Parsons coefficient is obtained from Equation 3.115. 
Using the same approach as in the previous example, we find: 

k84.1 = 8.38 mD was obtained by interpolating in Table 3.13 or 
Figure 3.53. 

The Dykstra-Parsons coefficient is very high, indicating an extremely 
heterogeneous reservoir. 
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TABU 3.13 
FREQUENCY DISTRIBUTION FOR THE PERMEABlLlN DATA 

Cumulative 
Number of Samples Frequency 

Core Permeability With Larger Distribution 
No. k, md Frequency Permeability (% >ki) 

6 4400 1 0 0.0 
31 3200 1 1 3.4 
35 2200 1 2 6.9 
32 2100 1 3 10.3 
5 1920 1 4 13.8 

23 1560 1 5 17.2 
28 1180 1 6 20.7 
12 410 1 7 24.1 
38 370 1 8 27.6 
20 330 1 9 31.0 
4 220 1 10 34.5 
15 200 1 11 37.9 
10 145 1 12 41.4 
40 130 1 13 44.8 
39 115 1 14 48.3 
22 98 1 15 51.7 
1 90 1 16 55.2 

37 88 1 17 58.6 
17 70 1 18 62.1 

16,25 36 2 19 65.5 
11 25 1 21 72.4 
36 19 1 22 75.9 
34 18 1 23 79.3 
14 9 1 24 82.8 
33 8 1 25 86.2 
2 7 1 26 89.7 
3 4 1 27 93.1 
13 3 1 28 96.6 

Total samples, n = 29 

PERMEABILITY FROM WELL TEST DATA 

Despite the considerable value of core analysis and well log 
interpretation, some doubt always remains concerning the potential 
productivity of a well, especially during the exploratory stage. This 
doubt is not dispelled until a sizable sample of formation fluids has been 
recovered during a production test, commonly known as drill-stem test. 
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Figure 3.53. Llykstru-Parsons coeflcdent for u heterogeneous reservoir. 

The recovery of fluids obtained is primarily dependent upon the 
permeability and porosity of the formation tested and the viscosity of the 
fluids contained in the zone. Various techniques have been developed for 
analyzing the fluid recovery and recorded pressure curves to determine 
whether or not a formation test has indicated that commercial production 
can be attained. 

To utilize these pressure curves, some knowledge of the response 
of the curve to a given formation conditions is necessary. Basic to this 
knowledge is an understanding of various analytical equations describing 
the flow of fluids through porous media. These equations, which 
are solutions of diffusivity equations for different boundary conditions, 
express the relationship between characteristics of the porous rock, such 
as porosity and permeability, and properties of the fluids (oil, gas, and 
water) moving through the rock. 

The basic well testing technique is to create a pressure drop in the 
bottom-hole pressure, which causes reservoir fluids to flow at a certain 
rate from the rock to the wellbore, followed by a shut-in period. The 
production period is generally referred to as the “pressure drawdown” 
whereas the shut-in period is called the “pressure buildup.” 
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Practical information obtained from well testing includes permeability 
along with porosity, reservoir shape, average reservoir pressure, and 
the location of the reservoir boundaries, such as sealing faults, in the 
vicinity of the well. The most common method for obtaining permeability 
consists of plotting pressure data versus time on a semi-log graph paper 
(e.g. Figure 3.54 for pressure drawdown test, and Figure 3.55 for pressure 
buildup test). Upon determining the slope of the straight line, the 
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Figure 3.54. Semilog plot of pressure drawdown test. 
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Figure 3.55. Semilog plot ofpressure buildup test (Hornetplot). 
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following equation is used to calculate permeability: 

WBo 
mh 

k = 162.6- (3.130) 

where: k = formation permeability, mD 
q = flow rate, STB/D 
m = fluid viscosity, CP 
Bo = formation volume factor, bbl/STB 
h = formation thickness 
m = slope of the straight line, psiflog cycle 

Other parameters obtainable from these type of tests are: degree of 
formation damage around the wellbore, number and type of reservoir 
boundaries, and degree of connectivity to other wells. A modern 
technique for analyzing pressure data is based on the log-log plot 
of pressure derivative (t*Ap’) versus time, as shown in Figure 3.56. 
Using the Tiub’s Direct Synthesis technique the permeability is obtained 
from [61]: 
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Figure 3.56. Pressure derivative plot showing infinite acting radialpow regime. 
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I 

Where (t*Ap’)R is obtained from the horizontal straight line, which 
corresponds to the infinite acting radial flow regime. On the semilog 
plot this flow regime corresponds to the straight line of slope m. 

EXAMPLE 

A new well in a small bounded reservoir, North of Hobbs, New Mexico, 
was produced at a constant rate of 250 STB/D. The initial reservoir 
pressure is 4,620 psia. Other relevant data is as follows: 

Calculate the permeability from: 

(a) The semilog plot of Pwf versus time, and 
(b) The pressure derivative, using Tz’ub’s Direct Syntbesis technique 

SOLUTION 

Figure 3.57 is a semi-log plot of the flowing bottom-hole pressure versus 
time in Table 3.14.  Figure 3.57 shows a log-log plot of AP = Pi - P d  
and the pressure derivative (t*AP’) versus test time. 

(a) The absolute value of the slope of the straight line corresponding to 
the infinite acting line, i.e. radial flow regime, is 18.5 psflogcycle. 

0.1 1 10 100 

The,  t, hrs 

Figure 3.57. Semi-log plot of pressure drawdown versus test time. 
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TABLE 3.14 
PRESSURE DRAWDOWN TEST 

Time, hr 

0 
0.1 
0.2 
0.3 
0.4 
0.65 

1 
2 
3 
4 
5 
7 

9.6 
12 

16.8 
33.6 
50 
7 2  
85 
100 

Pd, psia AP, psi t*AP’, psi 

2733 0 0.00 
2703 30 31.05 
2672 61 58.95 
2644 89 84.14 
2616 117 106.30 
2553 180 129.70 
2500 233 125.69 
2398 335 144.39 
2353 380 102.10 
2329 404 81.44 
2312 42 1 65.42 
2293 440 34.47 
2291 442 5.62 
2290 443 6.32 
2287 446 7.63 
2282 45 1 7.99 
2279 454 7.94 
2276 457 10.50 
2274 459 12.18 
2272 461 13.36 

Using Equation 3.132 

= 202 mD 
q w o  (250)( 1.2)( 1.229) 

k = 162.6- = 162.6 
mh (18.5)( 16) 

From Figure 3.58, the value of (t*p’)R = 8 psi is obtained by 
extrapolating the horizontal line portion of the pressure derivative 
curve to the vertical axis. This line corresponds to the radial flow 
regime. Using Equation 3.133 we obtain: 

= 203 mD 
70.6qyB0 (250)(1.2)( 1.229) 

(16)(8) 
k =  = 70.6 

h(t*Ap’)R 

STATISTICAL ZONATION TECHNIQUE 

Reservoir description may be approached in a number of ways. 
Hutchison et al. developed a method for statistically predicting the 
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Figure 3.58. Longlogplot of AP and t*AP' versus test time, 

probability of the presence of reservoir nog-uniformities of a certain type 
in any reservoir by considering the cores, logs, and general geologic 
background of the reservoir [47]. Using a statistical analysis of laboratory 
measurements of air permeability in eight directions spaced at 45" 
intervals on 142 two-inch vertical plugs from 30 cores, Greenkorn et al. 
showed that there is significant point anisotropy in about 60% of the core 
plugs [ 5 3 ] .  Also, they found that the permeability of a heterogeneous 
anisotropic porous medium is a tensor consisting of a point-to-point 
variation that depends on grain size and a point variation that depends on 
bedding. Trudgen and Hoffmann proposed a procedure which employs 
Pearson's system of curve fitting for defining a frequency distribution 
of reservoir rock properties obtained from core data [ 541. Many more 
statistical methods for describing various reservoir rock properties were 
proposed. However, only few of these methods were found to be 
practical. 

Testerman described a statistical technique for identifying and describ- 
ing porous and permeable zones in a reservoir, and for determining 
which ones are likely to be continuous between adjacent wells 
[55] .  The technique is particularly useful in describing permeability 
distribution in a reservoir where crossflow between adjacent communi- 
cating reservoir strata, due to imbibition and gravity segregation, is 
important. Inasmuch as there are, however, no geological parameters 
concerning the depositional environment in the statistical evaluation, 
judgment is necessary to determine whether the zones so defined 
are, in fact, continuous and consistent with the geological model. 
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Although it has been developed primarily for permeability zonation, the 
technique is general and can be applied to reservoir properties other than 
permeability. The reservoir zonation technique is a twepart operation. 

Permeability data from the top to the bottom of the strata of a 
single well are divided into zones. These zones are selected such that 
the variation of permeability within the zones is minimized and 
maximized between the zones. The statistical equations used to zone 
the permeability data are: 

(3.132) 

where: 

szz = variance between the zones. 
NZ = number of zones 
nk = total number of permeability data in the strata. 
NK = number of permeability data in the ith zone. 
kij = permeability data. 
i = summation index for number of zones. 
j = summation index for the number of data within the zone. 

The variance within any zone, sz, is computed from: 

and the zonation index, Iz, is: 

(3.134) s, I z = l - -  
SZZ 

This index is the criterion used to indicate the best division. Iz, which 
ranges between 0 and 1, indicates how closely the division corresponds 
to homogeneous zones. The closer Iz is to 1, the more homogeneous are 
the zones. Any negative value of Iz must be replaced by zero in order to 
conform to the definition of Iz. 

The zonation of individual wells is a multi-step procedure: 

(a) First, the permeability data, in their original order of depth, are 
divided into all possible combinations of two zones. Then, the 
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zonation index is calculated from Equation 3.134, and the larger 
value, which denotes the best division into two zones, is retained 
for comparison with other indices. 

(b) The permeability data of the best two-zone combination are divided 
into all possible three, zone combinations. The index Iz is again 
calculated for determining the best three-zone division. 

(c) The permeability data of the best three-zone combinations are 
divided into all possible four-zone combinations. Then the zonation 
index criterion is applied. 

The division into additional zones continues until the difference between 
two successive indices, AIz, is negligible. Testerman found that the 
difference is negligible if AIz -= 0.06 [55]. 

After all the wells in the reservoir have been zoned, the zones between 
adjacent wells are correlated for determining which strata are likely to 
be continuous, i.e., connected. Zones are considered to be connected if 
the difference in mean permeability of two zones is adjoining wells is less 
than or equal to that expected from variations of measurements within 
zones. 

EXAMPLE 

Figure 3.59 shows the location of four wells in a consolidated 
sandstone reservoir selected to illustrate the use of the statistical 
zonation technique. Table 3.15 lists the permeability data and the 
corresponding depth for each of the four wells. The number of zones 
and the corresponding average permeability for each well must be 
determined. 

well No. 11 t o  N 

U 
loo ft 

Figure 3.59. Location of wells f55f* 
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TABLE 3.15 
RESERVOIR PERMEABILITY DATA [55] 

Well No. 8 Well No. 11 Well No. 18 Well No. 37 
Depth Perm Depth Perm Depth Perm Depth Perm 
(W (mD) (W (mD) (fit) (mD) (W (mD) 
1,917.5* 
1,918.5 
1,919.5 
1,920.5 
1,921.5 
1,922.5 
1,923.5 
1,924.5 
1,925.5 
1,926.5 
1,927.5 
1,928.5 
1,929.5 
1,930.5 
1,93 1.5 
1,932.5 
1,933.5 
1,934.5 
1,935.5 
1.936.5 

11 

27 
157 
234 
390 
90 
192 
218 
42 
120 
158 
315 
20 
99 
121 

43 
88 
7.4 
149 
0.0 

1,9065 10 
1,907.5 52 
1,908.5 276 
1,909.5 140 
1,910.5 139 
1,911.5 165 
1,912.5 342 
1,913.5 87 
1,914.5 0.0 
1,915.5 0.0 
- - 
- - 
- - 
- - 

- - 

- - 

- - 

- - 

- - 
- - 

1,973.5 20 
1,974.5 40 
1,975.5 190 
1,976.5 146 
1,977.5 53 
1,976.5 4.8 
1,979.5 0.0 
1,980.5 45 
1,981.5 14 
1,982.5 0.0 
1,983.5 84 
1,984.5 28 
1,985.5 0.0 
1,986.5 0.0 
1,987.5 0.0 
1,988.5 0.0 
- - 
- - 
- - 
- - 

1,922.5 34 
1,923.5 67 
1,924.5 20 
1,925.5 197 
1,926.5 186 
1,927.5 33 
1,928.5 30 
1,929.5 21 
1,930.5 117 
1,931.5 27 
1,932.5 27 
1,933.5 26 
1,934.5 61 
- - 
- - 
- - 

- - 
- - 

- - 
- - 

"Top of the productive interval. 

SOLUTION 

To illustrate the zonation of individual wells, the permeability data 
of well No. 11 were selected. Table 3.16 shows the division of the 
permeability data into two zones. Equations 3.132, 3.133, and 3.134 
were used to compute the variance factors szz and sz and the zonation 
index Iz, respectively, for each division into two zones. For example, the 
szz, sz and I, values in the first line of Table 3.15 (Le., depth = 1,917.5 ft 
and k = 10 mD) are computed as follows: 
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TABLE 3.16 
DIVISION OF DATA OF WELL NO. 1 1 INTO TWO ZONES [55] 

Sample Grand Sum 

Group (mD) Permeability Sum (mD2) (mD2) R 
No. per Permeability Cum. Sum of Minus Cum. B W 

1 0.0 10 1,192 13,493 13,600 0.0 
2 52 63 1,140 19,892 12,800 0.35 
3 276 338 864 243 15,256 0.0 
4 140 478 724 3 15,286 0.0 
5 139 617 585 102 15,273 0.0 
6 156 773 429 1,118 15,146 0.0 
7 342 1,115 87 35,646 10,830 0.69 
8 87 1,202 0.0 36,120 10,771 0.70 
9 0.0 1,202 0.0 16,053 13,280 0.17 

10 0.0 1,202 0.0 - - - 
SUm 1,202 

+ (52)2 + (276)2 + (140)2 + (139)2 + (342)2 + 
sz  = - (1, 19a2 

9 (87)2 + (0)2 + - - - 
1 

= 13,600 

13,600 I z = l - - -  - 0.00s 
13,493 

Because Iz < 0, it is replaced by zero. The other lines are similarly 
calculated. Zone II, where k = 0 in samples No. 9 and No. 10, is easy to 
identify without any calculations. 

Table 3.17 illustrates the next step in zonation of well No. 11,  Le., 
division of permeability data into three zones. Zone I1 of the two-zone 
division is now divided into two zones. Testeman attempted to divide 
the permeability into four zones [55]. He found, however, that the 
largest four-zone index (0.79) is smaller than the three-zone index of 0.81, 
and concluded that well No. 11 is best described as three permeability 
zones. 

The permeability data of wells 8, 18, and 37 were divided into zones 
using the same approach as for well No. 11. Table 3.18 indicates that 
each well is best described by three zones. 



TABLE 3.17 
DIVISION OF DATA OF WELL NO. 11 INTO THREE ZONES [55] 

~ 

Sample Grand Sum 

Group (mD) Permeability Sum (mD2) (mD2) R 
No. per Permeability Cum. Sum of Minus Cum. B W 

1 10 10 1,192 29,300 9,098 0.68 
2 52 63 1,140 37,021 6,893 0.81 
3 276 338 864 21,450 11,341 0.47 
4 140 478 724 218,242 11,229 0.48 
5 139 617 585 22,866 10,937 0.52 
6 156 773 429 23,564 10,737 0.54 
7 342 1,115 87 20,346 11,657 0.42 
8 87 1,202 0.0 - - - 

TABLE 3.18 

Well No. 8 Well No. 11 Well No. 18 Well No. 37 

Perm Perm Perm Perm 
Zone (mD) Zone (mD) Zone (mD) Zone (mD) 

FINAL ZONATION OF RESERVOIR PERMEABILITY DATA [55] 

20 
99 
121 
43 

88 
7.4 
149 
0.0 

(3,s) 

10 20 

52 40 

276 190 
140 ( 2 , W  
139 146 

( 1 , W  

* * 

156 
342 
87 53 

4.8 
0.0 
45 

0.0 14 
(3,18) 0.0 

0.0 
84 
28 
0.0 
0.0 
0.0 
0.0 

* 

* 

* not enough data [3O] 

34 

67 
(1,37) 

* 
* 

197 

186 
(2,377 

* 

33 

21 
117 

20 
27 
26 

(3,37) 
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Well No. 11 Well No. 8 Well No. 37 Well No.18 

1906.5 1918.5 1922.5 1973 

1975 

1977 

Zone 1 

Zone I1 

Zone 111 

Average Thickness Average Permeability 
(fi) (mD) 

Zone I 2.1 33 

Zone 11 5.0 189 

Zone 111 7.5 36 

Figure 3.60. Cross-section showingPna1 zonation [55]. 

The results of the zonation between wells, which are not given 
here, define the existence of three continuous zones which have an 
average thickness, from top to bottom, of 2.1, 5.0, and 7.5 ft, and an 
average permeability of 33, 189, and 36 mD, respectively. Figure 3.60 
is a cross-section showing the final zonation. The zonation technique 
is general and can therefore be applied to reservoir properties other 
than permeability, including porosity, formation resistivity factor, and 
fluid saturation. The statistical zonation technique assumes a priori that 
stratification exists within the reservoir. If the reservoir is not stratified, 
however, the statistical zonation technique will show it. 
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PROBLEMS 
1 .  Calculate the porosity of the sample described below: 

Dry sample mass 104.1 g 
Mass of the water-saturated sample 
Density of water 1.001 g/cm3 
Mass of saturated sample immersed in water 

120.2 g 

64.7 g 

a. Is this the effective or the total porosity of the sample? 
b. What is most probably the lithology of the sample? Explain why. 

2 .  A core 2.54 cm in length and 2.54 cm in diameter has a porosity of 
22%. It is saturated with oil and water. The oil content is 1 . 5 ~ m ~ ~ .  
What is the pore volume of the core? What are the oil and water 
saturations inside the core? 

3. If a formation is 2.5 m thick, what is the volume of oil-in-place in 
100 acres, if the core described in Problem 2 above is representative 
of the reservoir. Report the volume in cubic meters and barrels. 

4. Assume that the permeability and porosity data in Table 3A 
are representative of several thousand data points taken for 
permeability-porosity measurements of a reservoir. 

a. Plot the data and develop an equation that represents the 
relationship between permeability and porosity. Show the limits 
of the applicability of this equation. 

TABLE 3A 

0.022 
0.061 
0.115 
0.438 
1.050 
1.120 
2.202 
2.500 
2.900 

0.088 
0.100 
0.11 
0.118 
0.121 
0.130 
0.140 
0.150 
0.159 
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b. Give an explanation for the deviation of the data that occurs for 

c. Match your data to Figure 3.13 and use it to identify the most likely 

d. Determine the correct mean value of the permeability. 

the high-permeability core. 

rock type of the reservoir. 

5. If a core has a porosity of 18% and an irreducible water saturation of 
24%, what is the permeability of the sample? 

6. What is the matrix permeability of the core described in Problem 5 if 
the effective pore throat radius is 3.5 prn and the cementation factor 
is 2? Estimate the tortuosity of the sample. 

7. Core analysis for permeability and porosity of 36 one-foot core 
samples obtained from a well located in a clean sandstone formation 
is provided in Table 3B. 

a. Is the permeability distribution with depth in Table 2B linear, 
exponential, or logarithmic? Find the best curve-fit straight line. 

b. Calculate the Dykstra-Parsons coefficient. Is the formation 
homogeneous or heterogeneous? Justify your answer. 

TABLE 38 

Sample k Cumulative h Sample K Cumulative h 

1 loo 0.268 1 19 1720 0.266 19 
2 822 0.354 2 20 500 0.275 20 
3 436 0.264 3 21 495 0.269 21 
4 220 0.26 4 22 612 0.206 22 
5 348 0.258 5 23 897 0.264 23 
6 256 0.272 6 24 974 0.272 24 
7 150 0.256 7 25 790 0.351 25 
8 127 0.255 8 26 955 0.358 26 
9 36 0.272 9 27 1030 0.273 27 
10 779 0.257 10 28 784 0.266 28 
11 945 0.263 11 29 491 0.262 29 
12 815 0.295 12 30 623 0.313 30 
13 1190 0.277 13 31 557 0.255 31 
14 928 0.355 14 32 937 0.358 32 

No. (mD) 9 (W No. (mD) 9 (fit) 

15 238 0.286 15 33 854 0.279 33 
16 78 0.274 16 34 818 0.272 34 
17 1780 0.262 17 35 363 0.285 35 
18 1510 0.269 18 36 306 0.315 36 
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c. Find arithmetic, geometric, and harmonic means of the 
permeability. Also, calculate the standard deviation, normalized 
mean, and dispersion of the three means. 

d. Determine the arithmetic porosity mean and the median porosity. 

8. Considering the porosity and permeability data in Table 3B: 

a. Determine the best permeability-porosity correlation. 
b. What is the average grain diameter of each sample? 
c. Calculate RQI and plot against porosity. 
d. Determine the number of flow units and corresponding FZI. 

9. The log surveys in a well indicated irreducible water saturation of 
18% and an average porosity of 15%. Core analysis as well as well-test 
analysis indicated a reservoir rock permeability of 16 mD. Estimate 
the bound water irreducible and free fluid index for this formation. 

10. Estimate the permeability (mD) of a reservoir rock which has 
a porosity of 13% and an irreducible water saturation of 20%. 
Assuming this permeability is representative of the flow unit: 

a. Calculate the reservoir quality index RQI (pm). 
b. Calculate the flow zone indicator FZI. 
c. Calculate the Tiab flow unit characterization factor HT. 

11. An NMR log was run in a well, indicating a porosity of 13% and log 
mean of relaxation time 2.5 ps at the depth of 7,500. Estimate the 
permeability at this depth for this well, using SDR correlations. 

12. Core analysis in a new well in a formation with similar petrophysical 
characteristics to the TAGI formation revealed a horizontal permeab- 
ility of 15 mD. 

A. Assuming that the formation has equal contents of Kaolinite and 
Illite, estimate the vertical permeability and anisotropy ratio for 
this well, using the models developed for the TAGI formation, for 
the following cases: 

a. Only horizontal permeability is known. 
b. Only horizontal permeability and porosity data are available 

c. Horizontal permeability, porosity, and average grain diameter 
(porosity = 13%). 

data are available (grain diameter = 0.025 mm). 

B. Rework the example, assuming that this formation contains a high 
percentage of Illite clay. 
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NOMENCLATURE 
internal surface area 
surface area, acres 
formation volume factor 0, bbl/STB and SCF/ft3 
inverse of matrix coefficients bnj 
volume vector 
conductivity 
diameter of grain particles 
performance data 
calculated values of performance data 
observed values of performance data 
depth 
deviation 
frequency 
cumulative frequency 
formation resistivity factor 
initial gas in place 
formation thickness 
zonation index 
secondary porosity index 
difference between two successive indices 
permeability 
horizontal permeability 
number of permeabilities 
permeability at 84.1 % cumulative sample 
vertical permeability 
core length, cm 
Lorenz permeability coefficient 
cementation factor or exponent 
number of capillary tubes 
initial oil in place 
number of permeability data 
number of permeability data in zone i 
number of zones 
threshold pressure of capillary pressure curve 
pressure 
pressure loss or difference 
displacement pressure 
shut-in pressure 
flow rate 
radius 
pore radius 
random number 
uniformly distributed random number 
true formation resistivity, ohm-m 
standard deviation 
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SUBSCRIPTS 

aP 
e 
f 
g 
gr 
h 
h 
i 
irred 
i,j,kJ,n,u 
1 
ma 

r 

t, tot 

0 

sc 

W 

sample variance 
permeability variance 
population variance 
variance of zone 
variance between zones 
sample variance in zones 1 and 2 
saturation 
specific surface area per unit grain volume 
connate (irreducible) 
internal surface area per unit PV 
time 
temperature 
velocity 
volume 
bulk volume 
coefficient of permeability 
pore volume 
shale content 
volume of total shale, fraction 
fracture width 
water 
Cartesian coordinates 
variable 
mode of variable 

apparent 
effective 
fracture 
gas 
grain 
hydrocarbon 
highest value of variable x 
initial, index 
irreducible 
indices 
lowest 
matrix 
oil 
relative 
standard conditions 
total 
water 
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SUPERSCRIPTS 

r run number 

GREEK SYMBOLS 

angle between plane and pressure gradient 
specific gravity 
error 
contact angle 
porosity 
effective open porosity 
Kozeny shape factor 
Kozeny constatnt 
viscosity 
tortuosity 
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C H A P T E R  4 

FORMATION 
RES I STIV ITY 
AND a WATER 
SATU RAT1 0 N 

Sedimentary formations are capable of transmitting an electric current 
only by means of the interstitial and adsorbed water they contain. They 
would be nonconductive if they were entirely dry. The interstitial 
or connate water containing dissolved salts constitutes an electrolyte 
capable of conducting current, as these salts dissociate into positively 
charged cations, such as Na+ and Ca2+, and negatively charged anions, 
such as C1- and SO,. These ions move under the influence of an electrical 
field and carry an electrical current through the solution. The greater 
the salt concentration, the greater the conductivity of connate water. 
Freshwater, for example, has only a small amount of dissolved salts and 
is, therefore, a poor conductor of an electric current. Oil and gas are 
nonconductors. 

The electrical resistivity (reciprocal of conductivity) of a fluid-saturated 
rock is its ability to impede the flow of electric current through that 
rock. Dry rocks exhibit intinite resistivity. In electrical logging practice, 
resistivity is expressed in ohm-m2/m or simply ohm-m. The resistivity 
of most sedimentary formation ranges from 0.2 to 2OOOohm-m. The 
resistivity of poorly consolidated sand ranges from 0.20ohm-m for 
sands containing primarily saltwater, to several ohm-m for oil-bearing 
sands. For wellconsolidated sandstones, the resistivity ranges from 1 to 
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1,000 ohm-m or more depending on the amount of shale inter-bedding. 
In non-porous carbonate rocks, resistivity may be as high as a few 
million o b - m .  The resistivity of reservoir rocks is a function of salinity 
of formation water, effective porosity, and quantity of hydrocarbons 
trapped in the pore space [l]. Relationships among these quantities 
indicate that the resistivity decreases with increasing porosity and 
increases with increasing petroleum content. Resistivity measurements 
are also dependent upon pore geometry, formation stress, composition 
of rock, interstitial fluids, and temperature. Resistivity is, therefore, 
a valuable tool for evaluating the producibility of a formation. 

FORMATION RESISTIVITY FACTOR 
A rock that contains oil and/or gas will have a higher resistivity than 

the same rock completely saturated with formation water, and the 
greater the connate water saturation, the lower the formation resistivity. 
This relationship to saturation makes the formation resistivity factor an 
excellent parameter for the detection of hydrocarbon zones. 

RESISTIVITY MEASUREMENT 

The resistance of brine in a container of length L and cross-sectional 
area A to the flow of electricity is measured by applying a voltage E, 
in volts, across the liquid and recording the amount of current I, in 
amperes, that will flow, as shown in Figure 4.1. According to Ohm’s 
law the resistance, r,, is equal to: 

E 
r, = - 

1, 

The resistivity of the brine is: 

A E A  
Rw = rwL = -- I, I. 

(4.1) 

(4.2) 

Now consider a block of porous rock (clean sand) of the same 
dimension A and L, and 100% saturated with the same brine (Figure 4.2). 
On applying the same voltage E across the block of sand, a current Io will 
flow. The resistivity of this porous rock sample, &, is: 

A E A  & = ro- = -- 
I. I, I. (4.3) 
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r t - - - - - - - r l  
Figure 4.1. Resistivity measurement of salty water (11. 

E , ” + ; r -  , 

+L----C( 
Figure 4.2. Resistivi@ measurement of aporous rock sample [l]. 

Dividing Equation 4.3 by Equation 4.2 and canceling similar terms gives 

Archie defined this ratio as the “formation resistivity factor FR” or [ 2 ] :  

Ro FR - 
R W  

(4.5) 

For a given value of E, Iw will be greater than Io. Hence & will be greater 
than Rw and FR will always be greater than unity. Figure 4.3 shows the 
qualitative effect of brine resistivity (assuming all other factors, such 
as porosity, cementation, and amount of shale remain constant) on FR 
for limestone and clean sand, and shaly (“dirty”) sand. The formation 
factor is essentially constant for clean sand and limestone. For dirty or 
shaly sand, FR decreases as brine resistivity, Rw , increases; and although 
& increases, it does not increase proportionately because the clay in 
the water acts as a conductor. This effect is dependent upon the type, 
amount, and manner of distribution of the clay in the rock. Equation 4.5 
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Brlm Reai8tlvity: Ohm Me- 63 75. F 
Figure 4.3. General relationship between formation factor F and brine resistivity Rw 
factor (courtesy of Core Luboratories). 

is an important relation in well log interpretation for locating potential 
zones of hydrocarbons. 

Of all the rock parameters measured by modem well logging tools, 
resistivity is essential because it is used to determine water saturation, 
which is then used to calculate the volume of oil- and/or gas-in-place. 
The producibility of the formation also can be estimated by comparing 
the resistivity close to the wellbore (i.e., flushed-zone resistivity), where 
mud filtrate has invaded the formation, and resistivity of the virgin portion 
of the formation @e., true resistivity, Rt.) 

DETERMlNATlON OF FORMATION WATER RESISTIVITY 

The value of Rw can vary widely from well to well in some 
reservoirs because parameters that affect it include salinity, temperature, 
freshwater invasion, and changing depositional environments. However, 
several methods for determining the reservoir water resistivity have 
been developed, including: chemical analysis of produced water sample, 
direct measurement in resistivity cell, water catalogs, spontaneous poten- 
tial (SP) curve, resistivity-porosity logs, and various empirical methods. 

Chemical Analysis 

Although direct measurement of Rw in a resistivity cell is aIways 
preferred, chemical analysis of water samples is still performed. 
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In many cases, Rw is estimated using a logging tool, e.g., from the 
spontaneous potential log. Chemical analysis of uncontaminated water 
samples yields representative values of formation water resistivity as a 
function of the salinity of the sample and reservoir temperature, using 
Figure 4.4. Salinity is a measure of the connection of dissolved salts, 
which is expressed in parts per million (ppm), grains per gallon, or 

Figure 4.4. Resistivity of water as a function of salinity and temperature (courtesy 
of Scblumberger Go.). 
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grams per liter of sodium chloride. One grain per gallon is approximately 
equal to 17.2 ppm or 17.14 x g/L. Inasmuch as sodium chloride 
is the most common salt present in the formation water, ionic 
concentration of other dissolved salts is generally converted to the 
NaCl concentration equivalent, using Figure 4.5. The abscissa of this 
chart is actually the sum of the concentrations of each ion. Once the 
weighting multipliers for the various ions, present in the water sample, 
are determined from Figure 4.5, the concentration of all ions, Csi, is 
multiplied by its “multiplier.” The equivalent NaCl concentration in ppm, 
C,,, is obtained by adding the products for all ions, or: 

n 

(4.6) 
i= 1 

where: n = number of ions in the solution. 
Mi = weighting multiplier (see Figure 4.5). 

Csii = concentration of each ion, ppm. 

Figure 4.4 shows that the resistivity of formation water decreases as the 
temperature increases. To estimate the effect of temperature on water 

Figure 4.5. Multipliers for converting ionic concentrations of dissolved salts to NaCl 
concentration equivalents (courtesy of Schlurnberger Co.). 
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resistivity, Arp's formula can be used: 

(4.7) 

where R w ~ l  and R w ~ 2  are, respectively, the water resistivities (ohm-m) 
at formation temperature (OF) TI and T2. In freshwater, the constant 6.77 
in Equation 4.7 is not necessary. The temperatures T1 and T2 are expres- 
sed in O F .  If 75°F is used as a reference temperature, Equation 4.7 can be 
used to find water resistivity at any reservoir temperature T: 

The value of Rw75 may be estimated from the following equation [4]  

1 
2.74 x 1 0 - 4 ~ : : ~ ~  

Rw75 = + 0.0123 (4.9) 

Inasmuch as the slopes of the salinity lines in Figure 4.4 are not constant, 
and these lines are not perfectly straight, the following equation may be 
derived [ 31 : 

where: 

(4.10) 

(4.11) 

and 

XH is a function of salinity and compensates for the change in slope 
and accounts for the curving or deviation of the constant salinity lines 
below 75°F and above 30O0F. Equation 4.10 yields more accurate values 
of Rw than Equation 4.7, for all ranges of salinity and temperature (see 
also Tables 4.1 and 4.2). Table 4.2 is very convenient for programming 
purposes. 

EXAMPLE 

The chemical analysis of an oil reservoir brine yielded the following 
ionic concentrations: 1 1,000 ppm Na+, 15,ooO ppm C1,8,000 ppm Mg2+, 
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TABLE 4.1 
SOLIDS CONCENTRATION AND MULTIPLIER 

Multiplier* 

c s t  HCO3 so4 K co3 C a  Mg 
10 0.35 0.78 0.84 1.05 1.3 2.2 
20 0.35 0.78 0.88 1.05 1.3 2 
50 0.35 0.78 0.92 1.06 1.32 1.95 

100 0.35 0.77 0.94 1.05 1.29 1.89 
200 0.35 0.76 0.95 1.02 1.28 1 .82 
500 0.35 0.72 0.96 0.98 1.2 1.7 

1,000 0.34 0.69 0.95 0.95 1.1 1.62 
2,000 0.33 0.65 0.94 0.89 0.989 1.53 

10,000 0.29 0.5 0.9 0.635 0.789 1.28 
20,000 0.25 0.462 0.91 0.55 0.818 1.14 
50,000 0.2 0.38 1.01 0.39 0.798 0.92 

100,000 0.18 0.3 1.3 0.2 0.71 0.52 
150,000 0.23 2 0.03 0.572 
200,000 0.18 0.372 
300,000 -0.685 

*M = 1 for Na+ and C1-. 

6,000 ppm Ca2+, and 10,000 ppm SO:-. Room temperature = 75°F. 
Calculate : 

(a) the equivalent NaCl concentration, and 
(b) the resistivity of the formation brine at 150°F. 

S O L U T I O N  

(a) The total solids concentration, CSt is 11,000 + 15,000 + 8,000 + 
6,000 + 10,000 = 50,000 pprn. Entering Table 4.1 or Figure 4.5, one 
finds the following multipliers: 1 for Na+ and C1-, 0.92 for Mg2+, 
0.798 for Ca2+ and 0.38 for SO:-. The equivalent NaCl concentration 
is (Equation 4.6): 

C, = 1 x 11,000 + 1 x 15,000 + 0.92 x 8,000 + 0.798 x 6,000 

+ 0.38 x 10,000 

= 41,948 

(b) The water resistivity at the reference temperature is calculated from 
Equation 4.9: 

1 
2.74 x lo-* x 41,948O.955 

+ 0.0123 = 0.153 ohm-m Rw75 = 
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1 

3 

21 1 

Equation for H C a  (C, < 1OOK) 
M =3.446~10-’ +9.121x104C, -7.8434~1O-~Ck -5.16xlO4h(Cs)Cr 

+ 3,4326C: 
Equation for SO4 (C,< 140K) 

1 
1.22235+6.6xlO-’C~: 

Equation for K (C, SlOOK) 

M =8.61x10-’ +7.26177xlO-’[h(C,)~ +2.6376x104 - -8.558xlO-’C;: 

Equation for C03 

M =  

(::*I 
M = -9.306~10-I + 4 . 2 4 ~ 1 0 ~ ’ e - ~ ~ ” ~ ~ ~  d + 1,573$ ==lodc* 

5 

7 

8 

9 

I 

Equation for Ca (C, < 275K) I 
M = 1.026-9.7454~10-~C, - 2 . 6 7 5 ~ 1 0 - ~ ~ ( C ~ ) ~  + 1 . 2 5 5 ~ 1 0 ~ ’ ( ~ )  

Cs 
+ 1.8266~10-’ h(C, ) 

Equation for Mg (C, 5 2OOK) 
M = 2.06566 - 1.6307xlO-’C~ - 8.2966~10” b(C,)p 

For Na and Cl, M = 1 for any value of CS 

For Br, M = 0.44 for any value of Cst 

For NOS M = 0.55 for any value of Ca 

The resistivity of the brine at 150’F is obtained from Equation 4.8: 

81.77 
Rw150 = 0.153 ( 150 + 6.77) = 0.0797 0 h - m  

Equation 4.10 yields Rw150 = 0.08 for XH = 8.3. 

Resistivity-Concentration Equations 

Worthington et al. recommended that brine resistivity of reservoir 
waters that are not pure NaCl solution should be measured in a well 
equipped standard laboratory, using a calibrated resistivity cell [ 4 ] .  
However, the resistivity of an accurately prepared NaCl solution can be 
determined by calculation from accurately measured masses or volumes 
of components. 

Using data in the literature, Worthington and colleagues obtained 
several correlations for conversion between resistivity and concentration 



2 12 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

TABLE 4.3 
CONCENTRATION CORRELATION CONSTANTS FOR EQUATION 4.13 

Range of Concentration of NaCl Solution, 
Concentration 

Correlation c s r n  ( m o w  
Constant 1 ,000-4 to lo-'  0.09 to 1.1 1.0 to 5.35 

a1 9.42203 x lo-' 9.33134 x lo-' 9.33292 x lo-' 
a2 8.889 x lo-' 8.47181 x lo-' 8.45971 x lo-' 
a3 -2.72398 x lop2 -1.04563 x lo-' -910632 x lo-' 
a4 -2.25682 x lop3 -7.05334 x lop2 -2.27399 x lo-' 
a5 1.46605 x -2.35562 x lop2 2.27456 x lo-' 
ac 0 0 -3.81035 x lo-' 

of NaCl solutions. For a given concentration of NaCl solution in mol& 
Csm, the water resistivity at 25°C is: 

where: X, = concentration correlation function. 
Csm = concentration of NaCl solution, mom. 

al, . . . , a6 = correlation constants. 

Table 4.3 shows the value of the correlation constants for three 
ranges of concentration: low4 < CSmlO-', 0.09 < C,, < 1.4, and 1.0 < 

A r p ' s  equation for calculating Rw at any reservoir temperature T in 
Csm < 5.35. 

degrees Celsius is: 

(4.14) 

If the concentration of NaCl solution is given in ppm, then it is 
necessary to convert it to mol& in order to solve for the concentration 
correlation function Xc and then Rw25. The conversion equation 
between ppm and mol/L is [4 ]  : 

(4.15) 
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where: C, = concentration of NaCl solution, ppm. 

p25 = density of NaCl solution at 25"C, g/cm3. 
ppm = mass of NaCl per lo6 mass units of solution. 

58,443 = molecular mass of NaCl, g. 

The value of the density of the NaCl solution as a function of the 
concentration Csm is given by: 

p25 = 0.99708 + 0.040785 Csm - 9.5818 x lo-* C:m 

+ 5.1208 x lop5 C&, (4.16) 

To convert a given value of concentration in ppm to mol/L, and then 
calculate the resistivity Rw25, one must employ Equations 4.15 and 4.16 
in an iterative procedure: 

Substitute C, and p25 = 1 into Equation 4.15, and calculate a value 

Substitute this value of Csm into Equation 4.16, and calculate a new 
density value. 
Substitute this value of density into Equation 4.15, and calculate a new 
value of Csm. Repeat these three steps until successive iterations yield 
~ ~ 2 5  < io-* g/cm3. 
Select the correlation constants from Table 4.3 for the range 
in concentration that includes the value of Csm calculated in 
Step 3, and then calculate the concentration correlation function 
X, (Equation 4.13). 
Substitute this value of X, into Equation 4.12 and calculate the 
resistivity Rw25. 
Use A r p ' s  Equation 4.14 to convert this resistivity at 25°C to 
a resistivity at reservoir temperature R w ~ .  

of Csm. 

An alternative method to Steps 1, 2, and 3 is to use the following 
equation to convert Csp to Csm: 

17.061 

0.69787 
106 

CSP 

Csm = 
-- 

(4.17) 

Equation 4.17 was obtained by combining Equations 4.15 and 4.16 
and solving explicitly for Csm. This equation assumes the products 
164 x Czm are negligible, For the maximum 
value of Csm = 5.35 moVL these two terms are 8.77 x and 

Csm and 8.76 x 
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C,, = 1.6x10bC,~~013676 R = 1 
l.E+Ol 

I I I I l l I l l  I I 1 1 1 1 1 l 1  I I I I l L L u  I , I l l  , I I / I 1 I , l  I 1  I , , , ,  
I I I I I  I I IIILIL 1 I I I I I I I I  I I ~ I I I I H  I I I I I I ~ .  , 1 1 1  

, I 1 , I I l U  , , 
I I I I I I I I I  I I W i l l  

I l l  
I I I i i i i i i  I i i i i i  , I , , , , , ,  , 

I IH I iP  i I i i i i  

4.69 x respectively. Conversion of ppm to mol& and vice versa, 
is straightforward when using Equation 4.17. Once Csm is calculated, X, 
and then Rw25 are calculated as discussed in steps 4 and 5 of the previous 
procedure. 

Another alternative to the iterative procedure for converting ppm to 
mol/L is to use the following correlation: 

Csm = 15.9604 x 10- 6 C,, 1.013575 (4.18) 

This correlation is obtained by substituting assumed values of Csm 
into Equation 4.16 and then calculating the corresponding values of C,, 
from Equation 4.15. Values of Csm and C, are plotted on a log-log graph 
and then curve-fitted, as shown in Figure 4.6. The relationship between 
Csp and Csm on a log-log graph is practically a straight line. In many cases 
water, resistivity at reservoir temperature, Rf l  is estimated from wireline 
logs. To convert this resistivity value to concentration, first convert Rfl 
to Rw25 using A r p ' s  Equation 4.14, and then use the following equation 
to calculate Csm: 

(4.20) 
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where: Xr = resistivity correlation function. 
b 1, . . . , b5 = correlation constants. 

Table 4.4 shows values of the correlation constants b l ,  b2, b3, b4, and 
b5 for two ranges of resistivity: 0.94 < Rw25< 796 and 0.09 < Rw25 < 
1.03. For these two ranges, the conversion of Rw25 into concentration in 
mom is straightforward. First, substitute the resistivity value Rw25 into 
Equation 4.20 for the appropriate Rw25 range, and then calculate the 
resistivity correlation function X,. Second, substitute this value of Xr and 
calculate the corresponding value of Csm (mom). 

For the case of low resistivity range, i.e., 0.04 < Rw25 < 0.10, Figure 4.7 
or the curve-fit equation that follows can be used to convert directly the 

TABLE 4.4 
RESISTIVITY CORRELATION CONSTANTS FOR EQUATION 4.20" 

Range of Resistivity, ohm-m 
Resistivity Correlation 

Constants 0.94 to 796 0.09 to 1.03 

- 1.030224 - 1.0301 5 
1.06627 1.06090 
2.41239 x lo-' 5.66201 x lo-' 
3.68102 x -6.09085 x lo-' 
1.46369 x lo-* 5.33566 x lo-' 

'No direct conversion to concentration correlation, such as Equation 4.19, is possible 
in the range 0.04 to 0.10. 

10 

1 
0.01 0.1 

RWZS 

1 

Figure 4.7. Conversion correlation between Rw25 and concentration in ppm for the 
range 0.04 < Rw25 < 0.1 and 10 < C,, < 5.35. 
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resistivity value of Rw25 to a concentration value: 

0.03207 
Csm = 1.54681 

(Rw25) 
(4.21) 

Equation 4.21 is, for practical purposes, an acceptable representation 
of the data used to plot Figure 4.1. However, if a higher degree of accuracy 
is required for concentration, then the following iteration scheme will 
yield the desired value of Csm for a given value of Rw25: 

Calculate an initial value of CSm by substituting the value of Rw25 into 
Equation 4.2 1 .  
Substitute this value of Csm into Equation 4.13 and calculate the 
concentration correlation function &. 
Calculate a new value of Rw25 by substituting the value of X, into 
Equation 4.12. 
Calculate the resistivity value and the calculated ARw25, between the 
given resistivity value and the calculated Rw25 value. If ARw25 is less 
than ohm-m, or some other required degree of accuracy, then 
the calculated value of Csm in Step a is accurate. If not, the value 
of Csm is increased (for ARw25 > 0 or decreased for ARw25 < 0) 
and Steps b, c, and d are repeated until the criterion of accuracy is 
satisfied. 

If concentration in ppm is required, substitute the calculated 
concentration value, Csm, into Equation 4.17 and calculate C,. A more 
accurate value of C,, can be obtained by substituting the value of C,, 
into the density Equation 4.16 and then calculating the value of C,, from 
Equation 4.15. 

Shale-Properties Method 

The shale-properties method estimates Rw from the shale beds 
associated with the formation of interest [5 ] .  Assuming the water of the 
shale completely occupies the total pore space of the shale, the shale 
formation factor Fsh is obtained from: 

(4.22) 

where $ash is the apparent porosity of the shale, and msh is the 
cementation exponent for shales. The water resistivity of the shale zone 
is calculated from: 

(4.23) 
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where Rtsh is the true resistivity of the shale zone, obtained from any 
resistivity log. If the zone is over-pressured, Rwsh is approximately equal 
to the Rw of the formation. For normal-pressured zones, the formation 
water resistivity at reservoir temperature is obtained from Equation 4.8, 
where the water resistivity of the zone at the reference temperature of 
75°F is obtained from the following statistical correlation: 

Rw75 = 0.0123 -k 3,647-5(ap%) -0.955 (4.24) 

The empirical constant ap is approximately equal to 7 for normally 
pressured zones and 1 for over-pressured zones. The total solids 
concentration in ppm, %, is obtained from Figure 4.4 or: 

1.047 [ ~ . 5 6 2 - 1 0 g ( ~ ~ ~ ' ~ ' ) ]  
C, = a, = 10 (4.25) 

The shale-properties method yields acceptable values of R, , primarily in 
the U.S. Gulf Coast area. 

The formation resistivity factor FR of a reservoir rock is an extremely 
valuable tool in the area of formation evaluation. It depends on numerous 
parameters, including: 

(1) Salinity of connate water. 
(2) Formation temperature. 
(3) Rock porosity. 
(4) Irreducible water saturation. 
(5) Amount, distribution, and type of clays. 
(6) Amount, distribution, and type of conductive minerals. 
(7) Number and type of fractures. 
(8) Layering of sand beds. 

Many researchers have investigated the effect of these factors on resis- 
tivity, and a large number of correlations were published. Only a few, 
however, survived the test of usefulness. 

CORRELATION BETWEEN FR AND POROSITY 

Inasmuch as clean sedimentary rocks conduct electricity by virtue 
of the salinity of water contained in their pores, it is natural that the 
porosity is an important factor in controlling the flow of electric current. 
As a first approximation, one would expect that the current conductance 
would be no more than that represented by the fractional porosity, e . g . ,  
a formation with 20% connate water saturation and 80% oil saturation 
would be expected to transmit no more than 20% of the current that 
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Figure 4.8. Ideal porous material of n straight cylindrical capillaries. 

would be transmitted if the entire bulk volume conducted to the same 
degree as the water [ 6 ] .  

Assuming the saturated porous rock sample in Figure 4.2 can be 
represented by an equivalent system of n straight capillary tubes as in 
Figure 4.8, the relationship between A, the total cross-sectional area of 
the block sample of length L, and An (= nnr:), cross-sectional area of 
n capillary tubes of length L, is: 

An = $A (4.26) 

where $ is the fractional porosity of the rock sample. The resistivity of 
saline solution in the capillaries is: 

Dividing Equation 4.3 by Equation 4.27 gives FR or: 

Ro A Iwc 
Rwc An Io 

FR = - = -- (4.28) 

Assuming I,, = Io, because the system of n capillaries is supposed to be 
equivalent to the porous rock sample, and substituting for An (Equation 
4.26) in Equation 4.28, one obtains: 

1 

F n = 5  (4.29) 

This is the simplest relationship between the formation resistivity 
factor, FR and porosity. Oil-bearing rock, however, is much more 
analogous to a container filled with sand than it is to parallel capillaries 
embedded in a rock matrix. Consequently, the actual formation 
resistivity factor value is considerably greater than that obtained using 
Equation 4.29. 
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CORRELATIONS BETWEEN FR AND TORTUOSITY 

The departure of the porous system from being equivalent to a system 
made up of straight capillary tubes is measured by the tortuosity factor, 
7, which is defined by Equation 3.20, i.e., T = where L is the 
length of the rock sample, and La is the actual length of the flow path as 
shown in Figure 4.9. Using Equation 4.27, the resistivity of the brine in 
the capillaries of length La is: 

Dividing Equation 4.3 by Equation 4.26 gives (for Iwc = Io): 

1 L a  f i  
9 L  9 

Fp, = -- - (4.31) 

Cornell and Katz derived a slightly different expression. Their deriva- 
tion was based on the inclined capillary tube model of porous media 
shown in Figure 4.10 [7].  For an inclined capillary tube, Equation 3.13 
becomes: 

or 

Substituting for An in Equation 4.27, one obtains: 

E 9A(L/Ia) 
Iwc L 

Rwc = - 

(4.32) 

(4.33) 

(4.34) 

Dividing Equation 4.3 by Equation 4.34 (assuming Iwc = Io) gives: 

(4 .35)  

Equation 4.35 gives the right order of magnitude for the formation 
resistivity factor in naturally fractured reservoirs. For the theoretical case 
of a horizontally fractured formation, the tortuosity factor z is equal to 1, 
and consequently: 

1 F = -  
9 

(4.36) 
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Wyllie and Gardner proposed the following relation for FR based on the 
complex capillary tube model shown in Figure 4.1 1 [8]: 

z/'i 
o2 FR = - (4.37) 

Unfortunately, natural formations rarely have uniform pore geometry 
shown in Figures 4.8-4.11. But it is evident from Equations 4.31-4.36 
that the formation factor FR is a function of porosity and pore structure. 
Equation 4.37 produces satisfactory results in carbonates and highly 
cemented sands. 

+L+ 

Figure 4.9. Actual flow path and tortuosity 

Figure 4.10. Inclined capillary tube model of porous media [7]. 

Figure 4.11. Two-size capillary tube model ofporous media [8]. 
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CORRELATIONS BETWEEN FR AND CEMENTATION 

The degree of cementation of sand particles depends on the nature, 
amount, and distribution of numerous cementing materials including 
silica, calcium carbonate and a variety of clays. The less-cemented 
sands normally have higher porosities and, from Equation 4.37, lower 
resistivity factors. As the sand becomes more cemented, @ decreases and, 
therefore, FR increases. Archie derived, from laboratory measurements 
of the formation resistivity factor FR with porosity, a relation between 
these two variables, which seems to have survived the test of time and 
usefulness [2]. The general form of this expression is: 

1 
FR = - om (4.38) 

The exponent m, which is referred to as the “cementation” factor, is a 
function of the shape and distribution of pores. It is determined from 
a plot of the formation resistivity factor FR versus porosity on a log-log 
graph. Such a plot generally can be approximated by a straight line having 
slope m. In chalky rocks and compacted formations, m is approximately 
equal to 2. For compact limestones, which are very highly cemented 
rocks, the value of m may be as high as 3. It is important to emphasize 
that these empirical values of m very often differ from well to well in the 
same or like formations. Where the value of m cannot be determined, the 
following equation commonly referred to as the Humble formula, can be 
used to estimate the formation factor: 

0.62 
FR = - $2.15 

or 

0.81 
FR = 7 (4.3913) 

Whereas the Humble formula is satisfactory for many types of rocks, 
better results can be obtained using the following generalized form of 
the Humble formula: 

(4.40) 

where values of the constant a and the cementation factor m depend on 
the types of rocks. The proper choices of a and m are best determined 
by laboratory measurements. 
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Formatlon Factor vs Porosity 
For Range of Measured Cementation Factor 
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Figure 4.12. Comparison of Humble and Archie equations (courtesy of Core 
Laboratories). 

The Humble formula and Archie formula for various values of the 
cementation factor m and constant a are compared graphically in 
Figure 4.12. 

EXAMPLE 

A cylindrical core sample of a well-consolidated sand is 100% saturated 
with a NaCl brine of 34,000 ppm salinity. At 120°F, the resistance of 
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the core is 85 ohms. The core is 3 in. in diameter and 12 in. in length. 
Calculate its porosity. 

SOLUTION 

The resistivity of this core is (from Equation 4.3): 

= 50ohm-in. A n (3/212 R,, = r,- = 85 
L 12 

or 

50 
39.4 

& = - = 1.27 ohm-m 

The resistivity of the brine having a salinity of 34,000ppm and 
temperature of 120"F, is obtained from Figure 4.4: 

R, = 0.12 ohm-m 

The formation resistivity factor FR is equal to (Equation 4.5): 

Using the Humble formula, Equation 4.40, the porosity of the core sample 
is equal to: 

0.5 

The cementation exponent m is affected by a large number of 
factors, including: shape, sorting and packing of the particulate system, 
pore configuration and size, constrictions existing in a porous system, 
tortuosity, type of pore system (intergranular, intercrystalline, vuggy, 
fractured), compaction due to overburden pressure, presence of clay 
minerals, and reservoir temperature. The main effect of these parameters 
is to modify the formation resistivity factor FR. Consequently, their 
combination can produce a countless number of values of FR and m for 
a given porosity. For instance, compaction due to overburden pressure 
generally causes a considerable increase in resistivity, especially in poorly 
cemented rocks and in low-porosity rocks. Figure 4.13 illustrates the 
effect of overburden pressure on the formation resistivity factor FR on 
core samples from a reef-type limestone. The cementation factor m 
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Figure 4.13. Effect of overburden pressure on formation factor (courtesy of Core 
Laboratories). 

increases from 1.99 at zero overburden pressure to 2.23 at an overburden 
pressure of 5,000 psi. Nearly all of the values of m in widespread use today 
were determined on unconfined core samples. Of course, resistivity 
measurements determined under representative overburden pressures 
are strongly recommended for improved well log interpretation. 

THEORETICAL FORMULA FOR FR 

Many attempts have been made to derive a general formula relating 
formation resistivity, porosity, and cementation factor. If an electric 
current is passed through a block of nonconducting porous rock 
saturated with a conducting fluid, only a portion of the pore space 
participates in the flow of electric current. Therefore, the total porosity 
@ can be divided into two parts such that [9]: 

@ = @ch -k @tr (4.41) 

where @ch and are, respectively, the flowing porosity associated with 
the channels and the porosity associated with the regions of stagnation 
(traps) in a porous rock. Apparently, @ch is equivalent to the “effective 
porosity” used by Chilingarian and @tr is equivalent to the irreducible fluid 
saturation [ 101. Figures 4.14 and 4.15 show that the electrical current 
can flow only through the channel indicated by C, whereas no current 
can flow through the traps indicated by T. In Figure 4.14 the traps are of 
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Figure 4.14. Portion ofporous rock showing dead-end traps [9]. 

Figure 4.15. Portion ofporous rock showing an open or symmetry trap [g]. 

the dead-end type. The trap in Figure 4.15 is called an open or symmetry 
trap. A general relationship between F and @f may be written as [ 1 11 : 

(4 .42)  

@ch = @m (4.43) 

where fG is defined as the internal geometry parameter of the porous 
rock, and m 2 1 .  Combining Equations 4.42 and 4.43 gives: 

This is the Rosales relationship between formation resistivity, porosity, 
and cementation factor. IffG = 1, Equation 4.44 gives the Archie formula. 
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Equation 4.44 can be expressed as: 

(4 .45)  

The value of fG for most porous rocks is close to unity. Hence, fG/qrn >> 
( 1  - fc) and Equation 4.45 can be approximated by: 

fG 

om FR = - (4 .46)  

This expression is the Humble formula (Equation 4.40)  where fG = a. 
Thus Archie formula and Humble formula are special cases of Rosales 
general formula. Rosales showed experimentally that, for sandstones, 
Equation 4.46 can be written as follows [ 111 

(4.47) 

This expression was compared graphically with the Humble formula, 
Equation 4.34,  and the Timur et al. formula [ 1 2 ] :  

1.13 
FR = - $1.73 (4 .48)  

Figure 4.16 is a log-log plot of Equations 4.39 (line A), 4.42 (line B), 
and 4.48 (line C). The three formulas give approximate results within 
the region practical interest, i.e., 10 5 @ 5 40.  As $ approaches unity, 
however, Equation 4.42 gives a curved line that satisfies the condition 
FR = 1 when @ = 1 ,  whereas the Humble formula (Equation 4.39)  and 
the Timur et al. formula (Equation 4.48)  are straight lines for all values 
of @, which does not satisfy that condition. From Equation 4.35,  the 
tortuosity is: 

t = @FR (4 .49)  

Substituting Equation 4.44 into Equation 4.49 yields a general expression 
for calculating tortuosity: 

(4.50) 

Inasmuch as the value of fG is approximately equal to unity for most 
porous rocks, Equation 4.50 can be written as follows: 

1 z = -  
Om- 1 (4 .51)  
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DO 

Figure 4.16. Graphical comparison of Humble equation (‘A), Rosales equation (‘B], 
and Timur equation (C) [PJ. 

Combining Equations 4.41,4.43, and 4.51 gives: 

(4.52) 4tr Z = l + -  
@ch 

This expression indicates the physical significance of tortuosity in terms 
of stagnant and flowing porosities. Equation 4.52 is an approximation 
valid only for consolidated porous rocks. For unconsolidated sands, the 
general expression (Equation 4.50) should be used, where fG = 1.49 and 
m = 1.09. 

EXAMPLE 

Laboratory measurements made on a Berea Sandstone core yielded 
Q = 0.216 and FR = 13.7. Compute: 

(a) formation resistivity factor using Rosales, Humble, and Archie 

(b) the flowing and stagnant porosity; and 
(c) tortuosity of the Berea core. 

expressions: and compare with the measured value; 
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SOLUTION 

(a) Formation resistivity: 
Rosales formula for consolidated sandstones, i.e., Equation 4.47, 
gives: 

FR = 1 + 1.03(0.216-'.73 + 1) = 14.57 

Humble formula (Equation 4.39) gives: 

FR = (0.62)0.216-2.'5 = 16.72 

Because Berea cores are generally moderately to strongly cemented, 
one can use m = 1.7 in the Archie formula: 

FR = O.216-l.' = 13.53 

It is obvious that the value of FR obtained from the Archie equation 
is the closest to the measured value. Thus, the Archie formula is a 
good model to use for calculating the formation resistivity factor of 
a Berea Sandstone core. The value of the cementation factor for this 
core is: 

= 1.71 
In 13.7 
In 0.216 

m =  

(b) The flowing porosity is approximated from Equation 4.43: 

Och = 0.216'.71 = 0.073 

and from Equation 4.41, the stagnant porosity is equal to: 

$tr = 0.216 - 0.073 = 0.143 

This means that only 34% [(0.073/0.216)(100)] of the total pore 
volume participates actively in the flow of electric current and 66% 
of the pore volume, corresponding to the dead-end and symmetrical 
traps, is neutral to the flow of electric current. If the flow of viscous 
fluids were considered, instead of electric current, different results 
would have been obtained, i.e., higher Och and lower because 
viscous forces, such as capillary forces, promote the transfer of 
a fraction of the fluid in stagnant regions to the flowing regions [ 111. 

(c) The tortuosity of this Berea Sandstone core can be obtained from 
Equation 4.52: 

0.143 
0.073 

z = 1 + - = 2.96 
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If this Berea Sandstone core has a length L = 6 in., the actual mean 
length of the flow path of an electric current La can be estimated 
from the definition of tortuosity @quation 3.20): 

For viscous fluid flow through this Berea Sandstone core, the value 
of La will be slightly closer to the value of L because the stagnant 
porosity will be lower than 0.143 and the flowing porosity will be 
higher than 0.073. In any case, the large value of z indicates that the 
internal geometry of porous systems is extremely complex, which is 
in accordance with microscopic observations indicating that regions 
of stagnation or traps should be the rule rather than the exception, 
especially from the standpoint of the flow of electric current. 

CORRELATION BETWEEN FR AND WATER SATURATION 

In a formation containing oil and/or gas, both of which are 
nonconductors of electricity, with a certain amount of water, the 
resistivity is a function of water saturation S,. For the same porosity, 
the true resistivity, Rt, of this formation is larger than & (the resistivity 
of a formation 100% saturated with brine), because there is less 
available volume for the flow of electric current. Archie determined 
experimentally that the resistivity factor FR of a formation partially 
saturated with brine can be expressed by the following relation [2] : 

Substituting for FR from Equation 4.40 into Equation 4.53 gives: 

(4.53) 

(4.54) 

where: Rt = true resistivity of formation containing hydrocarbons and 
formation water. 

R, = resistivity of formation when 100% saturated with water. 
n = saturation exponent. 

The ratio R&, is commonly referred to as the resistivity index IR. 
If the formation is totally saturated with brine, i.e., R, = Rt, the resistivity 
index is equal to one. IR is greater than one when hydrocarbons are 
present in the formation. The resistivity index is then a function of the 
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Figure 4.17. Effect of clay conductance on resistivity index (courtesy of Core 
Laboratories). 

salinity and the amount of formation water. IR is also a function of the 
amount, distribution, and type of clays present in the formation being 
evaluated. For instance, the presence of cation exchangeable clays, such 
as smectites, typically cause low IR values to be observed, whether 
or not the rock contains hydrocarbons as illustrated in Figure 4.17. 
The saturation exponent n is determined experimentally by saturating 
a core sample with brine and measuring the rock resistivity &. 

Then the brine is displaced with air, naphtha or live crude oil, and 
the true resistivity R,, is measured after each increment of displacement. 
The water saturation S, is determined by measuring the volume of water 
produced and applying the material balance equations. 

A plot of the ratio Rt& versus the water saturation on logarithmic 
scale gives a straight line of slope -n, as illustrated in Figure 4.18 and the 
following equation: 

(4.55) 

and 

logIR = -nlogSw (4.56) 

The slope of the straight line passing through S, = 1 when IR = 1 is 
(-n), which can be calculated as follows: 

(4.57) 
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Figure 4.18. Resistivity index us. water saturation for a range of measured saturation 
exponents (courtesy of Core Laboratories). 

The value of n is affected by wettability, overburden pressure, nature and 
microscopic distribution of the reservoir fluids, and types and amounts 
of conductive clays (or measuring the slope directly from the graph). 
Anderson examined the effects of wettability on the saturation exponent 
and found that [ 131 : 

n is essentially independent of wettability when the brine saturation 
S, is sufficiently high to form a continuous film on the grain surfaces 
of the porous medium and, consequently, to provide a continuous 
path for a current flow. This continuity is common in clean and 
uniformly water-wet systems. The value of the saturation exponent 
n in these systems is approximately 2 and remains essentially constant 
as the water saturation is lowered to its irreducible value, h i .  

In uniformly oil-wet systems with low brine saturations, large values 
of the saturation exponent, 10 or higher, should be expected. 

Table 4.5 shows what typically occurs in an oil-wet core as the water 
saturation drops [13]. An examination of this table shows that below 
a certain brine saturation, the exponent n begins to increase rapidly. 
For instance, in the case where the non-wetting brine saturation is 
reduced by oil injection, the value of n increases from 4 to 7.15 as S, 
drops from 34.3 to 33.9. This rapid rise of n in oil-wet systems, as the 
brine saturation decreases, is due to an increase in the resistivity of the 
system. The resistivity increase is due to disconnection and eventual 
isolation and trapping of a portion of the brine by oil. This portion 
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TABLE 4.5 
ARCHIE SATURATION EXPONENTS AS A FUNCTION OF SATURATION 

Air-Brine Oil-Brine 
FOR A CONDUCTING NON-WETTING PHASE [ 131 

Brine Saturation (% PV) n Brine Saturation (% PV) n 
66.2 1.97 64.1 2.35 
65.1 1.98 63.1 2.31 
63.2 1.92 60.2 2.46 
59.3 2.01 55.3 2.37 
51.4 1.93 50.7 2.51 
43.6 1.39 44.2 2.46 
39.5 2.11 40.5 2.61 
33.9 4.06 36.8 2.81 
30.1 7.50 34.3 4.00 
28.4 8.90 33.9 7.15 

31.0 9 

no longer contributes to the current flow, because it is surrounded by 
non-conducting oil, thereby increasing electrical resistivity of the porous 
system. 

The exponent n must be measured at reservoir wetting conditions, i.e., 
on native or restored-state cores, otherwise the water saturation in the 
reservoir obtained from well logs would be underestimated. Figure 4.19 
shows the effect of cleaning on the saturation exponent. Extraction 
lowered the value of n from 2.71 to 1.91. The effects of wettability 
on carbonate cores were investigated by Sweeney and Jennings [ 141. 
They found that the saturation exponent ranged from 1.6 to 1.9 for 
water-wet cores, whereas the oil-wet cores exhibited two different types 
of behaviors as shown in Figure 4.20. In some cores, n was about 8 
even when S, was very high. In other cores, the behavior of n was 
similar to the water-wet and neutrally wet, i.e., 1.5 e n -= 2.5, until a 
brine saturation of nearly 35% was reached, at which point n increased 
rapidly to 12. When a core is extracted with toluene it is considered to 
have neutral wettability, but, in actuality, its wettability is somewhere 
between mildly water-wet and mildly oil-wet. 

Longeron et al. and Lewis et al. showed that the saturation history 
of the formation has a considerable effect on the saturation exponent, 
particularly in water-wet porous systems [15, 161. Both studies found 
that there is a significant resistivity and saturation exponent hysteresis 
between drainage and imbibition saturation cycles. Drainage tests, i.e., 
tests in which water saturation decreases, describe the process that 
probably took place when hydrocarbons migrated from the source rock 



FORMATION RESISTIVITY FACTOR 233 

10 - 
L -  

r - -  
w 
- - - 
2 4 -  

U Cor. Sample 
0 - 

0 Extrrated 
11-1.91 

n-2.71 
2 -  0 Non-oxtracted 

1 
0.1 0.2 0.4 0.6 0.8 1.0 

Water Saturation. Sw 

Figure 4.19. Effect of cleaning on the saturation exponent 

to the reservoir trap. Imbibition tests, i.e., tests in which water saturation 
increases, are useful for evaluating saturations in a reservoir that already 
has been subjected to water flooding. During drainage of water-wet 
sandstone cores, both studies found that n is essentially equal to 2. During 
imbibition, however, the value of n is a function of brine saturation: 
(a) for 0.28 < S, < 0.40, n = 2.56, and (b) for 0.40 < S, < 0.58, n = 
1.56. Figure 4.21 shows the behavior of the resistivity index as a 
function of brine saturation during drainage and imbibition cycles, under 
low effective stress. The curve-fit equation for the imbibition cycle is of 
the general form IR = biSGn, where bi is the imbibition correlation 
constant. 

Figures 4.22 and 4.23 illustrate the influence of overburden pressure 
on the saturation exponent for water-wet sandstone core and Berea 
Sandstone core, respectively. The maximum change in the saturation 
exponent with overburden pressure was approximately 8% for 
water-wet cores and 4% for oil-wet cores [ 161. 

The stress effect on the value of n was considerably higher in drainage 
tests where water was displaced with live crude oil [ 171. In this case, the 
saturation exponent increased from 182 at ambient conditions to 2.09 at 
reservoir conditions, an increase of 15%. 
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Figure 4.20. Resistivity index us. water saturation in carbonate cores [14]. 
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Figure 4.21. Resistivity index us. brine saturation-sandstone, low stress [15]. 
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Figure 4.22. Effect of stress on resistivity index-drainage curves [15]. 
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I 

Manipulating Equations 4.40, 4.54, and 4.55 yields a general relation- 
ship, which can be used to estimate the cementation factor m and 
Humble constant a: 

1 
m 

log @ = - - [log Rt - log (aR,) - log IR] (4.58) 

Thus, a plot of Cp vs. Rt on a log-log graph s,,ould yield a straight line 
with a slope (- l/m) for 100% water-saturated zones, having constant 
resistivity index, IR and aR,. Figure 4.24 shows such a plot for the case 
of a homogeneous sandstone oil reservoir. 

The water zones, where IR = 1, form a straight line with a slope 
approximately equal to 2. When Cp = 100% and IR = 1, Equation 4.58 
reduces to log Rt = log(aR,). Therefore, the product aR, can be deter- 
mined directly from Figure 4.24 by simply extrapolating the straight line 
to Cp = 100% and reading the corresponding value of aR, on the Rt 
axis. Knowing the water resistivity R,, from Figure 4.24 for instance, 
one can calculate a. The log-log plot of Cp vs. Rt also can be used to 
estimate the water saturation of the reservoir from Equation 4.55, i.e., 
S, = by assuming the cementation factor m and the saturation 
exponent n are equal. The limitation of this equation is that a significant 
number of water-bearing zones of constant a, m, and R, must be 
available [ 181. 

100 

0.1 1 10 

Total Resistivity, ohm-m 

Figure 4.24. Porosity us. total resistivity for S, = 100%. 
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TABLE 4.6 
SATURATION AND RESISTANCE VALUES FOR CORE SAMPLE 

sw r0 
(fraction) (ohm) 
1 .ooo 52 1 
0.900 678 
0.800 913 
0.730 1,151 
0.640 1,510 
0.560 2,255 
0.480 3,135 
0.375 5,270 
0.350 6,820 
0.300 10,400 

EXAMPLE 

A sandstone core sample (d = 1.90 cm and L = 3.20 cm) is saturated 
with brine of 0.55 ohm-m resistivity. The core was desaturated in steps, 
and the resistance (Table 4.6)  was measured at each saturation. 

(a) Estimate the rock porosity. 
(b) Determine the saturation exponent, n, by the conventional 

technique . 

SOLUTION 

(a) The rock porosity may be estimated from Humble equation, 4.3.  
The resistivity of the rock sample, 100% water saturated, is obtained 
from: 

A 2.835 x lo-* 
L 0.032 

& = To- = 521 = 4.6162 Q-m 

The formation resistivity factor is (Equation 4.5): 

& 4.6162 
R, 0.55 

-- F = - =  - 8.393 



238 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

Assuming the Humble equation is applicable, i.e. 

0.81 F = -  
+2 

the porosity of the core sample is: 

(b) The log-log plot of the resistivity index versus water saturation 
normally yields a straight line in a homogeneous core. The saturation 
exponent n is equal to the slope of this straight line, as indicated by 
Equation 4.55. 
The true resistivity of the rock sample when S, = 90% is: 

A 2.835 x lo-* 
L 0.032 

& = r,- = 678 = 6.007 Q-m 

The resistivity index IR for S, = 100% is unity. For Sw = 90% the 
resistivity index is: 

Rt 6.007 
I R = - -  - 1.301 k-m- 

Table 4.7 shows the values of IR for other values of &. 
Figure 4.25 is a plot of water saturation vs. the resistivity index. 

The slope of the log-log straight line is -2.4 (found by regression). 
Thus: n = 2.4. 

TABLE 4.7 
EXAMPLE RESULTS 

S, (fraction) 

1 .ooo 
0.900 
0.800 
0.730 
0.640 
0.560 
0.480 
0.375 
0.350 
0.300 

ro (a) 
52 1 
678 
913 

1,151 
1,510 
2,255 
3,135 
5,270 
6,820 

10,400 

4.616 
6.007 
8.089 

10.197 
13.378 
19.978 
27.774 
46.689 
60.421 
92.138 

1 .Ooo 
1.301 
1.752 
2.209 
2.898 
4.328 
6.017 

10.115 
13.090 
19.962 
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Figure 4.25. Resistivity index us. water saturation. 

CORRELATION BETWEEN FR AND PERMEABILITY 

Three factors are important in correlating FR with the permeability of 
sedimentary rocks: 

(a) the range of grain-sizes, which is characterized by a grain-size 
distribution factor and a geometric mean grain diameter; 

(b) the degree of packing of the sand particles, which is a function of 
several factors, such as the angularity of the particles, the current 
velocity during the deposition, and the grain-size distribution; 
and 

(c) the combination of cementation and compaction of the sediments. 

Of these three factors, only the range of particle sizes can be quantified 
with a reasonable accuracy, even though a reservoir core sample is too 
small to have a statistical meaning. 

Once a sand deposit is accumulated and buried by subsequent 
depositions, the texture-controlled permeability of this sand is severely 
distorted by compaction and cementing materials, such as calcite, silica, 
and various types of clays. Clays generally affect the original distribution 
of permeability only slightly, because clays tend to deform by compaction 
to conform to the adjacent quartz grains, and seem to be distributed 
in a relatively uniform manner throughout the sandy portion of the 
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formation [ 191. Silica cement, however, tends to distort qualitatively 
and quantitatively the texture-controlled permeability distribution of 
sand beds. In the loosely packed sandstones, packing appears to have 
little or no effect on this permeability distribution. In consolidated 
sandstones, the effect of packing on permeability distribution is 
considerable. 

Hutchinson et al. proposed one of the earliest statistical relation- 
ship between the formation resistivity factor and permeability for 
unconsolidated sands (Figure 4.26) [ 191 : 

(4.59) 

where the permeability k is expressed in darcies and the geometric mean 
grain diameter dgr is in mm. The term (32 is the standard deviation of 
log;! grain-size distribution; it is a measure of the grain sorting and an 
indicator of the primary texture. For a uniform grain-size distribution, (32 

is equal to zero; and 0 2  is equal to one for a nonuniform grain distribution. 
This relationship was established after an extensive study of sandstone 
outcrops typical of producing horizons for the purpose of predicting 
the size, shape, and permeability contrast of reservoir nonuniformities. 
The study concentrated on several Cretaceous age outcrops in the Four 
Corners area (New Mexico, Arizona, Utah, and Colorado) and the 
Woodbine Formation outcrop near Dallas, Texas. The straight line in 
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Figure 4.26. Correlation of permeabilility with the geometric mean grain diameter 
and the formation factor [IPJ. 
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Figure 4.27. Correlation ofporosity with thegeometric mean grain diameter and the 
formation factor [19J 

Figure 4.26 can be expressed as: 

2.75 

k = 2.53 x lo5 ( FR2:Lc2) (4 .60)  

For a uniform grain-size distribution system, the standard deviation 0 2  

is zero and Equation 4.60 becomes: 

2.75 
k = 2.53 X lo5 (z)  (4 .61)  

A correlation of porosity with respect to the formation resistivity and 
geometric mean grain diameter, as shown in Figure 4.27, was developed 
in the same study: 

@=(&) (4.62) 

where the porosity, @, is expressed as a percentage. The straight line in 
Figure 4.27 can be expressed as follows: 

51 
(FR $&) 0'50 

@ =  (4 .63)  
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Combining this expression with Equation 4.60 for a nonuniform 
grain-size distribution system, the following equation is obtained: 

(4.64) 

This and similar empirical relationships are useful because they d o w  
one (a) to understand, qualitatively and quantitatively, the interaction of 
various petrophysical parameters, and (b) to approximate the formation 
permeability in uncored wells knowing porosity and formation resistivity 
factor, which can both be derived from well logs. The value of 02 varies 
between zero, for a system with uniformly distributed grain-sizes, to unity 
for the theoreticaI case in which every single grain has a different size. For 
a laboratory sandpack, 0 2  is approximately equal to zero and Equation 
4.64 becomes: 

1 
k = 1.536 x loz4 ( (4.65) 

For 62 = 1, the term e1.6502 in Equations 4.60 and 4.64 is equal to 
5.2. Thus, the maximum effect of grain-size distribution is to reduce 
the permeability of the ideally uniform system (in which 02 = 0) by 
approximately five-fold. Typical values of the standard deviation term 
os varied from 0.35 to 0.65 in the Dakota Sandstone outcrop near 
Cortez, Colorado, and from 0.40 to 0.75 in the Gallup Formation outcrop 
near Farmhgton, New Mexico. These outcrops are considered to be 
relatively clean consolidated sands and are not significantly modified by 
groundwater circulation. 

RESISTIVITY OF SHALY (CLAYEY) RESERVOIR ROCKS 
The presence of conductive clays and shales considerably complicates 

the interpretation of resistivity data of partially saturated formations. The 
shale type, the percentage present, and the mode of distribution in the 
formation have different effects on the resistivity. Generally, however, 
the presence of clay or shale in a sand bed lowers the true formation 
resistivity Rt and, if not corrected, will result in overestimating S, 
i.e., interpreting as water-bearing zones that are actually oil-bearing. 
Shales contain, in various proportions, clay minerals such as illite, 
montmorillonite, and kaolinite, as well as silt, carbonates, and other 
nonclay minerals. Silt is a very fine-grained material that is predominantly 
quartz, but may include feldspar, calcite, and other minerals. The silt 
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fraction of the shales is at a maximum near the sand bodies and at 
a minimum in the shales far from the sands [ 2 0 ] .  

WATER SATURATION IN SHALY (CLAYEY) RESERVOIR ROCKS 

Figure 4.28 shows three common modes of shale distribution within 
a reservoir rock (sand, carbonates, etc.). 

(1) Laminar shales are thin beds of shale deposited between layers of 
clean sands. By definition, the sand and shale laminae do not exceed 
0.5 in. thickness. 
The effect of this type of shale on porosity and permeability of the 
formation is generally assumed to be negligible. Figure 4.29 shows 
an idealized series of laminar shales and sand beds. Inasmuch as, 
electrically, laminar shales produce a system of conductive circuits in 
parallel with the porous beds, the total resistivity of the water-bearing 

I CLEAN LAMINAR STRUCTURAL DISPERSED 
SAND SHALE SHALE SHALE 

Figure 4.28. Modes of clay distribution [ZO]. 

r 
1 

1 
Figure 4.29. Distribution of resistivities in an idealized series of laminations [20]. 
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formation can be expressed as [21] :  

where Vsh is the laminar shale volume estimated from: 

(4.66) 

hshi and ht are defined in Figure 4.29. Rsd is the resistivity of the 
clean sand layers: 

(4.68) 

where Fsd is the formation resistivity factor of the sand beds. Using 
Equation 4.35, F,d is equal to: 

where @sd is the sand-streak porosity: 

(4.69) 

(4.70) 

and @ is the bulk-formation porosity. Thus, the general expression 
for the formation resistivity factor for sands laminated with thin 
shale streaks is: 

(4.71) 

Combining equations 4.66-4.71 and solving explicitly for the water 
saturation &, one obtains: 

(4.72) 

In practice, laminar shales are considered to have the same average 
properties (such as Rsh) as the closest thick shale body, because, 
in all probability, they have been subjected to the same geological 
process of deposition. The porous sand beds also are assumed to have 
the same effective porosities, permeability, and water saturation. 
Equation 4.72 can be simplified by assuming that the cementing 
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factor m = 2, the saturation exponent n = 2, and the constant 
a =  1: 

(4.73) 

The shale volume Vsh is determined from various well logs which are 
considered to be good clay indicators [22]. 

(2) Dispersed clays, which evolved from the in situ alteration and 
precipitation of various clay minerals, may adhere and coat sand 
grains or they may partially fill the pore spaces. Figure 4.30 
shows three types of dispersed shale in a sandstone bed. This 
mode of clay distribution considerably reduces permeability and 
porosity of the formation, while increasing water saturation. This 
increase in S, is due to the fact that clays adsorb more water than 

Figure 4.30. Types of dispersed shale: (a) dkcrete-particle kaolinite, (b) pore-lining 
chlorite, and (c) pore-bridging illite [20]. 
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quartz (sand). Dispersed clays contain more bound water because 
they are subjected only to hydrostatic pore pressure rather than 
overburden pressure. In core analysis, much of this bound water 
is lost during the drying process, which results in an overestimation 
of the porosity of the core sample. 
Electrically, the waterdispersed clay mixture or slurry may be 
approximated by a single electrolyte of resistivity Rt, expressed 
as [23 ] :  

(4.74) 

f h  is the fraction of total porosity @im occupied by the dispersed-clay 
and formation-water mixture, so that the fraction of the effective pore 
volume occupied by water (1 -fshd)/fim and the fraction of dispersed 
clays in the mixture fshd/fh are related by the following equation: 

Sw = (r) 1 - fshd + (2) = 1 (4.75) 

fshd = fraction of the total porosity fim occupied by the dispersed 
shale, Le., 

C ~ D  = density log porosity. 
Qs = sonic log porosity. 

Oim = total or intermatrix porosity of the formation which 
consists of all the space occupied by fluids and dispersed 
clays. 

Rshd = resistivity of the dispersed clays, e 0.4ORsh. 
F h  = formation factor related to total porosity. 

(4.76) 

assuming the saturation exponent n is equal to 2. Combining 
Equations 4.74-4.76 and solving for S, gives: 

(4.77) 
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(3 )  

The value of Rshd is difficult to evaluate. But because, in most shaly 
sands, it is much greater than R,, its exact value is not too critical 
and Equation 4.77 simplifies to (for Rshd >> Rw): 

(4.78) 

The total porosity &, is measured by the sonic log, while fshd is 
determined from the sonic and density logs. IfRshd is not much larger 
than R,, as is the case in the Rocky Mountain area where Rw/Rshd sz 
0.25, Equation 4.78 overestimates S,. 
Structural shale exists as grain of clay forming part of the solid 
matrix along with sand grains. This type of clay distribution is a rare 
occurrence. They are considered to have properties similar to those 
of laminar shale, as they are both of depositional origin. They have 
been subjected to the same overburden pressure as the adjacent thick 
shale bodies and. thus are considered to have the same water content. 

Different clay distributions will affect the effective porosity and 
permeability in a drastically different manner. A porositydependent 
cutoff for reservoir permeability depends greatly on the distribution 
mode and type of clay minerals present [24] .  Figure 4.31 illustrates 
the porosity-permeability relationship in fine-grained, well-sorted 
sandstones as a function of clay minerals present in the reservoir rock. 

For laminated shaly sands, in which sand and shale layers alternate, the 
effective porosity or the fractional volume occupied by the fluid in the 
sand-shale mixture, @m, is: 

where ($cs is the maximum or total clean sand porosity and (1 - Vsh) 
is the fractional volume occupied by the porous clean sand layer. The 
fraction of the clayey rock matrix occupied by sand grains is: 

For the case of dispersed shales, the effective porosity of the rock 
matrix depends on the dispersed shale content. Inasmuch as shale fills 
the intergranular pores up to Vsh = @cs, and for higher clay content the 
sand grains are in suspension, the effective porosity is [25] :  

(4.81) 
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Figure 4.31. Permeability-porosity relationship in fine-grained and well-sorted 
sandstones as a function of various clay minerals [24]. 

The fractional volume of sand grains is: 

(4.82) 

For structural shale, the effective porosity, @e, and the fractional 
volume of sand grains, V,, depend on the extent to which sand grains 
have been replaced clay particles. If the fractional volume of shale, Vsh, 
is less than (1 - @cs) then effective porosity is equivalent to the clean 
sand porosity and V,, is: 

If the fractional volume of shale, Vsh, is greater than (1 - Qcs), then the 
fractional volume of sand grains V, is practically zero, and the effective 
porosity is: 
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The concept that shaly or clayey sands can be partitioned into 
two volume components gives satisfactory results only for the case 
of laminated shaly sands, because the clay content can vary without 
affecting the clean sand porosity QCs. However, for the cases of dispersed 
and structural shales, two-volume model may not account fully for 
variations in clay contents [25].  If a multivolume model is used, it can be 
shown that the effective porosity of a shaly multi-component lithology is: 

where fmc is the multi-component sensitivity factor, which can be 
determined from a zone where Vsh = 1 and @e = 0. 

APPROXIMATE SHALE RELATIONSHIP 

After comparing several models proposed in the literature, Hilchie [26] 
and Fertlan and Hammack [54] developed the following approximate 
shaly sand equation which generally is applicable to any shale (clay) 
distribution: 

where LCs is the cleansand water saturation which can be calculated 
from Archie equation: 

0.5 

where FR reflects the effective porosity, oe, and Fsh is the shale correction 
factor [54]  

(4.88) 

Equation 4.86 illustrates the practical aspect of the shale effect on the 
estimation of hydrocarbon in place. If, for instance, vsh is neglected, the 
shale correction factor Fsh = 0. This will result in an overestimation of 
water saturation, and consequently, an underestimation of hydrocarbon 
in place. On the other hand, if Vsh is overestimated, it produces the 
opposite effect, i.e. an overestimation of hydrocarbon in place [55] .  

In general, it is easier to interpret shaly (clayey) formations where 
@e and the salinity of water are both very high. Conversely, areas 
where @e is low and the water is fresher-such as the Cretaceous 
sands in Alberta and the Rocky Mountains, and parts of California-the 



250 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

shaly-sand interpretation can be very difficult. Sand interpretation 
problems, however, are not all caused by the presence of clays, and 
low-resistivity pay zones are not necessarily shaly sand problems. 

GENERALIZED SHALE RELATIONSHIP 

Based on laboratory investigations and field experience, it has been 
found that, generally, alI three forms of clay distribution exist in the same 
formation, and that the best formula for finding Sw in shaly sandstones is 
of the following general form: 

AS: +BS, + c = o (4.89) 

where A denotes the combined effect of the amount of sand, its porosity, 
cementation, and the resistivity of the saturating water. A always reduces 
to the Archie saturation equation, i.e., Equation 4.54, when the shale 
volume, Vsh, is zero. B denotes the combined effect of the amount 
of shale and its resistivity; C is the reciprocal of the total resistivity of 
the shaly sand system. For the range of S, values encountered in the 
reservoirs, Equation 4.89 can be expressed as follows: 

(4.90) 

Based on what is implicitly being practiced in the field, a sandstone 
may be considered shaly only if the effective shale (clay) content, Vsh, is 
greater than 10% [24] .  For Vsh = 0, Equation 4.90 becomes: 

1 (S) S: - = 0 (4.91) 

which is equivalent to Equation 4.54, where the saturation exponent 
n = 2. If 0 < Vsh 5 10, the contribution of the content of clays to the 
term A of Equation 4.89 is sometimes negligible, and the following form 
of Equation 4.90 is recommended: 

1 ( p ) s $ + ( z ) s w  --- Rt - 0  (4.92) 

The positive root of this quadratic Equation 4.90 gives the water 
saturation of most shaly sandstones independent of the distribution of 
the shale: 

(4.93) 
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This expression, which is referred to as the total shale model or simply 
the Simandoux equation, gives good results in clean and uniformly 
water-wet systems. The saturation exponent in these systems is 
approximately 2. A common method of estimating the percentage of 
shale (clay) present in the reservoir rock, vsh, and the shale-corrected 
porosity is to solve simultaneously the following pair of equations: 

$DC = $D-Vsh$Dsh 

@NC = @N-Vsh$Nsh 

(4.94) 
(4.95) 

The formation porosity, 9, is obtained from the following root-square 
formula: 

$ = 0.707,/$& 4- $6, (4.96) 

where $D and $N are, respectively, the uncorrected density and neutron 
porosities of the formation, and @Dsh and @Nsh are the density and neutron 
log readings in the shale portion or adjacent shale bed. If Equation 4.94 
yields a negative @ D ~ ,  then @ D ~  is assumed to be zero. The subscript c 
represents “corrected. 

Hilchie defined two types of clay influences on logs: effective 
(montmorillonite and illite) and noneffective (kaolinite and chlorite). 
The influence of clays, effective or non-effective, on the density log is 
solely a function of the clay density. For instance, montmorillonite, which 
has a density (2.33 g/cm3) lower than that of sandstone (2.65 g/cm3), 
causes the density porosity to be higher than the true porosity. On the 
other hand, illite, which has a density (2.76 g/cm3) greater than that of 
sandstone, causes the density porosity to be lower than the true porosity. 
Kaolinite, with a density (2.69 g/cm3) approximately equal to that of 
a sandstone, cannot be detected by a density log when mixed with sand. 
The effect of chlorite (2.77g/cm3) on the density log becomes significant 
only when the reservoir porosity is lower than 9%. The influence of 
shale on the neutron log varies from one service company to another 
depending upon the instrumentation. In general, the apparent porosity 
derived from modem neutron logs is greater than the actual effective 
porosity of the reservoir rock. 

Another common method for estimating the fraction of shale (clay), 
Vsh, present in reservoir rock is to use one of the following correlations 
between the shale volume and the gamma ray index [27]. For tertiary 
sediments (less than 4,000 ft deep): 
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For older rocks (4,000 to 8,000 ft deep): 

For very hard compacted formation (at a depth of 8,000 ft or more), 
Vsh = IRA, where the gamma ray, or radioactive index IRA, is defined as 
follows: 

(4.99) 

The gamma ray deflection, GR, is obtained from the log at a zone 
of interest; G h s  is the gamma ray, or radioactive log, reading in a 
clean (shale-free) sand zone and GRsh is the radioactive log reading in 
a shale zone. 

EXAMPLE 

A well is drilled in an oil zone, where the pressure is above the bubble 
point. This shaly sandstone formation has the following characteristics 
1553: 

Rw = 0.05 ohm-m Rt = 5 ohm-m 

Rsh = 1 ohm-m @e = 0.18 

Estimate the oil saturation, assuming (a) vsh is negligible, Vsh = 0.20, and 
(c) Vsh = 0.40. Use Equations 4.86 and 4.93, and compare. 

SOLUTION 

(a) For Vsh = 0, Equation 4.86 reduces to Archie equation, i.e. Eq. 4.87. 
The formation factor is calculated from Humble equation 4.39b: 

0.81 0.81 -- F=- -  - - 25 
$2 0.182 

So = 1 - S ,  = 1 - 0.5 = 0.5 

(b) For vsh = 0.20, Eq. 4.88 gives a shale correction factor of: 

0.20 x 0.05 
= 0.14 VshRw - - 

0.40 X QeRsh 0.40 X 0.18 X 1 Fsh = 
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The new estimate of water saturation is: 

Using Equation 4.93 for Vsh = 0.20 

(c) Repeating the calculations in (b) for Vsh = 0.40, Equation 4.88 gives 
S, = 22% and So = 78%. The Simandoux equation (4.93) gives: Sw = 
31% and So = 69%. Thus, the higher the shale fraction, the lower 
is the estimate of water saturation, and consequently the higher the 
estimate of hydrocarbon in place. 

FLOW UNITS FOR SHALY SANDSTONES 

The concept of flow units for clastic rocks with low shale content was 
discussed in Chapter 3.  In formations with high shale content the flow 
unit equation (Equation 3.47) becomes: 

where RQI (pm) is the reservoir quality index for the formation, and is 
defined as: 

(4.101) 

The permeability, k, and porosity, 0, are expressed in mD and fraction, 
respectively. Hsh is the slope of a straight line obtained when plotting 
RQI versus porosity on a log-log graph and FZI,h is the intercept of the 
straight line at Q = 1, as shown in Figure 4.32.  FZIsh is the hydraulic unit 
factor which uniquely defines the flow unit. Hsh is influenced primarily 
by the degree of cementation of the pay zone, whereas the flow zone 
indicator FZIsh is a function of the distribution and type of shale and 
resistivity. 
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Figure 4.32. Shale reservoir quality index against porosity. Three straight lines 
indicate the presence of threepow units. 

The choice of the model depends on the type of distribution of shale 
and the type of data that is available. The total shale model or Simandoux 
equation can be written as: 

where the total shale group Gsh is: 

(4.102) 

(4.103) 

(4.104) 

For a clean formation, the shale correction factor Csh becomes zero, 
and, therefore the total shale group Gsh becomes equal to one. Taking 
the logarithm of both sides of Equation 4.102 yields: 

log (5) = -m log(@) + Log 
Gsh 

(4.105) 

Thus a log-log plot or Pickett plot of the ratio Rt/Gsh versus porosity 
is a straight line of slope -m, assuming aR,, water saturation Sw, and 
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exponent n are constant within a given flow unit. In order to identify flow 
units, a permeability-porosity relationship is necessary. This relationship 
is then combined with a shale model that best describes the pay zone of 
interest, to derive the slope Hsh and intercept FZI,h. If, for instance, the 
saturation exponent is equal to 2, the total shale model can simply be 
written as: 

The Timur permeability-porosity relationship is: 

($4.4 

sw 
k = 8 5 8 1 7 -  

The Wyllie and Rose relationship is: 

k = 6 2 , 5 0 0 ,  o6 
sw 

(4.106) 

(4.107) 

(4 .108)  

The generalized form of the Timur or Wyllie and Rose permeability- 
porosity model is: 

(4.109) 

where C1 and C2 are correlation constants. In the case of Timur 
(Equation 4 . 1 0 3 ,  n = 2,  C1 = 8581, and C2 = 4.4, where k is in mD 
and porosity and saturation are expressed in fractions. For the Wyltie 
and Rose equation (Equation 4.108), n = 2,  C1 = 62,500,  and C2 = 6, 
where k is in mD and @ and S, are fractions. 

Assuming the pay zone has low shale content (v,h -= lo%), i.e. csh is 
approximately zero, then combining Equations 4.101 , 4.106, and 4.109 
and solving for RQI yields: 

Log(RQ1) = ( 
Assuming Wyllie and Rose is applicable and substituting for C1 and CZ 
gives: 

Log(RQ1) = (0.5m + 2.5)  Logo + Log 78.5 - ( E> (4 .111)  
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Thus, from Equation 4.100, the values of Hsh and flow zone indicator 
FZI,h are: 

(4.112) 

(4.113) 

This plot should result in the segregation of flow units represented by 
distinct clusters. If the Timur permeability model is used, Hsh and FZI,h 
become: 

Hsh = 0.5m f 1.7 (4.114) 

Fash = 2 9 . 0 9 F  (4.115) 
aRW 

If a different permeability-porosity equation, but one of the same general 
form as Equation 4.109, is more appropriate for a specitic formation, 
then simply substitute the appropriate correlation constants C1 and C2 

in Equation 4.110. 
In some field cases it was found that the scatter in the log-log plot of 

RQI versus porosity was reduced by introducing the shale fraction term 
Vsh into RQI as follows: 

(4.116) 

In this case Equation 4.110 becomes: 

(4.117) 

Equations 4.1 13 and 4.1 15 become: 

(4.1 18) 

(4.1 19) 
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If the pay zone has significant shale content, i.e. Vsh > 20%, then csh 

cannot be approximated with zero. Using the same approach as above, 
new equations must be derived for Hsh and FZIsh. Assuming the total 
shale model and Timur or Walter and Rose permeability-porosity relation- 
ships are applicable, the procedure to identify and characterize flow 
units is as follows: 

(1) First obtain all necessary data from core analysis and well logs. 
(2) Obtain m from the Pickett plot or some other source. 
(3) Plot RQI versus porosity on a log-log graph. 
(4) Substitute the value of m into Equation 4.112 and calculate Hsh. 
(5) Draw a straight line of slope Hsh across a cluster or clusters. Clusters 

that best fit this straight line constitute distinct flow units. Data or 
clusters that do not fit this straight line may belong to a different flow 
unit. If the shale type distribution is homogeneous and the pay zone 
has several flow units, then the straight lines should be parallel with 
the same value of Hsh but different FZI,h values (flow units 1 and 2 ,  
Figure 4.32). If the shale type distribution is heterogeneous or if the 
formation contains different types and volumes of shale, the straight 
lines will not be parallel, as shown in Figure 4.32 (flow unit 3). 

(6) Obtain the flow zone indicator FZI,h from the graph at $ = 1. This 
value of FZI,h should be approximately the same in all wells where 
the flow unit is present. 

This process of segregating flow units works best in formations with 
low shale content. The choice of the permeability-porosity relationship 
and the shale model heavily influence this process. 

LAB-DERIVED EVALUATION OF SHALY (CLAYEY) 
RESERVOIR ROCKS 

Not since Archie presented his classic empirical equation in 1942, 
relating FR to porosity and cementation factor for clean sands, has 
there been another equation of equivalent impact in petrophysics as 
that of Waxman and Smits [28]. They used a simple physical model 
to derive an equation that relates the electrical conductivity of the 
water-saturated shaly (clayey) sand to the water conductivity and the 
cation exchange capacity per unit pore volume of the rock. The model 
consists of two resistance elements in parallel: one element consisting 
of the free electrolyte contained in the pore volume of rock, C,l, and 
another resulting from the conductance contribution of the exchange 
cations associated with the clay C,. The conductance of a rock is simply 
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Figure 4.33. Core conductivity (C,) as a function of equilibrating solution 
conductivity (C,) [28J 

the sum of C,l and &. Thus, the specific conductance of a core, C,, can 
be expressed as: 

c o  = xcs + YC, (4.120) 

where C, and C, are the specific conductances of clay exchange cations 
and equilibrating salt solution, respectively, and X and Y are geometric 
cell constants. The Co, Cs, and C, are expressed in mho/cm. It is 
assumed that the brine solution in the porous rock has the same electrical 
conductivity as that for the equilibrating solution. Figure 4.33 shows the 
behavior of the shaly sand conductivity, C,, as a function of &. In the 
range of dilute equilibrating electrolyte solutions, from 0 to 0.5m NaCl, 
Co increases sharply with increasing solution concentration at a greater 
rate than can be accounted for by the increase in C&. This sharp increase 
is attributed to an increasing exchange cation mobility. 

At some relatively high concentration of salt, the exchange cation 
mobility becomes constant, and further increase in concentration has no 
effect on this mobility. Beyond this dilute region, the sand conductivity, 
C,, increases linearly with increases in solution conductivity C&. 

Assuming that the electric current transported by the counterions 
associated with the clay travels along the same tortuous path as the 
current attributed to the ions in the pore water, the geometric factors X 
and Y are equal, and Equation 4.120 becomes: 



-DERIVED EVALUATION OF SHALY 259 

For clean sands, C, = 0, and X becomes the reciprocal of the Archie 
formation resistivity factor defined as C, /C , .  Thus, by analogy, for shaly 
sands, where C, = 0, 

(4.1 2 2 )  

where F* is the shaly (clayey) sand formation resistivity factor, related to 
porosity according to the Archie or Humble-type relationship, i.e., 

a* 

om* 
F* = - (4.1 23) 

where a* and m* are the Humble coefficient and the cementation factor, 
respectively, for shaly sand. For the straight-line portion of the shaly sand 
conductivity (Figure 4 . 3 9 ,  the equation is: 

where: Cscl = specific conductance of the clay counterions for the 
straight line portion of the C, -vs. -C, curve, mhokm. 

associated with the clay, equivfi. 

exchange ions, cm2equiv-'ohm-'. 

Qv = volume concentration of sodium exchange cations 

h~~ = maximum equivalent ionic conductance of the sodium 

Equation 4.124 can be modified to include the curved portion of the 
conductivity curve in the low C, region, by assuming an exponential 
rise of the counterion mobility up to its constant and maximum mobility. 

(4.125) c s  = tjCSC1 

with 

(4.126) 

where: y = constant, determined by the rate of increase of the 
counterion mobility ftom that at zero water conductivity 
up to its constant value at the higher water 
conductivities, mho/cm. 

a = dimensionless constant, 1 - Ga/hNa. 
Aha = equivalent ionic conductance of the exchange cations 

at Cw = 0. 
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Combining Equations 4.122-4.126, one can obtain the Waxman-Smits 
general equation for water-saturated shaly (clayey) sands: 

(4.127) 

with C,,, the equivalent conductance of clay exchange cations, 
expressed in mho/cm2/meq-' and given by: 

c,, = 1 0 - ~ h ~ ,  (4.128) 

Equation 4.127 can be written as follows: 

or: 

(4.129) 

(4.130) 

where FR is the Archie formation resistivity factor for clean sand, Cw/Co. 
Hoyer and Spann used Equation 4.129 to quantify the effects of shaliness 
on electric log response [29 ] .  They showed that ifCeqQ,/Cw < 0.10, the 
shaliness effect is negligible, and conventional clean sand relationships 
can be used to interpret well logs. Shaliness effect is significant when 
Ceq&/C, > 0.10, and shaly sand relationships must be used to interpret 
logs. Several methods are available for measuring the cation exchange 
capacity of a rock, Qv. Mortland and Mellow described a procedure 
for measuring CEC that gives results with an accuracy equivalent to 
that using the ammonium acetate method [30 ] .  This procedure requires 
repeated equilibration of the crushed rock sample with concentrated 
barium chloride (BaC12) solution and washing to remove excess barium 
ions, followed by conductometric titration with standard magnesium 
sulfide (MgSO4) solution. Table 4.8 gives porosity, @; permeability, k; 
formation resistivity factor, F* ; cation exchange capacity, Qv; water 
conductivity, Cw; and rock conductivity at 100% water saturation, Co, 
of some of representative sandstone samples. 

Waxman and Smits presented a lengthy but rigorous procedure 
to determine CEC [28 ] .  Because the method used was destructive, 
conductivity measurements were made on rock samples adjacent to the 
locations where the cores originated. The rock samples were equilibrated 
by repeated flushing and storing in a desiccator filled with the appropriate 
salt solution. The CEC and conductivity measurements were made at 
25OC on the shaly sands equilibrated with NaCl solutions at 10 different 



TABLE 4.8 
CONDUCTIVITY DATA FOR VARIOUS SANDSTONE SAMPLES USING MORTLAND AND MELLOW METHOD [30] 

Air Brine Qv 

Sample Porosity Air Permeability Brine permeability Qv Co (m-mho-cm-') 
Rock Type Number (%) (m D) (m D) Exp. (EquivAiter) F" 37.3 81.9 22.8 

Clean 1 
sandstone 2 

3 
4 
5 
6 
7 
8 
9 

10 
11 

Shaly 1 
sandstone 2 

3 
4 
5 
6 
7 
8 
9 

10 
11 
12 
13 
14 
15 

21.7 
16.6 
24.4 
20.2 
24.2 
21.2 
20.5 
20.8 
20.4 
24.5 
14.5 

20.2 
21.1 
25.8 
19.3 
20.7 
20 
18.9 
18.2 
16.1 
14.9 
15.9 
11.6 
18.6 
17.4 
16.3 

- 

0.38 

28 
34 
51 
59 

0.19 

80 
141 

67 
226 
146 
95 
48 
12 
3.3 
1.3 
0.3 
59 
5.9 
3.7 

48.1 
0.04 
166 
290 
119 

21.5 
26.2 
40.1 
220 

19.6 

56.3 
70 
440 
40 
158 
83 
132 
33 
6.9 
1 . 1  

0.16 
0.05 
31 
2.1 
16.2 

0.093 
0.102 
0.083 
0.036 
0.051 
0.104 
0.097 
0.069 
0.076 
0.049 
0.454 

0.085 
0.102 
0.05 
0.112 
0.062 
0.067 
0.065 
0.123 
0.158 
0.298 
0.254 
0.281 
0.1 
0.206 
0.185 

17.6 2.26 4.91 
36.3 1.3 2.61 
13.7 2.96 6.31 
16.6 2.41 5.16 

16.8 2.45 5.16 
17.7 2.36 4.97 
17.6 2.44 5.16 
17.2 2.33 5 
12.6 3.11 6.66 
49.7 1.11 2.05 

19.4 2.16 4.53 
18.2 2.32 4.97 
11.4 3.43 8.45 
25.7 1.65 3.52 
18.7 2.23 4.77 
20.8 2.03 4.31 
22.1 2.05 4.25 
28.2 1.66 3.35 
33 1.3 2.7 
36.3 1.29 2.57 
37.1 1.31 2.55 
74.3 0.67 1.27 
25.1 1.64 3.42 
31.2 1.46 2.93 
35.8 1.44 2.89 

12.9 2.99 6.66 

13.1 
6.55 
16.9 
13.8 
17.8 
13.7 
13.1 
13.2 
13.4 
18.2 
4.92 

11.9 
12.7 
20.2 
9.34 
12.4 
11.2 
10.6 
8.34 
7.05 
6.51 
6.43 
3.2 

9.19 
7.52 
6.7 
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Figure 4.34. Electrical conductivity of three core samples us. brine conductivity [28J. 
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Figure 4.35. Plot of (&QV) obtained from conductivity cuwes us. Qv f28J. 

concentrations varying from saturated solutions of 6.144 to 0.018 molal. 
A plot of electrical conductivity, Co, of three representative shaly cores 
versus water conductivity, G, is presented in Figure 4.34. Values of 
F* and C,1, i.e. 0.001 ~ N ~ Q ~ ,  were determined from the slopes and 
intercepts, respectively, of the straight-line portions of Figure 4.35. The 
values of C,,I were plotted against the independently determined values 
of Qv, as shown in Figure 4.36. The data can be curve-fitted by a straight 
line passing through the origin. In this case the slope is approximately 
0.0384. Table 4.9 shows values of Cscl and the independently measured 
Qv values of 27 cores. Values of 6 at each value of C ,  of these cores were 
calculated from: 

(4.1 3 1 )  
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-CALCULATED FROM EOUATION 
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8 

Figure 4.36. Equivalent conductivity of the counterions associated with chy as a 
function of equilibrating electrolyte conductivity @8]. 

where C, and Cd are, respectively, the measured and hypothetical 
conductance of the core. Cd is obtained from the straight-line extra- 
polation at the same C,  as is shown in Figure 4.33. Values of hNa  were 
calculated from the adjacent Qv determinations for each core, using 
Equation 4.124, and values of C,, in mho were calculated using Equation 
4.127 and average values of 6 and hNa. Figure 4.36 is a plot of these 
values of B as a function of C,  at 25OC, which can be represented by 
(see also Figure 4.35): 

where a1 = 0.6, a2 = 0.013, and hNa  = 0.046. The equivalent ionic 
conductance of the exchange cations, Aha can be obtained from Equation 
4.126 at C, = 0 or from the definition of the dimensionless constant a. 
Both cases give Aka M 18.5 cm2equiv-'ohm-', which is in agreement 
with the actual value of equivalent conductance of sodium exchange ion 
of about 18 cm2equiv-'ohm-1. 

Waxman and Smits extended the conductivity equation for water 
bearing shaly sands (Equation 4.127) to describe the conductivity of shaly 
sands containing both oil and brine. Assuming that the mobility of the 
exchange ions is unaffected by the partial replacement of water, Equation 
4.127 becomes: 

(4.133) 



TABLE 4.9 
FRACTION OF MAXIMUM EQUIVALENT CONDUCTANCE AS A FUNCTION OF WATER CONDUCTIVITY [28] 

Qv ( ~ N A Q V ) ~ ~  ,000 ( ~ N A Q ~ ) / ~  ,000 The values of 6 for C, in mho/cm = 
Core No. (meg/cm3) (mholcm) (mho/cm2/meq) 0.05249 0.02822 0.01 492 0.007802 0.004049 0.002085 

1 
2 
3 
4 
5 
6 
7 
8 
9 

10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 

0.017 
0.052 
0.052 
0.26 
0.2 
0.095 
0.053 
0.053 
0.085 
0.253 
0.253 
0.28 
0.28 
0.28 
0.41 
0.67 
0.33 
0.59 
0.59 
0.59 
0.29 
0.72 
1.04 
0.81 
1.27 
1.47 
1.48 

Average 
Std dev 

0.0023 2 
0.00264 
0.00268 
0.00287 
0.004 1 2 
0.00415 
0.00589 
0.00584 
0.00443 
0.01376 
0.00857 
0.01243 
0.01617 
0.01384 
0.02433 
0.02898 
0.02947 
0.02354 
0.01853 
0.0 1463 
0.00872 
0.0374 
0.0454 
0.0526 
0.0724 
0.0771 
0.0783 

(0.136) 
0.0507 
0.0515 
0.01 1 
0.0206 
0.0437 

(0.111)  
(0.110) 
0.0521 
0.0544 
0.0339 
0.0444 
0.0578 
0.0494 
0.0593 
0.0433 
0.0893 
0.0399 
0.0314 
0.0248 
0.0301 
0.0519 
0.0437 
0.0649 
0.057 
0.0524 
0.0529 
0.0463 
0.0158 

0.929 
0.979 
0.959 
0.961 
1.014 
1.027 
0.921 
0.91 
1.039 
0.952 
0.993 
1.016 
0.996 
0.957 
0.968 
1.006 
1.014 
1.003 
0.985 
1.005 
1.056 
1.005 
0.996 
1.002 
1.01 
1.008 
1.012 
0.99 
0.034 

0.803 
0.848 
0.793 
1.032 
0.969 
0.922 
0.78 
0.75 
0.978 
0.786 
1 
0.941 
0.909 
0.888 
0.868 
0.964 
0.963 
0.952 
0.904 
0.953 
1 .OS5 
0.956 
0.925 
0.975 
0.981 
0.969 
1.004 
0.916 
0.034 

(0.383) 
0.647 
0.5873 
1 
0.787 
0.789 
0.685 
0.62 
0.838 
0.648 
0.83 
0.857 
0.804 
0.813 
0.726 
0.91 1 
0.913 
0.881 
0.809 
0.84 
0.954 
0.892 
0.833 
0.896 
0.941 
0.907 
0.964 
0.82 1 
0.111 

(0.254) 
0.513 
0.417 
0.758 
0.676 
0.683 
0.574 
0.503 
0.707 
0.53 
0.71 1 
0.67 
0.708 
0.733 
0.604 
0.826 
0.784 
0.732 
0.723 
0.733 
0.729 
0.836 
0.762 
0.793 

0.844 

0.69 
0.11 

(0.182) 
0.412 
0.327 
0.614 
0.571 
0.514 
0.472 
0.402 
0.604 
0.416 
0.525 
0.557 
0.578 
0.61 
0.452 
0.681 
0.712 
0.671 
0.609 
0.64 
0.734 
0.802 
0.715 
0.774 

0.806 

0.592 
0.13 

(0.127) 
0.315 
0.239 
0.456 
0.462 
0.436 
0.381 
0.316 
0.491 
0.313 
0.413 
0.545 
0.515 
0.548 
0.363 
0.627 
0.656 
0.712 
0.8 
0.673 
0.79 
0.777 

0.778 

0.781 

0.524 
0.159 

Values between parentheses considered not reliable because of extreme deviation from the rest of the group, probably due to Qv determination. They were 
not used in calculating the average. For C ,  0.060 mho/cm, 6 = 1. 
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where: Ct = specific conductance of a partially water-saturated sand. 
f T; = geometric factor. 
S, = water saturation. 

The factor fT; is a function of porosity, water saturation and pore 
geometry, but independent of clay content. f$ tends to increase with 
increasing oil saturation. For clean sands F* and f T; become, respectively, 
FR = Cw/Co = Rt/Rw and fc = Cw/Ct = Rt/Rw, and the resistivity index 
is equal to: 

By analogy, for shaly sands one can obtain: 

- _  E - s-n* 
F* (4 .135)  

where n* is the saturation exponent for shaly sand. Combining Equations 
4.127, 4.133, 4.134, and 4.135 and solving for the resistivity index, one 
obtains: 

or, in terms of water resistivity: 

(4.136) 

(4.137) 

where Rw and CeqQv are expressed in ohm-m and (ohm-m)-’, 
respectively. If Qv is expressed in equil/L, Ceq can be correlated by: 

Ce, = 4.6 ( 1  - 0.6e0,”’Rw) (4.1 38) 

Figures 4.37 and 4.38 show logarithmic plots of the resistivity index 
as a function of water saturation for different values of R, and Qv, 
respectively. Waxman and Smits observed that even small amounts of 
clay have a considerable effect on the resistivity index and that Equation 
4.137 predicts higher oil saturation estimates than are obtained from 
conventional clean sand equations. 

A laboratory study by Waxman and Thomas involving a large number 
of shaly rock samples from seven different fields demonstrated excellent 
agreement between experimental oil saturations and those calculated 
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Figure 4.37. Water saturation as a function of resistivity index, witb variable water 
resistivity [28J 
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Figure 4.38. Water saturation as a function of res#stiv#@ index with variable Qu [28]. 

from the Waxman and Smits model [31]. In the same study, Waxman 
and Thomas investigated the effect of temperature on the electrical 
conductivity of shaly cores, and showed that: 

(a) the shaly sand formation resistivity factor, as defined by Waxman and 
Smits, is independent of temperature, and 

(b) the observed increase in conductivity of shaly cores with 
increasing temperature, as illustrated by Figure 4.39, is due to 
two temperaturedependent parameters: the equivalent counterion 
conductance, C,,, and the resistivity of the equilibrating brine, Rw 
as shown in Figure 4.40. 
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Pigure 4.39. EIechtcal conductivity of a shaly sand us. equilibrating brine 
conductivity at various temperatures 1311. 

0.01 0.1 1 
R,., at Tempertaure, ohmrn 

10 

Figure 4.40. Equivalent counterion conductance us. resistivity of equilibrating brine 
at uarious temperatures 1311. 

The C,, vs. Rw curve at T = 25°C can be represented by: 

C,, = 3.83 (1 - 0.83e0.5/Rw) (4.1 39) 

This correlation is slightly different, but more accurate, than 
Equation 4.138. 

The effect of temperature on the relationship between the resistivity 
index IR and water saturation S, also was investigated assuming both 
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Figure 4.41. Temperature dependence of I us. S, function. 

Qv and n* are temperature independent. Figure 4.41 shows a typical 
behavior of IR versus S, for various temperatures. This figure indicates 
that a decrease in the resistivity index at the constant water saturation is 
obtained with increasing temperature and, for temperatures greater than 
80°C, the IR vs. Sw relationship is virtually independent of temperature. 

Ideally, the laboratorydetermined electrical properties of cores would 
be made at reservoir conditions of temperature and water salinity. Using 
the Waxman and Thomas approach, however, laboratory properties can 
be adjusted to reflect reservoir conditions, according to the following 
equation: 

(4.140) 

where the subscript TL denotes the laboratory temperature and T is the 
reservoir temperature. The effective clay-exchange cations, Qv, for the 
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26 /- I I I I I I 

shaly core samples can be determined from the C, vs. C, plot (such 
as Figure 4.33) at TL. According to Figure 4.33, the intercept of the 
extrapolated straight-line portion of the curve is equal to QV/F* 
and F* is determined from the slope of this straight line, therefore 
Qv values can be calculated. For a laboratory temperature of 25"C, 

Hoyer and Spann showed that measurements of electrical properties 
of a core sample are subject to considerable error if they are made before 
the rock and its saturating fluid reach equilibrium, which can lead to 
serious errors in calculating the reservoir fluid saturations [ 2 9 ] .  The 
equilibrium problem was first detected when these authors observed 
the long-term electrical behavior of a sandstone core that was 100% 
saturated with 10,000ppm NaCl brine and stored in this brine. The 
measured formation resistivity factor for this core increased continuously 
for 18 days, as shown in Figure 4 .42 .  Even when the core was 
subjected to a continuous flow test, equilibrium was not reached for 
five more days. 

The rock sample at reservoir conditions equilibrates the in situ brine 
with (1) the salts deposited in small cracks and fissures and (2) the clays. 
The difficulty in making the core reach equilibrium under laboratory 
conditions is due to two main causes. First, during coring, a fluid 
different from the native brine almost always comes in contact with 
and at least partially saturates the core. Second, during core handling, 
salts are deposited and clays are partially or totally dehydrated if the core 
is allowed to dry out. Hoyer and Spann recommended the following 
procedure for obtaining electrical properties for cores [ 2 9 ]  : 

= 38.3 cm*equiv-'ohm-'. 

1 

40- 

38- 
SALINITY - 10.000 PPM NaCl * - - 

E 36- 
4 
E 32- 
u34- 
2 

I 
30-  

0, 
INITIATED ROW I+- THROUGH CORE 

Figure 4.42. Formation factor equilfbrium [28]. 
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(1) Select cores that have not been dehydrated by excessive heat or 

(2) Remove hydrocarbons from the core by flushing it with propane and 

(3) Measure core electrical conductivity Co vs. water conductivity Cw 

(4) Plot Co, against C,. 
(5 )  Repeat Steps 3 and 4 until the points form a straight line as shown 

in Figure 4.34. 
(6 )  If the term CesQv/C&, evaluated at formation water salinity, is greater 

than 0.1, the shaliness effect is significant. 

cleaned excessively with solvents. 

then with water. 

for at least three different salinities. 

EXAMPLE 

Estimate the water saturation of a sandstone formation which displays 
the following characteristics: 

Porosity = 25% 
Shaly-sand formation resistivity factor, F * = 12.43 
CEC = 0.08 meq/g 
Formation temperature = 230°F 
Rw = 0.04 ohm-m 
Rt = 4 ohm-m 
pma = 2.65 g/cm3 
Shaly-sand saturation exponent n* = 2 

SOLUTION 

Similar to Equation 4.92, the quadratic form of the Waxman and Smith 
model in terms of resistivity is: 

(RJ s$ + (R~R,BQ,) s, - F * R ~  = o (4.140a) 

The effective volume concentration of clay-exchange cation, Qv, 
can be estimated as follows (Equation 4.141): 

0.08(1 - 0.25)2.65 
= 0.636 meq/cm3 

(0.25) 
Qv 
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The equivalent conductance of clay-exchange cations B can be 
estimated from Equation 4.138, with C,, = B: 

B = 4.66(1 - 0.6exp - (-"> 
B = 4.66(1 - O.6exp - = 4.66 (io:) 
Substituting these values into Equation 4.140a: 

(4)s: + (4 x 0.04 x 4.66 x 0.636)S, - 12.43 x 0.04 = 0 

(4) S: + (0.4742) S, - 0.4972 = 0 

The positive solution of this quadratic equation is: 

S, = 29.8%. 

EXAMPLE 

The Shannon sandstone of the Teapot Dome field is composed of fine- 
to medium-sized sand particles containing dispersed clay. The formation 
water is relatively fresh, and salinity varies from a low of 3,700 ppm in 
the northern portion of the field to a high of 13,000 pprn in the southern 
portion. Reservoir temperature also varies across the Shannon Field, from 
a high of 118'F in the northwest part to 70"-95°F in the southern and 
eastern parts of the reservoir [32]. 

The adsorbed water technique was used to measure the cation 
exchange capacities (CEC) of a large number of cores obtained from 
several wells [33]. CEC values ranged from a low of 1.58 meq/100g 
in samples containing no visible clays, to a maximum of 8.65 in cores 
described as highly shaly. Similar CEC values were found in all wells. 
A variety of correlations of the measured CEC values with the Shannon 
sandstone porosities were attempted Wigure 4.43), and though none 
were found acceptable, it was observed that CEC values increase with 
decreasing porosity. This is because the loss of porosity in the Shannon 
reservoir is caused by an infilling of clays with an associated increase 
in CEC. The salinity of the brine used to saturate core samples for the 
laboratory electrical property tests is 15,000 ppm NaCl and the resistivity 
of this brine at 25°C is 0.386 ohm-m. 

Table 4.10 shows the laboratory-derived values of 0, FRL, and CEC, 
expressed in meq/g of rock sample, for 15,000 ppm NaCl at 25°C. The 
measured resistivity index values and the corresponding S, values are 
presented in Table 4.1 1. 
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Figure 4.43. Cation exchange capacity us. porosity for Shannon sand [3ZJ. 

TABLE 4.1 0 
LABORATORY VALUES OF Q, FRL, AND CEC FOR THE 

SHANNON SAND FIELD 

Sample No. Q FRL CEC 

0.272 8.86 0.042 
0.237 9.72 0.055 
0.234 11.50 0.055 
0.199 13.90 0.064 
0.197 12.70 0.064 
0.186 14.50 0.067 
0.158 12.60 0.072 

(1) Calculate Qv and F* for each core. The average grain density (pma) 
for the seven samples is 2.65 g/cc. 

(2) Determine a* and m*. 
(3) Calculate the saturation exponent n*. 

SOLUTION 

Keelan and McGinley presented a practical procedure for applying 
the Waxman-Smits model for calculating reservoir fluid saturations in 
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TABLE 4.1 1 
f.AB0RATORY VALUES OF s, AND IRL 

0.2 
0.3 
0.4 
0.5 
0.6 
0.7 
0.8 
1 .o 

46.1 
17.6 
8.9 
5.2 
3.4 
2.3 
1.7 
1 .0 

the Shannon sandstone [ 3 2 ] .  The following approach is based on this 
procedure. 

(1 )  The effective volume concentration of clay-exchange cations, Qv , 
can be calculated from: 

and the formation resistivity factor for the shaly sands is obtained 
from the Waxman and Smits Equation 4.130, or: 

where the formation water resistivity is equal to 0.386 ohm-m, 
and the specific counterion activity or equivalent conductance of 
clay-exchange cations is 2.9 liter/eq.ohm-m from Figure 4.40.  Using 
Equation 4.139 one obtains: 

C,, = ( 1  - 0.83e-0.5/0.386) 3.83 = 2.96 

Inasmuch as RwCeq = 0.386 x 296 = 1.14, the equation describing 
F* for the Shannon sandstone field is: 

F* = F R ( ~  + 1.144,)  

The values of Qv and F * for the first core sample in Table 4.12 are: 

1 (2 .65)  (0 .042)  = 0.30liter/eq.ohm-m 
Q v = ( & -  ) 
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and 

F* = 8.86(1 + 1.14 x 0.30) = 11.8. 

Values of Qv and F* for the seven core samples are included in 
Table 4.12. The laboratory brine salinity and temperature (and 
not salinity and temperature of the formation water at reservoir 
conditions) were used to calculate F*. Subsequent calculations of 
reservoir water saturation, however, require use of the formation 
water salinity with its corresponding water resistivity and C,, values 
at reservoir temperature [30]. 

(2)  From a logarithmic plot of F* versus $ (Figure 4.44)  one obtains 
a curve-fit straight-line portion having a slope m* = 1.92 and 

TABLE 4.12 
VALUES OF Qv AND F" IN THE SHANNON SAND FIELD 

Sample No. @ FRL CEC Qv F" 
0.2 
0.3 
0.4 
0.5 
0.6 
0.7 
0.8 
0.9 

46.10 2.99 
17.56 2.94 
8.85 2.91 
5.21 2.88 
3.37 2.86 
2.34 2.84 
1.70 2.82 
1.28 2.77 

103.00 
32.00 
14.00 
7.36 
4.35 
2.80 
1.90 
1.35 

0.2 
0.3 
0.4 
0.5 
0.6 
0.7 
0.8 
0.9 

46.10 
17.56 
8.85 
5.21 
3.37 
2.34 
1.70 
1.28 

Figure 4.44. Formation resistivity factor for Shannon sand Wyoming 1321. 



LAB-DERIVED EVALUATION OF SHALY 275 

(3)  

intercept a* = 1. Thus, the formation resistivity factor for the 
Shannon shaly sands can be represented by the following 
expression: 

1 F* = - 
$1.92 

Figure 4.44 also includes a plot of F versus $. The slope m of the 
best-fit line m is 1.62 and the coefficient a is unity. It is evident from 
this figure that the calculated F* values fit an average line more closely 
than the measured F values, where conductivity of clays was not 
accounted for. 
Two methods are available for calculating the saturation exponent 
n*. Because each core sample has an individual laboratoryderived 
apparent saturation exponent n value, individual shaly n* values can 
be calculated for each core sample, and these may then be averaged to 
yield a single n* value [32 ] .  The second approach requires obtaining 
the average n values from a log-log plot of the laboratory formation 
resistivity factor F vs. brine saturation. This value is then corrected to 
n* by using the measured $, F, and CEC values shown in Table 4.12 
to develop an average Qv for all cores. This approach requires the 
following five steps: 

(a) Plot laboratory values of IR against S, from Table 4.11, as 
shown in Figure 4.45. 

(b) Draw a best-fit straight line, and calculate the average value of the 
saturation coefficient n. Using Equation 4.134, n is approximately 

0.1 1 

Brine Saturation, Fraction of Pore Volume 

Figure 4.45. Formation resistivity index us. water saturation for Shannon sand [32]. 
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TABLE 4.13 
SUMMARY CALCUlATlONS OF IR, N*, AND 1; 

0.2 
0.3 
0.4 
0.5 
0.6 
0.7 
0.8 
0.9 

46.10 
17.56 
8.85 
5.21 
3.37 
2.34 
1.70 
1.28 

2.99 
2.94 
2.91 
2.88 
2.86 
2.84 
2.82 
2.77 

103.00 
32.00 
14.00 
7.36 
4.35 
2.80 
1.90 
1.35 

equal to 2.38. Thus, the equation of this straight line is: 

(c) Using this equation calculate the new IR values for selected S, 

(d) Calculate the water saturation coefficient n* from Equation 4.137 
values and tabulate (Table 4.13). 

for the same S, values as in Step (c): 

(4.143) 

From Table 4.12, the arithmetic average value of Qv of the seven 
samples is 0.63 meq/ml. Hence RwCeqQv = 0.386 x 2.96 x 
0.63 = 0.72, and Equation 4.143 for the Shannon sandstone 
becomes: 

IR ( 1  + 0.72/S,) 
n * =  (&)In( 

For Sw = 0.4, for instance, the corresponding resistivity index 
IR from Table 4.11 is 8.85, thus: 

= 2.91 
".=(-)In( 1 1.71 

1110.40 8.85 ( 1  + 0.72/0.40) 
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Values of n* at different water saturations were calculated and 
included in Table 4.13.  The average saturation coefficient of the 
core samples is obtained by dividing the sum of the individual 
n* by the number of S,, points; thus, n* = (2.99 + 2.94 + - e + 
2.77)/8 = 2.88. 
Calculate 1; for several values of S, from: 

and plot these points as shown in Figure 4.44. Table 4.13 is 
a summary of these calculations. 

Keelan and McGinley investigated the influence on calculated water 
saturations when an average coefficient n* value for all cores is used 
instead of using individual core n* values [32] .  Figure 4.46 shows the 
correlation of n and n* with porosity. Using the best-fit line for n*, new 
n* points were selected for individual sample porosities and new water 

Figure 4.46. Saturation exponent us. porosity for Shannon sand 1321. 
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TABLE 4.14 
COMPARATIVE CALCULATIONS OF WATER SATURATION ILLUSTRATING INFLUENCE 

OF COMMON ERRORS MADE IN UTILIZING WAXMAN AND SMlTS [27] EQUATIONS 
AND USE OF 1NDlVlDUAL SAMPLE N* VALUES 1321 

Incorrect use of 
Waxman et  at. Reservoir Temp. Individual Sample 

Correct use and Rw (T = 95°F) Value n* 

a =  1.0 a * =  1.0 a =  1.0 a * =  1.0 a =  1.0 a * =  1.0 
m = 1.63 m* = 1.92 m = 1.63 m* = 1.99 m = 1.63 m* = 1.92 
n = 2.30 n* = 2.07 n = 2.38 n* = 2.90 n = f$ n* = f@ 

(1) (2) (3) 
Sample @ SW sw sw 
No. (%) (% PV) (PV) n* (% PV) 

1 
2 
3 
4 
5 
6 
7 
8 
9 

10 
11 
12 

20.4 
17.8 
16.3 
20.1 
14.3 
25.2 
25.4 
27.3 
17.5 
20.0 
17.4 
14.4 

47 
56 
57 
54 
61 
59 
55 
57 
74 
60 
68 
74 

51 
60 
62 
58 
66 
53 
59 
60 
79 
65 
73 
80 

3.08 
3.08 
2.99 
3.1 
2.78 
2.6 
2.58 
2.37 
3.06 
3.11 
3.06 
2.8 

50 
59 
58 
57 
59 
55 
51 
50 
76 
63 
70 
74 

(1) Laboratory data correctly adjusted with CEC to * values. 
(2) Incorrectly using formation Rw and temperature to compute * values. 
(3) Individual sample n* from Figure 4.46 as a function of porosity. 

saturations were calculated, as shown in Table 4.14. This approach, 
i.e., using individual core values as a function of porosity, improves the 
calculations of S,. In addition being lengthy, however, this approach 
is not warranted in view of limited basic data necessary to develop 
a correlation between n* and porosity. 

Using the Shannon sand laboratory data and resistivity values red 
from the induction log, Keelan and McGinley also investigated some 
common errors encountered in utilizing the Waxman and Smits theory 
[27, 321, Table 4.15 shows a comparison of water saturation for three 
basic calculation approaches. These results indicate that the clean sand 
approach, which ignores shallow effects, yields pessimistic results, 
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TABLE 4.1 5 

CALCUIATION APPROACHES [3 13 
COMPARATIVE CALCULATIONS OF WATER SATURATION FOR DIFFERENT BASIC 

Sample 
No. 

Waxman-Smits [28] 
Waxman-Thomas [3 11 Laboratory Data Clean Sand 

a =  1.0 a* = 1.0 a =  1.0 a =  1.0 
m = 1.63 m* = 1.92 m = 1.63 m = 2.0 
n = 2.38 n* = 2.87 n = 2.38 n = 2.0 

(1) (2) (3) 
S W  SW SW 

(% PV) (PV) (% PV) 
@ 

(%I 
1 
2 
3 
4 
5 
6 
7 
8 
9 

10 
1 1  
12 

20.4 
17.8 
16.3 
20.1 
14.3 
25.2 
25.4 
27.3 
17.5 
20.0 
17.4 
14.4 

47 
56 
57 
54 
61 
59 
55 
57 
7 4  
60 
68 
7 4  

55 
68 
7 2  
64 
80 
59  
51 
51 
7 3  
70 
7 5  
86 

66 
87 
95 
79 
1 1 1  
6 9  
58  
57 
9 5  
88 
99 
119 

~~ ~ ~ 

(1) Laboratory data correctly adjusted with CEC to * values. 
(2) Laboratory values used as reported. 
(3) Clean sand values assumed correct and ignoring clay and shale effects. 

i.e. high S, values. The use of the laboratory data as reported yields 
S, values lower than those obtained from the clean sand approach, but 
are much higher than those adjusted with CEC to “star” values using 
Waxman and Smits equations [28]. Table 4.16 illustrates two common, 
misuses of the Waxman and Smits procedure. Column 2 shows S, values 
calculated using CEC data with clean sand FR, a, m, and n values, and 
Column 3 gives S, values calculated with the incorrect assumption that 
FR = F*, m = m*, a = a*, and n = n*. These equalities are possible 
only when the laboratory brine is approaching 200,000 ppm salinity or 
greater, in which case the effects of clay conductivity are minimized. This 
is illustrated in Figures 4.47 and 4.48 where all three curves converge at 
high salinity. Because water of such high salinity cannot be prepared in 
the laboratory without precipitation of salts, measured values of FR, m, 
a, and n will never be as high as “star” values. 
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TABLE 4.16 
COMPARATIVE CALCULATIONS OF WATER SATURATION FOR ILLUSTRATING INFLUENCE 

OF COMMON ERRORS MADE IN UTILIZING THE WAXMAN-SMITS EQUATIONS [28, 321 
Clean Sand Lab Values 

Waxman-Smits Values Corrected Assumed to  
Correct Usage to * Values Equal * Values 

a s i . 0  a*=1.0 a*=1.0 a=1.0  a=1.0  a*=1.0 
m = 1.63 m* = 1.92 my = 2.0 m = 2.29 m = 1.63 m* = 1.63 
n = 2.38 n* = 2.87 n* = 2.0 n = 2.60 n = 2.38 n* = 2.38 

(1) (2) (3) 
Sample (I svv S W  SW 

No. (%I (% PV) (PV) (% PV) 
1 20.4 47 57 28 
2 17.8 56 71 34 
3 16.3 57 7 5  34 
4 20.1 54 67 34 
5 14.3 61 83 36 
6 25.2 59 70 40 
7 25.4 55 64 39 
8 27.3 57 66 42 
9 17.5 7 4  96 53 

10 20.0 60 76 39 
1 1  17.4 68 89 46 
12 14.4 74  103 49 

(1) Laboratory data correctly adjusted with CEC to * values. 
(2) Incorrectly assuming clean sand values should be corrected to * values. 
(3) Incorrectly assuming laboratory m and n values equal * values. 

Table 4.16 illustrates the incorrect practice of using CEC data 
and laboratory electrical properties, combined with formation water 
resistivity or salinity and reservoir temperature to calculate “star” values 
and subsequent water saturations. In this case, S, values tend to be 
higher than those obtained using Waxman and Smits approach [28]. 
If the cementation factor m is determined at downhole conditions by 
cross-plotting the formation resistivity & vs. porosity, then the above 
practice is correct [32]. The effect of salinity and reservoir temperature is 
illustrated in Figure 4.48, where the laboratory data point FR is increased 
to F* and then adjusted to reflect reservoir conditions of temperature and 
salinity. 
The Waxman and Smits equations are essentially valid for ovendried 

cores where no formation-water is left on the clay surfaces [28]. In many 
field laboratories, however, core samples are only partially dried at 145°F 
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LOW CATION EXCHANGE CAPACITY 
HIGH CATION EXCHANGE CAPACITY 

FRESH 
WATER WATER 

Figure 4.47. Salinity and cation exchange capacity effect on formation resistiuitv 
factor [31J 

P a CLAY CONDUCTIVITY 

S M T Y  FRESH 
WATER WATER 

Figure 4.48. Salinity and temperature effect on formation resistivity factor where 
B = Ceq [31J. 

and 45% relative humidity, leaving molecular layers of water on the 
clay surfaces. This causes the measured porosity and grain density to be 
lower than those measured for totally dried cores. Table 4.17 illustrates 
the effects of using partially dried core porosity and grain density in 
the Waxman and Smits equations. Column 1 shows the correct results 
obtained by combining totally dried (180" -240°F) core porosity and 
grain density with CEC to calculate Qv and water saturation. Columns 
2 and 3 give the results of combining partially or humiditydried porosity 
and grain density with electrical properties calculated on the basis of 
oven-dried core porosity and humidity-dried core porosity, respectively. 
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TABLE 4.17 
COMPARISON OF WATER SATURATIONS AND OIL VOLUMES CALCULATED 

FOR NORMALLY DRIED AND HUMIDITY-DRIED CORES [32] 
Humidity-dried Core 

(145°F and 45%-Relative Humidity) Oven-dried Core 
Variable (1 8O"-24O0F) (1) (2) 
Porosity (%) 20 17.7 17.7 
Grain density, (g/cm3) 2.65 2.61 2.61 

m 1.63 1.63 1.51 
a 1 1 1 
f 13.78 16.82 13.66 
n 2.38 2.38 1.91 
m* 1.92 1.92 1.9 
a* 1 1 1 
p" 21.9 21.9 26.84 
n* 2.87 2.87 2.51 
Rt 20 20 20 
Qv 0.74 0.85 0.85 
Rv @ 95°F 0.5 0.5 0.5 
B 3 3 3 
s, 0.55 0.58 0.52 
(1-SW) (7,758) 698 577 659 
@ (17% low) (5.6% low) 

basis of ovendried core porosity. 

the basis of humidity-dried porosity. 

CEC (meq/lOOg) 7 7 7 

(1) Humiditydried porosity and grain density used with electrical properties data calculated on 

(2) Humiditydried porosity and grain density used with electrical properties data calculated on 

These results clearly show that partially dried core data yield erroneously 
low oil-in-place values and, therefore, it is recommended that this type 
of data should not be used in the Waxman and Smits equations [28]. 

Some clay-bearing cores crack when totally dried in an oven at high 
temperatures and, consequently, data measured in these cores are totally 
non-representative of reservoir conditions. In this case, laboratory tests 
should be made on partially dried core samples for determining porosity, 
grain density, and electrical properties. Water saturation and oil-in-place 
are calculated as in Column 3 of Table 4.17. The calculated oil-in-place 
in the Shannon sand [659 bbl/acre-ft, Column 31 is 5.6% lower than that 
obtained from the totally oven-dried cores [698 bbl/acre-ft, Column 11. 
Thus, it is important that the testing laboratory indicates in the report 
whether saturation data are based on the partially (humidity) or totally 
(oven)-dried cores. Both partially and totally dried core data including 
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porosity, grain density, and electrical properties, should be reported 
where possible so that calculations of S, and oil-in-place can be adjusted. 

LOG~DERIVED EVALUATION OF SHALY (CLAYEY) 
RESERVOIR ROCKS 

Several comprehensive reviews of the large number of studies on the 
evaluation of shaly sands using well logs can be found in References 
33 through 36. Important logging parameters were generated including 
matrix density, hydrogen index (HI), cation exchange capacity (CEC), 
and distribution of potassium, thorium, and uranium as shown by 
natural gamma ray spectral log information, for the three most common 
clay minerals, i.e. illite, kaolinite and montmorillonite (smectites), and 
chlorite. However, because most shaly reservoir sands contain different 
clay minerals in various amounts, no single clay parameter can be used 
universally to characterize these sands [37]. Currently, the emphasis is 
on the application of the Waxman-Smits model based on the continuous 
computation of CEC per total volume, Qv, and core data over the logged 
segments. 

In many instances, however, core data over the logged zones of 
interest are not available. To overcome this limitation, digital shaly sand 
analysis techniques based on the Waxman-Smits model and variations 
in the basic properties of various clay minerals were developed. Two 
of these digital techniques, CLASS and CLAY, developed by Ruhovets 
and Fertl and Berilgen et al., respectively, provide information on total 
and effective porosity, total and effective fluid saturation distribution, silt 
volume, amounts, types and distribution modes of clay minerals present, 
and reservoir productivity [38, 391. The CEC and HI can be calculated 
knowing three parameters: clay density, pel, neutron response to 100% 
clay, NCl, and the clay volume, Vel. pCl and Ncl are best determined from 
density, neutron, and natural gamma ray spectral data at every depth level 
over the interval of interest, so that the unrealistic assumption that clay 
properties in adjacent shale beds and the reservoir rock are identical is not 
necessary [do]. The clay volume, Vel, which is essentially independent 
of the clay types, is calculated from the potassium and thorium values. 

FORMATION EVALUATION 
The basic physical properties needed to evaluate a petroleum reservoir 

are its permeability, porosity, fluid saturation, and formation thickness. 
These parameters can be estimated from three common sources: core, 
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well logging, and pressure test analyses. A less common source is 
geochemistry. The application of geochemical techniques to oil and gas 
exploration has only recently achieved widespread acceptance among 
exploration geologists; however, it is beyond the scope of this text. 
It is not the purpose of this section to make complete discussion of 
core analysis, well logging and well testing but rather to highlight the 
significance of the measuring techniques. 

ANALYSIS 

All phases of the petroleum industry rely directly or indirectly on the 
knowledge of reservoir rock properties. Analysis of rock samples yields 
valuable data basic to exploration, well completion, and evaluation of 
oil and gas reserves. Drill bit cuttings, because of their size and mode 
of recovery, essentially provide qualitative information. The necessity 
of recovering and examining large reservoir rock samples led to the 
development of coring techniques. The first coring tool appeared in 
1908 in Holland. In 1921, H. E. Elliot of the United States introduced 
the first effective coring tool by successfully combining an inner core 
barrel with a toothed bit. Four years later, considerable improvements 
were made to Elliot’s device to include a removable core head, a core 
catcher, and a stationary inner barrel, to which various refinements 
have been added [41]. Currently, several types of coring devices are 
available: diamond cores, rubber and plastic sleeve cores, percussion 
and continuous sidewall cores, and cores recovered in a pressure core 
barrel. Each one of these devices offers certain advantages. The selection 
is generally dictated by the type of reservoir rock and objectives of the 
core analysis. 

Three coring methods are practiced: conventional, wireline, and 
sidewall. Conventional coring, which refers to core taken without regard 
to precise orientation, encompasses arrange of coring devices and core 
barrels. The main disadvantages of conventional coring is that coring 
equipment requires that the entire drill string be pulled to retrieve the 
core; however, the corresponding advantage is that large cores, 3 to 
5 in. in diameter and 30 to 90 ft long, may be recovered. In the wireline 
coring method, the core may be retrieved without pulling the drill string 
by using an overshot run down the drill pipe on a wireline. The cores 
obtained by this method are small, approximately 1 to 2 in. in diameter 
and 10 to 20 ft in length. Other advantages include downhole durability 
and higher core recovery. 

Sidewall coring is necessary when it is desirable to obtain core samples 
from a particular zone already drilled, especially in soft rock zones 
where hole conditions are not conducive to openhole drillstem testing. 
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The sidewall coring device contains a hollow bullet which, when fired 
from an electric control panel at the surface, embeds itself in the 
formation wall. With the core sample caught in the bullet, a flexible 
steel cable retrieves the bullet and its contained core (approximately 1 
in. in diameter and 1 in. in length) to the surface. Sidewall diamond 
coring is necessary in hard rocks. A relatively new technique, known 
as directionally oriented coring, involves the scribing of grooves along 
the axis of the core in a gyroscopically controlled orientation [ 4 2 ] .  This 
method requires periodic stops to take a measurement of orientation 
and is accomplished by replacing the conventional inner core barrel sub 
with the scribe shoe sub. The main purpose of oriented coring is to 
allow visualization of rock in its exact reservoir condition orientation, 
which may be useful in predicting reservoir continuity, especially in 
fluvial deposition systems [43]. 

The early methods of core analysis were more an art than a science, and 
the results were not taken seriously. The practice of breaking the core 
into small pieces to smell and taste for the presence of hydrocarbons was 
widespread, even though it was well known that the sweet gases, i.e., 
gases that do not contain hydrogen sulfide, have no apparent odor or 
taste [41]. 

Consequently, many gas formations were diagnosed as water 
productive because of the inability physically to detect gas. Today, core 
analysis is a highly specialized phase of petroleum reservoir engineering. 
Analysis of sidewall cores provides far more geological information than 
bit cuttings. Core data play an important role in exploration programs, 
well completion, and reservoir evaluation programs. Core analysis makes 
it possible to recognize the structure of the reservoir trap, determine its 
physical characteristics such as porosity and permeability, and estimate 
production possibilities of exploratory wells. Core data allows wells to 
be properly completed by selecting intervals for drillstem testing and 
evaluating the effectiveness of completion. In the field development 
stage, core measurements are employed to estimate hydrocarbon 
reserves, determine contacts between reservoir fluids such as water-oil 
contact line, and their variations across the field [44, 451. Table 4.18 
shows typical data obtained from core analysis and their use. Routine 
core analysis results are usually presented in tabular or in graphical form 
as shown in Figure 4.49. For the purpose of recognizing the stratification 
effect, the graphical form is preferred. 

WELL LOG ANALYSIS 

Well logging can be defined as a tabular or graphical portrayal of 
any drilling conditions or subsurface features encountered that relate to 
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TABLE 4.18 
RESERVOIR CHARACTERISTICS OBTAINED FROM CORE ANALYSIS 

Slabbed Core Thin Sections 
Photograph Detail pore structure 
Sedimentology Diagenesis 
Lithology Porosity type 
Samples Environmental evidence 

Small Samples 
Grain size distribution 
Mineral analysis 
X-ray and SEM analysis 
Biodating and association 

Routine Core Plug Analysis 
Porosity 
Permeability 
Grain density 
As-received saturations 

Special Core Analysis 
Preserved/restored state 
Capillary pressure 
Relative permeability 
Electrical properties 
Acoustic properties 
Compressive properties 
Clay chemistry effects 
Specific tests 
Calibration of wireline log 

Figure 4.49. Typicalpresentation of core data (courtesy of Core Luboratories). 
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either the progress or evaluation of an individual well [46] .  The ultimate 
aim of the well log interpretation, however, is the evaluation of potential 
productivity of porous and permeable formations encountered by the 
drill. 

Electrical logging was introduced to the oil industry by Marcel and 
Conrad Schlumberger in 1927 in France. Since then, due to considerable 
technological and scientific advances, well logs have undergone constant 
and sweeping changes. The development of recording techniques 
compatible with the application of computers in well log interpretation 
has removed a large number of earlier assumptions and general estimates 
from well log computations. The result has been a change from a cor- 
relation tool for geologists to an indispensable data source for the oil 
industry. A successful logging program, along with core analysis, can 
supply data for subsurface structural mapping, define the lithology, 
identlfy the productive zones and accurately describe their depth and 
thickness, distinguish between oil and gas, and permit a valid quanti- 
tative and qualitative interpretation of reservoir characteristics, such 
as fluid saturation, porosity, and permeability. Unfortunately, these 
petrophysical properties cannot be measured directly and, therefore, 
they must be inferred from the measurement of other parameters of the 
reservoir rock, such as the resistivity of the rock, the bulk density, the 
interval transit time, the spontaneous potential, the natural radioactivity, 
and the hydrogen content of the rock [47]. 

Water Saturation 

Evaluation of the amount of hydrocarbons present in the reservoir is 
based on the ability of the log analyst to estimate the volume of water 
present in the pore space. This requires the solution of some form of 
Archie equation for the water saturation parameter S,. Because of its 
simplicity and worldwide use, the Rwa method for determining S, is 
the only one presented here. Water saturation in the uninvaded zone 
of a clean sandstone formation having intergranular or intercrystalline 
porosity can be estimated from Equation 4.53: 

(4.144) 

In a 100% water-saturated sand, i.e., IR = 1 and Rt = &, the water 
resistivity is equal to: 

Rt 
FR 

R, = - (4.145) 
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If the sand contains petroleum, the true resistivity factor Rt will 
increase, whereas the formation factor FR will remain the same because 
it is a function of the formation porosity only. Therefore, Equation 4.145 
is of the general form 

(4.146) 

where Rwa is the apparent water resistivity. Thus, if Rwa is calculated 
from Equation 4.146, one would actually be calculating a value of Rwa = 
Rw/Sk . Then, if Rw is either experimentally measured from a sample or 
calculated from a chemical analysis using Figure 4.4, one can solve for S,. 
The value of Rm, therefore, can be used to select hydrocarbon-bearing 
zones. 

The following analytical procedure is recommended for selecting sand 
beds containing hydrocarbons [48].  

Consider two adjacent porous and permeable zones: zone 1 containing 
hydrocarbons and zone 2 is 100% water saturated. Comparing the Rwa 
values of the two zones gives: 

(4.147) 

Inasmuch as Rw is constant regardless of the value of S, the water 
saturation in zone 2 is loo%, i.e., 1R2 = 1, and Rwa2 is the true R, or 
a minimum observed value @,a)-, one obtains: 

Solving for S, for any zone: 

(4.148) 

(4.149) 

Assuming Rw remains fairly constant along the zones of interest, values 
of R,, can be determined for each zone and compared. Zones where 
Rwa is greater than approximately 4Rw generally have S, less than 50% 
and should be considered potential hydrocarbon-bearing zones. Hilchie 
proposed an elaborate but complete and practical algorithm for selecting 
hydrocarbon-bearing zones using the R,, method [3]. According to this 
algorithm, all zones where R,, > 3R, have S, < 60% and are potentially 
hydrocarbon bearing. 
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The Rwa technique gives excellent results when drilling fluid (mud) 
invasion is not deep, as in the high-porosity formation, or when 
low-water-loss mud is used. This technique, however, can yield 
pessimistic results when formation is shaly and FR is determined from 
the density log, 

Porosity 

Three logging porosity tools have been developed to determine 
porosity, namely, the sonic-acoustic log, the formation density log, and 
the neutron porosity log. In addition to porosity, these logs are affected 
by other parameters, such as lithology, nature of the pore fluids, and 
shaliness. Combinations of these logs are used to determine lithology 
and porosity as well as the fracture porosity. 

The sonic log measures the interval transit time, At, i.e., the shortest 
time required for a compressional sound wave to travel through one foot 
of formation parallel to the wellbore. The speed of sound in the formation 
depends on the nature of minerals making up the rock, porosity, pore 
space fluids, temperature, pressure, and rock texture. Inasmuch as for 
any given lithology the zone of investigation of the sonic tool is essentially 
in the invaded zone containing mud filtrate, the speed of sound, i.e., the 
interval transit time, is primarily a function of porosity. 

The velocity of sound in the formation depends on the density and 
elastic properties of the medium, such as bulk and shear moduli of 
elasticity. It is faster in a hard substance than in a liquid. Hence, if one 
considers a rock composed of only solid and liquid, the following ratio 
of the transit times can be used to obtain porosity 1491 : 

(4 .150)  

where: t = total transit time, ps/ft. 
tma = matrix travel time, p~/ft. 
tfl = fluid travel time, ps/ft. 

Equation 4.150 is commonly used for determining the approximate 
value of porosity of clean consolidated sandstones as well as that of 
carbonate formations with intergranular porosity. The fluid travel time is 
approximately 190 ps/ft, whereas the matrix travel time can be obtained 
from the following equation: 

(4.1 5 1) 
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TABLE 4.19 
MATRIX TRAVEL TIME 

v m  tma 
Formation (ftW (PS/ft) 
Sandstone: 

Unconsolidated 17,000 or less 58.8 or more 
Semiconsolidated 18,000 55.6 
Consolidated 19,000 52.6 

Limestone 21,000 47.6 
Dolomite 23,000 43.5 
Shale 6,000 to 16,000 167 to 62.5 
Calcite 22,000 45.5 
Anhydrite 20,000 50.0 
Granite 20,000 50.0 
Gypsum 19,000 52.6 
Quartz 18,100 55.6 

Water 5,300 189.0 
salt 15,000 66.7 

where the velocity of sand (P wave) in the matrix, Vma, is expressed as 
follows: 

K f0.75G Oa5 

v m a =  [ P m  1 (4.152) 

where K and G are the bulk and shear moduli, respectively, and pm 
is the density of matrix. Table 4.19 shows the velocity and matrix 
travel time for various rock types. The presence of shale, fractures, and 
gas complicate the sonic porosity measurements. In multiple-porosity 
rocks, such as vuggy or fractured carbonates, the travel time is often 
shorter than would be calculated for that given porosity. This is 
because vugs or fractures are irregularly located and the compressional 
sound wave goes through the formation with the least porosity, i.e., 
shortest travel time. The secondary porosity is generally estimated by 
subtracting sonic porosity (Equation 4.150) from the neutron or density 
porosity (Equation 4.157). In some cases, this may lead to erroneous 
results. 

Unconsolidated formations, almost always sandstones, tend to exhibit 
longer travel times than consolidated formations having the same 
porosity. Consequently, the Wyllie et al. correlation gives unacceptabIe 
high porosities [49]. In this case, Equation 4.150 is modified to include 
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a compaction correction factor, B,, as follows: 

t - tm 1 
O s =  (tf l- tm) B,, 
The compaction correction factor is equal to: 

(4.153) 

(4.154) 

where 100 is the travel time for compacted shale in yslft and tsh is 
the sonic travel time of an adjacent shale. The normal range of B,, for 
sandstone formations is from 1 to 2. When no compaction correction 
is used, B,, = 1. The factor Bsh, which is empirically determined, is 
a function of shale (clay) type. The lack of compaction is indicated when 
adjacent shale beds exhibit a sonic travel time greater than 100 ps/ft. In 
shaly (clayey) unconsolidated formations, the sonic porosity is calculated 
from the following equation: 

(4.155) 

where v,h is the shale (clay) volume. In formations, consolidated or 
unconsolidated, bearing oil or gas, the calculated sonic porosity tends to 
be high and the following empirical correction can be used: 

@ = Bhc@s (4.156) 

where $s is obtained either from Equation 4.153, for clean unconsolidated 
formations, or from Equation 4.155, for shaly (clayey) unconsolidated 
formations. The factor Bhc may be empirically set at 0.90 for oil and 0.70 
for gas. These constants seldom give good results, as Bhc depends on the 
type of mud, depth of mud invasion, pore pressure, etc. 

From the formation evaluation standpoint, the main objective of the 
density log is the determination of formation porosity by measuring 
the bulk density of the reservoir rock. In the case of saturated porous 
rocks, bulk density includes the density of the fluid in the pore spaces 
as well as the grain density of the rock. For a clean formation of known 
matrix density, pma, having a bulk density Pb, and which contains a fluid 
(except gas and light hydrocarbons) of average density, p n ,  the formation 
porosity is equal to: 

(4.157) 



292 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

The bulk density, Pb in g/cm3, is read from the density log. The density 
of fluid in pores, generally mud filtrate, is 1 .O when fresh muds are used 
and 1.1 for salty drilling muds. If the formation is saturated with gas in the 
vicinity of the borehole, Le., little or no mud invasion, = 0.7 g/cm3 
[25]. In shaly (clayey) formations Equation 4.157 becomes [43] : 

(4.158) 

Determining porosity, especially in carbonate rocks, is one of the most 
important applications of neutron logs. These rocks generally contain 
smaller amounts of clay minerals than the sandstones. Neutron logs also 
can be used to define bed boundaries and, when used in conjunction 
with other logs, as an indicator of lithology of gas-bearing zones. Modern 
neutron log data is recorded directly in apparent porosity units with only 
a minor correction, required to account for salinity, temperature, and 
tool positioning. Porosity can be determined from the combination of 
neutron and density logs using Equation 4.96. The presence of shale (clay) 
in reservoir rocks (sandstone, limestone, or dolomite) will influence to 
some degree the measured response of all three porosity logs. 

As previously stated, the standard practice at present for estimating 
the reservoir permeability distribution is to combine permeability values 
obtained from laboratory measurements on cores with logderived param- 
eters, such as porosity and water saturation. The following summary of 
a field case is a typical example of such practice [50].  

EXAMPLE 

The Howard-Glasscock field is located south of Big Spring, Texas, and 
has produced oil from the lower Grayburg and San Andres carbonate 
formations since 1929. The 80-well field was unitized in 1972 and, during 
1973,40 additional wells were drilled to expand the ongoing waterflood, 
which was initiated in 1964. Ten wells were cored and 38 wells were 
logged. The objective is essentially to [50]: 

(a) calculate average values of permeability, porosity and water 

(b) prepare contour maps of porosity and water saturations, and 
(c) estimate oil reserves. 

saturation, 

Core Interpretation of Data 

The core recovery efficiency was 98.2% or an average of 404.5ft 
of core recovered per 411.8ft attempted per well. This recovery is 
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exceptionally high for a carbonate formation. The core analysis involved 
five phases. 

During the first phase, 15 lb of whole-core sections were analyzed. 
Because of the complex lithology of the San Andres Formation, the whole- 
core technique was selected to determine porosity, matrix permeability, 
and fluid saturations. Tables 4.20 and 4.21 give the values of permeability 
and porosity, respectively. A semilog plot of permeability vs. porosity 
showed a considerable scattering of data points. Nevertheless, a best 
least-squares fit line is placed along the relative general trend of these 
points and the corresponding equation is derived: 

log k = 0.285$ - 2.98 (4.159) 

During the second phase, 162 unprocessed core samples, representative 
of the pay intervals in six of the ten cored wells, were examined, 
and lithology, texture, and type of porosity were determined. Also, 
32 core samples representing the expected range of rock parameters, 
as determined from a preliminary computer correlation of whole-core 
and log data, were selected for special plug-core analysis. Samples with 
extremely large vugs were excluded from special core analysis in an 
attempt to determine more accurately the properties of the matrix. 
Following routine cleaning and drying procedures as described in 
Appendix A, air permeability and porosity (using Boyle's law porosim- 
eter) were determined. Figures 4.50 and 4.51 show a comparison of, 
respectively, whole-core permeability vs. plug permeability and whole- 
core porosity vs. plug porosity. It is evident from these figures that there 
are very low coefficients of correlation. "his emphasizes the problem 
of obtaining representative core samples in carbonate reservoirs. Based 
on this limited (or lack of) agreement, it was concluded that the 
requirement of permeability and porosity agreement between the plug- 
and whole-core values on the sample-by-sample basis should not be the 
criterion for selecting samples for plug-core analysis. 

During the third phase, resistivity measurements were made on 32 core 
plugs and formation resistivity factors were calculated using Equation 
4.5. Figure 4.52 is a log-log plot of F vs. 0, and the equation of the best-fit 
line is: 

1 
FR = - b2.1 

(4.160) 

Thus, the cementation factor m of this carbonate formation is 2.1. 
Similarly, resistivity index calculations were made and the results 



TABLE 4.20 
PERMEABILITY DATA FOR THE WEST HOWARD~LASSCOCK UNIT, ZONE D 

Sample Percent of Samples Arithmetic Geometric Percent 
Average Permeability 

k Capacity 
Permeability Average F Log 
Range (mD) Number Cumulative Range Cumulative k (Average k) Average 

0.0-1.3 225 225 46.28 46.28 0.399 0.185 -0.39922 -0.18476 3.135 
1.3-2.5 78 333 14.16 60.44 1.762 0.249 0.24589 0.03481 4.235 
2.5-5.0 76 409 13.79 74.23 0.355 0.489 0.54975 0.07583 8.307 
5.0- 10.0 59 468 10.71 84.94 6.895 0.738 0.83853 0.08979 12.539 
10.0-20.0 35 503 6.35 91.29 13.714 0.871 1.13717 0.07223 14.795 
20.0-40.0 29 532 5.26 96.55 27.931 1.470 1.44609 0.0761 1 24.966 
40.0-80.0 18 550 3.27 99.82 52.222 1.706 1.71786 0.05612 28.973 
80.0-160.0 1 551 0.18 100 99.000 0.180 1.99564 0.00362 3.051 



TABLE 4.2 1 
POROSIN DATA FOR THE WEST HOWARD-GALSSCOCK UNIT ZONE D 

Porosity 
Range (%) 
t2 .0  
2.0-4.0 
4.0-6.0 
6.0-8.0 
8.0-10.0 
10.0-12.0 
12.0- 14.0 
14.0-16.0 
16.0-18.0 
18.0-20.0 
20.0-22.0 
22.0-24.0 
24.0-26.0 
26.0+ 

Sample Percent of Samples Range Porosity = Q, Percent 
Porosity 

Number Cumulative Range Cumulative Average Q F (Average Q) Capacity 

0 0 0.00 0.00 0.000 0.00000 0.0000 
15 15 2.72 2.72 3.300 0.08984 0.8632 
62 77 11.25 13.97 5.152 0.57967 5.5695 
70 147 12.70 26.68 6.933 0.88076 8.4624 

1.58657 15.2438 97 244 17.60 4.28 9.012 
114 358 20.59 64.97 10.959 2.26733 2 1.8945 
101 459 18.33 83.30 12.818 2.3495 5 22.5745 
56 515 10.16 93.47 14.850 1.50926 14.5009 
25 540 4.54 98.00 16.728 0.76898 7.2923 
99 549 1.63 99.64 18.489 0.30200 2.9016 

0.0000 0 549 0.00 99.64 0.000 
1 550 0.18 99.82 20.000 0.03993 0.3836 
1 551 1.18 100.00 24.300 0.04410 0.4237 

0.0000 0 55 1 0.00 100.00 0.000 0.00000 

o.oO0oo 
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Figure 4.50. Relatiombip of wbole-core permeability to plug permeability 1501. 
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Figure 4.51. Relationship of wbole-core porosity to plugporosity 1501. 
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Figure 4.52. Relationship of formation resistivity factor to porosity, West 
Howard-Glasscock Unit 1501. 
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Figure 4.53. Relutionsbip of resistivity index to water saturation, West 
Howard-Glasscock Unit 1501. 

were plotted against water saturation on a log-log graph, as shown in 
Figure 4.53. The equation of the straight line is: 

(4.161) 

The resistivity index data appear to be more scattered than the formation 
resistivity factor data. This is attributed primarily to the heterogeneous 
nature of the carbonate formations. 
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The determination of the irreducible water saturation, Swi, constitutes 
the fourth phase. Capillary pressure data published by Osborne and 
Hoga, and the correlative porosity data from 276 core samples in San 
Andres reservoir were used with the following empirical equations 
for determining relative-permeability values and, subsequently, h i  

values [51 ] :  

3 0.9 - Sw 
kro = ( ) 0.9 - Swi 

(4.162) 

(4.163) 

Figure 4.54 shows the relationship between the porosity and the 
irreducible water saturation, described by the following equation 
obtained by the least-squares method: 

log h i  = - 1.4706 log $ + 2.729 (4.164) 

where both Swi and $ are expressed in percentages. 
The fifth phase of the core analysis involved measurements of grain 

density for log analysis purposes. Rock fragments representative of the 
32 samples, used for plug-core analysis, were crushed to grain-size. Grain 
volume was determined on a helium porosimeter giving an average grain 
density of 2.85 g/cc. 

100 

1 
1 10 100 

Irreducible Water Saturation, % 

Figure 4.54. Relationship of porosity to irreducible water, West Howard-Glasscock 
Unit [50]. 
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Interpretation of Well Log Data 

The analysis of logs obtained from the 38 new wells required several 
phases. First, the logs were digitized and corrections for hole size and 
invasion were determined. Then, cross-plots were made of the corrected 
data from the three porosity logs (acoustic, density, and neutron), 
and formation minerals were identified. The log data from the three 
porosity devices were corrected for shale (clay) volume by the following 
expressions: 

(4.165) 

(4.166) 

(4.167) 

where: t, Pb, Qn = acoustic, density, and neutron log readings, 

tc, pk ,  @nc = three-device data values corrected for shale 
respectively. 

(clays) content. 
Tsh, Psh, @sh = three-device readings for 100% shale. 

These corrected data become the input to a matrix solution for primary 
(matrix) and secondary (fractures and vugs) porosity indices, and three 
minerals, as shown in Table 4.22. The term “trilith” describes the 
porosity-lithology matrix obtained from the combination of the three 
porosity devices. In less complex formations (no secondary porosity), 
a simpler matrix called “bilith” is constructed from the combination of 
two porosity devices only: acoustic and density. Finally, these matrices 
were solved by a computer program called “Bitri.” Figure 4.55 shows 
a good agreement between the profile of core-derived porosity and the 
Bitri-computed porosity. In addition to porosity, the program computed 
permeability from Equation 4.159, irreducible water saturation from 
Equation 4.163, and water saturation from Equation 4.54 for m = 2.1 
and n = 2.20: 

(4.168) 

where Rt is the true resistivity from a deep-reading resistivity log, 
corrected for borehole and invasion effects, and @ is the porosity 
obtained from Bitri. Figure 4.56 shows a comparison of the core-derived 
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TABLE 4.22 
BILITH AND TRILITH EQUATIONS 

Bilith Equations 
A t  = 189$ 4- 43.5vd01 + 8ovsh + 50Vah (acoustic equation) 
rb = 1.1$ + 2.8Nd01 + 2.65vsh + 2 . 9 8 V d  (density equation) 

Trilith Equations 
Atc = 189Ifl + 4 3 . 5 1 ~  + 43.5Vd01 + 55.5vsd + 5OVad (acoustic equation) 
rb, = 1.1Ifl + 1 . 1 1 ~  + 2.8Nd01 + 2.65vsd 4- 2.98Vad (density equation) 
$NL = 1 .OIn + 1 .OIQ + 0.06Vd01 + 0.03Vsd + O.01Vah (neutron equation) 
At = acoustic log input data 
Q, = density log input data 
Atc = acoustic log data corrected for shale 
Q , ~  = density log data corrected for shale 
$NL = neutron log (limestone mode) data corrected for shale 
$ = porosity 
If1 = primary porosity index 
IQ = secondary porosity index 
VdOi, Vsh, V d ,  Vsd = percentages of dolomite, shale, anhydrite, and sand, 

respectively 

WEST HOWARD-GLASSCOCK UNIT 
Porosity 

30 15 0 

2500 

. 2550 
Bltrl - 
Cor. ---- Gamma Ray Log 

Figure 4.55. Agreement of Bitri-computed porosity with core-analysis porosity us. 
gamma ray log [50]. 

permeability and Biri-computed permeability. It was not evident from 
the report whether core data were shifted a few feet to obtain a better 
correlation with log data as is recommended by Sneider et al. [52] .  Also, 
it was not reported whether the core data were corrected for the effects 
of overburden pressure [53]. 
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Figure 4.56. Permeabilities at 90' Bitri and core-analysis values [50]. 

TABLE 4.23 
SUMMARY OF RESULTS 

Total footage 
Average porosity 
Average water saturation 
Average permeability 
Total hydrocarbons 
Hydrocarbon feet 
Porosity feet 
Net average hydrocarbons 
Gross average hydrocarbons 
Porosity cutoff 
Water saturation cutoff 

40  ft 
12.2% 
35% 
5 . 6 m D  
3683 bbVacre 
0.47 
0.73 
6 14 bbVac-ft 
9 2  bbVac-ft 
8% 
45% 

The last phase of well log analysis is designed to produce the maps and 
grids required for visual presentation, for input to a field-wide simulator, 
and for estimations of reserves. Table 4.23 shows a summary of calculated 
average values of porosity, permeability, water saturation, and reserve 
estimates. 

PROBLEMS 
1. The resistivity of a water sample is 0.35 ohm-m at 25OC. What is its 

resistivity at 80°C? 
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2. Chemical analysis of an oil reservoir brine yielded the following 
results: 50,000 ppm Naf, 60,000 ppm C1-, 15,000 ppm Mg2+, 
12,000 ppm SO:+, 8,000 ppm HCO;, Calculate: 

(1) the equivalent salinity in ppm sodium chloride, and 
(2) the resisitivity of the brine at loo", 175", and 250°F; discuss the 

effect of temperature on the resistivity of water. 

3. A normally pressured well located in offshore Louisiana is 5,900 ft 
deep. The producing interval is completely water-wet. The apparent 
porosity of the shale zone is approximately 0.39. The cementation 
exponent for shales in this field is 1.57. The true resistivity of the 
shale zone is 0.90 ohm-m. Calculate: 

(a) water resistivity of the formation at the reference temperature 

(b) water resistivity at the formation temperature of 140'F. 
of 75"F, and 

4. The results of laboratory measurements made on 12 water-wet clean 
sandstone rock samples and well log analysis are shown in Table 4A. 
The resistivity of a formation-water sample at 25OC is 0.056 ohm-m. 
The formation temperature is 89°C. 

(a) Calculate the formation resistivity factor for each sample. 
(b) Estimate the cementation factor. 
(c) Determine the water saturation in each sample. 
(d) Find the best representative values of tortuosity. 

TABLE 4A 

Sample No. Porosity Ro Rt 
1 
2 
3 
4 
5 
6 
7 
8 
9 

10 
11 
12 

0.204 
0.178 
0.163 
0.201 
0.143 
0.252 
0.254 
0.273 
0.175 
0.200 
0.174 
0.144 

0.665 
0.830 
0.960 
0.680 
1.190 
0.470 
0.460 
0.410 
0.850 
0.680 
0.860 
1.170 

30.0 
24.0 
22.0 
21.0 
20.0 
16.5 
20.0 
23.0 
20.0 
16.0 
17.0 
17.0 
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TABLE 48 

Sample No. Permeability Porosity F V& (%) Rt Ohm-m 

127.0000 
237.0000 

3.1600 
17 .GO00 

0.2280 
2.7600 
0.0248 

1.6200 

0.151 
0.171 
0.098 
0.113 
0.093 
0.075 
0.098 
0.040 

29.58 
24.40 
74.68 
47.17 
87.53 

128.32 
78.41 

312.41 

4.46 
4.17 
7.32 
5.33 
8.14 
9.62 
7.68 
12.5 

31 
38 
19 
27 
12 
9 

18 
3 

5.  Table 4B shows values of permeability, porosity, formation resistivity 
factor, shale (clay) fraction, and resistivity R,, of eight zones of 
a shaley (clayey) formation. The resistivity of shale is 4 ohm-m and 
the formation water resistivity is 0.1 ohm-m. 

(a) Estimate the water saturation in each zone using (1) the 
generalized shale relationship, and (2) Hilchie’s approximate 
shale relationship, and compare the results. 

(b) Determine the tortuosity factor and correlate with the shale 
fraction. Explain. 

6. The following data are obtained from a Texas Gulf Coast well: 

Zone A Zone B 

Water resistivity, ohm-m 0.06 0.06 
True resistivity, ohm-m 1.8 1 .o 

Porosity, % 28.40 25.2 

(a) Calculate water saturation in Zones A and B. 
(b) Which zone is more likely to be producible? 

7. Core analysis and well logging yielded the following data for a 
limestone formation: @ = 0.15, Rt = 25 ohm-m, Rw = 0.lOohm-m, 
and n = 2.75. Determine the water saturation. 

8. A shaly (clayey) sandstone interval has the following characteristics: 

Rw = 0.02 ohm-m 

Rw = 3.0 ohm-m 

Rw = 10.0 ohm-m 

m = 2.0 

a = 1.0 

I$ = 17.9 

GR = 40 API units 
GR,h = 76 API units 

G&, = 20 API units 
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Calculate Sw, using the following three methods: (a) Archie, 
(b) Simandoux, and (c) approximate shale relationship. Compare 
results. Assume the saturation exponent n is equal to 2. 

9. (a) Show that the Waxman and Smits relationship for calculating 
S, sands with dispersed clays may be written as [ 281 : 

The following parameters correspond to a shaly (clayey) sand 
interval 

Qv = 0.40 meq/ml Rt = 22 ohm-m 

R, = 6.1 ohm-m 

n* = 2.0 

$ = 0.25 

m* = 1.65 

(b) Estimate the water saturation in this interval. 
(c) Calculate the resistivity index and the formation factor. 
(d) What is the value of h? 

10. The total shale model, i.e., the Simandoux equation, may be 
rewritten as: 

Rt aRw 
Gsh Oms$ 
-- - 

(a) Derive the equation of the total shale group Gsh and prove 
mathematically that, for intervals with constant aRw and &,, 
a log-log plot of Rt/G,h vs. $ should result in a straight line with 
a slope of -m. 

(b) Develop a trial-and-error method for calculating a, m, and Rw . 
(c) Table 4C shows data obtained from a well in a shaly (clayey) 

formation. Intervals 4 and 5 are known to be 100% water satu- 
rated. Analyses of rock samples indicate the existence of both 

TABLE 4C 

Zone Rt Porosity (“A) Vsh (“h) 
1 12.0 26.5 0.12 
2 11.0 24.2 0.17 
3 12.0 25.9 0.15 
4 2.6 27.6 0.00 
5 2.5 31.0 0.00 
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laminar and dispersed clays in this formation. Calculate a, m, R,, 
and S, for Zones 1, 2, and 3, knowing Rsh = 1.7 ohm-m. 

1 1. Determine the sonic porosity of a semiconsolidated sandstone given 
that: 

t = 84 p / f t  tma = 47.5 ~ s / f t  

tf = 189 Ps/ft B,, = 1.3 

12. Given the following data and Table 4D, 

Irreducible water saturation 23.58% 
Formation water resistivity 0.0531 ohm-m 
Cementation factor 1.89 
Coefficients a, n 1.0, 2.0 
GRmax 120 
GRmin 8.0 

A. Calculate the reservoir quality index and plot it against average 
porosity. Comment on the type of shale from the slope of the 
lines. 

B. Once the shale type is determined in Problem 9, calculate vertical 
permeability for all the recognizable flow units by choosing 
proper permeability models. Use a porosity value of 15%, Vsh = 
40%, Rsh = 50 ohm-m, and Rt = 100 ohm-m for all flow units. 
Compare the results. 

NOMENCLATURE 
crosssectional area 
correlation constant 
formation volume factor 
specific conductance of clay counterions 
specific conductance of a core 
specific conductance of clay exhange cation 
specific conductance of water CEC cation exchange capacity 
equivalent conductance of CEC 
diameter 
grain diameter 
transit time 
voltage 



TABLE 4D 

In terval 
NO. 

GRI, 
API 

@NC $DC QaVg Interval GRl,, 
(“h) (“h) (“la) No. API 

Ish = V s h  $NC $DC 

(%) (%) (%) 
$avg 

(”/dl 
1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 

65 
63.5 
71.5 

100 
97 
57 
11 
8 

12 
12 
66 
70 

50.89 
49.55 
56.69 
82.14 
79.46 
43.75 
2.67 
0 
3.57 
3.57 

51.78 
55.35 

21 16.6 18.8 
16.5 12.5 14.5 
19.5 14.2 16.85 

20.5 21.75 23 
21.2 17 19.1 
13.5 12 12.75 

21.5 22.7 24 
28.5 22.2 25.35 

24.5 27.75 31 
28.5 23.6 26.05 
27.5 22.5 25 
24 20.5 22.25 

13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 

49 
60 
73 
78 
79 

103 
108 
113 

9 
8 
8 
8 

36.6 
46.42 
58.03 
62.5 
63.39 
84.82 
89.28 
93.75 
0.89 
0 
0 
0 

16.6 15.5 
24 18.5 
27.5 23.5 
29 25 
31 28.5 
26 21 
28.5 23 
30.5 28.5 
22.5 19 
22.5 19.5 
21 18 
17.5 15 

16.05 
21.25 
25.5 
27 
29.75 
23.5 
25.75 
29.5 
20.75 
21 
19.5 
16.25 
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fg 
fi m 

fshd 
Fsd 
FR 
G 
Gsh 
h 
I 
Io 
IR 
IRA 
IW 
K 
k 
L 
La 
M 
m 
n 
4 
Q" 
R 
Ro 
R* 
Rt 
Rsh 
Rshd 
RWT 
r0 
rW 
S 
Swsh 
T 
TL 
t 
tfl 
tma 
tsh 
V 

vma 
Vsh 
V 
x,y 

internal geometry factor 
fraction of total porosity occupied by a mixture of formation 
water and dispersed clay 
fraction of total porosity occupied by dispersed shale 
sand resistivity factor 
formation resistivity factor 
shear modulus 
shale group in the total shale model 
thickness 
amount of current 
amount of current in oil 
resistivity index 
radioactive or gamma-ray index 
amount of current in water 
bulk modulus 
permeability 
length 
actual length of the flow path 
weighing multiplier 
cementation factor 
saturation exponent 
flow rate 
volume concentration 
resistivity 
resistivity of porous rock 100% saturated with brine 
resistivity of brine (water) 
true resistivity 
resistivity of shale 
resistivity of dispersed shale 
water resistivity at temperature T 
resistance of oil 
resistance of water 
saturation of surface 
water saturation in shaly sand 
temperature 
laboratory temperature 
total transit time 
fluid travel time 
matrix travel time 
acoustic reading for 100% shale 
velocity 
velocity of sound in matrix 
shale volume (fraction) 
volume 
Cartesian coordinates, constants 
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SUBSCRIPTS 

a 

D 
e 
F 
fm 
g 
gr 
im 
m 
n 

C 

0 

S 

sd 
sh 
shd 
t 
W 

wo 

actual 
cross-section, corrected 
density log 
exchange, effective 
fracture 
mud filtrate zone 
gas 
g- 
intermatrix 
matrix 
neutron-log 
oil, original 
stagnation 
sand 
shale 
dispersed clays 
true 
water or solution 
flushed zone 

GREEK SYMBOLS 

viscosity 
partitioning coefficient 
density 
bulk density 
fluid density 
matrix density 
standard deviation of log2 grain-size distribution 
tortuosity 
porosity 
porosity associated with channels 
density log porosity 
effective porosity 
neutron log porosity 
sonic log porosity 
sand-bed porosity 
porosity associated with traps 
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C H A P T E R  5 

APILLARY 
RESSURE 

CAPILLARY PRESSURE 
Capillary pressure is the difference in pressure between two 

immiscible fluids across a curved interface at equilibrium. Curvature 
of the interface is the consequence of preferential wetting of the 
capillary walls by one of the phases. Figure 5.1 illustrates various wetting 
conditions. In Figure 5.la, two immiscible fluids are shown in contact 
with a capillary. The water wets the walls of the capillary, but the oil 
is non-wetting and is resting on a thin film of the wetting fluid. The 
pressure within the non-wetting fluid is greater than the pressure in 
the wetting fluid and, consequently, the interface between the fluids 
is curved convex with respect to the non-wetting fluid. The capillary 
pressure is defined as the pressure difference between the non-wetting 
and wetting phases: 

In Figure 5.lb, the two fluids wet the walls of the capillary to the same 
extent, and the pressure of each fluid is the same. Therefore, the interface 
between the immiscible fluids is straight across (-90") and the capillary 
pressure is equal to zero. If the pressure in the water is greater than in the 
oil, the curvature of the interface is directed into the oil and the capillary 
pressure is positive (Figure 5.1~). 

The radii of curvature between water and oil in the pores of the rock 
are functions of wettability, saturations of water and oil, pore geometry, 
mineralogy of the pore walls, and the saturation history of the system. 
Therefore, the radii of curvature and contact angle vary from one pore 
to another, and the average macroscopic properties of the rock sample 
apply * 

313 
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Wotor-Wit Syrtom 

O < B C 7 0  

Neutrally-Wet Syrtom 

7 0 < e < 1 1 0  

011-Wet System 

I i o < e < i ~ ~ o  

Figure 5.1. Various wetting conditions that may exist for water and oil in contact in 
a capillary, using the contact angle method. 

DERIVATION OF THE CAPILLARY PRESSURE EQUATION 

A fundamental property of liquids is the tendency to contract and 
yield the smallest possible surface area, producing a spherical form in 
small drops. The explanation for this behavior can be illustrated as 
an imbalance of molecular attractive forces at the surface of a liquid. 
Consider a liquid coexisting with a gas: Molecules in the interior are 
surrounded by others on all sides, subjecting them to uniform molecular 
attraction in all directions. On the surface, however, the molecules are 
attracted inward and on all sides, but there is no outward attraction 
to balance the inward tug on the surface molecules. This imbalance of 
forces causes the surface to contract to the smallest possible area and 
produces a surface tension (0) expressed as newtons per meter. Work 
must be done to extend the surface in opposition to the surface tension 
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by forcing molecules from the interior into the surface. This indicates 
that there is free energy associated with the surface that has the same 
dimensions as the surface tension. 

Capillary pressure is related to the curvature of the interface by the 
expression developed by Plateau and applied to porous media by Leverett 
[ 1,2] .  Consider a segment of the interfacial surface separating two fluids 
with a pressure difference across the interface, producing a curvilinear 
rectangle as illustrated in Figure 5.2. Both centers of curvature are on the 
same side, therefore R1 and R2 are both positive. 

The work done in expanding the surface, by increasing the pressure 
on the convex side, is the work against the surface tension. The lengths 
of the arcs on the sides increase from L1 to L1 + (LI/Rl)(dz) and from L2 
to L2 + (Lz/Rz)(dz). The area of the original surface (ABCD) expands to 
the surface area A’B’C’D’ where: 

AreaABCD = L1 x Lz (5 .2 )  

AreaA’B’C’D’ = [ L1 -t (2) dz] x [L2 + ($> dz] 

(5.3) 

0 

Figure 5.2. Radii of curvature of tbe interface between twoJuids. Work is done on 
the interjace to expand the surface against the interfacial tension. 
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Neglecting the small term dz2/R~R2, the increase in the area is equal to: 

A’B’C’D‘ - ABCD = LlLz x dz X - + - 
:2) 

(5.4) 

The isothermal work [(N/m) x m2 = Nm] required to expand the area 
against the surface tension is: 

Work (1) = o(L1L2 x dz) - + - (il i 2 )  
(5.5) 

The isothermal work done by the increase of pressure to advance the 
surface a distance dz is equal to: 

Work(2) = p(LlL2 x dz) (5.6) 

Equating the two work quantities and cancelling common terms yields 
the capillary pressure as a function of interfacial tension and the radii of 
curvature [ 2 ] :  

Pc = CT ($ + &) (5.7) 

When a porous medium is considered, R2 in Equation 5.7 may 
be negative; therefore, the more general equation for the capillary 
pressure is: 

Pc = o (& * &) (5.8) 

If the radii of curvature are equal (in a capillary tube, for example), 
Equation 5.8 reduces to: 

20 
pc = -K (5.9) 

The special case of the Plateau equation (Equation 5.9) may be used 
to derive a relation from the interfacial geometry of a wetting fluid in a 
capillary. Figure 5.3 is an exaggerated view of a capillary tube containing 
water as the wetting phase in contact with a non-wetting fluid (gas or 
oil). The radius of the spherical interface is larger than the radius of the 
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Figure 5.4. Three-phase water-wet system at equilibrium showing the radii of 
interfacial curvature. 

fluid saturation, and surface tension. The angle of contact (e) between 
the liquid interface and the solid, measured through the denser phase, 
is a function of the relative wetting characteristics of the two fluids 
with respect to the solid. Figure 5.4 illustrates the typical shapes of the 
interface and contact angle when the preferential wetting phase located 
between the solid grains is at a low saturation. When the radii of curvature 
have their centers of rotation on the same side of the interface they are 
positive, but when the radii are on opposite sides, as shown in Figure 5.4, 
R1 is positive and R2 is negative [3, 41. The radius of curvature on the 
side of the interface occupied by the preferential wetting fluid is given a 
negative sign [ 5 -81. 

CAPILLARY RISE 

When a capillary tube is inserted below the interface of a two-phase 
system, the meniscus of the immiscible fluids in the capillary will be 
either: 

(1) concave with respect to the denser phase, which will rise above the 

(2) straight across the capillary and level with the bulk fluids interface; or 
(3) convex with respect to the denser phase and below the bulk fluids 

interface between the two liquids outside the capillary; 

interface as illustrated in Figure 5.5. 
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The shape and height of the meniscus depends on the relative 
magnitudes of the molecular cohesive forces and the molecular adhesive 
forces between the liquids and the walls of the capillary. The more dense 
liquid wets the solid preferentially when the contact angle is less than 
90" (Figure 5.5a). When the contact angle is O", the molecular forces 
are balanced and the two fluids wet the walls equally pigure 5.5b). 
When the contact angle is greater than 90", the denser fluid wets 
the walls of the capillary to a lesser extent than does the fighter fluid 
(Figure 5 . 5 ~ ) .  

The denser fluid will rise in the capillary until the weight of the column 
of fluid balances the pressure difference across the meniscus. Consider 
the surface of the meniscus in a circular tube of radius r, as a segment of 
a sphere with radius r,, Figure 5.3. Then cos 9 = rc/rs, and substitution 
into Equation 5.9 yields Equation 5.1 1. 

The downward force 0, expressed in dynes (one dyne is 1.01 97 16 x 
10-3g x cm/s2) due to gravity, exerted by the cylindrical column 
(Figure 5.5a) is: 

2 Force down (W - B) = (pw - po)gchnr, (5.12) 

where: pw = density of water in g/cm3, 
po = density of oil in g/cm3, and 
g, = gravitational acceleration = 981 cm/s2. 
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This downward force is opposed by the force due to the capillary 
pressure: 

20 COS e 
Forceup, FZ = 

Equating the two forces yields Equation 5.14: 

2 0  cos e 
rC 

Pc = Gpg,h = 

where Pc is expressed in dyne/cm2 = mN/m2 = Pa( lo-'). 

(5.13) 

(5.14) 

CAPILLARY PRESSURE J-FUNCTION 

Leverett proposed the J-function of a specific reservoir which 
describes the heterogeneous rock characteristics, more adequately by 
combining porosity and permeability in a parameter for correlation [2]. 
The J-function accounts for changes of permeability, porosity, and 
wettability of the reservoir as long as the general pore geometry remains 
constant. Therefore, different types of rocks exhibit different J-function 
correlations. All of the capillary pressure data from a specific formation 
usually can be reduced to a single J-function versus the saturation curve. 
This is illustrated in Figure 5.6, where Rose and Bruce prepared J-function 
correlations for six formations and compared them to data obtained 
from an alundum core and Leverett's correlation for an unconsolidated 
sand [91. 

The J-function can be derived by dimensional analysis or by substitution 
of the capillary pressure equation into the Carman-Kozeny equation [ 101. 
Permeability has the dimension L2 and porosity is dimensionless; 
therefore, (k/+)'j2 may be substituted for the radius in the capillary 
pressure equation (Equation 5.1 1) and rearranged as follows: 

P -  

or 

o COS e 
- (k/$)'I2 

(5.15) 

Alternatively, it may be derived from the Carman-Kozeny equation: 

(5.16) 
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F i g w e  5.6. Typical behavior of dimensionless Jrfunction versus saturation for cores 
from sandstone. 

where: Kz = Kozeny constant. 
L = length of the porous medium, cm. 
Le = length of fluid path through the porous medium, cm. 
p = pressure, g/cm2. 
f~ = mean hydraulic radius, cm. 
u = velocity, cm/s. 

p =viscosity, = g/cm x s = Pa. s. 
dyne x s 

cm2 

Rearranging: 

(5.17) 

where: A, = area of the rock surface. 
d = mean pore diameter. 

The mean hydraulic radius (rH) is defined as the surface area divided by 
the porosity per cubic centimeter of sample. Substituting @/As for r H ,  
Darcy’s equation for the fluid velocity, and rearranging: 

44) 
ml 

(5.18) 
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where k is the absolute permeability of the porous medium. Substituting 
the capillary pressure equation for the average pore diameter and 
rearranging: 

or: 

(5.19) 

Although Equation 5.28 was derived from the physics of fluid equilibria 
in a straight vertical tube, it is applied for general analyses of capillary 
phenomena in porous media as indicated by applications using the 
J-function. Hence, the capillary pressure evaluations of porous media 
do not include the effects of tortuosity and alternating constrictions of 
the pores. 

EXAMPLE 

The fluids in a straight tube have an interfacial tension equal to 
32 mN/m and exhibit a contact angle of 80' and capillary pressure of 
5.5 kPa. What is the radius of the tube? 

SOLUTION 

2 0 ~ 0 ~ 8  2 x 32 x x 0.174N/m - r, = - 
PC 5.5 x 103N/m2 

= 2.02 x 10- m = 2.0pm 6 

SEMIPERMEABLE DISK MEASUREMENT OF 
CAPILLARY PRESSURE 

The derivation of capillary pressure equations thus far has been based 
on a single uniform capillary tube. Porous geologic materials, however, 
are composed of interconnected pores of various sizes. In addition, the 
wettability of the pore surfaces varies from point to point within the rock 
due to the variation in the mixture of minerals in contact with the fluids. 
This leads to variation of the capillary pressure as a function of fluid 
saturation and an overall mean description of the rock wettability. 
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Hydrocarbon reservoirs were initially saturated with water, which 
was displaced by migrating hydrocarbons. The water accumulated in 
the geologic structure and formed a trap for the oil, thus producing a 
petroleum reservoir. This process can be repeated in the laboratory by 
displacing water from a core with a gas or oil. The pressure required 
for the equilibrium displacement of the wetting phase (water) with the 
non-wetting gas or oil is the water drainage capillary pressure, which is 
recorded as a function of the water saturation. 

A core is saturated with water containing salts (NaCl, CaC12, or KCl) 
to stabilize the clay minerals, which tend to swell and dislodge when in 
contact with freshwater. The saturated core is then placed on a porous 
disk, which also is saturated with water (Figure 5.7). The porous disk 
has finer pores than does the rock sample. (The permeability of the disk 
should be at least 10 times lower than the permeability of the core.) 
The pore sizes of the porous disk should be small enough to prevent 
penetration of the displacing fluid until the water saturation in the core 
has reached its irreducible value. 

Figure 5.7. Porous disk method for measurement of capillary pressure using a 
manometer f4]. 
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Figure 5.8. Porous disk method for measurement of capillary pressure using a 
pressure transducer [331. 

The pressure of the displacing fluid is increased in small increments 
(Figure 5.8). After each increase of pressure, the amount of water 
displaced is monitored until it reaches static equilibrium. The capillary 
pressure is plotted as a function of water saturation as shown in 
Figures 5.9 and 5.10. If the pore surfaces are preferentially wet by water, 
a finite pressure (the threshold pressure, Pet) will be required before 
any of the water is displaced from the core (Figure 5.9). If the core is 
preferentially oil wet, and oil is the displacing fluid, oil will imbibe into 
the core, displacing water at zero capillary pressure (Figure 5.10). 

The displacement may be reversed by placing the core on another 
porous disk, which is saturated with oil, and the core is covered with 
water. If the core is preferentially wet by water, water will imbibe into the 
core and displace the oil toward residual oil saturation (Sor = 1 - Swor), 
following a path such as curve 2 in Figure 5.9. If the core is preferentially 
wet by oil, a path similar to curve 2 in Figure 5.10 will be followed. 

MEASUREMENT OF CAPILLARY PRESSURE BY 
ERCURY INJECTION 

CapilIary pressure curves for rocks have been determined by mercury 
injection and withdrawal because the method is simple to conduct 
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Figure 5.9. Typical method for plotting capillary pressure versus saturation for u 
water-wet system. Note the threshold pressure. 
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Figure 5.10. Typical method for plotting oil-wet capillary pressure curves. Note the 
imbibition of oil at zero capillary pressure. Capilla y pressure is plotted versus the 
water saturation in most cases; however, it & frequently plotted against the wetting 
phase saturation, which is oil in this case. 

and rapid. The data can be used to determine the pore size distribution, 
to study the behavior of capillary pressure curves, and to infer 
characteristics of pore geometry. In addition, O’Meara et al. showed that 
mercury injection capillary pressure data of water-oil systems (normalized 
using Leverett’s J-function) are in good agreement with the strongly 
water-wet capillary pressure curves obtained by other methods [ 111. 
Water-oil-rock systems, however, exhibit wide variations of wettability 
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that play a decisive role in the behavior of the capillary pressure curves. 
Therefore, when mercury injection data are normalized to represent 
water-oil systems, the state of wettability must be considered. 

The mercury injection method has two disadvantages: 

(1) after mercury is injected into a core, it cannot be used for any other 

(2) mercury vapor is toxic, so strict safety precautions must be followed 
tests because the mercury cannot be safely removed, and 

when using mercury. 

To conduct a test, a core is cleaned, dried, and the pore volume 
and permeability are determined. If liquids are used in the core, it is 
dried once more before the capillary pressure is determined. The core 
is placed in the sample chamber of the mercury injection equipment 
(Figure 5.11). The sample chamber is evacuated, and incremental 
quantities of mercury are injected while the pressure required for 
injection of each increment is recorded. The incremental pore volumes 
of mercury injected are plotted as a function of the injection pressure 
to obtain the injection capillary pressure curve (Figure 5.12, curve 1). 
When the volume of mercury injected reaches a limit with respect to 
pressure increase (S-), a mercury withdrawal capillary pressure curve 
can be obtained by decreasing the pressure in increments and recording 
the volume of mercury withdrawn (Figure 5.12, curve 2). A limit will 
be approached where mercury ceases to be withdrawn as the pressure 
approaches zero (Swmh>. A third capillary pressure curve is obtained if 

0-200 PSI 
PRESSURE 

GAUQE 
0-2000 PSI 
PRESSURE WAGE 

REGULATING VALVE 

LUCITE WINDOW 

LUClTE WINDOW 

Figure 5.11. Equdpment for mercury Injection Capillary pressure measurement. 
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Figure 5.12. Merculy-gas capillarypressure curves showing the initial injection cuwe 
with its threshold pressure and tbe hysteresis loop. Note that v e v  high pressures are 
required for mercury injection. 

mercury is re-injected by increasing the pressure incrementally from zero 
to the maximum pressure at S i m a  (Figure 5.12, curve 3). 

The closed loop of the withdrawal and re-injection curves (2 and 
3, Figure 5.12) is the characteristic capillary pressure hysteresis loop. 
Mercury is a non-wetting fluid therefore, the hysteresis loop exhibits a 
positive pressure for all saturations-that is, the hysteresis loop is above 
the zero pressure line [ 121. 

In order to transpose mercury injection data to represent water41 or 
water-air capillary pressure curves, the mercury capillary pressure data 
are normalized using Leverett's J-function: 

where: 0~~ = 480 N( 10-3)/m 
0 = 140" 
k = darcies 

(5.20) 

- Pcw-a PcHg - pcw-0 
x COS (0") x COS (0") = ( 0 ~ ~  x COS (140") 

(5.21) 
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Figure 5.13. Oil-water primaly drainage us. mercury, normalized with k/@. 

Capillary pressure transposed from mercury data to represent water- 
wet, water-oil, or water-air systems (pcWW or p,+) can be obtained from 
Equation 5.21. O’Meara et al. showed the close correspondence that can 
be obtained between J-function-normalized mercury capillary pressure 
curves and curves obtained for water-oil systems using a centrifuge 
(Figure 5.13) [ 1 11. The core samples described in Figure 5.13 are cleaned 
sandstone cores taken from a one-foot interval. 

Inasmuch as it is accepted practice to consider the contact angle for 
an air-water system to be equal to zero, one can use this to obtain a 
relationship between the contact angle and the saturation of water-oil 
systems as follows: 

Daw 

(5.22) 

(5.23) 

(5.24) 

An airdisplacing water capillary pressure curve is obtained using 
Equation 5.22, whereas an oildisplacing water capillary pressure curve 
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is obtained using Equation 5.23. The ratio of the capillary pressures at 
each saturation from S, = 1.0 to S, = Si, is obtained, and the contact 
angle for a water-oil system in a porous medium can then be plotted as 
a function of the wetting phase saturation. Implicit in Equation 5.24 is 
the assumption that the pore size is the same for a given wetting phase 
saturation of the two fluids [ 13, 141, 

EXAMPLE 

The following mercury injection capillary pressure data were obtained 
from a sandstone core with k = 26 mD and 4, = 12%. Compute the corre- 
sponding water41 capillary pressures for a strongly water-wet system if 
the water-oil interfacial tension is 36 mN/m. 

Mercury-Air 
S(Hg) S(air) P, (Hg-air) 
0.05 0.95 4.1 
0.40 0.60 8.3 
0.50 0.50 34.5 
0.55 0.45 82.7 
0.60 0.40 144.8 
0.65 0.35 220.6 

SOLUTION 

= (36 x 1.0) x 
(480 x 0.766) 

= 1.44 x P,(Hg) 

Water-Oil 
$(oil) S(water) P,(water-oil) 

~~~ ~ 

0.05 0.95 5.9 
0.40 0.60 12.0 
0.50 0.50 49.7 
0.55 0.45 119.2 
0.60 0.40 208.7 
0.65 0.35 318.0 
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CENTRIFUGE MEASUREMENT OF CAPILLARY PRESSURE 

LABORATORY PROCEDURE 

The centrifuge procedure that is in general use now was introduced 
by Slobod et al. in 1951 [15]. The core is placed in a cup containing 
an extended calibrated small-diameter tube where fluids displaced from 
the core by centrifugal force are collected (Figures 5.14 and 5.15). A 
step-by-step procedure was presented by Donaldson et al. [ 161. 

1. A weighed and measured core is saturated with brine under vacuum 
and then re-weighed to determine the weight of brine saturating 
the core (wb).  The volume of brine in the saturated core (Vw) is 
then determined by dividing the weight of the brine by its density, 
and the porosity is determined by dividing the volume of water in 
the saturated core by the bulk volume of the core (vb): Vw = Wb/& 

2. The core is placed in the core holder, which is then filled with oil to 
cover the core. The core holder is placed in the centrifuge shield and 
then attached to the centrifuge arm. 

$ = vw/vb. 

Figure 5.14. Positlorn of core and core bolder in a centrifige for measurement of 
oikiisplaeingwater capiUaty pressure curves f 1 GI. 
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Figure 5.15. Positions of core and core-bolder in a centrifuge for measurement of 
watw-displacing-oil capillary pressure curves [ I  61. 

3. 

4. 

When the rotor is filled with core holders containing cores placed 
on opposite sides, the centrifuge cover is locked, and the rotational 
speed (revolutions per minute) is increased in increments. At each 
incremental speed, the amount of fluid displaced is measured at 
successive intervals until fluid displacement stops. This process is 
continued until no more fluid is displaced when the rotational velocity 
is increased. This point is considered to represent a stabilized volume 
of displaced water and, thus, the irreducible fluid saturation of the 
core which is calculated from the amount of water displaced by the 
oil. The capillary pressure associated with the displacement of water 
by oil (curve 1, Figure 5.16) is calculated from the centrifugal force as 
described in the next step. 
The core containing oil and water at the irreducible saturation 
is removed from the coreholder and placed in another, similar 
coreholder and is filled with water until the core is completely 
submerged in the brine. This procedure should be carried out as 
quickly as possible to avoid loss of fluid by evaporation during 
the period of transfer. The coreholders are then assembled on the 
centrifuge rotor with the graduated end pointing to the center of 
the centrifuge for collection of oil, which will be displaced by water 
(Figure 5.15). The cores are once more centrifuged at incremental 
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Figure 5.16. Capillarypressure curves from centrifugal data. Curves 2 and 4 show 
the estimated path because these cannot ordinarily be determined by centrifuge. 

rotational velocities until oil can no longer be displaced from the core. 
This is the point of water saturation corresponding to the residua1 oil 
saturation of the core (Swor = 1.0 - S,,). The incremental rotational 
velocities and displaced oil are used to calculate the negative capillary 
pressure curve 3 (Figure 5.16). 

5 .  The core, which is now at a saturation equal to Swor, is placed in 
another core holder under oil and the displacement from to Si, 
is conducted as described for the first displacement of water by oil. 
The curve obtained from this run is curve 5 (Figure 5.16). Curves 2 
and 4 cannot be obtained with currently available equipment using 
the centrifuge method. 

The centrifugal force affecting the core varies along the length of the 
core. Thus, the capillary pressure and the water saturation vary along 
the entire length of the core (Figure 5.17). The capillary pressure at any 
position in the core is equal to the difference in hydrostatic pressure 
between the two phases (developed by the centrifugal force). The water 
saturation measured at each incremental rotational speed is the average 
saturation of the core at the time of measurement. 
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Figure 5.17. Centrifugal determination of capilla y pressure showing the variation 
ofpressure and water saturation as a function of length of the core. 

CALCULATION OF CENTRIFUGE CAPILLARY PRESSURE DATA 

Slobod and Blum and Slobod et al. developed a method for computing 
the capillary pressure at the top of the core [14, 151. The equation for 
capillary pressure in a centrifugal force field is derived beginning with 
Equation 5.9, which was obtained for capillary rise in a straight tube. The 
centrifugal acceleration, a, is: 

a = -  ve' 
r 
2rN 

ve = - 
60 

(5 .25)  

(5.26) 

where Ve is the rotational velocity, c d s .  Dividing a by gc to obtain the 
ratio of centrifugal acceleration to the gravitational acceleration, then 
substituting a/& for gc in Equation 5.14: 

a - 4n2rN2 - - 
gc 981 x 3600 
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P, = phgc = ph - = 1.1179 x 10-5ApN2hr (3 (5.28) 

where P, is expressed in gf/cm2. Equation 5.28 yields the capillary 
pressure in gf/cm2 at any height, h, in the core rotating at N revolutions 
per minute with a radius of rotation, r. Integrating across the total height 
of the core (from the inner radius, r1, of the core to the outer radius, re) 
in order to take into account the variation of the centrifugal field within 
the core with respect to distance: 

(Pc)i = (P& + 1.1179 x 10-5ApN2[(r," - rf)/2] (5.29) 

As expressed in Equation 5.29, a capillary pressure gradient exists 
within the core; a saturation gradient also exists within the core, and 
the only measured quantities are the revolutions per minute, N, and 
the average saturation of the core, 3,. Most centrifuge data reported 
in the literature adopt the boundary condition, assumed by Hassler and 
Brunner, i.e., that the end face of the core remains 100% saturated with 
the wetting phase at all centrifugal speeds of the test [ 171. Therefore, the 
capillary pressure at the end face, (P,)D, is equal to zero during the entire 
range of centrifuge speeds used. As long as there exists a continuous film 
on the surface of the rubber pad holding the core at the bottom, which is 
the most prevalent assumption, the condition of zero capillary pressure 
at the end face is correct. 

Equation 5.29 is modified in practice to introduce the core length, 
L, because the lengths of cores used in the centrifuge vary slightly. In 
addition, the pressure is expressed in kPa rather than grams-force/cm2. 
These changes yield the final equation, which is used to obtain the 
capillary pressure (in kPa) at the inlet end, ri, of the core: 

(Pc)i = (1.096 x 10-')ApN2(r, - L/2)L (5.30) 

LIMITING CENTRIFUGE SPEED 

Melrose examined the Hassler-Brunner end-face boundary condition 
and concluded that the zero capillary pressure assumption is valid for the 
maximum centrifuge speeds used in practice [17-191. This conclusion 
is reached by considering the mechanism of the wetting phase (water) 
displacement by the non-wetting phase (air or oil), commonly referred 
to as the drainage capillary pressure. 

If the centrifuge speed reaches a sufficiently high value, the non- 
wetting phase will finger (or cavitate) through the largest pores to break 
through at the end face of the core. The capillary pressure at the end-face 
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boundary will no longer be equal to zero if the non-wetting fluid breaks 
through. The non-wetting fluid will reach the end face when the capillary 
pressure at this point exceeds the displacement pressure required by the 
largest pore channel. This condition can be expressed in terms of the 
basic capillary pressure equations. 

On considering a distance, r = re - R,, where R, is the radius of the 
largest grain determining the sizes of pore openings at the end face of 
the core, the capillary pressure in the core at this point must be equal 
to the displacement pressure, ( P c ) ~ ,  of the wetting fluid; thus from 
Equation 5.29: 

(P,)D = CApN2[r: - (re - Rg)2] (5.31) 

at the top face of the core: 

(P& = CApN2(r2 - r;) (5.32) 

dividing Equation 5.32 by 5.31 and neglecting the small term q: 

(5.33) 

breakthrough of the non-wetting phase will occur when (Pc)i > ( P c ) ~  
which establishes the critical breakthrough capillary pressure: (PC)iy-t. 
In order to evaluate Equation 5.33 quantitatively, R, and ( P c ) ~  must be 
expressed in terms that can be measured or estimated. ( P c ) ~  can be 
expressed in terms of the capillary pressure equation (Equation 5.1 1) 
replacing cos 8 with Equation 5.10, where H = re/ri, and introducing 
the grain radius, Rg, in place of the mean pore radius: 

(5.34) 

Melrose estimated that H assumes values between 4 and 6, which 
can occur when the fluid-fluid interface is entering the constriction of a 
cone-shaped capillary between two grains of equal size [ 181. 

The Leverett J-function can be expressed as follows [2]: 

(5.35) 
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substituting Equation 5.34 into Equation 5.35 and rearranging: 

Then, substituting Equation 5.36 into Equation 5.33 yields the critical 
capillary pressure for breakthrough in terms that can be evaluated: 

(5.37) 

Melrose used estimates of the terms in Equation 5.37 to examine 
the range of critical capillary pressure with respect to the permeability 
of the rock. Using J = 0.22, H = 5.55, o = 25, and $ = 0.25, he used 
Equation 5.37 to compute the values of (Pc)i-crit as a function of k as 
shown in Figure 5.18. For a 100 mD sample, the critical pressure exceeds 
the limitations of capillary pressure attainable with the Beckman core 
analysis centrifuge. Even at 1,000 mD, the critical pressure is 552 kPa 
(80 psi), which is still higher than capillary pressures expected for all but 
the most unusual reservoirs. Except for very unusual cases, therefore, 
the Hassler-Brunner boundary condition of zero capillary pressure at the 
outflow face of the core will be sustained. 

APPROXIMATE CALCULATION OF THE INLET SATURATION 

The capillary pressure calculated using Equation 5.30 is the capillary 
pressure at the inlet end of the core; however, the saturation, measured 
from the amount of fluid displaced, is equal to the average saturation. In 
order to use the centrifugederived capillary pressure, it must be related 
to the saturation at the inlet. 

The length of the core can be considered negligible with respect to the 
radius of rotation of the centrifuge; in other words, the distance to the 
top of the core is equal to the distance to the bottom of the core (q = re). 
Using this approximation, a method for calculating the inlet saturation 
can be derived directly from the mathematical definition of the average 
saturation, 3. Hassler and Brunner stated that if the ratio ri/re is greater 
than 0.7, the error introduced by this assumption is negligible [17]. This 
ratio is 0.88 for the Beckman L5-50P Rock Core Ultracentrifuge and is 
even greater for the modified International centrifuge used by Donaldson 
et al. [16]. 

By definition, the average saturation in the core, 3, is: 

3 = 1 / S x dl 
L (5.38) 
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Figure 5.18. Estimated relationship between the critical breakthrough capillav 
pressure and permeability for the Beckman PIR-20 and RIR-I 65 rotors for an air-oil 
system with 25% porosity. 

- 1  
S = - 1 S x d(pgL) 

PgL 

The total pressure across the core is: 

pc = PgcL 

(5.39) 

(5.40) 

Using the assumption that ri = re, Equation 5.39 becomes synonymous 
to the inlet pressure of the core, where (Pc)i = p&L; therefore: 

differentiating and rearranging, 

d[S x (P,)i] = S x d(P,) 

dS 
W c ) i  

Si = d[d(P,) x S x (P,)i] = S x (Pc)i x - 

(5.41) 

(5.42) 

(5.43) 

To calculate the inlet saturation as a function of the inlet capillary 
pressure, the derivative of the average saturation with respect to 
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the inlet capillary pressure, dS/d(P,) must be evaluated from the 
experimental data. This presents a difficult problem because the data 
have inherent errors that produce large errors in the derivatives. The 
various approaches for the analyses of centrifuge capillary pressure 
measurements differ in the way that the derivative is evaluated. 

Donaldson et al. found that a least-square solution of a hyperbolic 
function represented all capillary pressure curves from the literature 
that were examined, as well as curves obtained from samples that were 
treated to establish extremes of water-wet and oil-wet conditions [20]. 
Using the experimental data, the constants A, B, and C are evaluated and 
then the derivative required by Equation 5.43 is evaluated: 

Differentiating Equation 5.44: 

B+AC 
d(Pc)i = [ ] x dS 

(1 + CS)2 

Substituting into Equation 5.43: 

(1 + csy [ B - A C  ] Si = S + (Pc)i x 

(5.44) 

(5.45) 

(5.46) 

Using this method, the noise of experimental errors is removed by 
the least-squares fit of the experimental data using Equation 5.44. Thus, 
the saturation at the inlet face of the core, subject to the Hassler and 
Brunner assumption, may be readily calculated from Equation 5.46. This 
saturation corresponds to the capillary pressure at the inlet face of the 
core, calculated using Equation 5.31. The details of this procedure are 
presented in the example on page 327. 

THEORETICALLY EXACT CALCULATION OF THE INLET SATURATION 

Several attempts have been made to obtain an exact method for 
calculating the inlet-face saturation. Hassler and Brunner proposed a 
procedure that involves successive iterations to solve the basic equation 
without making the simplifying assumptions, but these iterations 
introduce approximations [ 171. Van Domselaar showed the derivation 
of the basic equation beginning with Equation 5.38 and replaced the 
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length with the radial distances between the inlet and end of the 
core [21]. 

(5.47) 

which is the average saturation, 5, between r and re. 
The corresponding capillary pressure is: 

(P,) = 0.5ApN2(rz - r2) (5.48) 

Solving for r: 

(5.49) 2 2 -1 112 r = re[l - Pc(0.5ApN re) I 

Differentiating Equation 5.48 with respect to r and solving for dr: 

dr = -(ApN2r)-'dPc (5.50) 

Substituting Equations 5.49 and 5.50 into Equation 5.47 and recognizing 
that the following conditions exist: 

(P,) = 0.5ApN2(r: - rf) 

P, = Oatr = re 

Pc = (Pc)i at r = ri 

algebraic reduction yields: 

-112 

5 = * 1 (SdP,) [ 1 - (&) (1 - It2)] 
2Pc)i 

(5.51) 

This basic equation (Equation 5.5 1) gives the exact relationship 
between the average saturation, 5, the saturation at any point in the 
core, S, and the inlet capillary pressure, (Pc)i. The inlet face saturation, 
Si, corresponding to (Pc)i is obtained by solving Equation 5.51. Van 
Domselaar [21] attempted to derive a general solution for Equation 5.51, 
but, as shown by Rajan, it also involved an approximation [22]. 

Rajan developed a general solution for Equation 5.5 1 without using the 
Hassler and Brunner simplifying assumptions [22 ] .  Calculation of Si using 
Raja's expression, however, also requires evaluation of the derivative, 
dS/d(P,)i, which can be obtained from the least-squares fit of the data 
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using the hyperbolic expression (Equation 5.44). Refer to Rajan’s paper 
for the details of the derivation [22]. The general solution is: 

where: 

(5.52) 

(5.53) 

Rajan used an analytic expression to obtain theoretical pseudo-capillary 
pressure data that were used to compare the various solutions 
(Figure 5.19). Curve 2 describes the Pc vs. S data from the analytic 
expression (shown on the illustration). The pXudo-(P,)i vesus Si data 
obtained from Equation 5.52 is illustrated by Curve 3,  which exactly 
matches the pseudo-experimental data from the analytic expression. 
Curve 1 shows the results obtained using the Hassler and Brunner 
approximation (Equation 5.43), which gives calculated capillary pressure 

10- 

ip- 
d 
[r 

fi w 

5 4- 
B 

d 
2 
0 2- 

S = 0.25 + 1.5/Pc 

0 .  
0 0.2 0.4 0.6 0.8 

SATURATION (S) 

--. HASSLER - ANANllc 8 WAN --.-. W M S W  I 
Figure 5.19.Agreement between various methods for calculation of the inlet 
saturation versus capillarypressure CS = 1.0 for Pc < 2; S= 0.25 + 1.5/Pc for Pc >2). 
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data that have an increasing negative error as the wetting-phase saturation 
decreases. Curve 4 shows the results of the Van Domselaar’s equation that 
is apparently more accurate than the Hassler and Brunner approximate 
solution at the higher wetting-phase saturations. But as the wetting-phase 
saturation decreases, it introduces an increasing positive error in the 
calculated capillary pressure. It is apparent that the accurate calculation 
of (Pc)i versus Si can be obtained using Rajan’s equation, which is 
theoretically exact because it correctly models the physics of the problem 
and does not contain simplifying assumptions. 

The recommended procedure is to: 

(1) fit the experimental (Pc)i versus S data to the least-squares hyperbolic 

(2) evaluate the derivatives at specific values of S and their corresponding 

(3) obtain Si corresponding to each (PJi, from a computer solution of 
Equation 5.52; and 

(4) establish a table of values of (Pc)i versus Si to plot the capillary 
pressure curves and to evaluate wettability and the thermodynamic 
energy required for immiscible fluid displacements. 

expression; 

(Pc)i; 

EXAMPLE 

Prepare the capillary pressure versus inlet saturation curve based on the 
centrifuge displacement of water by air. Data: L = 2.0 cm; d = 2.53 cm; 
Vp = 1.73cm3; k = 144mD; centrifuge arm - = 8.6cm; water-air 
density difference = 0.9988; porosity = 0.17. The experimental data for 
an air-displacing-water capillary pressure experiment and the calculated 
capillary pressure (in psi) obtained from Equation 5.31 are presented in 
Table 5 .  la. 

SOLUTION 

Table 5 .  l b  presents the least-squares regression procedure for 
calculation of Pc as a function of S, whereas Figure 5.20 shows a 
comparison of the raw data versus the smoothed data obtained from 
the hyperbolic function. 

The hyperbolic function (A + B x S)/(l.O + C x S) was then used to 
obtain the inlet saturation using the Hassler-Brunner method. The data 
presented in Table 5.lc and Figure 5.20 shows a comparison between 
the average and the inlet saturation. 
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TABLE 5.1A 
CALCULATION OF CAPILLARY PRESSURE FOR AIR DISPLACING WATER FROM A 

BEREA SANDSTONE CORE 
S(ave) 

~~ 

1,300 
1,410 
1,550 
1,700 
1,840 
2,010 
2,200 
2,500 
2,740 
3,120 
3,810 
4,510 
5,690 

~~ 

0.30 
0.40 
0.50 
0.60 
0.70 
0.75 
0.80 
0.90 
1 .oo 
1.05 
1.10 
1.20 
1.25 

~~ 

0.827 
0.769 
0.71 1 
0.653 
0.595 
0.566 
0.538 
0.480 
0.422 
0.393 
0.364 
0.306 
0.277 

~ 

4.135 
4.865 
5.879 
7.071 
8.284 
9.885 

11.843 
15.293 
18.370 
23.818 
35.518 
49.769 
79.219 

Units of pounds per square inch (psi) were used to determine the three 
constants (A, B, and C )  for Equation 5.44 by the least-squares regression 
analysis of the experimental data in order to avoid very large numbers 
that would result from the use of kPa in these calculations. 

The values of the constants for Pc(hy) versus S are: A = -25.5296, B = 
17.6118, and C = -4.5064. The regression analysis was used once more 
to obtain the constants for Pc(hy) versus Si, which differ only with respect 
to the first constant (A); the second set of constants is: A2 = -24.5296, 
B2 = 17.6118, and C2 = -4.5064. 

PORE SIZE DISTRIBUTION 
An approximate pore size distribution of rocks can be obtained from 

capillary pressure curves if one of the fluid phases is non-wetting. If one 
phase is non-wetting, cos 8 in Equation 5.11 is assumed to be equal to 
1.0 at all saturations. The capillary pressure is then a function of only the 
interfacial tension and the radius of the pore. Equation 5.1 1 is based on 
uniform capillary tubes; however, a rock is composed of interconnected 
capillaries with varying pore throat sizes and pore volumes. The capillary 
pressure required to invade a given pore is a function of the size of pore 
throat. Although determination of the pore throat size distribution of 
rocks based on capillary pressure curves is only an approximation, the 
distribution is an important parameter for analysis of many fluid transport 
properties of porous media [23]. 
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TABLE 5.1 B 
LEAST SQUARES CALCULATION OF Pc(Y) AS A FUNCTION OF S(AVE) (x). THE EQUATION 

IS: Y = (A + B-X)/ ( l  + C * X )  

N = 13 
X Y x x Y XA2 YA2 XXYA2 XA2XY XA2 xYA2 

0.827 4.135 3.418 0.683 17.099 14.134 2.825 11.683 
0.769 4.865 3.740 0.591 23.664 18.192 2.875 13.986 
0.711 5.879 4.180 0.505 34.557 24.569 2.972 17.468 
0.653 7.071 4.619 0.427 50.004 32.661 3.017 21.334 
0.595 8.284 4.932 0.354 68.624 40.857 2.936 24.325 
0.566 9.885 5.600 0.321 97.722 55.357 3.172 31.358 
0.538 11.843 6.366 0.289 140.248 75.394 3.422 40.530 
0.480 15.293 7.337 0.230 233.866 112.202 3.520 53.831 
0.422 18.370 7.751 0.178 337.450 142.392 3.271 60.085 
0.393 23.818 9.362 0.154 567.316 222.991 3.680 87.650 
0.364 35.518 12.934 0.133 1261.557 459.411 4.710 167.300 
0.306 49.769 15.247 0.094 2476.926 758.827 4.671 232.473 
0.277 79.219 21.980 0.007 6275.611 1741.210 6.098 483.110 

NUM(1) = sum(X"2) x [sum(X x Y) x sums x Y"2) - sumY x sum(X"2 x YA2)] + sum(X x 
Y) x   sum^ x sum(X"2 x Y x 2) - sum@ x Y) x s u m ( ~ " 2  x Y)] + sum(~"2  x Y) x [sumy x 
sum(~"2  x Y) -  sum^ x sum(X x ~ " 2 ) ]  

NUM(2) = N x [sum(X"2 x Y) x sum(X x Y"2) - sum(X x Y) x sum(X"2 x YA2)] + sumX x 
  sum^ x s u m ( ~ " 2  x ~ " 2 )  -sum@ x Y) x sum@ x Y"')] + sum(X x Y) x [sum(X x Y )  x sum(X x 
Y) - sumY x sum(X"2 x Y)] 

NUM(3) = N x [sum(X"2) x sum(X x Y"2) - sum(X x Y) x sum(X"2 x Y)] + sumX x [sumY x 
s u m ( ~ " 2  X Y ) - S U ~ X  x sum@ x ~"2 ) ]+sum(x  x Y) x [ s u d  x sum(X x Y)-sumY x sum(~"2)] 
DENOM= Nx[sum(XA2xY)xsum(X"2xY)-sum(XA2)xsum(XA2xYA2)]+sumXx[sumXx 
s u m ( ~ " 2  X Y " ~ ) ]  -sum[(X XY) xsum(x"2 x ~ ) ] + [ s u m ( ~  XY) xsum(X"2)-sumXxsum(~"2 XY)] 
A NUM(l)/DENOM = -25.5296 
B = NUM(Z)/DENOM = 17.6118 
C = NUM(3)DENOM = -4.5064 

Ritter and Drake developed the theory for the penetration of a 
non-wetting phase into a porous medium [24 ] .  Burdine et al. applied it 
to reservoir rocks using mercury-injection capillary pressure curves [25]. 
The surface average area distribution of the pore, D(fi), by definition, is: 

D(~)dr = dv, = Vpd& (5.54) 

Differentiating Equation 5.54 and rearranging to obtain dr: 

dr = (2) dPc (5.55) 
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TABLE 5.1C 
CALCULATION OF THE INLET SATURATION, Si, USING THE HASSER-BRUNNER METHOD. 

{Si = S(AVE) + Pc(HY) x (DsAvEIDP~)) and 
{DSAVEIDP, = - (1 + c X S A V E ) ~ ~ / ( B  - A X c)} 

dS/dP P x dS/dP Si 
1 .om 
0.950 
0.900 
0.850 
0.800 
0.750 
0.700 
0.650 
0.600 
0.550 
0.500 
0.450 
0.400 
0.350 
0.300 
0.278 

2.258 
2.682 
3.167 
3.731 
4.391 
5.177 
6.127 
7.300 
8.782 

10.716 
13.345 
17.127 
23.033 
33.549 
57.532 
82.400 

-0.036 
-0.034 
-0.031 
-0.029 
-0.027 
-0.024 
-0.022 
-0.020 
-0.017 
-0.01 5 
-0.013 
-0.01 1 
-0.008 
-0.006 
-0.004 
-0.003 

-0.081 
-0.090 
-0.099 
-0.108 
-0.1 17 
-0.126 
-0.135 
-0.145 
-0.154 
-0.163 
-0.172 
-0.181 
-0.190 
-0.199 
-0.208 
-0.212 

0.964 
0.916 
0.869 
0.821 
0.773 
0.726 
0.678 
0.630 
0.583 
0.535 
0.487 
0.439 
0.392 
0.344 
0.296 
0.275 

Substituting Equation 5.55 into Equation 5.54 yields: 

for one pore volume, i.e. Vp = 1, 

(5.56) 

(5.57) 

Assuming that cos 6 in Equation 5.1 1 is equal to 1.0, and substituting 
Pc x r for 20 into Equation 5.56, the equation used for interpretation of 
the pore throat size distribution from the capillary pressure is obtained: 

(5.58) 

The maximum pore throat size for the sample occurs at S, = 1.0 
where rmax = 20/Pc-, and the minimum pore size that will conduct fluid 
occurs at an irreducible water saturation (Si,) where rmi, = 20/Pcmm. 
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0 025 0.5 0.75 

SATURATION (AVE. FROM CENTRIFUGE DATA) 

1 * Pc(data) = f(Sa) e-*-- Pc(HYPER) = f(Sa) 1 
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SATURATION (WATER) - Pc = @a) .-*-- Pc = f(S1) 

(b) 

Figure 5.20. (a) Comparison of experimentally determined and smoothed curves 
of capilkzry pressure versus average saturation obtained by regression analysis. 
(6)  Capillary pressure for a Berea sandstone as a function of the average and inlet 
saturations for centrijiuge-dertved data. 
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Pore size distributions are used to analyze reductions of permeability 
caused by clay swelling; precipitations of organic matter in pores-for 
example, asphaltenes and paraffins; particle migration; and growth of 
microbes in pores [26-291. 

The procedure to determine the pore size distribution of cores is to: 

1. Obtain air-brine inlet capillary pressure (Equation 5.22) versus average 
saturation data using the centrifuge method. 

2. Obtain the three constants (A, B, and C) for the fit of the data to a 
hyperbola using least-squares method. 

3. Obtain the inlet saturation (Si) that corresponds to the inlet capillary 
pressure (Pd), or obtain the exact solution (Equation 5.46 or 
Equation 5.52); use the hyperbola to obtain the derivative (dS/dPc). 

4. Use the least-squares fit of the Pd versus Si data to obtain the A, B, and 
C constants for the hyperbola Pci = (A + BSi)/(l + CSi). 

5. Extrapolate the Pci versus Si curve to Si = 1.0 to obtain the correct 
threshold pressure (PD) that corresponds to the largest theoretical 
pore entry size (rmax = 20/PD). 

6. Obtain a table of rj versus Pcj for specific values of Sij (rj = 

7. Differentiate the hyperbola to obtain dSij/dPcj at each point (j). 
8. Calculate the pore throat size distribution from Equation 5.58. 

Z/Pcj from Si = 1 to Si,). 

EXAMPLE 

Use the capillary pressure data for air displacing water from the Berea 
Sandstone core presented in the Example on page 342 (Table 5.la) to 
calculate the pore throat size distribution. 

The inlet saturation and capillary pressure from the earlier Example are 
listed in Table 5.2 together with the pore throat size distrubtion, D(ri), 
as a function of the pore throat radius, 4, and the results are shown in 
Figure 5.21. 

SOLUTION 

The maximum pore entry size (10.59 pm) occurs at S, = 1.0, and the 
minimum pore size that will conduct fluid occurs at the irreducible water 
saturation (0.27 pm). 

VERTICAL SATURATION PROFILE IN A RESERVOIR 
Welge and Bruce derived the capillary pressure equation from the 

equilibrium of vertical forces in a capillary tube [30, 311. The weight 
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TABLE 5.2 
PORE THROAT SIZE DISTRIBUTION FROM DATA FOR A BEREA SANDSTONE CORE USED 

IN TABLE 5.1A 

1 .000 
0.950 
0.900 
0.850 
0.800 
0.750 
0.700 
0.650 
0.600 
0.550 
0.500 
0.450 
0.400 
0.350 
0.300 
0.278 

1.973 
2.377 
2.840 
3.377 
4.008 
4.757 
5.663 
6.781 
8.195 
10.039 
12.547 
16.154 
2 1.787 
31.817 
54.691 
78.408 

10.586 
8.787 
7.353 
6.184 
5.211 
4.390 
3.688 
3.080 
2.549 
2.080 
1.665 
1.293 
0.959 
0.656 
0.382 
0.266 

0.043 
0.054 
0.067 
0.081 
0.097 
0.1 14 
0.133 
0.153 
0.174 
0.196 
0.220 
0.246 
0.273 
0.301 
0.330 
0.344 

,I 
0 2 4 6 8 10 

PORE RADIUS, MICRONS 
2 

Figure 5.21. Pore entry size dkhlbutton for u Berea sandstone core. 
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of water (wetting phase) in the capillary tube, W, which is acting 
downward, is equal to: 

(5.59) W = mchyw 2 

The buoyant force (weight) of the displaced fluid (oil) is upward and 
equal to: 

(5.60) 2 B = m, hy, 

The vertical component of interfacial tension force (Fz), acting upward, 
is equal to: 

FZ = 2mc ow, cos €Iwo (5.61) 

Equating the forces and solving for h: 

(5.62) 

Welge and Bruce showed that Equation 5.62 can be used to calculate 
the water and oil saturations at any height above the free liquid surface 
if the capillary pressure versus saturation data are available [30, 311. 
They applied this to the calculation of vertical water-oil-gas saturation 
distribution as a function of height for hydrocarbon reservoirs: 

0,102 P, 2.3 Pc 

Pw - Po 
h(m) = and h(ft) = 

Pw - Po 
(5.63) 

where: 
h is the height of capillary rise in m (ft); 
pw and po are the densities of water and oil, respectively, in g/cm3 
(lb/ft3); and capillary pressure P, is in kPa (psi). 

Using the capillary pressure curve for oil displacing water from an 
initial water saturation of loo%, the oil saturation in the reservoir can be 
calculated at any height above the free water level, FWL, which occurs 
at zero capillary pressure, as shown in Figures 5.16 and 5.22. 

The free water level is difficult to locate in a reservoir, but the oil-water 
contact, OWC, is apparent in well logs. Knowing the threshold pressure, 
Pct, from a capillary pressure curve obtained from reservoir cores and oil, 
the Iocation of the free water level can be determined and the vertical 
saturations profile can then be calculated as a function of height above 
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Figure 5.22. Vertfcal Saturation profile of a reservoir calculated from a capillaq? 
pressure curve. 

the free water level. The position of the maximum value of the residual oil 
saturation can be located; this is important because no mobile oil exists 
at depths below this point. A transition zone exists between S,,, and 
Si, where water is always produced along with the oil. If the reservoir 
thickness is large enough to exceed the value at Si, (135 ft, Figure 5.22), 
only oil will be produced at heights above the point were Si, occurs. 

Mixed wettability and oil-wet reservoirs will not have a threshold 
pressure because the cores, when saturated 100% with water and 
contacted with oil, will imbibe oil at zero capillary pressure. The oil-water 
contact and the free water level, therefore, are synonymous (occurring 
at the same point). 

When the core data from a reservoir indicate variability of permeability 
and porosity throughout the sand, or as a trend increasing or decreasing 
with respect to depth, the capillary pressure data for each core can be 
reduced to a single J-function curve, which is a function of saturation: 

(5.64) 



350 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

where: 

(1) subscript i indicates the individual cores tested, and 
(2) subscript j indicates values of J and Pc with respect to the specific 

core and data point (Swij). 

After the J-versus-S, data have all been assembled, the single (average) 
curve may be obtained using the hyperbolic function: 

(5.65) 

The geometric average of the permeability and the arithmetic average 
of the porosity are used in Equation 5.65. Using these data and the average 
J-curve, the single correlated capillary pressure curve may be obtained 
from Equation 5.64 and used to determine the reservoir saturation profile 
as discussed. 

EXAMPLE 

The core data in Table 5.3 were obtained for four cores extracted 
from the same formation. Calculate the vertical saturation profile and 
determine the Iocations (heights above the free water level) of the 
oil-water contact, So, and Si,. The interfacial tension is 25 N x 10-3/m, 
the density difference between the brine and oil is 0.80 g/cm3, the 
residual oil saturation is 30%, and Si, occurs at S, = 0.20. 

SOLUTION 

The average permeability is: 

1 
logE = x [log (0.60) + log (0.095) + log (0.132) + log (0.155)] 

k = 0.104 D 

The average porosity is: 

4 - - 1 x L0.18 + 0.20 + 0.21 + 0.231 
- 4  

Q = 0.21 
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TABLE 5.3 
CORE ANALYSIS DATA 

Core 1 Core 2 
kl = 0.060 k 2  = 0.095 

= 0.18 01 = 0.20 

P c l j  Swl j  J l j  pc2j Sw2j J2j 

3 1 .oo .Ob9 3 1 .oo .057 
4 .88 ,092 5 .80 .095 
7 .70 .162 8 .64 ,152 

11 .58 .254 14 .48 .266 
19 .40 .439 23 .38 .437 
36 .25 .832 33 .32 .627 
56 .19 1.294 45 .26 3 5 5  
7 8  .19 1.802 61 .22 1.159 

74 .21 1.406 

Core 3 Core 4 
k 3  = 0.132 = 0.155 

Pc3j Sw3j J3j Pc4j sw4j J4j 

0 3  = 0.21 @4 = 0.23 

6 
8 

10 
12 
20 
29 
38 
5 1  
67 
81 

1 .oo 
.86 
.72 
.60 
.48 
.40 
.34 
.32 
.30 
.30 

.151 
,201 
.251 
.301 
.502 
.728 
,954 

1.280 
1.682 
2.033 

3 
4 
7 

16 
27 
41 
54 
69 
76 

1 .oo 
.84 
.68 
.45 
.34 
.27 
.21 
.21 
.20 

.051 

.108 

.189 

.432 

.729 
1.107 
1.458 
1.863 
2.052 

J for each of the four sets of capillary pressure data were calculated 
and plotted to obtain the average J-curve. Then, the constants (A, B, and 
C) for the hyperbolic fit were obtained from a least-squares fit. 

(-0.0075 - 0.2856 Swj) j= 
( 1  + 0.0391 Swj) 

The average capillary pressure versus water saturation was then 
calculated from J as follows (Table 5.4): 
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TABLE 5.4 
SATURATION PROFILE 

Swj Ji 
1 .oo 
0.80 
0.70 
0.60 
0.50 
0.40 
0.35 
0.30 
0.20 

0.090 
0.140 
0.170 
0.235 
0.350 
0.560 
0.700 
0.950 
1.650 

3.179 
4.973 
6.039 
8.348 

12.434 
19.894 
24.867 
33.749 
58.616 

0.41 
0.64 
0.77 
1.07 
1.59 
2.55 
3.18 
4.32 
7.50 

Height above the free water level was calculated from: 

0.102 Pc 
0.8 

h(m) = = 0.128Pc 

The oil-water contact (OWC) occurs at the threshold pressure where 
S, = 1.00; therefore: 
OWC = 0.41 m above the FWL 

Height above the FWL at So, occurs at S, = 0.70 = 0.77m. 
Height above the FWL. at Si, = 7.50 m. 

CAPILLARY NUMBER 
The capillary number is a dimensionless group that represents the 

ratio of viscous forces to the interfacial forces affecting the flow of fluid 
in porous media. Applied to water displacement of oil, the capillary 
number is: 

where p, uw, and d are expressed, respectively, in poises (or kg/m x s), 
m/s, and N/m (kg x m/s2 x m). 

In practice, the viscosity is expressed as centipoise, the velocity as 
m/day and the interfacial tension as N x 10-3/m; therefore: 
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The capillary number for field waterfloods ranges from to lo-*. 
Laboratory studies have shown that the value of the capillary number 
can have a marked influence on the ultimate recovery of oil. In order 
to study the effects of n, on oil recovery, Melrose and Bradner defined 
the microscopic displacement efficiency as the ratio of the mobile oil 
saturation to the total oil saturation (321: 

(5.68) 

As the value of n, is increased to 1 0-4, there is no noticeable effect on 
the displacement efficiency (the residual oil saturation for a given system 
remains constant). At values greater than however, a significant 
increase of displacement efficiency is observed. At values greater 
than ED becomes 1.0 and complete displacement of oil occurs 
(Figure 5.23). Therefore, the critical value of n, has been established to 
be equal to the capillary forces are 
dominant and the oil displacement occurs by movement of oil ganglia 
several pore diameters in length. The residual oil saturation is distributed 
as isolated droplets and groups (depending on the wetting properties). 
When n, exceeds the viscous displacement forces dominate and 
begin to increase the displacement efficiency. 

At values of n, less than 
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As indicated in Figure 5.23, the pore throat size distributions can have 
considerable influence on the residual oil saturation, but the critical 
capillary number remains at approximately lo-*. Small variations in the 
critical value are to be expected because of the wide variability of experi- 
mental procedures, rocks, and fluids. The direct influence of wettability 
on the critical value has not been explored because the experiments 
conducted thus far have been concentrated on strongly water-wet 
systems. Oil-wet systems will exhibit a lower displacement efficiency 
and probably will shift the critical capillary number to a higher value. 

The capillary number is generally varied by increasing the flow rate and 
lowering the interfacial tension. The displacing-phase flow rate can be 
increased to a value near the inception of turbulent flow; turbulent flow 
produces eddy currents that create cross flows that are not accounted 
for in the capillary number. A large number of experiments have been 
conducted by lowering the interfacial tension, which can be precisely 
controlled for a given system, but for effective response it must be 
lowered to a value less than 0.1 mN/m. 

Using Darcy’s law, the capillary number can be rearranged by 
substitution for the velocity to obtain: 

This equation can be used to obtain the relationship between the 
capillary number and the pressure gradient for a given system, or it can be 
used to calculate the capillary number if all other conditions are known 
for the system being analyzed. 

EXAMPLE 

Given the following data for a fluid-flow system, calculate the capillary 
number and the pressure gradient for the flow of the fluid at the velocity 
given: viscosity = 120 cP, interfacial tension = 36 mN/m, velocity = 
0.68 m/D, porosity = 0.18, absolute permeability = 60 pm, and relative 
permeability = 0.2 1. 

SOLUTION 

1.16 x lo-* x 120 x 0.68 
n.. = -1 0.18 x 36 

1.46 x x 0.18 x 36 x Pressure gradient 
0.21 x 60 x 

= 0.751 x lo6 Pa/m = 109 psi/m = 33 psi/ft 
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PROBLEMS 
1. Explain why the meniscus in a capillary inserted in mercury is 

depressed below the surface of the mercury. (See Figure 5.5c, where 
the meniscus is depressed below the water surface of a water-oil 
system.) 

2 .  Explain how the equation for capillary pressure in straight capillaries 
is derived from the Plateau equation. 

3. Assume that the following data were obtained by injection of mercury 
[o = 465 x N/m] into a core having a total pore volume of 2.8 cm3 
at 20°C: 

pc (psi) 
3 
4 
7 
11 
19 
36 
56 
78 

sw 

1 .oo 
0.88 
0.70 
0.58 
0.40 
0.25 
0.19 
0.19 

(a) What is the value of the threshold pressure, the maximum pore 
size, and the minimum pore size that can conduct a fluid? 

(b) Determine the pore size distribution and show all graphs used. 

4.  If the capillary pressure data given in Problem 3 was obtained from oil 
displacing water in a centrifuge, where P, is the core inlet pressure 
and Sw is the average water saturation, calculate the following: 

(a) The core inlet saturation vs. the inlet capillary pressure, using 

(b) Plot P,i vs. Si and determine the threshold pressure. 
(c) Compute the vertical saturation profile if the water-oil contact 

occurred at 2,000 feet (pw - po = 0.180 &em3). 

(d) What is the meaning of cavitation when used with respect to 
centrifuge determination of capillary pressure? 

Equation 5.43. 

5.  If the porosity = 0.16 and permeability = 0.120 darcy for the core in 
Problem 4, calculate the J-function vs. saturation for the system, and 
show the graph. 
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NOMENCLATURE 
A 
As 
C P  
D 
dave 
F 
FWL 
g 
HO 

h 
J 

k 
Kz 
1; 
m 
N 
n, 
0 
OWC 
P 
pc 
@c)D 

@C>i 

Pct 
Pnw 
Pw 
Po 
r 
rg 
rsi 
r W  
r 
r C  

fH 
ri 
r0 
r W  

area 
area of the surface of rocks or sands 
viscosity (centipoise) 
day; darcy 
average pore diameter 
free energy 
free water level (in reference to capillary rise of fluids) 
gravitational constant; 980 cm/s2; 32.2 ft/s2 
length measured from the oil level to the bottom of the sample 
in the drainage measurement, cm 
height of capillary rise 
dimensionless function for correlation of capillary pressure to 
permeability and porosity 
absolute permeability(pm*, darcy) 
Carman-Kozeny Constant 
length (m, cm, ft) 
meter 
centrifuge revolutions per minute; newton 
capillary number 
oil (used as subscript) 
oil-water contact 
pressure (Pa, atm, psi) 
capillary pressure (Pa, psi) 
displacement capillary pressure at the effluent end of 
a core in a centrifuge 
capillary pressure at the inlet of the core (centrifugal 
measurement of capillary pressure) 
threshold capillary pressure 
pressure of a non-wetting fluid 
pressure of a wetting fluid (generally taken as the water phase) 
pressure of the oil phase 
radius of curnature of an arc of an interface (cm) 
radius of a grain 
radius of a spherical interface 
water resistivity 
radius 
radius of a capillary tube 
mean hydraulic radius 
radius of a spherical interface 
radius of the centrifuge rotary axis measured to the oil level 
radius of the centrifuge rotary axis measured to the water level 
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exit (bottom) end of core (centrifugal measurement of 
capillary pressure) 
inlet (top) end of core (centrifugal measurement of capillary 
pressure) 
maximum saturation of mercury injection 
irreducible wetting phase saturation 
residual oil saturation 
average water saturation 
minimum saturation of mercury after withdrawal from a core 
water saturation at residual oil saturation 
water saturation at the inlet end of the core (centrifugal 
measurement of capillary pressure) 
velocity (m/s, cm/s, ft/s) 
angular velocity of centrifuge rotor 
volume 
pore volume 

GREEK SYMBOLS 

@ angle 
CP contactangle 
o interfacial tension (N/m) 
p viscosity (Pa*s, cP) 
po density of oil 
pw density of water 
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W ETTABI LITY 

WETTABILITY 
Wettability is the term used to describe the relative adhesion of two 

fluids to a solid surface. In a porous medium containing two or more 
immiscible fluids, wettability is a measure of the preferential tendency of 
one of the fluids to wet (spread or adhere to) the surface. In a water-wet 
brine-oil-rock system, water will occupy the smaller pores and wet the 
major portion of the surfaces in the larger pores. In areas of high oil 
saturation, the oil rests on a film of water spread over the surface. If the 
rock surface is preferentially water-wet and the rock is saturated with 
oil, water will imbibe into the smaller pores, displacing oil from the core 
when the system is in contact with water. 

If the rock surface is preferentially oil-wet, even though it may be 
saturated with water, the core will imbibe oil into the smaller pores, 
displacing water from the core when it is contacted with water. Thus, a 
core saturated with oil is water-wet if it will imbibe water and, conversely, 
a core saturated with water is oil-wet if it will imbibe oil. Actually, the 
wettability of a system can range from strongly water-wet to strongly 
oil-wet depending on the brined interactions with the rock surface. If 
no preference is shown by the rock to either fluid, the system is said 
to exhibit neutral wettability or intermediate wettability, a condition 
that one might visualize as being equally wet by both fluids (50%/50% 
wettability). 

Other descriptive terms have evolved from the realization that 
components from the oil may wet selected areas throughout the rock 
surface. Thus, fractional wettability implies spotted, heterogeneous 
wetting of the surface, labeled “dalmatian wetting” by Brown and 
Fatt [ 11. Fractional wettability means that scattered areas throughout 
the rock are strongly wet by oil, whereas the rest of the area is 
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strongly water-wet. Fractional wettability occurs when the surfaces of 
the rocks are composed of many minerals that have very different surface 
chemical properties, leading to variations in wettability throughout the 
internal surfaces of the pores. This concept is different from neutral 
wettability, which is used to imply that all portions of the rock have an 
equal preference for water or oil. Cores exhibiting fractional wettability 
will imbibe a small quantity of water when the oil saturation is high 
(for example, at the irreducible water saturation, Li), and also will 
imbibe a small amount of oil when the water saturation is high (for 
example, at the residual oil saturation, S,). 

The term “mixed wettability“ commonly refers to the condition 
where the smaller pores are occupied by water and are water-wet, 
but the larger pores of the rock are oil-wet and a continuous filament 
of oil exists throughout the core in the larger pores [2-41. Because 
the oil is located in the large pores of the rock in a continuous 
path, oil displacement from the core occurs even at very low oil 
saturation; hence, the residual oil saturation of mixed-wettability rocks 
is unusually low. Mixed wettability can occur when oil containing 
interfacially active polar organic compounds invades a water-wet rock 
saturated with brine. After displacing brine from the larger pores, the 
interfacially-active compounds react with the rocks surface, displacing 
the remaining aqueous film and, thus, producing an oil-wet lining in the 
large pores. The water film between the rock and the oil in the pore 
is stabilized by a double layer of electrostatic forces. As the thickness 
of the film is diminished by the invading oil, the electrostatic force 
balance is destroyed and the film ruptures, allowing the polar organic 
compounds to displace the remaining water and react directly with the 
rock surface [ 5 ] .  

The wettability of a rock-fluid system is an overall average characteristic 
of a heterogeneous system with microscopic relative wetting throughout 
the porous medium [6].  The rock pore surfaces have preferential 
wetting tendencies toward water or oil leading to establishment of 
the various states of overall wettability. This overall wettability has 
a dominant influence on the fluid flow and electrical properties of 
the water-hydrocarbon-rock system. It controls the capillary pressure 
and relative permeability behavior and thus the rate of hydrocarbon 
displacement and ultimate recovery [7- 101. 

INTERFACIAL TENSION 

When two immiscible fluids (gas-liquid or liquid-liquid) are in contact, 
the fluids are separated by a well-defined interface, which is only a few 
molecular diameters in thickness. Within the fluid and away from the 
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interface and the walls of the container, the molecules attract each other 
in all directions. At the surface between two immiscible fluids, there 
are no similar molecules beyond the interface and, therefore, there is an 
inward-directed force that attempts to minimize the surface by pulling it 
into the shape of a sphere. This surface activity creates a film-like layer 
of molecules that are in tension, which is a function of the specific free 
energy of the interface. The interfacial tension has the dimensions of 
force per unit length (newtons/meter) which is the modern standard 
expression of the units. In the earlier literature, however, it is 
expressed as dynes/cm, which is numerically equal to millinewtons/m 
[(N x 10A3)/m or mN/ml. 

CONTACT ANGLE 

When the interface is in intimate contact with the walls of a container, 
for example a capillary tube, the interface intersects the solid surface at an 
angle, 8, which is a function of the relative adhesive tension of the liquids 
to the solid. This angle is described by Young’s equation below [ 113. The 
relationships are illustrated in Figure 6 . 1  where two liquids, water (w) 
and oil (o), are associated with a solid surface (s). The contact angle 
(measured through the denser phase) is: 

where: oso = interfacial tension between the solid and oil. 
osw = interfacial tension between the solid and water. 
owo = interfacial tension between water and oil. 

Direct measurement of the solid-fluid surface tensions is not possible; 
however, by considering a three-phase system one can eliminate the 
solid-fluid surface tensions to obtain a measurable relationship between 

c--------- -- - - - - -  
Oil- - - 

as0 =sw 
Figure 6.1. Relationships between the contact angle and interfacial tension expressed 
by the Young equation where os, = solid-oil, ossw = solid-water, and ow0 = water-oil 
interfacial tensions. 
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the three contact angles. Writing the equation for the three conditions: 
(1) water, oil, solid; (2) water, gas, solid; and (3 )  gas, oil, solid, one 
obtains 

0, = os, + owo COS e,, 
osg = bsw 1- owg cos 0, 
osg = oso+oOg~~Seog 

Algebraic elimination of the solid-fluid interfacial tensions yields: 

The conditions of wetting can be determined from the easily measured 

Adhesion tension, z, is defined as the difference between the solid-oil 
interfacial tensions and contact angles, using Equation 6.3 [12, 131. 

and solid-water interfacial tensions: 

Three conditions of wettability are apparent from Equation 6.4 and are 
illustrated in Figure 6.2: 

(1) when the adhesion tension is positive, the system is water-wet 

(2) when z is zero, the system is neutrally wet (8 = 90°, cos 8 = 0); and 
(3) when z is negative, the system is oil-wet (e > 90", cos 8 = -). 

(0 < go",  COS^ = +); 

When a liquid spreads on a solid, or on the surface of another 
immiscible liquid, the imbalance of forces is defined as the spreading 
coefficient, C, as follows: 

(1) Water spread on a solid in the presence of oil (water-wet): 

cswo = os0 - ow0 - osw (6.5) 

(2) Oil spread on a solid in the presence of water (oil-wet): 

(3) A liquid spread on a solid surface in the presence of gas: 



364 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

Defining the relative wetting behavior of fluids in a rock is complex 
because there are variations of spreading behavior at points, or areas, 
within the rock and the measured wettability is an average of the physical 
and chemical interactions of the fluids. The relative amounts of rock 
surface wet by one fluid or the other define the overall wettability of the 
system [14-17, 551. 

Assume that a preferentially water-wet rock core is saturated with 
20% water and 80% oil. In this case, the adhesion tension is positive 
(oso > osw) and the contact angle is less than 90". If this water-wet core 
is contacted with water, some oil will be spontaneously expelled from 
the core as water is imbibed along the walls and into the smaller pores 
until a state of equilibrium is attained between the solid-fluid specific 
surface energies (interfacial tensions). The wetting fluid entering the 
core will accumulate in the pores that create the greatest fluid-fluid 
interfacial curvature consistent with Equation 6.1; thus, the wetting 
phase accumulates in the smallest pores. 

SESSILE DROP MEASUREMENT OF CONTACT ANGLES 
The sessile drop method is often used to make direct measurements 

of the contact angle to determine preferential wetting of a given solid 
by oil and water. A smooth, homogeneous surface is necessary for 
this test; a polished quartz surface is generally used to make contact angle 
measurements of water-oil systems [ 18-20]. Two procedures may be 
used, as shown in Figure 6.2. Figures 6.2 A, B, C illustrate the procedure 

e (900 e -800 8 >800 
D E F 

Figure 6.2. Measurement of contact angles for water-oil systems; A, B, and C sbow 
measurements using a drop of water surrounded by oil; and 0, E, and F sbow drops 
of oil surrounded by water. m e  contact angle is measured through the denserpbase. 
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where the solid plate is suspended horizontally below the surface of 
a clear (or refined) oil and a drop of water is placed on the solid. 
A photograph is taken of the system for accurate measurement of the 
contact angle. By convention, the contact angle is measured through the 
denser phase. 

The second method is to suspend the plate horizontally in the water 
and place a drop of oil on the bottom of the plate (Figure 6.2 D, E, F>. 
The contact angle is measured through the water phase and the same 
analysis is applied. 

A modification of the sessile drop method was introduced by 
Leach et al. to measure the water-advancing contact angle [ZI]. Two 
polished mineral plates are mounted horizontally with a small gap 
between them; one plate is fixed and the other can be moved smoothly 
with a screw (Figure 6.3). A drop of oil is placed between the plates and 
allowed to age until the contact angle no longer changes; then the mobile 
plate is moved, creating the advancing contact angle. This angle changes 
gradually and eventually reaches a stable value after a few days. 

The sessile drop method was used by Yan et al. to determine the 
mechanisms of contact angle hysteresis and advancing contact angles [22]. 
Mica surfaces equilibrated with crude oil, which was diluted with 

I I 
~ A T E R  

ADVANCING 

ANGLE 
OIL CONTACT 

I 
Figure 6.3. Method used to measure the advancing and receding contact angle. 
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heptane to decrease the solvency of asphaltenes, exhibited larger contact 
angles (-140") than surfaces equilibrated with the undiluted crude 
oil (-75"). Thus, the contact angle increases (the system becomes 
more oil-wet) when asphaltenes are deposited on the surfaces. This is 
important to oil production because it indicates that some deposition of 
asphaltenes on the rock surfaces around a producing well will cause the 
zone to become more oil-wet. This oil-wet zone will reduce the capillary 
end effects that cause a high water saturation and thus a high water/oil 
producing ratio. 

WlLHELMY PLATE MEASUREMENT OF CONTACT ANGLES 

The Wilhelmy plate method yields direct measurements of the 
adhesion tension (Figure 6.4) acting on the perimeter of a plate, as well 

n Microbalance and computer 

Force, T mN 

Moving ~ down 

Moving 

up t 
Force, mN I 

(b) 

Figure 6.4. Wtlbelmy plate method for measurement of advancing contact angle 
(a) and receding contact angle e). 
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as the advancing and receding contact angles [23]. As the plate is moved 
into and out of a liquid, the change of force, F, due to the adhesion 
tension is: 

and the contact angle is: 

0 = arc cos (E) (6.9) 

where: F = force, mN. 
1 = 2 x (width + thickness), m. 
O = interfacial tension, mN/m. 

The plate is attached to a microbalance and its rate of movement is 
controlled by a computer that calculates the instantaneous value of the 
contact angle. The advancing contact angle is obtained as the plate is 
moved into the liquid and the receding angle when the plate is pulled 
from the liquid [23-251. 

The principal constituents of sandstones and limestones are quartz 
and calcite, respectively. Consequently, polished plates of quartz 
and calcite are used as representative surfaces for sessile drop and 
advancing contact angle measurements. These are not representative 
of reservoir rocks, however, because the plates do not account for 
surface roughness, the large variety of minerals, or thin layers of 
organic materials. The wettability of these heterogeneous surfaces can 
be measured only by using one of the methods that measure the 
average core wettability, such as the Amott and USBM methods. The 
sessile drop and advancing contact angle measurements are therefore 
qualitative, rendering information on the behavior of the reservoir 
fluids and the gradual deposition of interfacially active compounds onto 
the solid surface. The methods are most useful for measurement of 
wettability effects of solutes in pure fluids. One can quickly observe 
wettability changes of the smooth plate toward different oils and aqueous 
solutions. 

SURFACE CHEMICAL PROPERTIES 

The chemical compositions of the fluids and the rock surfaces 
determine the values of the solid-fluid and fluid-fluid specific surface 
energies. Thus, the mineralogy of the rock surface has an influence on 
the relative adhesive tensions and contributes to the overall wettability 
of the fluid-rock system. Polar organic compounds in crude oil can react 
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with the surface, forming a preferentially oil-wet surface. Interfacially 
active compounds-those that tend to accumulate at the interface-can 
lower the interfacial tension and affect the wetting characteristics of the 
fluid-rock system. Many of the surface properties of shales, sandstones, 
and carbonates that affect the relative wetting of the surfaces by water 
and crude oils are readily explained by examining the general chemical 
structures associated with the principal minerals. 

Yaalon determined the composition of 10,000 shales and arrived at 
the following average composition: (1) 60% clay minerals-mostly illite, 
(2) 20% quartz, (3) 10% feldspar, (4) 6% carbonates, (5) 3% iron oxide, 
and (6) 1% organic matter [26]. The dominant characteristics of shales 
are their ion exchange properties, electrical conductivity, swelling, 
and dispersion when treated with fresh (or low-salinity) water. These 
properties are attributed to the dominant presence of the minerals. Many 
of these properties can be explained using an idealized, general structure 
of clays (Figure 6.5). This is not an exact structure; clay structure 
is three-dimensional and varies considerably from one type of clay to 
another. The silicon atom is small and has a very strong charge of plus 
four; therefore, in the case of silicon dioxide, the silicon atom's valence 
is always satisfied with strongly bonded oxygen. As a consequence of the 
strong silicon-oxygen bond, the clay mineral bonds are broken, leaving 
oxygen exposed with its negative charge. This negative charge is satisfied 
by association with positively charged cations, principally sodium and 
calcium as illustrated in Figure 6.5. 

Cation exchange occurs when di- or trivalent ions enter in a stream 
of brine and displace the monovalent cations that are loosely associated 
with the clay mineral. The ion with the greatest charge attaches more 
strongly and cannot be displaced easily by monovalent ions. This can 

N a +  
Ca++ 0- 0- 

I I 
-0 - S i  - 0 - S i  - 

I I 
0 0 

0 0 
I I 

N a +  0- - S i  - 0 - Si - 

N a +  
0- 
I 

0 - Si - 0- 
I 
0 Ca++ 
I 

I 
0- C a + +  

0 - S i  - 0- 

Na+ 
0- 

I I 
0- 0- 

N a +  N a S  

Figure 6.5. Idealized, planar illustration of clay structure and exchangeable cation 
association with the clay. 
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be demonstrated in the laboratory by treating the shale with strong 
hydrochloric acid to give rise to a “hydrogen”-based clay and then with 
a solution containing salts of the di- or trivalent cations. 

Electrical properties develop because the associated cations are loosely 
held and therefore are mobile and can be displaced by a direct current 
electrical potential. Swelling occurs when fresh water is introduced 
and the H 3 0 +  ion can enter the lattice structure of the clay mineral. 
The H30+ ion is large and can enter into the lattice of some smectites 
(montmorillonite, etc.) causing them to swell into a gel-like mass which 
may be 10 to 40 times the volume of the original clay. Dispersion of the 
clays occurs when the H30+ ions loosen the clay particles, especially 
those lining the pore walls of the rock. 

The sand Si02 molecule can react with hot water and water containing 
salts to form silanol groups which are Bronsted acids (weak acids capable 
of freeing a proton): 

Si02 + 2H20 + Si (0H)z + 20H- 
0- 0- 

I I  

I I  
polymeric form is: H-0-Si-0-Si-OH 

0- 0- 
= SiOH + SiO- + HS 

(6.10) 

Because of their acid surfaces, sandstones react with and adsorb 
basic compounds readily, whereas acidic compounds are repelled. The 
major polar organic constituents of crude oils are weak acids. These 
do not adsorb readily on the Si02 surfaces and, therefore, sandstones 
generally exhibit neutral to water-wet characteristics, which have been 
observed by many investigators. Block and Simms furnished some direct 
experimental proof of this [27]: They showed that octadecyamine, an 
organic base, is strongly adsorbed on the surface of glass, whereas stearic 
acid is hardly adsorbed at all. 

Silica and clay minerals mixed with the sand have negatively charged 
surfaces and, consequently, behave like weak acids in contact with water 
having a pH less than 7. Although these surfaces will form weak acid-base 
chemical bonds with the basic organic compounds present in crude oils, 
they are unaffected by the acidic compounds. The resins and asphaltene 
fractions of crude oils contain polar, polynuclear organic compounds 
that can be acidic or basic. The basic compounds can interact with the 
acidic silica and negatively charged clay surfaces, rendering the surface 
oil-wet to a degree depending on the amount and types of basic organic 
compounds available [8, 28-33]. 
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The surfaces of carbonate rocks, on the other hand, are basic in 
character and, consequently, they react readily with the acid compounds 
in crude oils and exhibit neutral to oil-wet characteristics [30]. McCaffery 
and Mungan showed that stearic acid is strongly attached to calcite [34 ] .  
Lowe et al. also showed that acid compounds in crude oils become 
attached to the basic surfaces of carbonates, forming chemisorbed 
films 1351. 

The basic characteristics of carbonates may be due to Arrhenius-Oswalt 
calcium hydroxide-type bases or to Lewis bases because of the electron 
pairs available in the exposed oxygens of the -COS carbonate groups. 
If the characteristics are due to calcium hydroxide groups, the reaction is: 

0 0 
1 I 

-CaOH+ HOC-R +. -Ca-OC-R + H20 
(6.11) 

If the basic characteristics of the carbonates are due to Lewis-type 
bases, then the reaction is probably: 

CaC02-O' + A- + CaC02-0: A (6.12) 

Inasmuch as the carbonate surfaces are positively charged and 
consequently behave like weak bases, they are strongly affected by 
acidic components in crude oils, which are carboxylic acids, phenolic 
compounds, and ring structures containing sulfur and oxygen [35-411. 
Apparently, acidic compounds are more prevalent in crude oils than basic 
compounds, which may account for the fact that carbonate rocks exhibit 
a range of wettability from neutral to strongly oil-wet. 

Due to the acid-base interactions between rock surfaces and crude 
oils, the chemistry and pH of the brine associated with the crude oil is 
very important. If the pH is greater than 7, the dissociation of hydrogen 
ions is repressed and the surface will adsorb acidic organic compounds. 
If multivalent metallic cations such as Ca++, Baff, Cu++, Fes++, and 
Al+++ are present in the brine, or added to it, these ions will adsorb 
on the negative silica surface. The multivalent cations then provide 
positively charged sites that permit the adsorption of acidic compounds 
on the silica rock [42, 431. Carbonate surfaces are positively charged at 
pH ranges less than 7-8, but become negatively charged at pH ranges 
greater than 8. Therefore, carbonate surfaces will adsorb positively 
charged (basic) organic compounds if the pH of the brine is greater 
than 8. 
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EXAMPLE 

A solution of calcium chloride is used to displace the monovalent 
cations from a 600 g sample of sandstone containing a small amount 
of clay. Using an atomic adsorption analytic unit to analyze the effluent 
from the core, 284 mg of sodium and 162 mg of potassium are found in 
the effluent liquid. Calculate the cation exchange capacity (CEC) of the 
rock. 

SOLUTION 

mg x valence 

atomic weight 23 
284 x 1.0 

= 12.3 - meqNa = - 

162 x 1.0 

39 
meqK = = 4.2 

12.3 + 4.2 meq 
0.6 kg 

CEC = = 27.5 - 

EVALUATION OF WETTABlLlTY 

Evaluation of relative water/oil wetting of porous rocks is a very 
important aspect of petroleum reservoir characterization. Wettability has 
a decisive influence on oil production rates, the water/oil production 
ratio after water breakthrough, the oil production rates of enhanced oil 
production technologies, and the residual oil saturation of a reservoir at 
abandonment. A large amount of research has therefore been conducted 
on wettability, beginning in the 1930s. Several methods for evaluating 
wettability have been developed, based on the observable characteristic 
interactions of water, oil, and rocks. The direct measurement of 
wettability can be made by careful analysis of contact angles. In 
addition, several indirect methods provide indexes of the relative wetting 
properties: the Amott method, which is based on the amounts of 
fluids imbibed by a rock sample under various conditions; the USBM 
(U.S. Bureau of Mines) method, which is based on measurements of 
the areas under capillary pressure curves obtained using a centrifuge; 
the combined Amott-USBM method; and the spontaneous imbibition 
method. based on the rates of imbibition. 

AMOTT WETTABILITY INDEX 

The Amott test for wettability is based on spontaneous imbibition and 
forced displacement of oil and water from cores [ 4 4 ] .  The test measures 
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the average wettability of the core, using a procedure that involves five 
stages: 

(1) The test begins at the residual oil saturation; therefore, the fluids are 
reduced to Sor by forced displacement of the oil. 

(2) The core is immersed in oil for 20 hours, and the amount of water 
displaced by spontaneous imbibition of oil, if any, is recorded as 

(3) The water is displaced to the residual water saturation (Siw) with oil, 
and the total amount of water displaced (by imbibition of oil and by 
forced displacement) is recorded as V,. 

(4) The core is immersed in brine for 20 hours, and the volume of oil 
displaced, if any, by spontaneous imbibition of water is recorded 

(5) The oil remaining in the core is displaced by water to Sor and the 
total amount of oil displaced (by imbibition of water and by forced 
displacement) is recorded as Vot . 

vwsp . 

as vosp - 

The forced displacements of oil to Sor , and water to Si, may be conducted 
using a centrifuge or by mounting the core in fluid-flow equipment and 
pumping the displacing fluids into the core. 

The Amott wettability index is expressed as a relative wettability index 
defined as the displacement-by-oil ratio (Vosp/Vot = &) minus the 
displacement-by-water ratio (Vwsp/Vwt = 6,): 

I, =Vosp/Vot - vwsp/vwt = 6w - 60 (6.13) 

Preferentially water-wet cores are characterized by a positive 
displacement-by-water ratio, 60, and a value of zero for the displacement- 
by-oil ratio, &. A value approaching 1.0 for the displacement-by-water 
ratio, 60, indicates a strongly water wet-sample, whereas a weakly 
water-wet sample is characterized by a value approaching zero. Neutral 
(or 50%/50%) wettability is characterized by a value of zero for 
both ratios. Cores that are oil-wet show a positive value for the 
displacement-by-oil ratio, &, and zero for the displacement-by-water 
ratio, 8,. A strongly oil-wet sample is characterized by a value approach- 
ing one for the displacement-by-oil ratio. Thus, the Amott wettability 
index varies from + 1 for infinitely water-wet to - 1 for infinitely oil-wet 
rocks, with zero representing neutral wettability [44, 451. 

The 20-hour arbitrary time limit for the two periods of imbibition were 
probably chosen to allow completion of the test in a reasonable length 
of time. Completion of imbibition, however, can sometimes take several 
weeks, and when the system is near neutral wettability, spontaneous 
imbibition may be very slow [46, 471. If the imbibition is not allowed to 



EVALUATION OF WETTABILITY 373 

TABLE 6.1 

WATER-WET, (2) NEUTRAL WET, AND (3) STRONGLY OIL-WET 

Displacement-by-oil Displacement-by-Water 
Spontaneous Forced Spontaneous Forced 

RESULTS OF THE A H O ~  WETTABlLlTY TEST ON THREE CORES: (1) STRONGLY 

(mu (m') (ml) (ml) 1, 

1 0.00 1.24 0.79 0.85 +0.48 

2 0.00 1.64 0.00 0.96 0.00 

3 0.43 0.51 0.00 0.56 -0.46 

go to completion, the values of 6,  and S, will be underestimated, leading 
to erroneous conclusions regarding the wettability of the rock sample. 
Rather than setting a 20-hour limit on the spontaneous imbibition periods, 
therefore, the amount of fluid displaced should be measured periodically 
and examined graphically until a stable equilibrium value is attained. 

Results of tests on three cores presented by Amott are listed in 
Table 6.1 [44]:  

(1) a strongly water-wet fired Berea sandstone outcrop core; 
(2) a sandpack in which the sand grains were bonded with epoxy resin 

(3) a silane-treated Berea sandstone core that was strongly oil-wet. 
and exhibited neutral wettability; and 

Amott showed that the method will yield a semi-quantitative 
measurement of wettability by treating unconsolidated sand samples with 
increasing percentages of a silane solution and measuring the resulting 
wettability. The results obtained by Amott are presented in Figure 6.6, 
showing a linear increase of preferential oil wettability with respect to 
the percentage of silicone solution used [48] .  

USBM W ETTABILITY INDEX 

Donaldson et al. developed a method for determining a wettability 
index from the hysteresis loop of capillary pressure curves [49, 501. The 
test is known as the United States Bureau of Mines (USBM) method. 
The capillary pressure curves are obtained by alternately displacing 
water and oil from small cores using a centrifuge. The areas under the 
capillary pressure curves represent the thermodynamic work required 
for the respective fluid displacements (Figure 6.7). Displacement of 
a non-wetting phase by a wetting phase requires less energy than 
displacement of a wetting phase by a non-wetting phase. Therefore, the 
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Figure 6.6. Wettability tests using samples of unconsolidated sand treated with 
silicone solutions. 

0 100 

%VI. % 

Figure 6.7. Method for determination of the USBM wettability index. The area under 
individual capillary pressure curves represents the thermodynamic work required for 
the fluid displacement. 
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ratios of the areas under the capillary pressure curves (between Si, and 
S,,,) is a direct indicator of the degree of wettability. The logarithm 
of the area ratio of oil displacing water, A1 (from Sor to Si,), to water 
displacing oil, A2 (from Si, to So,-), was used as a convenient scale for 
the wettability index (Iu): 

Iu =log (2)  (6.14) 

where: 

( 1 )  Increasing positive values to +cc indicate increasing preferential 

(2) A value of zero represents equal wetting of rock by both fluids 

(3) Increasing negative values to -m indicate increasing preferential oil 

water wetting to infinite water wettability. 

(neutral wettability). 

wetting to infinite oil wettability. 

The USBM method does not depend on spontaneous imbibition 
and, therefore, is sensitive to wettability throughout the range from 
complete water-wetting (+m) to complete oil-wetting (-m). For 
example, if a water-oil-rock system being tested repeatedly becomes 
progressively more water-wet, A1 will become larger while A2 will 
decrease. Eventually, A2 will vanish as the hysteresis loop rises above 
the line representing Pc = 0. In this case, A2 is zero and the wettability 
index (defined in Equation 6.14) is infinite, meaning 100% wetting of the 
surface by water. Infinite oil wettability also is possible, in which case 
A1 = 0 and the hysteresis loop is below the line where Pc = 0. 

Kwan developed a centrifuge core holder for unconsolidated sands 
and used it to examine capillary pressure and wettability of viscous 
bitumen [ 5 1 ] .  The tests were conducted with a heated (40°C) centrifuge 
to maintain mobility of the bitumen. 

COMBINED AMOTT-USBM WETTABILITY TEST 

A procedure has been developed for combining the Amott and USBM 
methods that yields both the USBM wettability index and the Amott 
ratio. According to several authors, the resolution of the USBM index 
is improved by being able to account for saturation changes that occur 
at zero capillary pressure [46, 471. Figure 6.8 illustrates this combined 
method. At each point where the capillary pressure is equal to zero, the 
sample is immersed in the displacing fluid for 20 hours and the amount of 
fluid imbibed is recorded and used to determine the Amott ratios. For the 
combined test, the capillary pressure data are plotted versus the average 



376 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

I 
S W  - 0 

Sequence of Steps 
I-  Sample 100KC Saturated Wlth Wster 
2- Oil Dlsplaclng Water as Positlve 

Caplilary Pressure Incresses 
3- Water Free lmblbitlon 
4- Water Displacing Oil as Negatlve 

Caplllary Pressure increases 
5- Oil Free imbibition 
6- 011 Dlsplacing Water as Posltlve 

Caplilary Pressure Increases 

Figure 6.8. Illustration of the combined USBM-Amott method for determination of 
the wettability index. 

saturation (not the saturations at the inlet face of the core). Thus, the 
procedure has six steps: 

(1) saturation of the core with water, 
(2) initial displacement of water to Si, (oil drive), 
(3) spontaneous imbibition of brine, 
(4) displacement of oil by brine (brine drive), 
(5) spontaneous imbibition of oil, and 
(6) final displacement of water by oil (oil drive). 

The Amott index is calculated from the spontaneous and total water 
and oil displacements, whereas the USBM index is calculated from the 
areas under the curves. 

Data presented by Sharma and Wunderlich are shown in Table 6.2 [48] .  
Spontaneous imbibition of oil does not occur in strongly water-wet 
samples that are 100% saturated by water (point 1, Figure 6.8). Therefore, 
the displacement of water by oil ratio for the Amott test is zero for 
the three water-wet cores. A USBM wettability index greater than 1.0 
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TABLE 6.2 
WETTABlLlTY TESTS FOR WATER-WET AND MIXED WETTABlLlTY CORES (CLOSE TO 

“NEUTRAL” WETTABILIN) USING THE COMBINED USBM~AMOTT WETTABlLlN 

[48]-TABLES 111 AND Iv) 
TEST AND CONTACT ANGLE MEASUREMENTS. (AFTER SHARMA AND WUNDERLICH 

Displacement of Displacement of USBM 
No. Water (Amott) Oil (Amott) Index @A OR 

Water-wet Samples 

1 0 0.92 1.6 - - 
2 0 0.80 1.2 26” 6” 
3 0 0.89 - 1.4” 

Mixed Wettability Samples 

1 0.24 
2 0.24 
3 0.24 

0.015 0.3 - - 
0.073 0.3 167” 145” 
0.065 0.3 - - 

indicates very strong water wettability. The mixed wettability systems, 
however, imbibe oil at S, = 1.0 and water at Siw; the USBM index shows 
that these cores are near the point of “neutral” wettability (oil-wet cores 
have negative USBM wettability indices). 

SPONTANEOUS IMBIBITION WETTABILITY TEST 

Observations of spontaneous imbibition led to the conclusion that the 
amount and rate of imbibition are related to the overall wettability of 
the porous system. The Amott wettability test is based in part on fluid 
displacements caused by imbibition. However, it was recognized that the 
rate of imbibition was influenced by several parameters: fluid viscosities, 
shape and boundary conditions of the core, porosity, permeability, and 
interfacial tension. Zhang et al. applied the scaling equation that was 
used by Mattox and Kyte for correlation of oil recovery by imbibition 
into fractured reservoirs to analyses of the rates of imbibition of cores 
at controlled states of wettability from strongly water wet to mixed 
wettability [ 2 5 ,  521. The scaling equation was generalized by using the 
geometric average of the fluid viscosities and a characteristic core length, 
L,, that compensates for size, shape, and boundary condition. Ma et al. 
correlated oil recovery by spontaneous imbibition to dimensionless time 
defined as [ 531 : 

(6.15) 
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As the system becomes more oil-wet, the rate of imbibition decreases. 
Therefore, a graph of recovery versus dimensionless time indicates 
differences of wettability from strongly water-wet to mixed or neutral 
wettability. 

Curves of oil recovery versus dimensionless time can be fit to the 
Aronofsky equation [541: 

(6.16) 

Equation 6.16 may be used to obtain an average curve of several 
repeated tests to examine the effect of the initial saturation on imbibition. 

Ma et al. proposed a wettability index based on the pseudo work of 
imbibition, WR [53] .  A dimensionless curve of pseudo imbibition capillary 
pressure (versus water saturation) that indicates the effect of wettability 
on the relative rate of imbibition was defined: 

pc,p = a& (6.17) 

The pseudo work of imbibition, W, is the area under the Pc,p vs. S, 
curve. The relative pseudo work of imbibition, WR, was defined as the 
ratio of the pseudo work of a sample to the pseudo work of a very strongly 
water-wet system. The constant, a, in Equation 6.17 was set equal to 1.0; 
thus the pseudo work is: 

(6.17) 

Zhou et al. obtained a correlation between WR and the Amott 
wettability index [55] .  

FLUID DISPLACEMENT ENERGY 

If two immiscible phases (water and oil) are initially distributed equally 
throughout a column of porous material, they will adjust to capillary 
equilibrium and will coexist throughout the column. If an elemental 
volume, AV, of one of the phases is raised from height h to h + dh, 
the isothermal reversible work (the total free energy change), 6F, is zero 
because capillary equilibrium is assumed to exist within the system. The 
total free energy change is a composite of two parts: 

1. the free energy change accompanying the transfer of the fluid (say, 
water) from h to h + dh, and 
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2. the free energy change resulting from the change in pressure which 
is experienced by the element of water when it is transferred from h 
to h + dh: 

- =AV 
6F 

FPW 

(6.18) 

(6.19) 

The expression for the total change of free energy, resulting from 
the change in the height of the element of water, is obtained by taking 
the total derivative with respect to the height and pressure and then 
substituting Equations 6.18 and 6.19 into it: 

(6.20) 

pwgc AVdh + AVdp, = 0 (6.21) 

pwgc dh + dp, = 0 (6.22) 

Since the same derivation can be made for any phase: 

When the capillary pressure expressed by Equation 6.24 is zero, one 
of two conditions exists: either the two phases are completely miscible 
or a single phase exists. Because two immiscible phases are considered 
in Equation 6.24, the only condition in which the capillary pressure may 
be zero is when there exists only one phase at some point within the 
column. If the column is sufficiently high and enough time is allowed 
for equilibrium to be attained between the two fluids, no oil will be 
found below some level in the column due to gravity segregation. This 
is the free liquid surface (h = 0 at this point as a boundary condition for 
Equation 6.19). 
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Returning to Equation 6.24 and noting that water is essentially 
incompressible leads to: 

6F 
-=V,orF2 - F1=V(pz - pl)=VPc 
6V 

(6.25) 

Therefore, for the transfer of a unit volume of water, the capillary 
pressure, Pc, represents the change in the isothermal, reversible work 
accompanying the process, or: 

6F 
pc = E (6.26) 

If the element of volume of the porous system containing water and 
oil is such that it contains a unit pore volume of water, the fractional 
water saturation within the element multiplied by the pore volume is 
numerically equal to the volume of water. Thus, dV = -Vp x dS, 
where V represents the water transferred out of the porous medium. 
Substituting this expression into Equation 6.26 yields: 

dF= -Pc x Vp x dS, (6.27) 

In Equation 6.27, dF, expressed in Nm or joules, represents the free 
energy change of water per unit of pore space accompanying a change 
of water saturation, dS,. The integral of Equation 6.27 is the area under 
the capillary pressure curve (Figure 6.7). The capillary pressure curves 
can be fit to hyperbolic equations by a least-squares fit of the capillary 
pressure versus saturation data: 

Pc=( l  + A x  S,)/(B+C x S,) (6.28) 

A+BxS, BS, AB - C 
Area= ( ) xdS,=-+ log (1 + C&) (6.29) 1 + c x s ,  C C2 

where constants A, B, and C are obtained from the least-squares fit of the 
data. 

The areas under the capillary pressure curves (Figure 6.7) can be 
readily calculated by integration of Equation 6.30 below to yield the 
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thermodynamic work required for fluid displacements: 

(6.30) 

As an example, displacements from a Cottage Grove sandstone core 
(Figure 5.16 in Chapter 5) were: 
Curve 1 (oil displacing water from S, = 1 .0 to Si,) = 0.165 joules/ml = 

24.82 BTU/bbl 
Curve 3 (water displacing oil from Si, to - waterflood) = 

0.0089 J/ml = 1.34 BTU/bbl 
Curve 5 (oil displacing water from h0, to Si,) = 0.771J/ml = 

116.25 BTU/bbl 
Less energy is required for displacement of water from 100% saturation 

(Curve 1) than from S,,, (Curve 5), because a considerable amount 
of water is displaced at low pressure after the threshold pressure is 
exceeded. A very small amount of energy is required for displacement of 
oil because the Cottage Grove Sandstone exhibits a strong water-wetting 
tendency; consequently, some oil is displaced by imbibition (at zero 
capillary pressure) upon initial contact of the oil-saturated core with 
water. Stating this in another way: If the water-oil-rock system is 
water-wet, A1 is a large positive value and, therefore, considerable work 
must be done on the system to displace the water. On the other hand, the 
area under the waterdisplacing-oil curve is a very small positive value; 
hence, water will imbibe into the water-wet system spontaneously with 
simultaneous displacement of oil. 

When a core is strongly water-wet (USBM I, > 0.7), the core will 
imbibe water until the water saturation is essentially and the 
area under the curve is almost zero; hence, the work required for oil 
displacement is almost zero for a strongly water-wet system. The amount 
and rate of imbibition depend on a number of simultaneously acting 
properties of the water-oil-rock system: the rock and fluid chemical 
properties expressed as wettability, interfacial tension, saturation history 
of the system, initial saturation, fluid viscosities, pore geometry, and pore 
size distribution. 

As the system becomes less water-wet, the work required for 
displacement of oil increases and, consequently, the amount and rate 
of imbibition decreases. Thus, a smaller amount of water will imbibe at a 
lower rate as the system becomes less water-wet. At neutral wettability, 
water will not imbibe when the water saturation is at Si, and oil will 
not imbibe when the water saturation is at S,,,. Thus, a positive initial 
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displacement pressure is required for both fluids (for water-displacing-oil 
from Si,, or oil-displacing-water from S,,,), which is the basis for 
determination of neutral wettability. If, however, a small amount of 
water will imbibe at Si, and an almost equal amount of oil will imbibe at 
Sworr the system is at a condition of fractional or mixed wettability. The 
distinction between these can be made only by microscopic observations 
of thin sections. 

If the system is oil-wet, these conditions for the water-wet case are 
reversed: A1 is small and A2 is large. Oil will spontaneously imbibe into 
the system, displacing water. Water must be forced into the system and, 
therefore, A2 is a large value. 

The work required for displacement of oil by water is the theoretical 
work required for a waterflood and is one of the economic factors of 
oil production. For example: if the reserve estimates, from field and 
laboratory analyses of a small field, indicate that 1.6 x 105m3 (one million 
barrels of oil) will be recovered from a waterflood and the work required 
for displacement of the oil (from the current field saturation to So,) is 
10kJ/m3 (1.5 BTU/bbl), then 1.6 mJ (1.5 million BTU) of energy, in 
addition to friction losses in pumps and tubing, will be required for 
completion of the waterflood. 

WATER~OIL-ROCK INTERFACIAL ACTIVITY 
Surfactant-type compounds in crude oils, which are partially soluble 

in water, have been found to pass rapidly through the thin water film on 
water-wet surfaces and adsorb strongly on the rock [ 1 1, 351. Asphaltenes 
(high molecular weight, polynuclear aromatic compounds containing 
nitrogen, sulfur, and oxygen in ring structures) penetrate the aqueous 
film to produce oil-wet surfaces in the rock. Thus, rocks containing 
asphaltic oils will exhibit oil-wetting tendencies. 

The silicate-water interface is acidic. Acidic compounds in crude oils 
(those containing carboxylic and phenol groups) do not adsorb on silicate 
surfaces, but basic constituents (nitrogen-containing compounds such 
as amines and amides) adsorb readily, rendering the surface oil-wet. In 
contrast, the carbonate-water surface is basic and the acid compounds 
adsorb, whereas the basic compounds are repelled [28, 56-59]. Since 
crude oils generally contain polar compounds that are acidic, the wetting 
tendencies of brine-crude oil, -rock systems is for silicate rocks to 
be neutral to water-wet and for carbonates to be neutral to oil-wet. 
Akhlaq treated quartz and kaolinite samples with crude oils and then 
characterized the adsorbed compounds with infi-ared spectroscopy [GO]. 
Basic nitrogen compounds and organic esters were found adsorbed to 
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quartz sand, whereas sulfonic acids together with carbonyl groups and 
phenols were adsorbed on kaolinite surfaces. 

Crude oils contain surface-active compounds that can m o d e  the 
wettability of the reservoir by changing the chemical species at the fluid 
and rock interfaces, depending on pH, salinity, and the nature of the 
surface-active compounds. Depending on the immediate environmental 
conditions, different types of surface-active compounds present in 
the crude oil will move to the fluid and rock interfaces and govern 
the wettability of the reservoir. Salinity and pH apparently control the 
aqueous-mineral interfacial cation binding and acid-base reactions of 
compounds. Binding of surface-active compounds present in the 
crude oils and precipitated asphaltene-type molecules occur at oil-rock 
interfaces [61]. 
All petroleum reservoirs were originally believed to be water-wet 

because clean rocks of all types exhibit preferential water-wetting 
tendencies. In addition, sedimentary rocks containing oil were originally 
saturated with water that was displaced when oil migrated into the 
geologic trap. Polar organic compounds in petroleum, however, are 
expelled from the bulk phase and react chemically with clay and other 
minerals in the rock to form neutral, mixed, or preferentially oil-wet 
systems. The Wilcox sandstone of the Oklahoma City field, the Tensleep 
sandstone in Wyoming, and the Bradford sands in Pennsylvania are well 
known oil-wet reservoirs [3, 35,62,63]. Carbonate reservoirs have been 
found to range in wettability from neutral to strongly oil-wet [20,64,65]. 

Treiber et al. used contact angle measurements to examine the 
wettability of 30 silicate and 25 carbonate rocks (Table 6.3) [66]. Their 
contact angle criteria were: water-wet = 0-75", intermediate-wet = 
75-105', and oil-wet = 105-180". A few of the silicate rocks were 
intermediate-wet, but the rest were almost equally divided between 
water-wet and oil-wet. On the other hand, the carbonate rocks 
were largely oil-wet. Chilingarian and Yen used contact angle measure- 
ments, with different criteria for the divisions of wettability, to 
measure the wettability of carbonate rocks from various parts of 

TABLE 6.3 
RELATIVE WETTING TENDENCIES OF SANDSTONES AND CARBONATES 

Treiber et al. [a61 Chilingarian and Yen [64] 
Wettability Silicates, % Carbonates, % Carbonates, % 

Water-wet 43 8 8 
Intermediate-wet 7 4 12 
Oil-wet 50 88 80 
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the world [64]: water-wet = 0-80°, intermediate-wet = 80-loo", and 
oil-wet = 100-180". Using these criteria, they measured the wettability 
of 161 cores composed of limestone, dolomitic limestone, and calcitic 
dolomite, and found that 80% of the cores were oil-wet (Table 6.3). 

Overall wettability and point-contact wettability are conditions 
imposed on the boundaries of the water-oil and fluid-rock interfaces by 
polar (NSO) compounds in the crude oil, depending on the chemical 
properties of the water and rock surface minerals. An equilibrium 
accumulation of surfactants at the interfaces can be destabilized by 
changes of pH, water soluble surfactant, cationic concentration and 
temperature. Once NSO compounds accumulate on mineral surfaces, 
strong adhesive properties immobilize them and the contact area now 
becomes oil-wet [ 1 4 ,  671. If the condition is distributed in a fragmented 
(spotted) manner in the rock, a change in wettability from water-wet 
to fractional wetting occurs. If the condition (precipitation of NSO 
compounds) spreads through the rock, it establishes continuous oil-wet 
zones in the pores of the rock; the wettability change from water-wet 
will then tend toward an overall mixed wettability or, in an extreme case, 
the fluid-rock system will change from water-wet to oil-wet. 

EFFECT OF WETTABILITY ON OIL RECOVERY 

Primary oil recovery is affected by the wettability of the system 
because a water-wet system will exhibit greater primary oil recovery, 
but the relationship between primary recovery and wettability has not 
been developed. Studies of the effects of wettability on oil recovery 
are confined to waterflooding and analyses of the behavior of relative 
permeability curves. The changes in waterflood behavior as the system 
wettability is altered are clearly shown in Figure 6.9. Donaldson et al. 
treated long cores with various amounts of organochlorosilane to 
progressively change the wettability of outcrop cores from water- 
wet (USBM Iu = 0.649) to strongly oil-wet (I,, = -1.333) [48]. After 
determining the wettability, using a s m d  piece of the core, they 
conducted waterfloods, using a crude oil. The results show that as the 
system becomes more oil-wet, less oil is recovered at any given amount 
of injected water. Similar results have also been reported by Emery et al. 
and Kyte et al. 18, 91. 

Relative permeability curves are used for quantitative evaluation of 
waterflood performance, and the effects of wettability can be observed 
in changes that occur in the relative permeability curves (Figure 6.10). 
In mixed wettability cases, however, the relative permeability of each 
phase is a function of the saturation distribution of the two phases in the 
rocks. 
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There are a number of other influences that disturb the normal trend 
of relative permeability curves, and they must not be confused with 
the effects due to wettability alone [ 7 2 ] .  The relative flow of fluids 
is a function of pore size distribution; therefore, any change of this 
distribution due to blocking will change the relative permeability curves. 
The overburden pressure applied to cores in the laboratory changes 
pore-size and pore-throat size distributions, reducing the size of the larger 
pores, which changes the porosity as well. Furthermore, smaller pore 
sizes may increase the irreducible water saturation in water-wet rocks and 
the residual oil saturation; thus, the mobile oil saturation is decreased. 
An increase of temperature causes the wettability to change to a more 
water-wet system. Thus, core floods for the determination of relative 
permeabilities should be conducted at simulated reservoir conditions of 
overburden pressure, pore pressure, and temperature for the resulting 
relative permeability curves to be representative of conditions in the 
reservoir [69-721. 

The saturation history of the water-oil-rock system (or core) has a 
fundamental influence on the equilibrium wetting condition of the rock. 
Oil reservoirs are generally assumed to have been filled with water, 
which was displaced into a trap by migrating oil. Thus oil reservoirs 
tend to be preferentially water-wet, although several major oilfields have 
been found to be oil-wet and heavy oil deposits ('MI < 20) are generally 
oil-wet. The wettability of the reservoirs probably changed gradually 
from strongly water-wet to some degree of intermediate wettability and 
finally to oil-wet as polar compounds in the oil diffused to the interface 
and adhered to the rock surface. Thus oilfield rocks exhibit all degrees 
of wettability from strongly water-wet to strongly oil-wet [3, 46, 65, 
73, 741. Low-molecular-weight compounds and gas in the crude oil 
may accelerate the deposition of polar compounds by the deasphalting 
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Figure 6.10. Typical oil-water relative permeabilility curves for (a) water-wet and 
(b) oil-wet systems, respectively. 
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process (crude oils treated with light hydrocarbons precipitate asphalts 
and asphaltenes). Rocks also are wet by water and oil in a spotty 
(fractional and mixed wettability) fashion. Thus, certain regions of the 
surface may be wet by oil and the remainder by water; the overall 
wettability depends on the ratio of the surface area wet by water to 
that wet by oil [ 1, 57, 72, 75-77]. 

Anderson presented a thorough review of the literature on the effects 
of wettability on relative permeability curves [3, 46, 78-81]. In a 
water-wet system, water occupies the small pores and coats most of 
the large pores with a thin film. Inasmuch as most of the flow occurs 
through the larger pores where the oil is located and water is not present 
to impede the flow of oil, the oil effective permeability, relative to water, 
is very high. On the other hand, the water effective relative permeability 
is very low, even when the oil saturation has been reduced to Sor, 
because residual oil in the large pores remains to effectively block the 
flow of water (Figure 6.10). When a water-wet core is waterflooded from 
an initial saturation equal to the irreducible saturation (Siw), only oil 
is produced until a critical average water saturation is attained where 
water breakthrough begins. Water breakthrough is indicated when 
water production first begins at the outlet. Prior to water breakthrough, 
piston-like displacement of oil occurs because for every volume of 
water injected an equal volume of oil is produced. Just after water 
breakthrough, the water-to-oil production ratio increases dramatically, 
reaching a point where oil production almost ceases and a practical 
residual oil saturation is reached. To attain the true (or ultimate) residual 
oil saturation requires that waterflooding continues until production of 
oil completely stops. This limit may require hundreds of pore volumes of 
injected water; therefore, the limiting So, is only investigated for special 
research applications. For a strongly water-wet system with a moderate 
owwater viscosity ratio, the three average saturations-breakthrough 
saturation, practical Sor, and ultimate So,-are almost equal [82].  For 
intermediate or oil-wet systems, the three saturations can vary greatly. 

In an oil-wet system, theoretically, the locations of the two fluids are 
reversed. Even at low water saturations, the effective permeability to oil is 
much lower than in water-wet systems (at any given saturation) because 
water in the larger pores is blocking the flow of oil. This becomes more 
pronounced as the water saturation increases during a waterflood, and 
it eventually results in a final residual oil saturation higher than it would 
be in a water-wet system (Figure 6.10). The effective permeability to 
water should be high in an oil-wet system because, theoretically, the 
oil is located in the small pores and is coating the larger pores with a 
thin film and is not interfering very much with the flow of water. The 
relative permeabilities are controlled by the distribution of the fluids in 
the pores of rock. The relative permeability of a fluid at any saturation is 
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a function of its mobility, which in turn is a function of capillary size and 
wettability. The wetting phase has a lower mobility if it is located in the 
smaller pores and is adhering to the rock surface. In an oil-wet system, 
water breakthrough occurs very early in the flood; in fact, it may occur 
before oil is produced if the water/oil viscosity ratio is very low. After 
water breakthrough, production of oil continues with an ever increasing 
water-to-oil producing ratio until a decision is made with respect to the 
practical Sor for the waterflood. 

The importance of the measurement of wettability is best illustrated 
by the performance of waterfloods for systems at various states 
of wettability. Donaldson et al. treated 30-cm-long sandstone cores 
with increasing concentrations of an organosilane compound to 
make progressively more oil-wet cores [48]. The cores were then 
saturated with brine and reduced to the irreducible water saturation 
by displacement of the brine with oil. A small piece of each core was 
removed and tested for wettability, and waterfloods were conducted 
using the remaining 25cm cores (Figure 6.9). A wettability range from 
0.649 (strongly water-wet) to - 1.333 (strongly oil-wet) was achieved, 
and the waterfloods show that a strongly water-wet system will have 
breakthrough of water after most of the production of oil has taken 
place and that very little production of oil will take place after water 
breakthrough. As the system becomes more oil-wet, water breakthrough 
occurs earlier in the flood and production continues for a long period after 
water breakthrough at a fairly constant water/oil production ratio. Similar 
work also was presented by Emery et al., using packs of unconsolidated 
sand [8] .  They obtained progressively more oil-wet sandpacks by varying 
the aging time of the cores, at 71°C and 7 MPa pressure, from 5 to 
1000 hours (Figure 6.12). Their results also show that, for a specific 



WATER-OIL-ROCK INTERFACIAL ACTMTY 389 

eo 
AGED 5 HRS 

9 0 , , , , , ,  1 , 1 , , 1 1 ~  

10 20 30 40 
WATER INJECTED, PORE VOLUME 

300 

Figure 6.12. Effect of aging of water-oil-rock system on oil recovey eflciency. 

amount of water injected, less oil is recovered after water breakthrough 
as the system becomes more oil-wet. 

Tweheyo et al. observed that water-wet systems exhibit greater 
oil recovery at water breakthrough with very little production 
thereafter [83]. Progressively more oil-wet systems, however, have a long 
period of significant production after water breakthrough. In addition, 
neutral-wet (or 50%/50% wettability) systems yield the largest amount 
of ultimate recovery. 

EFFECT OF BRINE SALINITY ON OIL RECOVERY 

Increased oil recovery has occurred in some cases when the injection 
brine salinity was substantially decreased. Tang and Morrow concluded 
from experimental data that several conditions are necessary [84] : 

The reservoir should be a mixed wettability system where residual 
oil remains immobile in large oil-wet pores and the connate water 
principally occupies the smaller, water-wet pores. 
The rock contains potentially mobile particles of clay and other 
minerals adhering to the walls of the pores. 
The particle size distribution is less than the pore size distribution. 
Hence, when the particles are dislodged they can be transported 
through the rock by injection brine without damage to porosity and 
permeability. 

In the mixed wettability system, surface-active compounds in the 
oil will tend to migrate to the oil-rock interface and coat the exposed 
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area on the particles. When the injection brine has the same salinity as 
the connate water, the exposed oil-wet portions of the particles retain 
droplets of oil in some pores and filaments of oil fill a large number of 
pores. When the injection-brine salinity is decreased, the equilibrium of 
the electrical double layer (in the water between the particles) is upset, 
causing expansion of the double layer and thus release of the particles 
from the pore walls [15]. When oil is resting on layers of particles, 
the injection brine displaces the particles with attached oil droplets 
(and the oil filaments filling the pores). The cumulative mobilization 
of particles and oil can produce a significant increase in oil recovery. 
A tenfold decrease of injection-brine salinity increased oil recovery 
at water breakthrough from 56.0% to 61.9% and ultimate waterflood 
recovery from 63.6% to 73.2% [MI. 

ALTERATION OF WETTABILITY 

Wettability is perhaps the most important factor that affects the rate 
of oil recovery and the residual oil saturation, which is the target of 
enhanced oil recovery technology. Wettability controls the rate and 
amount of spontaneous imbibition of water and the efficiency of oil 
displacement by injection water, with or without additives. 

The study of the effects of wettability on oil recovery is facilitated by 
using additives to treat the rock surface so as to produce direct changes 
through all degrees of wettability from water-wet, neutral, mixed, or 
fractional to strongly oil-wet. In addition, water- and oil-soluble additives 
are used to change, or establish, a particular state of wettability. 

TREATMENT OF THE ROCK 

Several methods have been used to alter wettability: 

(1) treatment with organosilanes of general formula (CH&3iClx; the 
silanes chemisorb on the silica surface, producing HCl and exposing 
the CH; groups which produce the oil wetting characteristics; 

(2) aging under pressure in crude oil; 
(3) treatment with naphthenic acids; 
(4) treatment with asphaltenes; and 
( 5 )  addition of surfactants to the fluids. 

Treatment of the cores or sand is conducted by first cleaning with 
solvents, acids, steam, or heating to 250°C to destroy organic materials; 
however, heating to such a high temperature dehydrates the clays and 
changes the surface chemistry of the rock. After cleaning, the core is 



ALTERATION OF WE'ITAElILITY 391 

treated with various concentrations of the additives mentioned above 
and dried once more at 1 10°C to fix the additive onto the surface of the 
rock. 

Wettability alteration must be conducted under carefully controlled 
conditions because the final wettability depends on: 

(1) the mineral composition of the rock; 
(2) the cleaning procedure used; 
(3) the type of additive used (silane, asphaltene, etc.); 
(4) the concentration of the additive in the solvent used to permeate the 

(5) the procedure used to evaporate the solvent and dry the core. 
core; and 

Completely uniform wettability throughout the core is not attained, 
but this method has been used successfully to obtain systems at various 
states of average wettability for examination of the effects of wettability 
on production [75, 85-87]. 

ADDITION OF FLUID-SOLUBLE COMPOUNDS TO WATER AND OIL 

Fractional wettability of unconsolidated sands and beads has been 
achieved by solute/solvent treatments. Generally, a portion of the 
cleaned, dry, sand is treated with a solvent containing the additive and 
then dried. The treated sand is then mixed in various proportions with 
untreated sand to produce different degrees of fractional wettability 
[76, 88-90]. Graue et al. found that chalk cores attain fractional 
wettability when they are aged for approximately 100 hours at 90°C 
by immersion in crude oil [91, 921. The same method when used 
with sandstone cores (including Berea sandstone from Amherst, Ohio) 
did not produce consistent changes of wettability. They found that 
various degrees of change of wettability from water-wet toward neutral, 
or fractional, wettability are attained by immersion in different oils. 
Wettability was determined using the Amott wettability index and the 
imbibition-rate method. 

Tweheyo et al. changed the wettability of sandstones from strongly 
water-wet to neutral and oil-wet by adding organic acids (0-toluic acid) 
and amines (dodecylamine and hexadecylamine) to the oil used to 
saturate the cores [83]. The amines produced the largest changes from 
water-wet to oil-wet. Waterfloods of the modified systems produced 
results that have been reported previously: 

(1) water-wet samples exhibit rapid and almost complete production 
by the time water breakthrough occurs; 
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(2) the greatest amount of recovery occurs with neutral-wet systems 
(8%- 10% higher); and 

(3) the least amount of oil recovery was obtained from the oil-wet 
samples, which exhibited early water breakthrough followed by a 
low rate of oil recovery. 

Kowalewski et al. found that they could control the changes from 
water-wet to neutral using Berea cores, n-decane, and oil-soluble 
hexadecylamine [93 ] .  Waterfloods resulted in an almost linear correlation 
between the concentration of the amine and an increase of oil recovery 
(decrease of S,) as the system changed from water-wet (r, = 0.7) to 
neutral (IA = 0.05). Langmuir isotherms were used to test the amounts 
of amine adsorbed on crushed rock from various concentrations that 
were used: the results ranged from 0.007 to 0.230 mg/g of rock. 
Thus the change of wettability was directly related to the amount 
of hexadecylamine that was adsorbed from the oil. Donaldson et al. 
developed a method for determining the Iangmuir and Freunlich 
isotherms and calculating the thermodynamic heats of adsorption of 
organic compounds on sandstone cores [94] .  The adsorption isotherms 
showed maximum 'amounts of adsorbed compounds that varied from 
0.200 to 10 mg/g of sandstone. The rates of adsorption at various 
temperatures were also measured. 

Many studies of the feasibility of using surfactants and caustics 
dissolved in water to enhance the rate and total recovery of oil 
from sandstone cores have been made [95, 961. In addition, the 
U.S. Department of Energy conducted several field tests to evaluate 
the potential of surfactant/polymer water floods for mobilization of 
residual oil [97].  Surfactants and caustics lower the interfacial tension 
and, intuitively, this should result in economically enhanced oil 
recovery, but the results have generally been disappointing; enhanced 
recovery (recovery of more oil than the So, of waterfloods) is usually 
less than 5% regardless of the applied technology (surfactant/water, 
surfactant/polymer, surfactant/CO2, foam floods, and surfactant/thermal 
recovery). The poor results are attributed to adsorption and precipitation 
caused by divalent cations in the oilfield brines. The early depletion of 
the surfactant from the injected water solution rapidly diminishes the 
effectiveness of the surfactants. 

Standnes and Austad made a careful study of changes of wettability 
from oil-wet to water-wet in chalk cores, using spontaneous imbibition 
with anionic and cationic surfactants [981. The anionic surfactants were 
ineffective; however, the cationic surfactants changed the wettability 
from oil-wet to water-wet and produced as much as 70% of the original 
oil in place compared to a maximum of 10% production using brine 
alone. The enhanced production and change of wettability caused by 
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cationic surfactants were attributed to ionic reaction of the cations with 
adsorbed organic carboxylates from the oil. 

Water-wet silica cores are produced by successively cleaning the rock 
with toluene to remove organic compounds, steam to remove the 
residual toluene and heavy crude oil components or humic acids (in the 
case of outcrop sandstone), followed by treatment with hydrochloric 
acid. This sequence will produce a water-wet core whose wettability 
depends on the mineralogy of the rock and the composition of the fluids. 
Excellent reproducibility is therefore possible under carefully controlled 
conditions. 

The surfaces of carbonate rocks may be made more oil-wet by 
treatment with naphthenic acids, which react with the calcium carbonate 
to produce a stable oil-wet surface [56]. Another way to control the 
wettability of clean cores is to add surface-active compounds to the 
fluids. Owens and Archer used barium dinonyl sulfonate dissolved in 
oil to achieve an extreme oil-wet condition with a contact angle of 
180' [99]. Mungan used hexylamine and n-octylamine dissolved in water 
to change the advancing contact angle on a silica surface from 60" 
(slightly water-wet) to 120° (slightly oil-wet) [69]. Kowaleswki et al. 
changed the wettability of sandstone cores from water-wet to neutral 
by adding hexadecylamine to n-decane [93]. The degree of wettability 
change was controlled by the concentration of the amine dissolved in 
the oil. Grattoni et al. altered wettability with oil-soluble tetramethyl 
orthosilicate, which reacts with water in the pores to form a silicate 
gel [loo]. The gel initially produces a water-wet system that changes 
with respect to time to a neutral or oil-wet system. 

The wettability of reservoir cores may be altered by penetration of 
drilling fluids containing surface-active compounds or possessing a pH 
which is either acidic or basic. Other aspects that must be controlled for 
proper evaluation of oilfield cores are the packaging at the wellhead, 
the length of storage prior to use, and laboratory core-cutting and 
handling procedures. As the core is extracted to the surface, the decrease 
of pressure results in expansion and loss of low molecular weight 
components. This loss of lighter components can result in precipitation 
of paraffins and asphaltenes that can alter the wettability toward a more 
oil-wet condition. Several investigators have succeeded in preserving 
long-term (years) wettability of oiLfield cores by placing the core in a 
glass jar containing oil from the formation as soon as the core is available 
from the driller; the cores are then transported as soon as possible and 
kept in storage at about 5°C [101, 1021. Wrapping the cores in foil 
and coating with plastic (polyethylene, polyvinylidene) or paraffin is 
adequate for about six months. The problem with this method is that the 
light components slowly diffuse through the coating, leaving the high 
molecular weight compounds to gradually precipitate, which causes a 
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gradual change to a more oil-wet condition. Any method of storage that 
allows even a small amount of evaporation will result in alteration of 
wettability . 

AGING THE OIL-BRINE-ROCK SYSTEM 

Reservoir rocks that have been cleaned, and outcrop rocks that 
have not been in contact with oil, generally exhibit a water-wet 
condition, especially if refined oils are selected for experiments. Cleaned 
carbonate rocks, however, have neutral to slightly oil-wet tendencies. 
A small change toward more oil-wet is observed if the core is first 
saturated with water, and then the water is displaced to the point of 
irreducible water saturation with the oil. Immersion in the crude oil at 
an elevated temperature (60"-90OC) will change the wettability to an 
oil-wet system. Stable core wettability is usually obtained after the core 
is aged in crude oil at an elevated temperature for a least 100 hours 
(Figure 6.12). Surface-active heterogeneous nitrogen, sulfur, and oxygen 
(NSO) compounds in the crude oil slowly migrate to the oil-rock interface 
and are adsorbed strongly on rock mineral surfaces. The oil should 
be centrifuged to remove suspended sedimentary particles and high 
molecular weight compounds that have been precipitated by changes 
of temperature, pressure, and storage time after production from the 
reservoirs. Some oils have compounds that react with atmospheric 
oxygen to form cross-linked compounds that precipitate from the 
oil. Micelles holding asphaltenes in suspension can be broken by air 
oxidation, causing precipitation of the asphaltenes. When an oil is 
encountered that is sensitive to air oxidation, even after repeated 
filtration, it must be collected in the field under a blanket of nitrogen 
and maintained under nitrogen for all transfers between containers when 
used in the laboratory [ 1031. 

Emery et al. investigated the effects of aging cores with water and 
Singleton crude oil for varying lengths of time [8]. Being saturated with 
oil, the system behaved like a water-wet system. Most of the production 
occurred shortly after breakthrough, and the practical residual oil 
saturation was attained just after one pore volume of water was injected. 
As the aging time was increased, water breakthrough occurred sooner 
and there was a considerable amount of subsequent production, with the 
So, occurring after two or three pore volumes had been injected. These 
results are similar to those obtained by Donaldson et al. [48], as shown in 
Figure 6.9, and they show that one must equilibrate a core and its fluids 
before running waterflood tests to determine the amount of production, 
relative permeability curves, or wettability. 
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Cores with fractional, or mixed, wettability have other effects that 
have been discussed previously. Experiments conducted to evaluate the 
effect of wettability on residual oil saturation show that the residual oil 
saturation is less for systems that are at neutral wettability (probably 
fractional or mixed wettability). Residual oil saturation (at its minimum 
at neutral wettability) increases as the system becomes more water-wet 
or oil-wet (Figure 6.11) [44, 104-1081. 

A strongly water-wet core will produce most of the oil before water 
breakthrough, which will occur soon after one pore volume of water has 
been injected. The water/oil ratio will increase rapidly after water 
breakthrough to an infinite value; thus production will diminish to an 
insignificant amount. 

An oil-wet core will produce water early at a low water/oil ratio which 
will continue to increase gradually. After about two pore volumes of 
water have been injected, production will continue for a long time with 
gradually increasing water/oil ratio. 

EFFECTS OF TEMPERATURE AND PRESSURE 

The wettability of a water-oil-rock system becomes progressively more 
water-wet as the temperature of the system is increased. Lorenz et al., 
working with outcrop cores saturated with brine and crude oil, observed 
an average USBM wettability index increase of 0.3 for water-oil-outcrop 
sandstone systems when the temperature was changed from 25 to 65°C 
(Table 6.4) [95]. 

Work conducted by Donaldson and Siddiqui to examine the effect 
of wettability on the Archie saturation exponent at two temperatures 
also showed the change to a more water-wet system that occurs when 
the temperature is increased [log, 1101. Figures 6.13 and 6.14 show 
an increase of the USBM I, for water-oil-rock systems when the test 
temperature is increased from 25" to 78°C. The observed wettability 
index change with respect to temperature is strongly influenced by the 
chemical and physical properties of the rock surface; the Berea sandstone 
(k = 325 mD), registered an increase of I, of about 0.4 over that of the 
Elgin sandstone (k = 1900mD), which exhibited a change of 0.9. The 
change of wettability to a more water-wet system as the temperature 
is increased has also been observed, directly and indirectly, by other 
investigators [102, 111-1141. 

Donaldson et al. have shown conclusively that an increase of 
temperature produces a more water-wet system [7, 1091. The test for 
wettability should therefore be conducted at reservoir temperature using 
reservoir fluids. The presence of trace metals in the actual formation 
water, if used, renders the cores more water-wet. 
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TABLE 6.4 
EFFECT OF TEMPERATURE ON THE USBM WEllABlLlTY INDEX. THE TESTS WERE 

CONDUCTED USING SEPARATE CORES OF THE DESIGNATED OUTCROP 
(AFTER LORENZ ET AL. p s i )  

\\ 25 'C 

I I I I I I I 
0 1 2 3 4 5 8 7 8 

Core 
Samples 
Cottage Grove 

sandstone 
Cottage Grove 

sandstone 
Cottage Grove 

sandstone 
Torpedo 

sandstone 
Torpedo 

sandstone 

Average Average 
I, at 25°C I, at 65°C 

Crude Oil No. of No. of 
Samples I, samples I, samples 

Bartlesville, OK -0.16 3 0.13 3 

Muddy J, CO -0.39 3 -0.03 3 

Singleton, NB -0.32 3 0.2 1 3 

Squirrel, OK 0.00 6 0.35 18 

Squirrel, OK 0.09 2 0.22 6 

BEREASANDSMNE 

1.0 I 

Jadhunandan and Morrow examined the effects of variations of aging 
with temperature and time and established approximately 240 hours of 
aging to obtain stable wettability conditions [ 1 151. Waterfloods following 
the aging periods resulted in greater oil recovery at neutral wettability 
systems. 
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Figure 6.14. Change of the Archie saturation exponent as a,function of wettability 
and temperature for Elgin outcrop sandstone, Oklahoma. 

Zhou et al. used variable aging times to obtain cores with different 
degrees of wettability to develop a correlation between spontaneous 
imbibition and wettability [ 5 5 ] .  The rate and amount of water imbibition 
decreases as the cores change from strongly water-wet toward neutral 
or oil-wet conditions. Thus a correlation to the wettability index could 
be made from the area under the imbibition capillary pressure curve 
(displacement energy or pseudo work) and the advancing contact angle 
at the point of 50% oil recovery by imbibition. 

RESTORATION OF ORIGINAL WETTABILITY 

After the wettability of an oilfield core has been determined and 
perhaps waterflood tests conducted with reservoir fluids, the core 
is generally cleaned to determine permeability, porosity, and other 
parameters. Many methods have been suggested for cleaning cores, but 
by far the most used method is to place the core in a Soxhlet extractor 
and extract with toluene; this is frequently followed by extraction with 
ethanol to remove the toluene. The cores are then dried and used for 
various tests. If the tests require restoration of the original wettability, 
the cores are generally saturated with the oilfield brine and oil and aged 
by various procedures prior to use. The principal problem with cores 
treated in this manner is that not all of the adsorbed high molecular weight 
resins and asphaltenes are removed. Therefore, the restored cores have 
variable wettabilities that are more oil-wet than the original. Extraction 
with chloroform and methanol for three weeks, followed by aging in 
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crude oil for 30 to 40 days, produces better results, but the long time 
required may be a constraint. 

McGhee et al. and Donaldson et al. found that reproducible restoration 
of wettability can be attained repeatedly, using the same cores, with the 
following treatment sequence [77, 801 : 

(1) cleaning with toluene; 
(2) cleaning with steam (they found that steam does not disturb the clay 

(3) saturating with brine and crude oil to SWi; and 
(4) aging in the crude oil for at least 100 hours at 65°C 

minerals); 

EFFECT OF WETTABILITY ON ELECTRICAL PROPERTIES 
Keller showed that different values of resistivity can be obtained at the 

same water saturation in rocks if the wettability is changed [ 1161. His 
values of the saturation exponent n ranged from 1.5 to 1 1.7 for the same 
rock. Oil-wet rocks have a high resistivity because oil is an insulator. Even 
at very low water saturations, a water-wet sand will have a continuous 
water film along the surfaces of the sand grains from the entrance to 
the exit, which furnishes a conductive path for the electric current. In 
an oil-wet sand, however, oil is the continuous phase and is in contact 
with the pore walls. Since water is the discontinuous phase in this case, 
the electrical path is interrupted by the insulating oil. Consequently, 
the resistivity of an oil-wet sand is very high, and the Archie saturation 
exponent n is considerably greater than 2.0. 

Sweeney and Jennings obtained variations of n from 1.6 to 5.7 for 
carbonate rocks treated with acids to make them preferentially water-wet 
[ 1 171. Even after cleaning the carbonate surfaces with acid, polar organic 
compounds from the crude oil apparently adsorbed on the surface of 
many of the samples, resulting in high values of n. Morgan and Pirson 
reported a very wide range of values for n, from 2.5 for strongly water-wet 
samples to 25.2 for strongly oil-wet packs of glass beads treated with 
progressively higher concentrations of silicone solutions [47]. Donaldson 
and Siddiqui confirmed previously reported results showing that Archie’s 
saturation exponent increases from values near 2.0 for strongly water-wet 
to values higher than 8.0 for strongly oil-wet systems [log]. A linear 
relationship was observed between the USBM wettability index and 
the saturation exponent. They showed that the water-oil-rock systems 
become more water-wet when the temperature is increased. Figures 6.13 
and 6.14 show a wettability index increase of 0.4, corresponding to a 
temperature increase from 25°C to 78°C. The difference in the slopes 
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Figure 6.15. Resistivity index versus brine saturation. 

of the wettability index saturation exponent lines for Berea ant Elgin 
sandstones is attributed to a wide difference in the physical properties 
of these two sandstones (average permeability and porosities are: Berea 
sandstone k = 258pm2, 0 = 0.210; Elgin sandstone k = 1727pm2, 
0 = 0.239). 

The Archie saturation exponent was obtained from the logarithm of 
the resistivity index IR versus log (&) line; n is the slope of this line 
(Figure 6.15). The exponent n was determined by linear regression of 
the resistivities measured at water saturations of 1.00, Siw, and S,,, as 
the USBM wettability test was conducted. 

The significance of errors in the value of saturation exponent is very 
clear from examination of Figure 6.16. When the value of n is less than 8.0, 
small errors of this parameter result in large errors of the calculated water 
saturation from resistivity data. For example, where FR,/R~ = 0.36, if 
the correct value of n is 3.0, but if 2.0 is used to calculate the water 
saturation, an optimistic (higher oil saturation) error of 10% will result. 
This could lead to loss of considerable investment if a decision to conduct 
an enhanced oil recovery process, or some other production stimulation 
procedure, is based on such a large error of oil saturation. 

Wettability plays an important role in all aspects of fluids associated 
with rocks. Therefore, for laboratory tests of water-oil-rock systems 
to be representative of the in situ subsurface conditions, equipment 
and procedures that simulate the subsurface temperature and pressure 
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Figure 6.16. Variation of water saturation calculated from Archie's equation for 
various values of the saturation exponent. 

conditions for specific depths must be used. In addition, the saturation 
history of the test core and aging of the sample with the oil must be 
carefully considered because they influence the relative wetting of the 
surface by water and oil [ 1 18- 1201. 

Longeron et al. designed experimental equipment for measuring the 
electrical properties of cores at reservoir conditions (Figure 6.17) [71]. 
The coreholder is equipped with four electrical contacts that enable 
resistivity measurements to be made continuously along the length of 
the core (electrodes A and B at the ends) and for each section by 
making resistivity measurements between electrodes A-M, M-N, and N-B. 
The combination of measurements allowed continuous monitoring of 
the saturation distribution in the core after any changes were made 
by injection of oil or water. After uniform saturation was attained 
(by capillary force equilibration), resistivity and capillary pressure 
measurements were recorded. 

Measurement of drainage (oil-displacing-water) and imbibition 
(water-displacing-oil) capillary pressures were made possible by placing 
a low-permeability porous plate, or diaphragm, at the bottom of the core 
(item 7 in Figure 6.17). The semipermeable disk enabled measurement 
of capillary pressure at reservoir conditions of overburden pressure and 
temperature. Injection and withdrawal of fluids from this type of system 
must be done very carefully using the type of fluid flow equipment 
described by Longeron et al. in Figure 6.18 [71]. Free-piston displace- 
ment (with mercury as the displacing piston, or an actual free piston), 
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Figure 6.17. Design of coreholder for measurement of porosity, formation resistivity 
factor, and capillary pressure at simulated reservoir conditions. 
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Figure 6.18. Fluid flow equipment for measurement of petrophysical of cores at 
simulated reservoir conditions. 
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TABLE 6.5 
CHANGE OF POROSITY ($) AND FORMATION RESISTIVIN FACTORS (FR) FOR 

SANDSTONE AND LIMESTONE CORES ACCOMPANYING A CHANGE OF 
PRESSURE FROM 3 MPA [71] 

Sandstone Cores 
1 2 3 4 

0 at 3 MPa 0.144 0 .150  0.195 0 .184  
41 at 20 MPa 0.137 0.143 0.189 0.18 
% change 4.9  4.7 3.1 1.6 
FR at 3 MPa 33.7 33.1 21.3 22.1 
FR at 20 MPa 40.4 41.4 23.2 23.6 
% change 19.9 25.1 8.9 6.8 

~ 

Limestone Cores 
1 2 3 4 5 6 

0 at 3 MPa 0.204 0.231 0.246 0.241 0 .260  0.261 
$ at 20 MPa 0.197 0.225 0 .236  0.231 0 .249  0 .249  
% change 3.4 2 .6  4.1 4.1 4.2 4 .6  
FR at 3 MPa 17.4 13.3 11.4 11.3 13.3 10.4 
FR at 20 MPa 19.1 14.6 12.4 13.6 15.8 11.7 
% change 9.8 9.8 8.1 10.6 18.8 12.5 

where the cylinder containing the displacing fluid is driven by a separate 
metering pump, is required to maintain close control of the injection and 
withdrawal of fluids. 

The changes of porosity and formation resistivity factor obtained by 
Longeron et al. for sandstone and limestone cores, when stressed to 
a moderate pressure of 20 MPa, are listed in Table 6.5. At this total 
overburden pressure, the deformation was found to be completely 
elastic-that is, the cores returned to their original porosities when the 
overburden stress was removed. If greater stress is applied, however, 
inelastic deformation will take place and a reduction in porosity will 
result. 

Although the relative changes of porosity and formation resistivity 
factors were approximately the same for the stress change, their 
responses to the step increases of pressure were much different. The 
sandstone cores deformed immediately in response to the applied stress, 
whereas the limestone cores exhibited gradual deformation at each step 
increase of stress. 

A 15% underestimation of FR will lead to underestimation of Sw by 
7.5% for a clean sand with a saturation exponent of 2.0. At greater 
depths, the error will be more serious because expanded reservoir cores 
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develop microfractures that contribute to the measurement of porosity at 
ambient conditions (in addition to the expanded matrix porosity). Thus, 
measurements of the petrophysical properties of reservoir rocks must be 
conducted at simulated reservoir conditions. 

EXAMPLE 

The areas under the water-displacing-oil (from Siwl to S,,), and the 
oil-displacing-water (from S,,r to Siw2) capillary pressure curves are 
56 and 30,  respectively. Compute the USBM wettability index and the 
energy required for the displacement of oil by water (in J/m3). Core 
properties: 2.54 cm in diameter by 2.54 cm long, porosity = 2296, 
Siw = 0.28 ,  and Sw,r = 0.77. 

SOLUTION 

From Equation 6 . 1 4 ,  the USBM wettability index is: 

I, = log ($) = 0.271 (slightly water-wet) 

Vp = 3.14 x ( 2 . 5 4 / 2 ) 2  x 2.54 x 0.22  = 2.83 cm3 

Volume of oil displaced = 2.83 x (0.77 - 0 . 2 8 )  = 1.39 cm3 

Displacement energy = 30,  000N/m2 x 1 .39(10-6)  m3 

= 0.0416 N-m/m3 = 0.0416 J/m3 

PROBLEMS 
1 .  If the contact angle of a drop of water placed on a smooth plate 

submerged in a clear oil is 120°, what will be the value of the contact 
angle for a drop of the oil on the plate if it is submerged in water (see 
Figure 6.2)? 

2 .  A 0.655 kg sample of rock is flooded with a tetravalent cation 
solution which displaces the following quantities of cations: 
30 mg Mg2+, 50 mg K+, 70 mg Ca2+, and 120 mg Na+. Calculate the 
cation exchange capacity of the rock. Report the value as milli- 
equivalents of cations per kilogram of rock. 

3 .  (a) If a carbonate rock surface is in equilibrium with an acetic brine, 
will the rock adsorb acetic polar organic compounds from an oil? 
Explain your answer using chemical formulas. 
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(b) If a sandstone is saturated with a brine containing multivalent 
cations, will the surface adsorb acetic polar organic compounds 
from an oil? Explain your answer using chemical formulas. 

4. (a) Explain three methods that can be used to artificially render a 
water-wet sandstone surface oil-wet. 

(b) What is the difference between the terms mixed wettability and 
fractional wettability? 

(c) If the Amott wettability index is negative, does this mean that the 
rock is water-wet or oil-wet? 

(d) If the USBM wettability index is positive, does this mean that the 
rock is water-wet or oil-wet? 

(e) Draw two hypothetical (negative) water-displacing-oil capillary 
pressure curves, one for a water-wet system and the other for 
an oil-wet system. Why is the displacement energy less for the 
displacement of oil from the water-wet sand? 

5. What is the principal reason why fluid/flow experiments should 
be conducted at reservoir conditions of temperature, pressure, and 
salinity? What is the influence of salinity? 

6. If two water-oil-rock systems are tested and one is found to be 
water-wet while the other is oil-wet, will the Archie saturation index 
(n) be greater for one of the systems? Which one? Justify your answer. 

7. If the formation resistivity factor (FR) for a core is measured at ambient 
conditions (25"C, 100 kPa) and again at reservoir conditions (62OC, 
28 MPa): 

(a) Would you expect FR to be greater at ambient conditions or lower? 
Give a sample calculation to prove your answer. 

(b) What took place to produce the change of FR, if any? 

for a water-wet system and the other for an oil-wet system. 

(a) Which one has the greater rate of oil recovery? 
(b) Which one exhibits water breakthrough first? 
(c) Which one shows greater recovery after 1.5 pore-volumes of water 

(d) Explain, theoretically, why the systems are different. 

8. Draw two hypothetical oil recovery versus water injected curves, one 

have been injected? 

NOMENCLATURE 
A 
B =constant 
C =constant 
C,, = spreading coefficient 
F =force(mN) 
FE = free energy 

= area; constant (as defined in text) 
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FR = formation resistivity factor 
g = gravitational constant; gram 
h = height 
IA = Amott wettability index 
I,, = USBM wettability index 
I, = resistivity index 
k 
LC 
1 =length 
Pc = capillary pressure 
P,, = pressure of the oil phase 
P, = pressure of the water phase 
PC>P = pseudo capillary pressure 
R = oil recovery (percent of original oil in place) 
Roo = ultimate oil recovery by waterflood or imbibition 
S,, = oil saturation 
Sor = residual oil saturation 
S, = water saturation 
S,i = irreducible water saturation 
t = time (minutes) 
td = dimensionless time 
vq 
V =volume 
vb = bulk volume 
V, = pore volume 
VOt = total oil displaced by imbibition and centrifugal displacements 

V,, = total water displaced by imbibition and centrifugal displacements 

VOsp = oil displaced by spontaneous water imbibition (Amott) 
Vwsp = water displaced by spontaneous oil imbibition (Amott) 
W = pseudo work of imbibition 
WR = wettability index from pseudo work of imbibition 
w = pseudo work of imbibition; thermodynamic work 

= absolute permeability (pm2, darcy) 
= characteristic length for fluid imbibition 

= angular velocity of centrifuge rotor 

(Amott) 

(Amott) 

GREEK SYMBOLS 

6 = partial derivative, or fluid displacement ratio 
8 = contact angle 
p = viscosity 
p = density 
CT = interfacial tension 
‘t = adhesion tension 
9 = porosity 
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SUBSCRIPTS 

s = solid 
1 = liquid 
o =oil 
w = water 
@ = contact angle 
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C H A P T E R  7 

APPLIC~TIONS OF 
DARCY s LAW 

This chapter describes the characteristics of the flow of fluids through 
porous geological materials. The pores, or flow conduits, are complex, 
inter-connected capillaries and channels of variable sizes as described in 
previous chapters. The flow of compressible and incompressible fluids 
through porous rocks is described by Darcy’s Law and its derivatives. The 
simplest case of fluid flow through porous media is the linear flow of a 
single-phase fluid under a constant pressure gradient, which is known as 
linear steady-state flow. When two fluids are present in a porous medium, 
steady-state flow occurs under a constant pressure gradient only when 
the fluid staturations remain constant. If the saturations change with 
respect to time (for example, if the water saturation is increasing while 
the oil saturation is decreasing), the flow of fluids is characterized as 
unsteady-state flow. 

Steady-state and pseudosteady-state flow rate equations, based on 
Darcy’s law for linear and radial flow of compressible and incompressible 
fluids, can be used to predict the production performance of porous 
and permeable flow systems of simple geometry. In steady-state flow 
systems, the pressure and fluid velocity at every point throughout the 
porous system adjust instantaneously to changes in pressure or flow rate 
in any part of the system [l]. This flow condition occurs only when 
the rock is 100% saturated with a fluid and the pressure of the porous 
media is effectively maintained constant by either an active aquifer or 
the injection of a displacing fluid, Le., fluid withdrawal from the porous 
rock is exactly balanced by fluid entry across the open boundary and 
6p/6t = 0. If there is no flow across the reservoir boundary and the well 
is produced at a constant flow rate for a long time, the pressure decline 

415 
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throughout the reservoir becomes a linear function of time and 6p/6t = 
constant. When this flow regime occurs, it is referred to as pseudosteady 
state or semi-steady state. 

Natural reservoir systems do not ordinarily conform to any simple 
geometrical shape. The two most practical geometries are the linear flow 
system and the radial flow system. In the linear system, the flow occurs 
through a constant cross-sectional area and the flow lines are parallel. In 
the radial system, the flow occurs between two concentric cylindrical 
surfaces, the well being the inner cylinder and the reservoir boundary 
the outer cylinder. Another flow system of interest is the spherical 
geometry. Finally, reservoir fluids are classed either as incompressible 
or slightly compressible liquid, or gas. A compressible liquid is defined 
as one whose change of volume is small with respect to the change of 
pressure. 

DARCY’S LAW 
To express the quantity of fluid that will flow through a porous rock 

system of specified geometry and dimensions, such as the one shown in 
Figure 7.1, it is necessary to integrate Darcy’s law over the boundaries of 
the porous system. This law, in its simple differential form, is: 

where: v = apparent fluid flowing velocity, cmJs. 
k = permeability of the porous rock, darcy. 
p = viscosity of the flowing fluid, centipoise. 

dP - = pressure gradient in the direction of flow, atm/cm. 
dx 
x = distance in the direction of flow, always positive, cm. 

This one-dimensional empirical relationship was developed by French 
engineer Henry Darcy in 1856 while he was investigating the flow of 

Pin pout 

-L- 

Figure 7.1. Typical linearpow system in a core sample. 
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water through sand filters for water purification [ 2 ] .  The experimental 
variation in this investigation is the type of sandpack, which had the 
effect of changing the value of the permeability. All of the experiments 
were carried out with water; therefore, the effects of fluid density 
and viscosity on Equation 7.1 were not investigated [ 3 , 4 ] .  In addition, 
Darcy’s law holds only for conditions of viscous flow, i.e., the rate of 
the flowing fluid is sufficiently low to be directly proportional to the 
potential gradient. Another requirement of this law is that the flowing 
fluid must not react chemically with the porous medium. Such a reaction 
can alter the permeability of the sand body as flow continues. The 
sandpack in Darcy’s original experiment was always maintained in the 
vertical position. Subsequent researchers repeated this experiment under 
less-restrictive conditions and found that: 

(1) Darcy’s law could be extended to fluids other than water, 
(2) the constant of proportionality is actually the mobility ratio Up, and 
(3) Darcy’s law is independent of the direction of flow in the Earth’s 

gravitational field. 

The gradient dp/dx is the driving force, and may be due to fluid 
pressure gradients and/or hydraulic (gravitational) gradients [ 51. Gener- 
ally, the hydraulic gradients are small compared with the fluid pressure 
gradients, and are, therefore, negligible. In oil reservoirs with a large 
expanding gas cap and considerable gravity drainage characteristics, 
however, the gravitational gradients are important and must be taken 
into account when analyzing reservoir performance. 

LINEAR FLOW OF INCOMPRESSIBLE FLUIDS 
The following assumptions are necessary to the development of the 

basic equations describing linear flow of incompressible or slightly 
compressible fluids through porous media: 

(1) steady-state flow conditions exist; 
(2) the porous rock is 100% saturated with the flowing fluid; however, a 

fixed and immobile phase may be present and often is, as is the case 
for oil flow in a porous rock containing irreducible water saturation, 
or in the case of oil flow with an immobile gas phase of saturation 
less than critical gas saturation [ 5 ] ;  

( 3 )  the viscosity of the flowing fluid is constant; 
(4) isothermal conditions prevail; 
( 5 )  the porous rock is homogeneous and isotropic; 
(6) porosity and permeability are constant, i.e., independent of pressure; 
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(7) the flow is laminar, i.e., negligible turbulence effects; and 
(8) gravity forces are negligible. 

With these restrictions in mind, the apparent velocity is 

where q is the volumetric flow rate (cm3/sec) and A is the cross-sectional 
area perpendicular to flow direction (an2). The actual velocity (va) is 
determined by dividing the apparent velocity (v) by the porosity of the 
rock (Q). If an irreducible water saturation, Siw, is present, the actual 
velocity in a water-wet reservoir is: 

Combining Equations 7.1 and 7.2 yields: 

(7.3) 

(7.4) 

Separating variables and integrating between limits 0 and L, and p1 and 
p2, one obtains the following expression for the volumetric flow rate: 

Equation 6.5 is the conventional linear flow equation used in fluid flow 
calculations. This expression is written in the fundamental units that 
define the Darcy unit. Transforming it into the commonly used oilfield 
units, such that q = bbl/D, A = fi2, p = psi, L = ft, and k = mD, gives: 

( 5*615 30*483) = A(30.482) k(10-3) - A p  (1/14.7) ' 24 ~ 6 0 x 6 0  ~1 L 30.48 
or: 

In SI units, a flow rate of 1 m3/s will result for a fluid flowing through 
a porous medium with a permeability of 1 pm2, a cross-sectional area 
of 1 m2, and fluid viscosity of 1 Pa x s under a pressure gradient of 

Pa/m. 
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EXAMPLE 

A 10-cm long cylindrical core sample was subjected to a laboratory 
linear flow test under a pressure differential of 3.4 atm using a fluid 
of viscosity 2.5 cp. The diameter of the core is 4 cm. A flow rate of 
0.35 cc/sec was obtained. Calculate the permeability of this core sample. 

SOLUTION 

Figure 7.1 is a schematic representation of the core sample. lJsing 
Equation 7.5 the permeability of the core sample is: 

0.35 x 2.5 x 10 
12.57 x 3.4 

k =  = 0.204 Darcy = 204 mD 

To use Equation 7.6, one must first convert the data to oilfield units. 

AP = 3.4(atm) x 14.7 psi/atm = 50 psi 

q =  0.35- ~- -- ( ::c3) (30.148' cE3) (5.215 F) (24 D 

= 0.19 bbl/D 

L=(10cm)  -- 
(30148 c:) = 0'328 ft 

The permeability of this core sample using Equation 7.6 is: 

k =  
0.19 x 2.5 x 0.328 

1.127 x 103 x 0.0135 x 50 
= 204 mD - - qPL 

1.127 x 10sAAP 

Because of the many unit systems employed by the industry, it is very 
important that petroleum engineers be able to convert units from one 
system to another. 

To estimate the pressure at any point in a linear flow system, 
Equation 7.4 is integrated between the limits of 0 and x, and p1 and 
p, respectively, yielding: 

From Equation 7.5, one obtains: 

(7.7) 

P1 -p2 = ( 2 ) L  (7.8) 



420 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

Dividing Equation 7.7 by Equation 7.8 and solving for the variable 
pressure, p, yields: 

X 
P = (P2 - Pl), + PI (7.9) 

This equation indicates that the pressure behavior of a linear flow system 
during steady-state flow is a straight line as a function of distance. 

LINEAR FLOW OF GAS 
Consider the same linear flow system of Figure 7.1, except that 

the flowing fluid is now natural gas. Because the gas expands as the 
pressure declines, however, the pressure gradient increases toward the 
downstream end and, consequently, the flow rate q is not constant, but 
is a function of p. Assuming that Boyle’s law is valid (gas deviation factor 
z = 1) and a constant mass flow rate, i.e., pq is constant, one can write: 

Plql = p2q2 = Pq = PCl (7.10) 

where subscripts denote point of measurement,q is the mean flow rate 
and p is the mean pressure. Combining this relationship with Darcy’s 
law, i.e., Equation 7.5, gives: 

92P2 kAdP 
P Pg dx 

q=-=-- (7.11) 

where pg is the viscosity of gas in CP units. Separating variables and 
integrating between p1 and p2, and 0 and L gives: 

q 2 P 2 ~ L d x  = -- kA SP2 PdP 
Ps p1 

or: 

p2q2 = - kA (2) P F P 2  
CLgL 

(7.12) 

(7.13) 

The mean flowrate expression that follows can be derived by combining 
Equations 7.10 and 7.13: 

q = (E) (pl - p2)(p1 + p2) 

2 
(7.14a) 
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If one assumes the mean pressure p is equal to (p1 +p2)/2, 
Equation 7.14a reduces to: 

s = (E) (PI - p2) L 
(7.14b) 

Equation 7.14b is the same as Equation 7.5, which gives the volumetric 
flow rate of incompressible fluids. Therefore, the law for the linear flow 
of ideal gas is the same as for a liquid, as long as the gas flow rate is 
expressed as a function of the arithmetic pressure. 

To include the effect of changes in the gas deviation factor, z, from 
standard conditions of pressure, psc and temperature, p, to average 
pressure, and temperature, T, let: 

Combining Equations 7.14 and 7.15, and solving for qsc: 

(7.15) 

(7.16) 

where qsc is in cm3/sec. Inasmuch as p = (PI + p2)/2, Equation 7.16 
becomes: 

zscTsc kA P F P 2  qsc=(,>(A),(') (7.17) 

Converting from Darcy's units to practical field units and assuming 
zsc = 1 at psc = 14.7 psia and T,, = G O O F  or 520"R gives: 

0.112kA 
qsc = @P2) 

i!TpgL 
(7.18) 

where: qsc = volumetric flow rate at standard conditions, SCF/D. 

pg = gas viscosity, CP 
k = permeability of the reservoir rock, mD. 

A = cross-sectional area, ft'. 
T = mean temperature of the gas reservoir, OR 
Z = mean gas deviation factor at T and p dimensionless. 
L = length of the sand body, ft. 

Ap2 = pf - p; psia2. 
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If the mean flow rate is expressed in terms of ft3/day at the mean pressure 
p and mean temperature T and other variables are expressed in oilfield 
units, Equation 7.14 becomes: 

The following equation is useful in determining the outlet volumetric 
flow rate q2 at the pressure p2, which is generally the atmospheric 
pressure in a laboratory experiment: 

kA - (P1 - P2) 
PgL P2 

q 2  = -p (7.20) 

where q2 is in cm3/sec. If practical oilfield units are used in Equation 
7.20, where 9 2  is expressed in ft3/day: 

6.33 x i o 3 ~  - (pl - p2) 
(7.21) 

P2 
q 2  = P 

PgL 

In general, most equations used to study steady-state flow of incompre- 
ssible fluids may be extended to gas flow systems by simply squaring the 
pressure terms, and expressing the gas flow rates as SCFD and the gas 
formation volume factor in bbl/SCF. 

EXAMPLE 

A horizontal pipe having 2 in. inside diameter and 12 in. long is filled 
with a sand of 24% porosity. This sandpack has an irreducible water 
saturation of 28% and a permeability to gas of 245 mD. The viscosity of 
the gas is 0.015 cP. 

(a) What is the actual velocity of the gas (in cm/sec) under 1OOpsi 

(b) What is the average flow rate of the gas in ft3/D and cm3/sec? 
pressure differential? 

SOLUTION 

(a) The actual velocity, Va, of the flowing gas can be calculated from 
Equation 7.3 where $I = 0.24, SWi = 0.28, and the apparent velocity, 
v, can be obtained from Darcy’s law. Inasmuch as k = 0.245 Darcy, 



LINEAR FLOW OF GAS 423 

ps = 0.015 cP, L = 12 in. x 2.54 cm/in. = 30.48 cm, and Ap = 
(100 psi)/(14.7 psi/atm) = 6.80 atm, the apparent velocityis equal to: 

v = -  x - -  - 3.64 
0.245 6.8 
0.015 30.48 

and the actual velocity is: 

3.64 
v, = = 21.1 cm/sec 

0.24(1 - 0.28) 

(b) The mean volumetric flow rate of gas through this sandpack in ft3/D 
is obtained from Equation 7.19, where k = 254 mD, L = 1 ft, and 
A = 1’~(1/12)~ = 0.0128 ft2: 

6.33 x lo3 x 245 x 0.0218 x 100 
0.015 x 1 

q =  = 225.5 ft3/D 

or 

Day ) (30.483$) = 73.9- cc = 225.5- ( ::y) (24 x 60 x 60sec sec 

Assuming constant steady flow rate, q, a pressure distribution equation 
along a linear sand body also can be derived by combining Boyle’s and 
Darcy’s laws, and integrating between p1 and p, and 0 and x. Replacing 
L with x in Equation 7.12 and integrating: 

From Equation 7.13, one can obtain: 

(7.22) 

(7.23) 

Dividing Equation 7.22 by Equation 7.23 and solving for the variable 
pressure p gives: 

2 x  2 p2 = (p; - P1)- + P1 
L 

(7.24) 

This expression indicates that the pressure decline vs. distance during 
steady-state flow of gas through a linear system follows the parabolic 
curve. It also indicates that pressure is maintained near the inlet because 
of the release of energy stored in the gas, but it is still independent of 
fluid and rock properties. Generally, the use of linear steady-state flow of 
compressible and incompressible fluids is limited to laboratory testing. 
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DARCY’S AND POISEUILLE’S LAWS 
Darcy’s law for the linear flow of incompressible fluids in porous and 

permeable rocks and Poiseuille’s equation for liquid capillary flow are 
quite similar. The general form of Poiseuille’s law for the viscous flow of 
liquid through capillary tubes is: 

(7 .25)  

where: r = radius of capillary tube, cm. 

L = length of capillary tube, cm. 
p = viscosity of flowing fluid, Poise. 

Ap = pressure drop, dynes/cm2 (= 1.0133 x lo6 atm). 

If the fluid-conducting channels in a porous medium could be 
represented by a bundle of parallel capillary tubes of various diameters, 
then the flow rate through this system is: 

where: nj = number of tubes of radius rj. 
N = number of groups of tubes of different radii. 

This expression can be rewritten as: 

CAP 
P L  

q = -- 

(7.26) 

(7.27) 

where C is the flow coefficient (i E:, njf). It is evident that 
Equation 7 . 2 6  is similar to Equation 7.7 (Darcy’s law) where the 
coefficient C is equivalent to the permeability. Thus: 

where A is the total cross-sectional area, as illustrated in Figure 7 . 2 .  
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Figure 7.2. Poiseuille’s flow system for straight capillaries. 

Substituting A = nR2 (R is the radius of total cross-sectional area) in 
Equation 7.28 yields: 

N 
4 1 

8R2 . 
k = - 

J=1 

If the radii rj are the same for all tubes, this equation becomes: 

nr4 
8R2 

k = -  

(7.29) 

(7.30) 

The dimension of permeability is, therefore, L2 (length squared). Thus, 
if L is in cm, k = cm2. This measure is, however, too large to use with 
porous media, and the units of Darcy, or mD, are preferred by the oil and 
gas industry. 

This approach is, of course, an oversimplification of fluid flow in 
porous media, as the pore spaces within rocks seldom resemble straight, 
smooth-walled capillary tubes of constant diameter. 

LINEAR FLOW THROUGH FRACTURES AND CHANNELS 
Oil reservoirs with fracture-matrix porosity also contain solution 

channels. The matrix (intergranular porosity) is usually of low permea- 
bility and contains most of the oil (96%-99%). Whereas these fractures 
and solution channels may not contain a significant volume of oil, 
generally less than 4% of the total oil in a reservoir, they are 
very important to the attainment of economic production rates [6]. 
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Figure 7.3% Carbonate rock showing Figure 7.3b. Carbonate rock showing 
pomsity:A, vugs; B, joint channels; porosity derived f?om fracturing and 
C, bedding plane channels; 0, solution fissuring [5]. 
cbanneZ [5J. 

Fracture porosity is common in many sedimentary rocks and is formed 
by structural failure of the rock under loads caused by various forms of 
diastrophism, such as folding and faulting [8 ] .  Solution or vuggy porosity 
results from leaching of carbonate rocks by circulating acidic waters. 
Figures 7.3a and 7.3b show porosity derived from fracturing and fissuring, 
and porosity derived from solution along joints and bedding planes, 
respectively. Reservoir performance of most carbonates is considerably 
different than that of sandstone reservoirs due to the presence of 
strong directional permeability. In sandstone reservoirs, vertical 
permeability, k,, is generally much less than horizontal permeability, kn. 
In contrast, k,, in carbonate reservoirs commonly exceeds kh due to the 
dissolving effects of hot and acidic compaction-derived fluids moving 
upward, creating channels and vugs and enlarging existing fractures 
[7 ] .  In sucrosic dolomite reservoirs with intergranular porosity, k,, is 
often approximately equal to kh. Performance of sucrosic dolomites 
with intergranular interrhornbohedral porosity is similar to that of 
sandstones [ 51. 

FLOW THROUGH FRACTURES 

The significance of the fractures as fluid carriers can be evaluated by 
considering a single fracture extending for some distance into the body 
of the rock and opening into the wellbore, as shown in Figure 7.4 [9] .  
Recalling the classical hydrodynamics equation for flow through slots 
of fine clearances and unit width as reported by Croft and Kotyakhov 
[lo, 111: 

h3wfAp 
q =  l2pL (7.31) 

where: h = height (or thickness) of fracture, cm. 
wf = width of fracture, cm. 
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Figure 7.4. Linear model for fracturepow. 

L = length of fracture, cm. 
p = fluid viscosity, Poise. 

Ap = pressure drop (p1 - p2), dynes/cm2. 

The actual velocity of the fluid flowing through the fracture is thus: 

(7.32) 

Assuming that the porosity of the fracture is unity and the connate water 
saturation within the fracture is zero, the actual velocity (according to 
Darcy's law where Ap is expressed in dynes/cm2, k in Darcy, p in Poise, 
and L in cm) is: 

v = (9.869 x 1Op9kf)- AP 
PL 

(7.33) 

Combining Equations 7.32 and 7.33 and solving for the permeability of 
the fracture kf (where wf = cm and kf = Darcy): 

kf = 8.444 x 10'~: (7.34) 

Fractures are classified as open (visible open space), closed (no visible 
open space in thin section), partially filled, or completely filled [8]. 
Many carbonate reservoirs exhibit fractures with some degree of filling, 
which may consist of crystals of calcite, dolomite, pyrite, gypsum, etc. 
Precipitates from the leaching solution, which circulates through the 
carbonate rock and deposits fine particles inside the fractures and vugs, 
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contribute to the filling process. This leads to fractures with porosities 
ranging from very small to 100%. In addition, the connate water saturation 
in these fractures can be zero or 100% depending on the preferential 
wettability of the reservoir rock. 

Equation 7.34 is, therefore, valid only for the case where the fracture is 
totally open and clean of any filling particles, i.e., @f = 1. It also assumes 
that the connate water saturation in the secondary pores is zero, or 
So = 100% such as in reservoirs where the oil entered into a tight, oil-wet 
formation by upward migration along fractures from deeper zones. The 
Ain Zalah oil field, Iraq, appears to be such a reservoir [12]. In cases 
where @f < 1 and Swcf > 0, Equation 7.34 must be modified. However, 
determining the values of the fracture porosity and the connate water 
saturation within the fracture is difficult even with whole core analysis, 
because cores tend to break along the natural fracture plane as they 
are brought to the surface. In addition, many fractures form during the 
process of core recovery. The most common laboratory technique for 
estimating directly the matrix and fracture porosity was presented in 
1950 by Locke and Bliss [ 133. The actual permeability of the fracture can 
be determined from the equation of actual velocity of the fluid flowing 
through the fracture: 

(7.35) 

where @f is the fractional porosity of the fracture and Swcf is the connate 
water saturation in the fracture. By definition: 

(7.36) 

The apparent velocity from Equation 7.35 is: 

where the actual velocity is expressed as the actual rate of fluid flow 
through the fracture divided by the fracture area, or: 

(7.38) 

and the flow rate q is expressed by Equation 7.3 1. Substituting for Va and 
q in Equation 7.37 gives: 

(7.39) 
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Equating this expression with Darcy’s law (Equation 7.33) and solving 
for the actual permeability of the fracture (in Darcy) yields: 

kf = 8.444 x 106(1 - Swcf)$fW: (7.40) 

EXAMPLE 

A cubic block of a carbonate rock with an intercrystalline-intergranular 
porosity system has a matrix porosity of 19%. The permeability of the 
matrix is 1 mD. Calculate: 

(a) the permeability of the fracture if each square foot contains one 

(b) the flow rate in field units through the fracture and the fracture- 
fracture in the direction of fluid flow, and 

matrix system. 

The width of the fracture is 2.5 x lop3 in., the viscosity of the flowing 
fluid is 1.5 cP, and Ap across this block is 10psia. 

SOLUTION 

(a) The permeability of a fracture is estimated from Equation 7.34, where 
wf = 2.5 x lop3 x 2.54 = 6.35 x 

kf = 8.444 x lo6 x (6.35 x 

cm: 

= 340.5Darcy 

It is obvious from this extremely high value of permeability that 
fractures contribute substantially to the recovery of oil from tight 
formations that otherwise would be noncommercial. This contri- 
bution is actually even higher as one square foot of carbonate rock 
is generally likely to contain more than one fracture. 

(b) The flow rate through the fracture only can be estimated from Darcy’s 
law (Equation 7.6), where L = 1 ft, Ap = 10 psia, k = 340.5 Darcy, 
p = 1.5 cP, and Af = 0.0025 x 1 = 2.08 x ft2. Thus: 

340.5 x 2.08 x lop4 x 10 
1.5 x 1 

q = 1.127 = 0.533 bbl/Day 

The flow rate through the matrix only is also obtained from 
Equation 7.6, where the permeability of the matrix is 1mD and 
A, = Af = 1 - 2.08 x lo-* 1 ft2.ThuS: 

1 x l x l O  
1.5 x 1 

q = 1.127 x IOp3 = 0.0075 bbl/Day 
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The total flow rate through the block is: 

q = 0.533 + 0.0075 = 0.54 bbl/Day 

The importance of the fracture to the productivity of reservoirs can 
be better appreciated in terms of percentage contribution to the total 
flow rate, which for this case is 0.533/0.54 = 98.6%. 

The volume of oil contained in the fractures and matrix is [6] : 

Vo = Vom + Vof (7 .41)  

Where Vom is the volume of oil contained in the matrix, and Vof is 
the volume of oil contained in the fractures, which can be estimated 
from the following equation: 

where: Vo = oil-in-place, m3. 
As = surface area of producing formation, m2 

@m = fractional porosity of matrix only. 
h = average thickness of formation, m. 

$f = fractional porosity of fractures only. 
Swm = water saturation in matrix. 
S d  = water saturation in fractures. 

The recoverable volume of oil is: 

(7 .42)  

(7 .43)  

(7 .44)  

where: E, = recovery factor for the matrix, fraction. 
Ef = recovery factor for the fractures, fraction. 

If the permeability of the matrix is negligible, i.e., less than 0.1 mD, 

The average permeability of the fracture-matrix flow system can 
VoR = Vof Ef. 

be obtained from: 

(7 .45)  
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where: kf = fracture permeability 
k, = matrix permeability 

A = total cross-sectional area 
nf = number of fractures per unit area 
wf = fracture width, 

h = fracture height. 

The average permeability of the carbonate reservoir of the above 
example can be estimated from Equation 7.45: 
where: 

wf = 0.0025 = 2.08 x ft, A = 1 ft2,  nf = 1, and h = 1 ft. 

Inasmuch as: 

-- nfwfh - 2.08 x 10-5 
A 

Therefore: 

kmf = (2.08 x 10-’)(340.5) + ( 1  - 2.08 x 10-5)(10-3) 

= 0.072 Darcy 

FLOW THROUGH SOLUTION CHANNELS 

Craft and Hawkins and Aguilera combined Poiseuille’s law for viscous 
flow of liquids through capillary tubes with Darcy’s law for steady-state 
linear flow of incompressible fluids to estimate the permeability of 
solution channels (Figure 7.5) [ 1, 151. The actual volumetric rate of the 

9 

Figure 7.5. Channel-matrix system. 
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fluid flowing through a capillary tube of radius r, and length L is: 

(7.46) 

From Darcy's law, assuming the channel porosity, @,, and the irreducible 
water saturation, Siwc, are equal to unity and zero, respectively, the flow 
rate is equal to: 

2 *P 
PL 

q = 9.369 x 10-9~rck- (7.47) 

Equating Equations 7.46 and 7.47, and solving for the permeability of the 
solution channel yields: 

l~ = 12.6 x 106rc2 (7.48) 

where: k, = solution channel permeability, Darcy. 
rc = radius of tubular channel, cm. 

Porosity development in some carbonate reservoirs is due to leaching of 
carbonate rocks by mineralizing waters. Precipitates from this circulating 
water may be responsible for filling previously existing pores and 
channels with a variety of fine particles (salt, chert, anhydrite, and 
gypsum), making the porosity of the solution channel less than unity 
[8,15]. Furthermore, the water saturation in these channels, which 
formed due to circulating water, is unlikely to be zero. Thus, the actual 
area open to flow is: 

and Equation 7.48 becomes: 

k, = 12.6 x 106(1 - SiwJ @c r: (7.50) 

where: @, = solution channel porosity. 
Siwc = irreducible water saturation in the channel. 

The average permeability of a channel-matrix flow system can be 
calculated from the Equation [ 131 : 
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where: k, = permeability of channels, Darcy, 
k, = permeability of matrix, Darcy, 
A = cross-sectional area, cm2, 
n, = number of channels per unit area, and 
r, = solution channel radius, cm. 

Carbonate reservoirs dominated by a vugular-solution porosity system 
exhibit a wide range of permeability. The permeability distribution may 
be relatively uniform, or quite irregular. 

EXAMPLE 

A cubic sample of a limestone formation has a matrix permeability of 
1 mD and contains 5 solution channels per ft2. The radius of each channel 
is 0.05 cm. Calculate: 

(a) the solution-channel permeability assuming a vug-porosity of 3% and 
an irreducible water saturation in these channels equal to 18%; and 

(b) the average permeability of this rock. 

SOLUTION 

(a) The permeability of the solution-channel can be obtained from 
Equation 7.50: 

k, = 12.6 x 106(1 - 0.18)(0.03)(0.052) = 775 Darcy 

Using Equation 7.48, i.e., assuming QC = 1 and Siwc = 0, the permea- 
bility of a channel is 31,500 Darcy, which is more than 40 times 
the value of k, obtained from using Equation 7.50 and, therefore, 
unrealistic. 

(b) The average permeability of this block containing 5 channels is 
estimated from Equation 7.51, where A = 1 ft2 = 929cm2, and 
ncnr2/A = 5~(0 .05~) /929  = 42 x lop6: 

k,, = 42 x lop6 x 0.775 x lo6 + (1 - 42 x 10p6)(1) = 36.5 mD 

This example illustrates the importance of estimating the actual 
irreducible water saturation and porosity of the solution channels and 
fractures. These parameters are important in determining oil-in-place 
within vugular pores and fractures, and ignoring them can lead to 
overestimating the production capacity of wells in carbonate reservoirs 
[ 14-17]. 
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RADIAL FLOW SYSTEMS 
Figure 7.6 illustrates a single producing well located in a radial reservoir 

system. Flow in this system converges from the external boundary of 
radius re and pressure pe to the well of radius r, and pressure p,. The 
flow rate at any radius r and pressure p, according to Darcy’s law for 
radial incompressible fluid flow, is: 

(7 .52)  

In radial flow, the minus sign in Darcy’s law is no longer required as 
the radius r increases (from r, to re) in the same directions as pressure. 

Combining Darcy’s law, the law of conservation of mass, and 
the equation of state, the following general mathematical expression 
describing the flow of fluids in porous media, known as the diffusivity 
equation, can be derived: 

(7 .53)  

The ratio k/@pct is called the hydraulic diffusivity constant. Equation 
7 . 5 3  is for the case of unsteady-state flow because it is time dependent. 
This flow regime is beyond the scope of this book and, therefore, will 
not be discussed. The solution of differential Equation 7 . 5 3 ,  of interest to 
the development of steady-state and pseudosteady-state flow equations, 
is for the case of a centrally located well producing at a constant 

. 
F 

_____, . . . 
P 

..................... 

Direction of Flow 

Figure 7.6. Ideal radial flow system [47J, 



RADIAL FLOW SYSTEMS 43s 

volumetric rate. The exact form of these flow equations depends on 
the nature of external reservoir boundaries. Three basic outer boundary 
conditions exist: infinite pressure, constant pressure, and no-flow. 

STEADY-STATE FLOW 

Strictly speaking, steady-state flow can occur only if the flow across the 
drainage boundary, re, is equal to the flow across the wellbore wall at 
well radius r,, and the fluid properties remain constant throughout the 
reservoir. These conditions may never be met in a reservoir; however, 
in petroleum reservoirs produced by a strong water drive, whereby the 
water influx rate at re equals the well producing rate, the pressure change 
with time is so slight that it is practically undetectable. In such cases, the 
assumption of steady state is acceptable [ 181. Steady-state flow equations 
are also useful in analyzing the reservoir conditions in the vicinity of the 
wellbore for short periods of time, even in an unsteady-state system [ 191. 

Mathematically true steady-state flow occurs when ap/llt = 0, which 
reduces the diffusivity equation to: 

Integrating this differential equation gives: 

(7.54) 

(7.5 5a) 

where Ci is a constant of integration. For constant flow rate at the 
wellbore, one can impose the following condition on the pressure 
gradient at the well (from Darcy's law): 

Combining these two expressions and solving for Ci at the well: 

qP c. - - 
- 2nkh 

Substituting this term in Equation 7.55~;  
integrating between rw and re, where the 
respectively: 

(7.55b) 

(7.55c) 

separating variables, and 
pressures are p, and pe, 

(7.5 5d) 



436 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

Integrating Equation 7.55d and solving explicitly for the volumetric flow 
rate, q, results in the following equation: 

(7.56) 

Expressing all the terms in practical oilfield units, this relationship 
becomes: 

(7.57) 

where: qsc = surface production rate at Tsc = 60°F and psc = 14.7 psia, 
STB/D. 

k = formation permeability, mD. 
h = formation thickness, ft. 
p = oil viscosity, cP. 

Pe = external pressure, psia. 
pw = well pressure, psia. 
r, = well bore radius, ft. 
re = external radius, (43,56OA/n)'/*, ft. 
A = drainage area, acres. 

Bo = oil formation volume factor, bbl/STB. 

This equation is only valid for the case where the well is located at the 
center of a circular drainage area. 

The external pressure Pe is generally approximated by the static 
pressure of the reservoir, especially in the case of an infinite reservoir. 
In strong water-drive reservoirs, Pe is equivalent to the initial reservoir 
pressure pi. If the pressure pe cannot be determined with some rea- 
sonable accuracy, Equation 7.57 should be expressed in terms of the 
average reservoir pressure, p, which can be easily obtained from a 
pressure buildup or drawdown test [20]. 

Inasmuch as re >> r,, the volumetric average reservoir pressure may 
be expressed as [ 11 : 

(7.58) 

where p is the reservoir pressure at any radius r. From Equation 7.56: 

p = p w + -  9' In(;) 
2nkh (7.59) 
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Substituting the above expression into Equation 7.58, integrating, and 
solving explicitly for the volumetric flow rate, one obtains (in oilfield 
units): 

(7.60) 

assuming that the term </rz is negligible. It is important to emphasize 
that Equations 7.56 and 7.60 are strictly valid for the case of a single 
well in an infinite reservoir and strong water drive reservoir producing 
at steady-state flow conditions. These equations also apply equally well 
in an oil reservoir experiencing pressure maintenance by water injection 
or gas injection. 

PSEUDOSTEADY-STATE FLOW 

In bounded cylindrical reservoirs, the pseudosteady-state flow regime 
is common at long producing times. In these reservoirs, also called 
volumetric reservoirs, there can be no flow across the impermeable outer 
boundary, such as a sealing fault, and fluid production must come from 
the expansion and pressure decline of the reservoir. This condition of no 
flow boundary is also encountered in a well that is offset on four sides. 

If there is no flow across the external boundary, then after sufficiently 
long producing time elapses the pressure decline throughout the 
drainage volume becomes a linear function of time. Therefore, for a well 
producing at a constant production rate, the rate of pressure decline is 
constant: 

(7.61) 

where Vp is the drainage pore volume, which is equal to nrzh@, and 
c is the compressibility of the fluid at the average reservoir pressure. 
Substituting Equation 7.61 into the diffusivity equation (Equation 7.53, 
integrating twice and solving for the flow rate (in oiLfield units) gives [4] : 

(7.62) 

If the external pressure, pe, is unknown, Equation 7.62 should be 
derived in terms of the average reservoir pressure, p. The pressure p 
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at any radius r of the bounded reservoir is obtained from Equation 7.62: 

[ W / r w >  - O.5(r/r,l2 + 0.5(rw/r,)2] 
2 w - l  

p = p w + -  kh 
(7.63) 

If Equation 7.63 is used in Equation 7.58 and the integration carried out, 
the following expression is obtained for qsc (in oilfield units), assuming 
re >> TW: 

O.O0708kh(P - pw) O.O0708kh(P - pw) 
qsc = - - (7.64a) 

pBo[ln(r.Jrw) - 0.751 pB,ln(0.472re/rw) 

For other well locations, drainage area shapes, and external boundary 
conditions, the general form of Equation 7.64a is: 

(7.64b) 

where T', is an effective drainage radius that includes the effect that a well 
placement in a given drainage area will have on the performance of the 
well. The effective radius can be written as: 

(7.64~) 

where A is the drainage area (ft2), and CA is the shape factor, as shown 
in Table 7.1 [20, 251. 

When external reservoir boundaries are mixed, the methods of 
obtaining flow equations become more complex, especially during 
unsteady state. During steady-state flow, however, this system can be 
approximated by a radial cylindrical reservoir where only a fraction f of 
the reservoir periphery is open to water encroachment. The fraction f is 
referred to here as the drainage boundary index. This partial water drive 
reservoir is produced by two processes: 

(a) expansion of the reservoir fluid, and 
(b) displacement of the reservoir fluid by water. 
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TABLE 7.1 
VALUES OF THE SHAPE FACTOR FOR VARIOUS WELL LOCATIONS 

AND DRAINAGE AREA SHAPES 

System C A  System C A  0 31.62 +j1 21.83 rl 30.88 

0 31.6 

// 27.6 

mo. 27.1 

t& 21.9 

21.83 

5.38 
5 

I.11 2.36 

F11 12.98 
1 F{ 1 4.51 

4.51 

2.08 

2.69 

0.232 

0.1 15 

3.335 

3.1 57 

0.581 

0.1 11 

Kumar presented an equation giving the flow rate at any radius r 
between r, and re 1211: 

q , = q  1 - ( 1 - f ) -  [ r," 121 
(7.65) 

where q is the wellbore flow rate. If Equation 7.65 is substituted in Darcy's 
law (Equation 7.52), and integration is carried out between r, and re, 
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where the pressures are pw and Pe, respectively, and assuming r:/$ = 0, 
one obtains: 

0.00708kh(pe - pw) 
qsc = pB,[ln(r,/r,) - 0.50(1 - f)] 

(7.66) 

It is evident from Equation 7.66 that: 

(a) f = 0 represents no-flow condition at re, because for this value off, 
Equation 7.66 becomes similar to Equation 7.62, which is specifically 
derived for the case of bounded reservoirs under pseudosteady state. 

(b) f = 1 represents a full active water drive reservoir, and Equation 7.66 
becomes similar to Equation 7.57. f = 1 also represents a balanced 
five-spot water injection pattern with unit mobility ratio. 

(c) f > 1 indicates that the fluid volume entering a reservoir at re is greater 
than the fluid volume entering the well bore at r,, such as under 
excess fluid injection. Equation 7.66 provides away to determine the 
strength of water drive f, if the producing rate and pressure drop are 
known. The parameter f can be determined more accurately from 
transient well test analysis [22]. 

If the average reservoir pressure, p , is used instead of the external 
pressure, pe which is practically impossible to establish in such a mixed 
boundary system, Equation 7.66 becomes: 

0.00708kh(p - pw) 
pB,[ln(r,/r,) - 0.75 + 0.25fl qsc = 

This expression is similar to Equations 7.60 and 7.64 for f = 1 and 
f = 0, respectively, and can easily be derived by substituting p into 
Equation 7.58 and integrating. p is obtained from Equation 7.66 by 
assuming re > r, and replacing pe with p and re with r. Combining 
Equation 7.66 and 7.67 yields a very useful relationship for determining 
the external pressure of a mixed boundary system: 

(7.68) 

For a well in a closed outer boundary reservoir f = 0, and because at t = 0 
the external pressure, pe, is equivalent to the initial reservoir pressure, pi, 
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Equation 7.68 can be written in oilfield units as follows: 

1 l4l.2qs,pB 
P i - @ = - [  4 kh ] (7.69) 

The right-hand side of this equation corresponds to the amount of fluid 
produced, causing the reservoir pressure to drop from pi to p. It can be 
demonstrated that this pressure drop is also expressed as: 

If Equations 7.69 and 7.70 are combined, one obtains for time t: 

(7.70) 

(7.71) 

where t is in hours, ct is the total compressibility in psi-’ and the permea- 
bility is in mD. Craft and Hawkins defined this time as the readjustment 
time, tr, or the time required to establish a logarithmic pressure distri- 
bution between r, and re 111. For a well in a fully active water drive 
reservoir, i.e., f = 1, the constant 0.25 in Equation 7.69 is replaced 
by 0.50, and the constant 474.5 in Equation 7.71 is replaced by 949. 
Generally, steady-state flow equations should be used only when t, is 
small compared to the total producing life of the reservoir. If tr is too large, 
as it is often the case in fully active water-drive reservoirs, unsteady-state 
flow equations must be used. 

Skin Zone 

In many cases, it has been found that the permeability in the vicinity 
of the wellbore differs from that in the major portion of the reservoir 
as shown in Figure 7.7. This zone of altered permeability, ks, and radial 
extent, rs, is called the “skin,” and the degree of alteration is expressed in 
terms of the skin factor s [23, 241. The permeability of the skin zone can 
be reduced (s > 0) as a result of drilling and well completion practices 
as discussed in the next chapter. 

The average permeability of the formation in the vicinity of the 
wellbore also can be higher (s < 0) than that in the major portion 
of the reservoir after fracturing or acidizing the well at completion. 
Therefore, all the radial flow rate equations in this section, which were 
derived on the basis that the permeability of the formation is the same 
between r, and re, must be modified to include the effect of skin. This 
can be done either by subtracting the additional pressure drop (due to 
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Figure 7.7. Skin zone. 

wellbore damage) or the pressure increase (due to stimulation), Aps, 
from the (pe - p,) or (p - p,) terms, where: 

Aps = ( qscpBo >. 
0.00708kh 

(7.72) 

or by replacing the wellbore radius term, r,, by an effective or apparent 
wellbore radius, rwa, which is estimated from [24]: 

rwa = rWe-+ (7.73) 

For example, ifthe well is damaged or stimulated, Equation 7.67 becomes: 

0.00708kh(p - pw - Aps) 
pBo(ln (re/rw) - 0.75 + 0.25f) qsc = 

or: 

4sc = 

or, because In (re/rwa) = In (re/rw) + S: 

O.O0708kh(P - pw) 
pBo(ln (re/rwa) - 0.75 + 0.25f) 

(7.74) 

(7.75) 

(7.76) 
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Equation 7.76 is very general and more accurate than Equations 7.60 
and 7.64 because it includes the effect of wellbore condition, as well as 
the effect of the outer boundary of the reservoir. Equation 7.76 is valid 
for both steady and pseudosteady states, depending on the value of the 
parameter f. The skin factor is best obtained from pressure transient tests 
[ 18, 201. 

EXAMPLE 

(a) Calculate the production rate for an oil well in a 160-acre drainage 
area where the average pressure is partially maintained at 1,850 psia 
by water injection at the boundary. The following parameters are 
available : 

rw = 0.5ft 

h =  l6ft  

k = 180mD 

s = 2  

p = 2.2cP 

Bo = 1.1 bbl/STB 

pw = 1,230psia 

f = 0.25 

(b) What is the ideal production, i.e., no skin damage? 

SOLUTION 

In oilfield units, Equation 7.76 can be expressed as 

O.O0708kh(I', - p,) 
qsc = yB,[ln (r,/r,) - 0.75+0.25f + SI (7.77) 

(a) The radius of the drainage area is: 

re = (43,56OA/~)'.~ = (43,560 x 1 6 0 / ~ ) ~ , ~  = 1,489ft 

The production rate of this well is equal to: 

(0.00708)( 1 SO)( 16)( 1,850 - 1,2 30) STB 
= 561 - 

'"= (2.2)(1.1)[ln(1,489/0.5) -0.75+(0.25)(0.25)+2] D 

(b) The ideal production rate of this well is obtained by letting s = 0 
in Equation 7.77, which gives qsc = 715 STB/D. Thus, if this well is 
treated to remove the skin damage, an additional 154 STB/D will be 
produced, an increase of approximately 27%. 
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Dimensionless Pressure 

Steady-state and pseudosteady-state radial flow equations previously 
presented are strictly applicable to the case where the well is located at 
the center of a circular drainage area. For other well locations, drainage 
area shapes, and external boundary conditions, the dimensionless form 
of these flow equations is given by: 

kh 
qsc = ( 1*1.2pB,) (&) (7.78) 

In reservoir systems where the pressure change with time is negligible 
and the assumption of steady-state radial flow is applicable, the dimen- 
sionless pressure drop, p ~ ,  is: 

(7.79) 

As producing time increases the pressure decline throughout the 
reservoir becomes a linear function of time, and the assumption of 
pseudosteady-state flow becomes applicable. When this flow regime 
occurs, and Ap is equal to (pe - p,) or (pi - p,), the dimensionless 
pressure, PD, is: 

1 2.2458A 
2 ( r$cA ) PD = 2ntD,4 + -In (7.80) 

CA is a dimensionless shape factor whose value depends on reservoir 
shape and well location as shown in Table 7.1. The dimensionless time, 
tDA, is defined by: 

0.000263713 
tDA = ( QpCtA )t  

where the drainage area, A, is expressed in ft2 and producing time, t, is 
in hours. 

For pseudosteady state and Ap = p - pw , the dimensionless pressure 
PD in Equation 7.78 is given by: 

1 2.2458A 
PD = -In( 2 

r$CA ) (7.82) 
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For drainage areas with mixed outer boundaries and Ap = pe - pw, the 
expression for p~ during pseudosteady state is [22]: 

(7.83) 

As noted earlier, after an extended time of production at a constant rate, 
the bottom-hole flowing pressure, pw, becomes a linear function of time. 
A Cartesian plot of pw vs. time should yield a straight line with slope m*. 
For bounded drainage areas: 

(7.84) 

where m* is expressed in psi/hr. The pore volume of the drainage area. 
Vp(ft3), is: 

Vp = OhA = nr:h@ (7.85) 

Equation 7.84 is commonly used to calculate the pore volume, Vp, of a 
bounded reservoir. For mixed-boundary systems, such as in reservoirs 
under the influence of a partial water drive or in unbalanced injection 
patterns, the pseudosteady-state flow regime occurs only for small values 
of the drainage boundary index f. In this case, the slope of the straight 
line portion that corresponds to pseudosteady state, m*, can be obtai- 
ned from the derivative of Equation 7.83 with respect to dimensionless 
time tDA: 

apD = pb = 2n(l - f )  
at DA 

(7.86) 

Substituting for p~ and tDA, and solving explicitly for m* = dp/dt gives: 

(7.87) 

Equation 7.87 can be used to calculate Vp if f is known from pressure 
transient testing [22]. If the pore volume is known from other sources, 
then Equation 7.87 provides a way to calculate the index f. Note that for 
f = 0, i.e., the drainage boundary is closed, Equations 7.84 and 7.87 are 
identical. For the rare case where f = 1, the rate of change of pressure 
with time, dp/dt, is zero, and steady-state flow becomes the dominant 
regime. 
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The dimensionless pressure of a well producing at a constant rate in the 
infinite-acting portion of the pressure vs. time curve, i.e., during unsteady 
state, is approximated by: 

1 5.92 x 10-*kt 

2 @CLctrw 
2 ) (7.88) 

In this case, the pressure drop, Ap, in Equation 7.78 is actually (pi - pw), 
where pi is the initial reservoir pressure. Equation 7.88 is applicable only 
if (0.0002637 kt/@yctr:) > 100. 

EXAMPLE 

A Cartesian plot of pressure data recorded during a constant rate well 
test in a water driven oil reservoir yielded a pseudosteady-state straight 
line with slope -0.26 psihr. Other pertinent reservoir and well data 
include the following: 

A = 7.72 acres 

h = 4 9 f t  

@ = 0.23 

qs, = 350 STB/D 

Be = 1.136 bbl/STB 

CE = 17 x 10- psi-' 6 

Determine the drainage boundary index f. Is the pressure at the 
drainage boundary constant? 

SOLUTION 

The drainage boundary index f is calculated from a rearranged form of 
Equation 7.87: 

where the drainage pore volume is: 

Vp = Ah@ = 7.72 x 43,560 x 49 x 0.23 = 3.79 x lo6 ft3 

The boundary index is: 

(7.89) 

(-0.26) = 0.82 1 17 x lo6 x 3.79 x lop6 
0.234 x 350 x 1.136 

f = l +  
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since f < 1 ,  the pressure at the drainage boundary is not constant because 
either the water drive is not very strong or only a fraction of the reservoir 
boundary is open to water drive. 

RADIAL LAMINAR FLOW OF GAS 
Three approaches are available for describing gas flow through 

porous rock. 

If the reservoir pressure is high (p > 3000 psia), the radial flow 
equations of the previous section, even though they were developed 
strictly for the case of liquid flow, can be used to analyze gas flow by 
converting gas flow rates from SCFD to STBD and calculating the 
formation volume factor in bbl/SCF from: 

ZT 
Bg= 0.00504- 

P 
(7.90) 

where the gas deviation factor z is estimated at the average reservoir 
pressure p , and the reservoir temperature T is expressed in OR. Using 
this procedure can lead to large errors under certain conditions, 
as the diffusivity equation describing liquid flow in porous rock 
(Equation 7.53) was derived on the assumption that small pressure 
gradients are negligible. In low-permeability gas reservoirs, however, 
these gradients can be considerably high. 
If the average reservoir pressure is low (p < 2000 psia), the radial 
gas-flow equations can be derived in terms of the pressure-squared 
function, p2. This classical approach is discussed in the next section. 
If the reservoir pressure is intermediate (2000 < p < 3000 psia), the 
real gas pseudo-pressure function, m(p), is more accurate than 
the pressure or the pressure-squared approach. Actually, in tight 
gas formations the m(p) approach must be used, especially if 
the reservoir is produced at high rates. This function is defined 
as [26, 271: 

(7.91) 

where Pb is an arbitrary base pressure, and m(p) is expressed in 
psi2/cP. Equation 7.91 only accounts for changes in p and z, and 
fails to correct for changes in gas compressibility, c, and kinetic 
energy. When the real gas pseudopressure is used, the diffusivity 
equation (7.54) becomes: 

(7.92) 
dr2 
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The steady- or pseudosteady-state solutions of this diffusivity equation 
can be obtained using essentially the same mathematical procedure as 
that used to solve Equation 7.54 for the flow of incompressible fluids. 
Thus, Equation 7.77 is equivalent to: 

w m ( p )  - m(pw)l 
1,422T[ln (0.472re/rw) + 0.25f + s)] qsc = (7.93) 

where: qsc = gas flow rate at T,, = GOOF and psc = 14.7 psia, MSCF/D. 
k = permeability, mD. 
h = thickness of formation, ft. 
T = absolute reservoir temperature, OR 
re = drainage radius, ft. 

r, = wellbore radius, ft. 
f = drainage boundary index, dimensionless. 
s = total skin factor, dimensionless. 

m(pw), m(p) = real gas pseudo-pressure at the well pressure and the 
average reservoir pressure, respectively, psi2/cP. 

The real gas pseudopressure terms at any pressure, m(p), can be obtained 
from published tables or by numerical integration (trapezoidal rule) 
[26, 281. p also can be converted to m(p) by plotting the group 2p/pgz 
vs. p on a Cartesian graph. This group is calculated for several values of 
p using experimental values of pg and z. The area under the curve from 
any convenient reference pressure, generally zero, to p is the value of 
m(p) corresponding to p. 

The m(p) approach is theoretically a better method than p and p2 
approaches because it is valid for all pressure ranges, especially during 
the unsteady-state flow regime when pg and z may vary considerably. 
Inasmuch as only the radial flows of gas during the steady and pseudo- 
steady states are considered, all the gas-flow equations in the remainder 
of this chapter will be expressed in terms of the pressure-squared 
approach, and ps and z will be assumed to remain constant at the average 
reservoir pressure. Several approaches are available in the literature for 
deriving radial gasflow equations during the steady-state flow regime 
[27-291. By treating natural gas as a highly compressible fluid, radial flow 
equations may be developed by combining Darcy’s law (assuming laminar 
flow): 

(7.94) 
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the continuity equation: 

i a  aP 
--(prv) = 0- r ar a t  

and the equation of state for real gas: 

M P  p =  -- 
RT z 

(7.95) 

(7.96) 

Assuming cg is approximately equal to Up, the diffusivity equation 
describing the real gas flow in cylindrical porous and permeable rock is: 

(7.97) 

where pg is estimated at the average reservoir pressure p. This differential 
equation has essentially the same form as the diffusivity Equation 7.54, 
which was derived for incompressible fluids, except that the dependent 
variable, p, has been replaced by p2. This similarity suggests that the 
solutions to Equation 7.97 also will be of the same form as those for 
Equation 7.54. 

Real gas-flow equations differ from incompressible fluid flow equations 
because the gas-flow rate, q, varies with pressure due to the compressi- 
bility of gas. To make the wellbore flow rate a constant, let: 

where q and q,, are expressed, respectively, in bbl/D and MSCF/D, and 
the gas formation volume factor is defined by Equation 7.90 in bbl/SCF. 
Thus: 

z 
q = ( 5 . 0 4 T Q  - (7.99) 

P 

the volumetric flow rate, in bbl/D, at any radius in the reservoir, according 
to Darcy's law, where the permeability is expressed in mD, is: 

(7.100) 

If Equations 7.99 and 7.100 are substituted in Equation 7.65 and the 
variables separated, one obtains: 

r2] 

(1.404 x pdp  
1 - ( 1 - f ) -  - =  

r,' Tq,, PSZ 
(7.101) 
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If one assumes pg and z remain constant at the average reservoir pressure 
and integrating between r, and re, where the pressures are pw and Pe, 
one finds: 

It can be shown from Equation 7.102 that for re >> r, the volumetric flow 
rate at standard conditions, including the skin factor s, is as follows: 

WP: - P 3  
qsc = 1, 422pgzT(ln (re/rw) - 0.50( 1 - f )  + s) 

(7.103) 

The analysis of this equation with respect to f is similar to that of 
Equation 7.66 for incompressible fluids, Le., if f = I, the gas reservoir 
is under the influence of a full active water drive and the dominant 
flow regime is the steady-state; if f = 1, then the reservoir is bounded 
and, therefore, the dominant flow regime is the pseudosteady state. 
Equation 7.103 can, of course, be used to determine the strength of 
the water drive, f, if the producing rate and pressure are known. 

If the external pressure, Pe, is not known, an equation similar to 
Equation 7.65 can be derived by expressing this equation in terms of 
the reservoir pressure p at any radius r: 

(7.104) 1'422pgzTqsc [.( 2) - 0.50(1 - f )  + s 

If the above expression is substituted in Equation 7.58 and integration 
is carried out between two radii r, and re, one obtains-after some 
algebraic manipulations-the following equation for qsc : 

WP2 - P:) 
1,422pgzT(h (re/rw) - 0.75 + 0.25f + s) qsc = (7.105) 

A useful relationship between the external boundary pressure and the 
average reservoir pressure can be obtained by equating Equations 7.103 
and 7.105, and solving for Pe: 

(7.106) 

The value of the water drive (or drainage boundary) index is significant 
only if the petroleum reservoir is small, especially when f = 0.50. 
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For other well locations inside closed (or bounded) drainage area 
shapes (f = 0), the general form of Equation 7.105 is: 

WP2 - P$) 
qsc = 

1,422pgzT[ln(rG/r,) + SI (7.107) 

where r is given by Equation 7.64~.  

EXAMPLE 

A well is producing 275 MSCFD from a gas reservoir under the 
influence of a partial water drive with an index of 0.5. Calculate 
the wellbore pressure and the pressure at the drainage boundary. The 
following reservoir and fluid properties are known: 

pg = 0.035 CP k = 5 m D  Swi = 17% 

z = 0.95 h = 3 5 f t  @ =  12% 

T = 130°F 

p = 2,720 psia 

s = o  

re = 2,640 ft 

r, = 0.5 ft 

SOLUTION 

The wellbore pressure can be obtained from Equation 7.105: 
0.5 

pw = [p' - m(Ln (') - 0.75 + 0.25f)l 
r, 

where: 

qscPgZT m =  
0.702 x lO-3kh 

Substituting the values of the fluid and reservoir properties gives: 

(275)(0.035)(0.95)(460 + 130) 
(0.702 x 10-3)(5)(35) 

= 43,895 m =  

and: 

2,720' - (43,895) In - - - + 0.25)]0.5 - ( ('I:) = 2,655 psia 
4 2  
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The pressure at the drainage boundary is obtained from Equation 7.106: 

0.5 

2,7202 + (43,895) (?)I = 2,723 psia 

which is only 3 psia higher than the average reservoir pressure. 

TURBULENT FLOW OF GAS 
As the velocity of the gas flowing through the porous rock is increased, 

i.e., the well is produced at higher flow rate, deviation from Darcy's 
law is observed. Various explanations for this deviation are presented 
in the literature [30-451. The generally accepted explanation of this 
phenomenon is attributed to Wright, who demonstrated that, at very 
high velocities, the deviation from Darcy's law is due to inertial effects 
followed by turbulent effects [28, 321. Actually, this phenomenon was 
observed by Reynolds in 1901 for flow in pipes [ 3 5 ] .  Hubbert demon- 
strated that the transition from laminar flow to turbulent flow in porous 
media covers a wide range of flow rates [36]. 

LINEAR TURBULENT FLOW 

The quadrangle relationship suggested by Forchheimer is generally 
found to be acceptable for expressing fluid flow under both laminar 
and turbulent conditions [41].  For horizontal, steady-state flow, this 
equation is: 

(7.108) 

where: p = pressure, atm. 
L = length, cm. 

pLs = viscosity of fluid, cP. 
k = permeability, Darcy. 
v = velocity, cm/sec. 
p = density of fluid, g/cm3. 
p = turbulence or non-Darcy factor, atm-sec2/g. 

If p is given in atm-sec2/g use the following expression to convert it 
to ft-': 

atm - sec2 
p(ft-l) = p( ) x 3.0889 x lo6 



TURBULENT FLOW OF GAS 453 

For gases, Katz et al. expressed Equation 7.108 in terms of the mass 
flow rate, q,, because the mass flow rate is a constant when the 
cross-sectional area, A, is constant, permitting integration of Forchheimer 
equation [35]. Let 

where p is the density of the fluid and q is the volumetric flow rate. 

Equation 7.109, the mass flow rate is: 
If the equation of state for real gases (Equation 7.96) is substituted in 

q m  = ($)vA 

Solving for v and substituting in Equation 7.108 gives: 

2 dp ZRT Pgqm ----[,+P(F)] dL - pM 

(7.110) 

(7.11 1) 

If the variables are separated and integration is carried out over the length 
of the porous body, such as a core of length L and where the inlet and 
outlet pressures are p1 and p2, respectively, one obtains: 

(7.112) 

The gas deviation factor Z is kept outside the integrand because it is 
assumed to remain constant at the average pressure p , which is equal to 
(p1 + p2)/2. The integration gives: 

(7.113) 

In practical oillield units, Equation 7.1 13 can be written as follows: 

(7.114) 

where yg is the specific gas gravity. 
Cornell used Equation 7.113 to evaluate the permeability, k, and 

non-Darcy factor, P for a large number of core samples from a variety of 
rocks by dividing the left-hand side of Equation 7.1 13 by qm and plotting 
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Figure 7.8. Evaluation of p and K. 

it against qm/Apg, as shown in Figure 7.8 [37]. Equation 7.113 may be 
written in the general form: 

1 
Y c k  = P&k + - k 

where Y c k  (atm-sec/cm2-cP) is given by: 

(7.115a) 

and the variable &k(g /crn2-sec-cP) is: 

(7.1 15b) 

(7.1 1%) 

The subscript ck stands for Cornell-Katz. Equation 7.115a plots as a 
straight line, with slope b and intercept l/k. Such a plot can be used 
to estimate the non-Darcy flow coefficient, as well as the permeability 
of the sample. This apparent permeability must be corrected for the 
Klinkenberg effect to obtain the absolute permeability as explained 
in the Appendix especially at very low pressures. At high pressure, 
the Klinkenberg effect is negligible. Figure 7.9 is a log-log plot of the 
turbulence factor versus permeability, which can be used to estimate 
p knowing k for any reservoir: 

4.11 x 10'' 
= k4/3 (7.116a) 
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Figure 7.9. Correlation of p with K and f .  

Figure 7.9 also shows a correlation of P with porosity and permeability 
for carbonate and sandstone reservoirs. A reasonable estimation of the 
non-Darcy flow coefficient, P (ft-'), can be obtained from the following 
equation [34]  : 

4.85 x io4 
05.5  Ji; P =  (7.116b) 

where: k = average permeability, mD. 
4 = porosity, fraction. 

Using experimental flow data on consolidated and unconsolidated sand- 
stone, carbonate, and dolomite core samples, Liu and Civan obtained 
a correlation of p (K') with respect to permeability (mD), porosity 
(fraction), and tortuosity z [38] : 

8.91 x 108z 

4k 
P =  (7.116~) 
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Experimental and theoretical work of Firoozabadi, Thomas, and Todd 
clearly shows that: 

(a) changes in fluid properties over the length of the porous system 
do not account for the inadequacy of Darcy’s law at high-velocity 
flow, and 

(b) the non-Darcy or high-velocity flow coefficient p is a function of 
rock properties and does not depend on the length of the porous 
system [ 4 5 ] .  

It is important to emphasize that the values of p obtained from 
Figure 7.9 and Equations 7.116a-c are only approximations. The non- 
Darcy flow coefficient p is best determined from laboratory measure- 
ments on cores obtained from the gas reservoir of interest. Values of p 
measured on several core samples obtained from different layers need to 
be averaged as follows before being applied in radial flow equations: 

(7.116d) 

where fi is the fraction of the total cross-sectional area or height of the 
core plug associated with the ith layer of height hi, or expressed, 
mathematically, fi = hi/hT, where hT is the total thickness. Jones’ original 
equation for calculating p did not include the term kifi, which is 
actually the average permeability [33]. 

EXAMPLE 

1. Determine the average or effective non-Darcy flow coefficient of a 
two-layer gas reservoir, knowing the following data. 

Layer k(mD) @ P W - 9  h (fit) 
1 35.6 0.166 5.22 xlO* 10 
2 155 0.138 3.75 x lo7 15 

2.  In the absence of lab-derived values of p, which of the correlations 
would have been applicable in this reservoir? 

SOLUTION 

1. The fraction f is 10/25 = 0.40 in layer 1, and 15/25 = 0.60 in layer 2 .  
The summation terms in Equation 7.116d are: 

pik3fi = 5.22 x 10’ x 35.63 x 0.40  + 3.75 x 10’ x 1553 x 0.60 

= 93.2 x 1OI2 
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2. 

C(kifi)2 = (35.6 x 0.40)2 + (155 x 0.60)2 

= 8851.77 

kifi = k = 35.6 x 0.40 + 155 x 0.60 

= 107.24mD 

From Equation 7.1 16d, the average non-Darcy flow coefficient is: 

- 93.2 x 10l2 
= 9.82 x 10'ft-I 

= 8851.77 x 107.24 

The arithmetic average porosity of the two layers is (0.166 + 
0.138)/2 = 0.152, and the average permeability is 107.24 mD. 
Substituting these values into Equations 7.116a and b, we find, 
respectively: 

4.11 x 10"' 
= ( 107.24)4/3 

= 8 x lo7 ft-' 

4.8s x io4 
= 14.8 x 10' f t - I  

0.1525.5 x Jm P =  

The value of p obtained from Equation 7.116a compares well with the 
lab-derived p. 

EXAMPLE 

A consolidated sand core 2cm in diameter and 5cm long has a 
permeability of 225 mD and a porosity of 20%. Air at 75°F is injected into 
this core. The inlet pressure is 100 psia and the outlet pressure 14.7 psia. 
The viscosity of air is 0.02 cP, and the compressibility is assumed to be 
equal to 1 .O. Calculate the mass flow rate. 

SOLUTION 

The mass flow rate for air can be calculated from Equation 7.1 13. Let 
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Thus, Equation 7.1 13 becomes: 

aq, + bqm f c  = 0 2 

This is, of course, a quadratic equation with two solutions: one negative 
and one positive. Inasmuch as the negative value has no physical mean- 
ing, the solution is: 

1 
2a qm = -[-b + (b2 - 4a~) ' .~]  

For k = 225 mD and 9 = 20% the value of p from Equation 7.116a is 
3 x lo7 ft-l. Inlaboratoryunits [g, = 1,013,420(g - cm)/(atm/cm2)(s2)], 
p is equal to: 

3 x 10' 
= 0.97 atm-sec2/g 

= (2.54)( 12)( 1,013,420) 

The cross-sectional area is equal to: 

4 

The other variables in laboratory units for q m  in g/s  are: 

M = 29 g/g-mole. 

R = 82.06 cm3-atm/(g-mole) (OK). 
T = 297.2"K. 
L = 5 c m .  

k = 0.225 Darcy. 

pg = 0.02  CP. 

p: - p i  = 6.802 - 1= 45.28 atm2. 

The values of the constants a, b, and c are 

0.97 
(0.02)(3.14)  

1 
0.225 

a =  = 15.44 

b=-- - 4.44 

= -0.85 
(29)(3.14)(45.28)  

(2)(  1)(82.06)(297.2)(0.02)(5) 
C =  

Thus, the equation describing the mass flow rate through the core is: 

15.449; + 4.44qm - 0.85 = 0 
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and qm is equal to: 

1 g 
(2)(  1 5 .44)  S 

{ - 4.44 + [4.4d2 + (4)(15.44)(0.85)]0.5}  = 0.13  - qm = 

To change this mass flow rate to volumetric flow rate, which is more 
commonly used, the density of the fluid at some pressure must be 
calculated and the mass flow divided by the fluid density. At an average 
pressure p = (100 + 1 4 . 3 1 2  = 57.35 psia or 3.9 atm, the density of 
the fluid [p = Mp/zRT] is equal to: 

and the volumetric flow rate, q, at the average pressure is equal to: 

0 .13  cm3 
= 28 - 

4.64 x 10-3 S 

FRICTION FACTOR OF POROUS ROCKS 

In flow of fluids in pipes, it is important to know if the flow is laminar 
or turbulent. The laminar flow regime is dominant if the fluids move 
along smooth streamlines parallel to the wall of the pipe. The velocity 
of the flowing fluid is virtually constant in time during laminar flow. The 
turbulent flow regime is dominant if the fluid velocity at any point in 
the pipe varies randomly with time. The differences between these two 
flow regimes were first investigated by Reynolds. His experimental and 
theoretical work showed that the nature of the flow regime in pipes 
depends on the Reynolds number (Re=Dvp/y), where D is the pipe 
inside diameter. In engineering practices if: 

(a) Re < 2,100, flow is in the laminar region, 
(b) 2,100 < Re e 4,000,  the nature of the flow regime is unpredictable, 

i.e., flow passed through a transition region in which both laminar 
and turbulent flow regimes can be present, and 

(c) Re > 4,000,  the flow is fully turbulent. 

The flow of gas in very rough pipes can be considered fully turbulent 
because gas flows at high velocities and therefore high Re. Dimensionless 
analysis of energy loss in pipe flow of gas led to the concept of the friction 
factor. Moody showed that the friction factor, 2DAp/pLv2, where L is 
the pipe length, is a function of Re and the relative roughness of the pipe 
[ 4 3 ] .  Using a similar approach, Cornell and Katz investigated the flow 
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Figure 7.10. Friction factor for porous rock[40/. 

of gas through porous media in terms of the Reynolds number and the 
friction factor [40]. They found that in order to analyze the gas flow rate 
in porous media at very high velocities, i.e., under the turbulent flow 
regime, the friction factor must be plotted versus Reynolds number, 
Re, as shown in Figure 7.10. The friction factor of a porous rock is 
equal to: 

where the subscript pr stands for porous rocks, and 

g, = conversion factor, 32.17 Ibm - ft/(lbf)(s2). 
p = fluid density, l b m / f ~ ~  
p = pressure, lbf/ft2. 
A = cross-sectional area, ft2. 
P = turbulence factor, ft-' . 
L = length of flow, ft. 

qm = mass flow rate, lb,/s. 
fpr = friction factor, dimensionless. 

(7.1 17) 
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Using the same units, the Reynolds number of a porous rock is equal to: 

Pkqm 
6.33  x 10lOApg 

Repr = (7.118) 

where the permeability k is expressed in mD and the viscosity in cP. The 
porous media Reynolds number, Rep,, is unitless. 

Figure 7.10 shows three regions [ 4 0 ] :  

(a) for Re,, < 0.08, the curve is a straight line of slope equal to - 1 ;  

(b) a transition region for 0.08 < Rep, < 8; and 
(c) a horizontal line for Re,, > 8. (turbulent flow) 

(laminar flow) 

It is important to note that the unit-slope line and the horizontal line 
intercept at Re,, = 1 .  The existence of a straight line for small Reynolds 
numbers indicates that the pressure drop (p1 - p2) for a given porous 
medium is directly proportional to the flow rate (q,), and that the laminar 
flow regime is dominant. Darcy’s law is applicable during this portion 
of the curve only because the magnitude of the group of terms (ppv2) 
in Equation 7.108 is too small to be detected in experimental data [ 4 2 ] .  
As the flow rate increases and Repr becomes larger, the turbulent flow 
regime becomes increasingly dominant. The horizontal portion of the 
fpr-vs.-Repr curve corresponds to the so-called non-Darcy flow, or fully 
turbulent flow regime. Katz and Lee and Firoozabadi and Katz suggested 
abandoning the concept of Darcy and non-Darcy flow [42 ,  441. They 
recommended the use of viscous Darcy flow” to describe the flow regime 
observed at low flow rates, and for high velocity flow to use “quadratic 
Darcy flow.” Viscous Darcy flow theoretically occurs only when the flow 
rate is infinitely small [ 4 4 ] .  

EXAMPLE 

Solve the previous example using the friction factor plot for porous 
and permeable rock (Figure 7.10). 

SOLUTION 

The variables have to be converted to the units used to derive 
Equations 7.117 and 7.118, which were used to generate the log-log plot 
of fpr-vs.-Rer. Thus, from the previous example, 

p = 3 x 1 0 7 f t - l .  
A = 3.5/30.482 = 3.767 x lOU3 ft2. 
p = (4 .64  x 10-3)(30.483/453.6)  = 0.29 lb/ft3. 
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L = 5/30.48 = 0.164 ft. 
Ap = 85.3 psi = 85.8 x 144 = 12,283 psf (or lb/ft2). 

The Reynolds number and the friction factor are: 

= 1,415.38 q m  (7.119) 
(3 x 107)(225)qm 

Repr = 
(6.33 x 1O1')(3.767 x lO-3)(O.O2) 

(64)(32.17)(0.29)(12,283)(3.767 X 10-3)2 
fpr = (3 x 1O7)(O.164)q& 

2.115 x 

qm 
- - 

2 (7.120) 

A trial-and-error method is necessary to solve for the flow rate. The correct 
value of qm is such that the calculated values of Re,, and fpr behave 
according to the fpr-vS-Rep, curve in Figure 7.10. A practical first guess 
is Re,, = 1. From Equations 7.119 and 7.120, fpr = 42.3 for Repr = 1. 
However, for Re,, = 1, Figure 7.10 gives fpr = 120. After several trials, 
it determined that Repr = 0.48 and fpr = 182 are correct; thus, qm = 
3.40 x lo-* Ib/sec or 0.158 g/sec, which is approximately the same value 
obtained from Equation 7.116. 

This trial-and-error method can be simplified by using Tiab's 
correlations relating the friction factor directly to the Reynolds number 
[45]. These correlations are based on a large number of data of fpr and 
R e p  presented by Cornell and Katz for various sandstones, dolomites 
and limestones (Figure 7.10) [40]: 

(a) For Repr < 0.08 

(b) For 0.08 < Repr < 8 

fpr = e 3.1423 + 1.7534Re~~2805 

(c) For Repr > 8 

(7.121) 

(7.122) 

(7.123) fpr = 63.5 
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A general formula that covers the laminar and turbulent flow regimes, 
and the transition range in between is: 

f - e3.5528 + 1.4253Rep0.2956 
P' - (7.124) 

Equation 7.122 has a maximum error of 1%. Equation 7.124 has a 
maximum error of 5%. 

Inasmuch as the range of Reynolds number is not known until the flow 
test is completed, the generalized correlation (Equation 7.124) must be 
used first to estimate the mass flow rate, qm. Substituting Equations 7.117 
and 7.1 18 into Equation 7.124, one can derive the following relations: 

where: 

64gcpA2Ap 
PL 

Ji = 

and: 

52 = 6.33 x 10lOApg 
Pk 

(7.125) 

(7.125a) 

(7.125b) 

The mass flow rate is determined from the following procedure: 

Assume several values of Reynolds number Rep, in the range of 
0.01 to 100, and calculate the corresponding values of qm from 
Equation 7.118. 
Calculate values of the function J(qm) using Equation 7.125, which 
has a maximum error of 5%. 
Plot J(qm) VS. qm on a semilog graph (qm is on the log-axis). 
The correct value of the mass flow rate qm corresponds to J(qm) = 0 
on the graph, as shown in Figure 7.1 1. 
For more accuracy - ix., less than 1% error in the value of qm - 
calculate Repr, which corresponds to qm obtained in Step 4 using 
Equation 7.1 18. 
If this value of Repr is less than 0.08, then use the following equation 
to calculate a new value of qm: 

qm = (5.122 x 10"~)  -- (::I (7.126) 

Equation 7.126 is Darcy's law, which can be derived by substituting 
Equations 7.117 and 7.118 into Equation 7.121. 
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q m  

Figure 7.11. Semilogplot of J(qm) us. massfzow rate. 

If the value of Re,, obtained in Step 5 is greater than 8, the following 
equation should be used to calculate a more accurate value of the 
mass flow rate: 

Equation 7.127 can be derived by substituting Equation 7.1 17 into 
Equation 7.123, which corresponds to the so-called fully turbulent 
flow regime. 
If the Reynolds number obtained in Step 5 is in the range of 0.08, 
repeat Steps 1 through 4 using the following expressions for the 
function J(qm): 

Equation 7.128 can be derived by substituting Equations 7.117 and 
7.118 into Equation 7.125. The terms J1 and J2 are given by Equations 
7.125a and 7.125b, respectively. 

EXAMPLE 

Calculate the mass flow rate for the core flow test in the example on 
page 449 using the above procedure. 
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SOLUTION 

The values of J1 and 5 2  are first calculated from Equations 7.125a and 
b, respectively. By substituting values of p, A, p, L, and Ap, one finds: 

JI = 2.115 X lop5 

and: 

52 = 1415.38 

Substituting these values of J1 and 52 into Equation 7.125, one obtains 
the following expression for the function J(qm): 

Table 7.2 shows the assumed values of Repr and the corresponding 
values of qm from Equation 7.118, or: 

(7.130) 

Table 7.2 also shows the values of the function J(Qm) obtained from 
Equation 7.129. A semilog plot Of J(qm) vs. qm, as shown in Figure 7.11, 
yields a mass flow rate value of 3.3 x lop4 (lb,/sec) at J(qm) = 0. To 
change this mass flow rate to volumetric flow rate, the following 
expression is used: 

(7.131) 

At an average pressure of 3.9 atm, the density is 4.64 x 10@ g / s ,  and 
the volumetric flow rate is calculated from Equation 7.13 1: 

3.3 x io-* 
= 32.25 cm3/s 

= 2.205 x 10-3 x 4.64 x 10-3 

Substituting the values of qm at J(qm) = 1, i.e., 3.3 x10p4 lb,/s, and 
JZ = 1,415.38 into Equation 7.130 yields a Reynolds number of 0.467. 
Using the recommendation in step 8 of the procedure yielded no 
significant change of the mass flow rate. 
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TABLE 7.2 

Repr q m  fw Mqm) 

CALCUlATlON OF [ J(qm)] VALUES FOR EXAMPLE 

0.1 
0.2 
0.5 
0.75 
1 
2 
5 
7.5 

10 

0.0000706 
0.000 14 13 
0.0003 5 3 2 
0.0005298 
0.0007065 
0.001413 
0.003532 
0.005298 
0.007065 

4236.98 
1059.24 
169.47 

75032 
42036 

10.59 
1.69 
0.75 
0.42 

-2.03 
-1.17 

0.116 
0.73 
1.178 
2.301 
3.858 
4.569 
5.08 

TURBULENT RADIAL FLOW 

All of the radial steady-state flow equations presented so far are based 
on the assumption that Darcy's law is applicable at all times and 
throughout the reservoir. As shown in the previous sections, at high 
gas flow rates inertial and/or turbulent flow effects are of significance 
and should be accounted for. Non-Darcy flow effect is most significant 
near the wellbore because, in radial flow systems, the velocity of the 
flowing fluid increases as the fluid approaches the well. Under these 
circumstances Equation 7.11 1 becomes: 

Let: 

and: 

zRTp 
Q2 = ( (2nh)zM)q' 

Substituting Q1 and 4 2  into Equation 7.125 gives: 

(7.132) 

(7.133) 
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Then, separating the variables and integrating between rw and re, where 
the pressures are pw and Pe, respectively: 

or: 

2 

= Qiln? + 4 2  (k - i) PZ - Pw 
2 r2 

Substituting Q1 and 4 2 ,  and assuming rw << re yields: 

(7.134) 

(7.135) 

If Equation 7.135 is expressed in field units and qm is set equal to 
qsc PscM/T,,R, one finds: 

2 2 1,422pgzTln (re/r2) 3.161 x 10-12zTygP GC (7.136) 

where q,, is expressed in MSCF/D. After some algebraic manipulation, 
Equation 7.136 can be written as: 

rwh2 4sc + kh Pe -Pw = 

(7.137) 

If D is the non-Darcy flow coefficient: 

D = (  2.22 x 10-15yg)Pk 

CLgrwh 

Equation 7.137 becomes: 

or, in a more familiar form: 

1 ,422pgZT qsc = 

(7.138) 

(7.139) 

(7.140) 

Equation 7.140 is similar to Equation 7.103 for the bounded reservoir 
case, Le., f =  1 and no skin damage. Again, if the pressure at the outer 
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boundary of the drainage area is not known, Equation 7.140 is generally 
expressed in terms of the average reservoir pressure p. If the wellbore 
and external boundary conditions are taken into account by introducing 
the skin factor s and water drive index f, in addition to non-Darcy flow 
effect, Equation 7.140 becomes: 

(7.141) 

This equation forms the basis of most techniques for predicting the 
performance of gas wells. Inasmuch as the velocity of the flowing 
fluid in a cylindrical or radial flow system increases as the well is 
approached, because of the decrease in the area crossed by the 
fluid moving from re to r,, turbulent flow is most pronounced in 
the vicinity of the wellbore. The additional pressure drop due to 
turbulence is equivalent to a skin effect. The non-Darcy flow coefficient 
D is best estimated from pressure-transient tests such as buildup and 
drawdown tests. Both the skin, s, and non-Darcy flow coefficient D, 
are concentrated in the vicinity of the well, so they are generally 
detected during pressure testing as a single factor, ix., the total skin 

Because pressure in the skin zone changes, turbulence also changes 
with time. Consequently, the product Dq is a variable, making st 
also a variable. But, under steady-state conditions (which are rarely 
encountered), one can assume st to be approximately constant. 

Whereas the factor s can be either positive (damaged well) or negative 
(stimulated well), the non-Darcy flow coefficient D is theoretically always 
positive and, therefore, always results in a pressure loss. An excellent 
approximation of D may be made from Equation 7.138. Substituting 
Equation 7.1 16 into Equation 7.138 gives: 

St = s + Dqsc. 

(7.142) 

where: D = Non-Darcy flow coefficient, (MSCF/D)-l. 
yg = gas gravity (air = 1). 
h = formation thickness or, preferably, the perforated interval 

of the well, ft. 
r, = wellbore radius, ft. 
pg = gas viscosity, cP. 
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MULTIPLE- PERMEABI LITY ROCKS 
The foregoing fluid flow equations were developed on the assumption 

that the reservoir is homogeneous. In reality, homogeneous reservoirs 
are seldom, if ever, encountered. Practically every producing clastic 
formation is stratified to some extent, i t . ,  it contains layered beds of 
differing petrophysical rock properties. This stratification resulted from 
variations in texture, dimensions of sand particles and composition, 
or temporary cessation of deposition, which allowed already-deposited 
sediments to undergo some changes before renewal of deposition. 

Stratification has been classified as direct and indirect. The former 
occurs when the sediments are first deposited over extremely long 
periods of time. Indirect layering develops when sediments already 
deposited were thrown into suspension and redeposited. Sediments 
deposited in deep or very shallow, quiet water tend to yield regular 
stratification, whereas sediments deposited in agitated water tend to 
produce highly irregular layering. Sedimentary clastic units deposited 
in channels and deltas of rivers are likely to show considerable variation 
in thickness and areal extent over very short distances. In most clastic 
oil and gas reservoirs, therefore, permeability varies both laterally and 
vertically. Inasmuch as the foregoing derived steady-state flow equations 
require only a single permeability value, it is important to know how 
to recombine the permeability of various portions of the reservoir 
into an average value. Layered reservoirs are divided into two general 
types: layered reservoirs with crossflow and layered reservoirs without 
crossflow. 

LAYERED RESERVOIRS WITH CROSSFLOW 

Frequently, overlying reservoir beds, which have different thicknesses 
and petrophysical properties (such as permeability and porosity) are 
hydrodynamically communicating at the contact plane (Figure 7.12). 

Russell and Prats investigated the practical aspects of layered reservoirs 
with crossflow and concluded that the flow equations in these systems 
are similar to those developed for a homogeneous reservoir with the 
permeability term kt representing the sum of permeabilities of all layers, 
k l ,  k2, k3, . . . kq, i.e. [46]:  

n 

kt = ki 
i= 1 

(7 .143)  
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n 

Figure 7.12. Three-layer reservoir with crossflow. 

If the thickness also varies, Equation 7.143 becomes: 

(7.144) 

where n is the total number of layers. If the porosity, thickness, and 
compressibility vary from layer to layer, then: 

(7.145) 

If the total permeability-thickness product, (kh)t, is known from a 
pressure test, individual layer permeabilities may be estimated from the 
following equation: 

(7.146) 

where qi is the volumetric rate of fluid flow through each layer. 
Equation 7.146 is valid only if the individual skin factors are all equal 
or negligible. 

LAYERED RESERVOIRS WITHOUT CROSSFLOW 

In many oil and gas pools, the reservoir rocks are interbedded with 
impermeable shales beds and silt laminations, such that there is no 
crossflow between the oil- and gas-saturated sand beds. 
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Figure 7.13. LinearJow in parallel beds. 

(a) Consider a simple linear flow model shown in Figure 7.13. The total 
volumetric flow rate through the entire system is equal to the sum of 
flow rates through the individual beds, separated from one another 
by thin impermeable barriers: 

n 

qt = 41 + q2 + . * * + q* = c q i  
j= 1 

(7.147) 

where, according to Darcy’s law, the rate of fluid flow through each 
bed of equal width w and length L is equal to: 

Sj = WAP(kjhj) CLI, (7.148) 

The total flow rate through the system, with an average permeability 
it. is: 

If the last three expressions are combined and the identical terms, 
w, Ap, p, and L, are cancelled, one finds: 

kht = klhl + k2h2 + . . . + knhn (7.150) 

Thus, the average permeability of a system with n parallel beds is 
equal to: 

(7.15 1) 
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PERMEABILITY- md 
250 200 150 100 5 0  0 

Figure 7.14. Core graph of permeability and porosity (Rodessa, Texus field). 

The product kh is commonly referred to as the “flow capacity” of 
the producing zone. Equation 7.15 1 is used to determine the average 
permeability of a reservoir from core analysis data. 

EXAMPLE 

Consider the graph of permeability vs. depth shown in Figure 7.14 
for a 27-ft-long core from an oil well in the Rodessa, Texas, fields [47]. 
Determine the average permeability in the vicinity of this well for the 
6,204-6,208-ft core segment. What is the average permeability of the 
entire sand core? 

SOLUTION 

The average permeability of the formation in this oil well can be 
approximated by that of the core, even though it is commonly known 
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TABLE 7.3 
CORE DATA FROM AN OIL WELL 

Depth, ft Permeability, mD Flow Capacity, mD-ft 

6,204-6,205 105 
6,205-6,206 150 
6,206-6,207 132.5 
6,207-6,208 95 

105 
150 
132.5 
95 

482.5 

Figure 7.15. Radial jlow in parallel beds. 

that the properties of a core will change. This is from slightly to very 
considerably once the core is brought to the surface, due essentially 
to the drop in pressure from thousands of psia in the reservoir to 14.7 psia 
at the surface. The range of this change is dependent on the lithology of 
the reservoir rock (sandstone, limestone, etc.), degree of consolidation 
and fracturing, etc. Table 7.3 is obtained by recording permeability values 
vs. depth from Figure 7.15. 

The average permeability in the 6,204-6,208 ft segment is 482.5/4 = 
120.5 mD. Using Equation 7.151 for the entire core, one obtains: 

27 CJI- k.h- - 1,886 mD - ft 
i= 1 

and the average permeability is equal to: 

k = 1,886/27 = 70 mD 
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The in-situ average permeability obtained from pressure tests gives a 
better representation of the flow capacity of the reservoir. 

(b) Figure 7.15 illustrates a horizontal radial system made up of several 
homogeneous layers each having its own thickness h, and per- 
meability ki . The total fluid flow rate through this stratified drainage 
area is the sum of flow rates through the individual layers separated by 
infinitely thin impermeable barriers, as expressed by Equation 7.147. 
Assuming steady-state conditions, the individual flow rates (Equation 
7.149) can be written as: 

(7.152) 

and the total flow rate through the drainage area with an average 
permeability k and the total thickness ht is equal to: 

(7.153) 

If Equations 7.152 and 7.153 are substituted into Equation 7.147, the 
identical terms, Ap, p, ln(re/r,), and 271, are canceled, and solving 
for the average permeability k, one obtains the same solution as 
obtained in the linear case (Equation 7.151): 

n 1 
k = - C k j h j  (7.154) 

ht j=1 

This equation is applicable to both oil and gas reservoirs. 

COMPOSITE RESERVOIRS 

Earlougher defined composite reservoirs as systems where fluid of rock 
properties vary in a step-like fashion radially away from the well [20]. 
In most cases, variations of the rock and fluid properties are artificially 
induced as a result of drilling, well completion, and fluid injection prac- 
tices. Figure 7.16 is a schematic diagram of fluid distribution around an 
injection well. 

Linear discontinuities in porosity and permeability in the horizontal 
direction frequently occur within reservoirs. The effect of a change in 
rock properties, especially permeability, in the horizontal direction is an 
important consideration in predicting reservoir performance and field 
development techniques. The magnitude of such a change is determined 
by arranging the zones of different permeability in series. 
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Figure 7.16. Typical composite reservoir, 

L 

Figure 7.17. linear Pow through segments in series. 

Linear Flow Systems 
Figure 7.17 depicts a linear flow system, which consists of a number 

The total pressure drop across this system is equal to the sum of the 
of homogeneous segments of different permeability arranged in series. 

pressure drops across each segment. Thus: 

The individual pressure drops can be expressed, assuming flow of 
incompressible fluid under steady state, as: 

Api = (-)- qCL r, 
A ki 

(7.156) 
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Similarly, the total pressure drop is equal to: 

(7.157) 

Substituting Equations 7.156 and 7.157 into Equation 7.155, and canceling 
the identical terms q, m, and A yields: 

(7.158) 

and the average reservoir permeability of n segments arranged in series is: 

(7.159) 

It is important to emphasize that the fluid properties are assumed to be 
constant in the entire system. 

Radial Flow Systems 

A similar analysis can be made to determine the average permeability 
when radial flow of fluids is through a series of homogeneous concentric 
segments with different permeabilities, as shown in Figure 7.18. Using 
the radial incompressible fluid flow Equation 7.57, the total pressure drop 
between radii rw and re, where the pressures are pw and pe, respectively, 
is equal to: 

and the pressure drops in the individual segments are: 

(7.160) 

(7.161) 

If Equations 7.155, 7.160 and 7.161 are combined, and the identical 
term (qp/2nh) is canceled, one finds: 
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Figure 7.18. Radialflow through segments in series. 

If Equation 7.162 is solved for the average permeability, one can derive 
the following general equation (where r, = re and r, = rw): 

(7.163) 

Equations 7.159 and 7.163 apply to gas as well as oil reservoirs. This 
can be demonstrated by using the linear gas flow Equation 7.18 with 
Equations 7.147 and 7.155 to derive, respectively, Equations 7.15 1 and 
7.159. Equations 7.154 and 7.163 can be derived by using the radial gas 
flow Equation 7.103 for f = 1 and s = 0 with Equations 7.147 and 7.155, 
respectively. 

EXAMPLE 

The permeability of a 160-acre light-gas formation drained by a 
single well is 15 mD. The well was heavily acidized to a permeability 
of 25 mD and a radius of 30 ft, and then completed. During well 
completion, a 2-ft thick damaged zone developed in the vicinity of 
the wellbore. The permeability of this damaged segment is 4 mD. The 
wellbore radius is 0.50ft. Calculate the average permeability of this 
drainage area. 
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1490 ft 30 ft 2.5 ft 

15 mD 

200 mD 

4 mD 

Figure 7.19. A system of 3 radial segments in series. 

SOLUTION 

Figure 7.19 is a schematic diagram of the drainage system, where r, = 
0.5 ft and re = (43,560 x 160/.n)0.5 = 1,490 ft. The average permeability 
of this system is calculated from Equation 7.163: 

This example illustrates how the beneficial effect of a successful acidizing 
job is counteracted by the negative effect of improper well completion, 
and how important it is to calculate accurately the average permeability 
of reservoirs. If the well was completed properly without zonal damage, 
the average permeability would have been: 

/1.490\ 

or nearly double the permeability of the formation prior to acidizing and 
well completion. 
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PROBLEMS 
1. Oil is flowing through a 10 cm core sample prepared for reservoir 

rock properties evaluation at a rate of 20 cm3/s. The pump pressure 
is 18 atm and the pressure at the end of the core chamber is 1 atm. If 
the diameter of the core is 5 cm and oil viscosity is 0.45 cP, calculate: 

a. Oil permeability of the core. 
b. Pressure drop through the entire core if the pump rate is changed 

c. The pressure drop in (b) if the core length is reduced to 75% of 

d. The diameter of the core to cause a pressure drop of 2 atm, if the 

e. Apparent and actual velocity of oil if core has a porosity of 20% 

to a new value of 13 cm3/s using permeability from (a). 

the original length. 

original length is reduced by half. 

and the pressure drop through it is 7 atm. 

2. A core sample from a gas reservoir is to be tested for various 
properties using nitrogen gas. The 12-cm-long core has diameter of 
4 cm. Calculate: 

a. Linear pressure drop across the core if gas flow rate is 5 cm3/s, 
nitrogen viscosity is 0.012 cP, and core permeability is 50 mD. 

b. Actual velocity of the gas if core porosity is 15%, irreducible water 
saturation 20%, and inlet and outlet pressures are 10atm and 
2 atm, respectively. 

c. The average flow rate through the core, if linear pressure gradient 
through core is 0.8 atm/s and outlet pressure is 2 atm. 

3. A newly completed well in the center of an oil reservoir drains 
60 acres at initial reservoir pressure of 3,000 psia, estimated from 
DST. Following are the additional rock and fluid data in oilfield units: 

P,f = 1,500 psia 
K = 3 0 m D  
h = 5 0 f t  

r, = 7 in. = 0.58 ft 

Bo = 1.15 RB/STB 

p<> = 2.1 C P  

Q = 0.25 

a. Calculate the flow rate from this well assuming that well is flowing 
at steady state. 
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b. If the well is allowed to flow at 1,200 STB/D, calculate the 
bottomhole flowing pressure. 

c. If the bottomhole flowing pressure is 1,000 psia, estimate the 
reservoir pressure 50 ft away from the well keeping flow rate 1,200 
STB/D assuming pseudosteady state. 

d. Estimate the average reservoir pressure. 
e. Calculate the distances from the well where the value of average 

reservoir pressure would exist for both pseudosteady and steady 
state. 

4. A 1 ft3 sample of limestone has a matrix permeability of 2.5 mD, 
matrix porosity of 13%, and contains 7 solution channels. These 
channels have average radius of 0.045 cm, vug porosity of 15%, and 
irreducible water saturation, of 15%. Calculate: 

a. Average permeability of solution channels. 
b. Average permeability of the block. 
c. The amount of fluid stored in channels and matrix, respectively. 
d. Fluid flow rate if fluid viscosity is 1.3 cP, and inlet and outlet 

pressures are 90 psia and 28 psia, respectively. 

5. A 2ft3 carbonate reservoir rock sample from the Permian basin, 
Texas, was analyzed for different rock properties. It was found that 
the rock is naturally fractured and contains four parallel fractures 
of 0.003-in. width. The matrix has a permeability of 2 mD. If flow 
through the sample is maintained in the direction of the fractures, 
calculate: 

a. Permeability of the fractures. 
b. Average permeability of the rock. 
c. Flow rate through fractures and matrix ifpressure gradient through 

sample is 7.5 psia and the viscosity of the fluid is 0.85 cP. 

6. In the second phase of field development, ZBN #5 was completed 
at the depth of 5,578 ft in the center of an oil reservoir with the 
following rock, oil and well characteristics: 

K = 225 mD 
B = 1.2 RE%/STB 
f = 0.16 

d = 7 in. 
r, = 0.29 ft 

Pwf = 1,450 psia 
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S,, = 0.24 

r, = 745 ft 

@ = 16% 
p = 4.2 CP 

If the well drains 40 acres: 

a. Calculate ideal flow rate from this well if pressure gradient in the 
well location area is 0.45 psi/ft. 

b. From production optimization studies, it was realized that the 
well could have been completed with larger wellbore diameter 
to produce at rate 134% of the rate from step (a). Determine the 
diameter. 

c. How long will oil take to reach the wellbore from the external 
boundary of 745  ft? 

d. After some time, a pressure buildup test indicated a skin of +2.5 ,  
skin zone of 8 ft, and permeability of the damaged zone 125 mD. 
A fraction of reservoir periphery is open to water encroachment. 
If the bottomhole pressure is 2,000 psia, reservoir pressure 
2,510 psia, and well flow rate 250 STB/D, calculate drainage 
boundary index and drawdown to produce 500 STB/D.  

7. A newly discovered TDM #4 is completed in a sandstone oil reservoir 
at a depth of 11,324 ft  with 7-in. production casing and drains 
80 acres. After thorough economic feasibility evaluation of the 
project, it is decided to develop the field with 14 wells. The net 
production from the field is expected to be 24,500 STB/D (1,750 
STB/D-well). Following are the rock and fluid data from the well: 

Pi = 8,000 psia 

Bo = 1.13 REijSTB 

cti = 2.5 x psi-' 

h = 5 5 f t  

K = 3 3 m D  

r, = 0.58 ft  

p = 3.5 CP 

@ =  17% 

a. Estimate the time to reach the bottomhole pressure equal to 
bubble point pressure of 2,000 psia. 
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b. What wiU be the average reservoir pressure at the time estimated 
in (a)? 

c. After six months of smooth production, a slight decline in prod- 
uction was observed. A drawdown pressure test indicated a skin 
factor of +3. Calculate P,f, pressure drop due to skin, apparent 
wellbore radius, and flow efficiency of the well. 

d. Determine annual revenue loss due to skin if the current black oil 
price is $19/bbl. 

e. The well was acidized and pressure tested. The new skin factor 
is -4. Calculate the increase in production if the well is currently 
flowing at 5,000 psia. 

8. A gas reservoir drains 120 acres and is partially pressured by a water 
aquifer with a water drive index (WDI) of 0.35. The reservoir rock 
permeability is 7mD, porosity 13%, average pressure 3,500 psia, 
temperature 140"F, and formation thickness 27 ft. Overbalanced 
drilling had damaged the formation, and a well test indicated a skin 
factor of f 2 .  Gas properties include viscosity of 0.012 cP and gas 
deviation factor of 0.9. If the well is flowing at 3,150 psia, and 
r, = 0.5 ft calculate: 

a. Flow rate. 
b. Bottomhole pressure if the rate is increased to 7.5 MMSCF/D. 
c. Pressure at the boundary. 

9. A consolidated core 3cm in diameter and 8cm long has a 
permeability of 174 mD and porosity of 15%. This core sample was 
subjected to a linear flow test using air (ps = 0.023 cP). 

a. What is the mass flow rate of air in g / s  if the inlet and outlet 
pressures are 125 psia and 14.7 psia, respectively? Assume ideal 
gas behavior and a temperature of 75'F. 

b. Find the volumetric flow rate at the mean pressure. 
c. Repeat (a) using the friction factor plot for porous and permeable 

d. Calculate the mass flow rate (qm) using appropriate correlations. 

10. Given the following information on a well located in a three-layer 

rock, Figure 7.10, and solve by trial and error. 

gas reservoir: 

r, = 0.5 ft 

re = 1,320 ft h3=6f t  

h2 = 13 ft 

qsc = 5,850 MSCF/D 

Pwf = 1,950 psia 

@i = 0.175 

@2 = 0.142 
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K1 = 16mD 

K2 = 8 mD 

K3=5mD 

hi = 5 ft 

$3 = 0.110 

pg = 0.15 CP 

2 = 0.92 

yg = 0.65 

Calculate: 

a. The average permeability of the reservoir 
b. The turbulence factor. 
c. The non-Darcy flow coefficient. 
d. The pressure drop due to turbulent flow. 
e. The pressure drop due to Darcy flow. 
f. The pressure at the radius re. 

NOMENCLATURE 
area 
gas formation volume factor 
oil formation volume factor 
total compressibility 
non-Darcy flow coefficient 
recovery factor in fracture 
recovery factor in matrix 
drainage boundary index 
specific density of fractures 
acceleration of gravity 
formation thickness 
permeability 
permeability of channels 
fracture permeability 
matrix permeability 
average permeability of fracture-matrix system 
length 
molecular weight 
real gas pseudo-pressure function 
constant 
number of channels 
number of fracture 
pressure 
external boundary pressure 
mean pressure 
well pressure 
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9 
9 
9 m  
9 r  
9 m  
r 
rC 
Re 
Rf 
rW 
rwa 
S 

flow rate 
flow rate at mean pressure 
mass flow rate 
flow rate at any radius 
average mass flow rate 
radius 
radius of channels 
Reynolds number 
fraction of total pore volume in secondary porosity 
wellbore radius 
effective wellbore radius 
Skin 

GREEK SYMBOLS 

p turbulence factor 
@ porosity 
’yg gas specific gravity 
p viscosity 
p density 
w Warren-Root fluid capacitance factor 
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C H A P T E R  8 

NATURALLY - 

INTRODUCTION 
Fractures are displacement discontinuities in rocks, which appear 

as local breaks in the natural sequence of the rock’s properties. Most 
geological formations in the upper part of the earth’s crust are fractured 
to some extent. The fractures represent mechanical failures of the 
rock strength to natural geological stresses such as tectonic movement, 
lithostatic pressure changes, thermal stresses, high fluid pressure, drilling 
activity, and even fluid withdrawal, since fluid also partially supports the 
weight of the overburden rock. Although petroleum reservoir rocks can 
be found at any depth, at the deeper depths pressure of the overburden is 
sufficient enough to cause plastic deformation of most of the sedimentary 
rocks. Such rocks are unable to sustain shear stresses over a long period 
and flow towards an equilibrium condition. 

Fractures may appear as microfissures with an extension of only several 
micrometers, or as continental fractures with an extension of several 
thousand kilometers. They may be limited to a single rock formation or 
layer, or propagate through many rock formations or layers. In geological 
terms, a fracture is any planar or curvi-planar discontinuity that has 
formed as a result of a process of brittle deformation in the earth’s 
crust. Planes of weakness in rock respond to changing stresses in the 
earth’s crust by fracturing in one or more different ways, depending 

488 
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on the direction of the maximum stress and the rock type. A fracture 
may consist of two rock surfaces of irregular shape, being more or less in 
contact with each other. The volume between the surfaces is the fracture 
void. 

Naturally fractured rocks can be geologically categorized into three 
main types, based on their porosity systems: 

Intercrystalline-intergranular, such as the Snyder field in Texas, the 
Elk Basin in Wyoming, and the Umm Farud field in Libya; 
Fracture-matrix, such as the Spraberry field in Texas, the Kirkuk field 
in Iraq, the Dukhan field in Qatar, and Masjidi-Sulaiman and Haft-Gel 
fields in Iran; and 
Vugular-solution, such as the Pegasus Ellenburger field and the 
Canyon Reef field in Texas [ 11. 

The accumulation and migration of reservoir fluids within a naturally 
fractured formation having the first type of porosity system are similar 
to those found in sandstone formations. Consequently, the techniques 
developed to determine the physical properties of sandstone porous 
media in Chapter 3 could be directly applied to formations having 
intercrystalline-intergranular porosity. Unfortunately, this is not the case 
for reservoirs having the other two types of porosity system. The pores 
in the matrix of a fracture-matrix formation are poorly interconnected, 
yielding a pattern of fluid movement that is very different from that 
of sandstone formations. Rocks with vugular-solution porosity systems 
exhibit a wide range of permeability distributions varying from relatively 
uniform to extremely irregular as shown in Figure 8.1. 

Figure 8.1. Naturally fractured rock cores taken from wells. 
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ORIGIN OF PERMEABILITY IN CARBONATE ROCKS 
A natural fracture is a planar discontinuity in reservoir rock due to 

deformation or physical diagenesis. Diagenesis-chemical and physical 
changes after deposition-strongly modifies the reservoir properties 
possessed at the time of deposition. The dominant diagenetic process 
consists of early cementation, selective dissolution of aragonite and 
reprecipitation as calcite, burial cementation, dolomitization, and 
compactiondriven microfracturing [ 21. Cementation and compaction 
forces usually completely eradicate any porosity available at the 
time of deposition. However, chemical changes, usually dissolution, 
especially in carbonate rocks, mod* the initial porosity and recover 
it partially. Depositional facies, their architecture, systems, and tracts 
are predominant driving factors in the distribution and quality of current 
reservoir properties, which are completely different from the properties 
at the time of deposition. 

High-permeability vugs, molds, natural fractures, and caverns in 
carbonate rocks are the result of intense dissolution, which took place 
before burial as a result of non-reservoir or seal units. Dissolution is also 
caused by meteoric diagenesis, which is related to subaerial exposure 
of carbonate rocks and is explained by the general aggressiveness of 
meteoric water toward sedimentary carbonate minerals. Aragonite is 
metastable, it dissolves and precipitates into cement, whereas calcite is 
stable and is less affected by dissolution. Such a type of dissolution causes 
significant variation in the distribution of porosity and permeability in the 
reservoirs, thereby defining reservoir quality. 

GEOLOGICAL CLASSIFICATIONS OF NATURAL FRACTURES 
Natural fracture patterns are frequently interpreted on the basis 

of laboratory-derived fracture patterns corresponding to models of 
paleostress fields and strain distribution in the reservoir at the time of 
fracture [ 31. 

Classification based on stresslstrain conditions: Stearns and Friedman 
proposed classification based on stresshtrain conditions in labora- 
tory samples and fractures observed in outcrops and subsurface 
settings. On the basis of their work, fractures are generally classified 
as follows [4] : 

(a) Shear fractures exhibit a sense of displacement parallel to the fracture 
plane. Shear fractures are formed when the stresses in the three 
principal directions are all compressive. They form at an acute angle 
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to the maximum principal stress and at an obtuse angle to the 
direction of minimum compressive stress. 

(b) Extension fractures exhibit a sense of displacement perpendicular 
to and away from the fracture plane. They are formed perpendicular 
to the minimum stress direction. They too result when the stresses 
in the three principal directions are compressive, and can occur in 
conjunction with shear fracture. 

(c) Tension fractures also exhibit a sense of displacement perpendicular 
to and away from the fracture plane. However, in order to form 
a tension fracture, at least one of the principal stresses has to be 
tensile. Since rocks exhibit significantly reduced strength in tension 
tests, this results in increased fracture frequency. 

Classification based on paleostress conditions: The geological classification 
of fracture systems is based on the assumption that natural fractures 
depict the paleostress conditions at the time of the fracturing. Based 
on geological conditions, fractures can be classified as in the following 
paragraphs. 

Tectonic fractures: The orientation, distribution, and morphology of 
these fracture systems are associated with local tectonic events. Tectonic 
fractures form in networks with specific spatial relationships to faults 
and folds. Fault-related fracture systems could be shear fractures formed 
either parallel to the fault or at an acute angle to it. In the case of the 
fault-wedge, they can be extension fractures bisecting the acute angle 
between the two fault shear directions [2, 51. The intensity of fractures 
associated with faulting is a function of lithology, distance from the fault 
plane, magnitude of the fault displacement, total strain in the rock mass, 
and depth of burial. 

Fold-related fracture systems exhibit complex patterns consistent with 
the complex strain and stress history associated with the initiation and 
growth of a fold [6]. Fracture types in fold-related systems are defined in 
terms of the dip and strike of the beds. 

Regional fractures: These fracture systems are characterized by long 
fractures exhibiting little change in orientation over their length. These 
fractures also show no evidence of offset across the fracture plane and 
are always perpendicular to the bedding surfaces. Regional fracture 
systems can be distinguished from tectonic fractures in that they generally 
exhibit simpler and more consistent geometry and have relatively larger 
spacing. 

Regional fractures are commonly developed as orthogonal sets with 
the two orthogonal orientations parallel to the long and short axes 
of the basin in which the fractures are formed. Many theories have 
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been proposed for the origin of the regional fractures, ranging from 
plate tectonics to cyclic loading/unloading of rocks associated with 
earth tides. As in the case of tectonic fractures, small-scale variation 
in regional fracture orientation of up to f20" can result from strength 
anisotropies in reservoir rocks due to sedimentary features such as across 
bedding. 

Contractional fractures: These types of fracture result from bulk volume 
reduction of the rock. Desiccation fractures may result from shrinkage 
upon loss of fluid in subaerial drying. Mud cracks are the most common 
fractures of this type. Syneresis fractures result from bulk volume 
reduction within the sediments by sub-aqueous or surface dewatering. 
Dewatering and volume reduction of clays or of a gel or a colloidal 
suspension can result in syneresis fractures. Desiccation and syneresis 
fractures can be either tensile or extension fractures and are initiated 
by internal body forces. The fractures tend to be closely spaced and 
regular and isotropically distributed in three dimensions. Syneresis 
fractures have been observed in limestone, dolomites, shales, and 
sandstones [ 7 ] .  

Thermal contractional fractures may result from contraction of hot 
rock as it cools. Depending on the depth of burial, they may be either 
tensile or extension fractures. The generation of thermal fractures is 
predicted on the existence of a thermal gradient within the reservoir 
rock material. A classic example of thermally induced fracture is the 
columnar jointing observed in igneous rocks. 

Fractures may also result from mineral changes in the rock, especially 
in carbonates and clay constituents in sedimentary rocks. Phase changes 
such as the chemical change from calcite to dolomite result in 
changes in bulk volume, and this leads to complex fracture patterns 
(Figure 8.2). 

It is clear from the above discussion that the complex stress/strain 
distribution in reservoir rocks results in complex fracture patterns. 
Fracture patterns corresponding to different geological systems have key 
characteristics that can be used to classlfy and index natural fracture 
networks observed in outcrops and subsurface samples (Figures 8.3 
and 8.4). 

ENGINEERING CLASSIFICATION OF NATURALLY 
FRACTURED RESERVOIRS 

Fractures may have either a positive or a negative impact on 
fluid flow, depending on whether they are open or sealed as a 



a) Regional fracture patterns found in Jurassic Navajo sandstone, Lake 
Powell, southern Utah. 

P -.-. ' 1 

b) Conjugate shear fractures corresponding to a tectonic fracture system in an 
outcrop from Wyoming. 

c) Crack network observed in mud. 

Figure 8.2. a, b, c. Different fracture systems in mud, and rocks. After Lui et al. [8J. 

result of mineralization. However, in most fracture modeling studies 
fractures are considered as open and they have a positive impact 
on the fluid flow. A sealed small natural fracture may even be 
undetectable. 

Nelson identified four types of naturally fractured reservoirs, based on 
the extent to which fractures have altered the porosity and permeability 
of the reservoir matrix [ 11 : 

Type 1: In type 1 reservoirs, fractures provide all the reservoir storage 
capacity and permeability. The Amal field in Libya, the IaPaz and Mara 
fields in Venezuela, and Pre-Cambrian basement reservoirs in eastern 
China are notable type 1 reservoirs (Figure 8.5a). 



494 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

6& oT*1.rae Loss) 

I 

Figure 8.3. Modes of fracture formation. 

oil staining 

Figure 8.4. ReservoirBuids in shear fractures, Monterey formation, California [9]. 

Type 2: In type 2 reservoirs, the matrix already has very good 
permeability. The fractures add to the reservoir permeability and can 
result in considerably high flow rates, such as in the Kirkuk field of Iraq 
and Asmari fields in Iran. 

Type 3: In type 3 naturally fractured reservoirs, the matrix has 
negligible permeability but contains most if not all the hydrocarbons. 
The fractures provide the essential reservoir permeability, such as in 
the Monterey fields of California and the Spraberry reservoirs of West 
Texas. 

Type 4: In type 4 reservoirs, as shown in Figure SSb, the fractures 
are filled with minerals. These types of fractures tend to form barriers 
to fluid migration and partition formations into relatively small blocks. 
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Matrix Fractures Low Permeability Matrix Well 

Figure 8.5. Types of naturally fractured reservoirs [IOJ. 

These formations are significantly anisotropic and often uneconomic to 
develop and produce. 

INDICATORS OF NATURAL FRACTURES 
Stearns and Friedman reviewed the multiple roles played by fractures 

in exploration and exploitation of naturally fractured reservoirs [4]. They 
showed that fractures could alter the matrix porosity or the permeability, 
or both. If the fractures or connected vugs are filled with secondary 
minerals, they may restrict the flow. However, even in rocks of low 
matrix porosity, fractures and solution channels increase the pore volume 
by both increasing porosity and connecting isolated matrix porosity and 
therefore help the recovery of petroleum fluids economically. Hence, 
the ability to estimate a fracture’s density and its distribution of porosity 
is essential for reservoir evaluation. One should keep in mind, however, 
that fractures alone constitute less than 1% of the porosity [ll, 121. 
Early recognition of a fractured reservoir and an estimate of its rock 
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Pores Natural Fractures Induced Fractures 

Mud Pit Level 

(a) (b) (c) 
Figure 8.6. Mud loss indication andpit level behavior in pores, natural fractures, and 
induced fractures:(a) gradual buildup in loss ratio with pressure; (b) sudden start and 
exponential decline; and (cj loss can occur on increase in ECD as pumps are turned 
off and on [141. 

characteristics, such as porosity and permeability, will influence the 
location and number of subsequent development wells and, therefore, 
is of major economic significance. Stearns and Friedman [4], Aguilera 
[13], Saidi [22] and Nelson [ 11 reviewed many of the approaches used to 
detect and analyze naturally fractured reservoirs [ 1, 131. Some of these 
methods are as follows (see Figure 8.6): 

Loss of circulating fluids and an increase in penetration rate during 
drilling are positive indications that a fractured, cavernous formation 
has been penetrated (Figure 8.6). 
Fractures and solution channels in cores provide direct information 
on the nature of a reservoir. A detailed systematic study of the 
cores must be made by the geologist in order to distinguish natural 
fractures from those induced by the core handling process. Careful 
examination of fracture faces and determination of density, length, 
width, and orientation of fractures may lead to the ability to 
distinguish fractures induced during coring from natural fractures. 
Preferably, a naturally fractured formation should be analyzed 
with full diameter cores. Plug data, which do not reflect the 
permeability of fractures, often indicate a nonproductive formation, 
whereas full diameter core data indicate hydrocarbon production. If 
actual production rates are several-fold higher than those calculated 
from permeability determined by core analysis, natural fractures 
not observed in the core are suspected [15]. Low core recovery 
efficiency-less than 50%-suggests a highly fractured carbonate 
formation. 
Logging tools are designed to respond differently to various wellbore 
characteristics, such as lithology, porosity, and fluid saturations, 
but not to natural fractures [16, 171. The presence of a large 
number of open fractures, however, will affect the response of 
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Figure 8.7. Pressure buildup curve from a naturally fractured reservoir [ I  SJ, 

some logging tools. Well logging measurements based on sonic 
wave propagation, which are negligibly affected by the borehole 
conditions, are used as fracture indicators. Measurements by the 
caliper log, density log, or resistivity log, under proper conditions, 
can be very effective in locating fractured zones. Dipmeter data on 
the FIL (fracture identification log) provide effective methods for 
fracture detection. 

(4) The subject of pressure buildup and flow tests in naturally fractured 
reservoirs has received considerable attention in the petroleum lit- 
erature. Warren and Root assumed that the formation fluid flows 
from the matrix to fractures under pseudosteady state and showed 
that a semilog pressure buildup curve similar to that shown in 
Figure 8.7 is typical of a fractured formation [18]. If the existing 
fractures dominantly trend in a single direction, the reservoir may 
appear to have anisotropic permeability. If enough observation wells 
are used, pressure interference and pulse tests provide the best 
results. 

(5) Natural vertical fractures in a non-deviated borehole can be identified 
as a high amplitude feature which crosses other bedding planes. 

(6) Downhole direct and indirect viewing systems, including downhole 
photographic and television cameras, are also used to detect 
fractures and solution channels on the borehole face. The borehole 
televiewer is an excellent tool that provides useful pictures of 
the reservoir rock, especially with the recent developments in 
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signal processing. Vertical fractures appear as straight lines whereas 
dipping fractures tend to appear as sinusoidal traces because 
the televiewer shows the wellbore sandface as if it were split 
vertically and laid flat. Another useful televiewer tool for detecting 
natural fractures is the formation microscanner (FMS) device. 
This tool can detect fractures that range from few millimeters to 
several centimeters long, distinguishes two fractures as close as 
1 cm apart (see Figure 8.7), and distinguishes between open and 
closed fractures. Only fractures that are at least partially open 
contribute to production. 

(7) Very high productivity index. A productivity index of 500 STl3/D/psi 
or higher is typical of naturally fractured wells produced under 
laminar flow. Some wells in Iranian oilfields reported a productivity 
index of 10,000 STl3/D/psi. In these wells 95% of flow is through 
fractures [ 221. 

(8) A considerable increase in productivity of the well flowing after an 
artificial stimulation by acidizing is a strong indication of a naturally 
fractured formation. Acidizing is done essentially to increase the 
width of fractures and channels. 

(9) Because of the high permeability of the fractures, the horizontal 
pressure gradient is typically small near the wellbore as well 
throughout the reservoir [22]. This is primarily true in Type-1 and 
to a lesser degree in Type-2 fractured reservoirs. 

Other indicators of the existence of the natural fractures in the 
reservoir are: 

(a) local history of naturally occurring fractures; 
(b) lack of precision in seismic recordings; 
(c) extrapolation from observations on outcrops; and 
(d) pressure test results that are incompatible with porosity and 

permeability values obtained from core analysis and/or well logging. 

As can be deduced from the preceding discussion, no method used 
alone provides a definite proof of the presence of fractures. FMS logs 
and borehole televiewers often give a reliable indication of the presence 
of major features; however, they do not resolve the full complexity 
of many of the smaller-scale fracture systems. Fracture detection is 
most certain when several independent methods confirm their presence. 
Different naturally fractured reservoirs require different combinations of 
methods of analysis. A combination of core analysis, pressure transient 
test analysis, and various fracture-finding logs is strongly recommended 
for detecting and locating fractures. Table 8.1 summarizes the many 
techniques available for detecting natural fractures. 



TABLE 8.1 
SUMMARY OF DETECTION TECHNIQUES FOR NATURAL FRACTURES [ 141 

Core FMS/FMI Litho Density Stoneley Wave Mud Loss 

What is Localized 
detected? fracture 

porosity 
How narrow On the order 

fracture of microns 
aperture can 
be detected? 

Fracture Fracture 
mistaken for porosity. 
permeable Induced 
fractures fractures 

Depth of Diameter of 

Can it provide Yes 

Mud limitations None 

investigation core 

strike and dip? 

Mud invasion into 
fracture 

On the order of 
microns given 
sufficient 
electrical 
conductivity 
contrast 

Fracture porosity 
Induced 
fractures. 
Drilling 
damage 

10 mm 

Contrast in 
acoustic 
properties 

1 mm 

Fracture porosity 
Induced 
fractures. High 
impedance 
bedding and 
certain healed 
fractures 

3 mm 

Yes Yes 

Water-based Mud weight must 
muds only be less than 

14 Ib/gal. 

Additional Highly fractured Has difficulty in Has difficulty in 
comments “rubble distinguishing distinguishing 

zones” not high-permeability high-permeability 
recovered fractures from fractures from 

low-permeability low-permeability 
ones ones 

Invasion density Stoneley energy 
of drill solids reflected by 
into fracture the fracture 

5 mm lmm 

Fracture Washout bed 
porosity. boundaries 
Drilling 
damage. 
Mineralization 

100 mm Less than 

No No 
1.8 m 

Mud weight None 
must be 
greater than 
10 Ib/gal. 

Fractures 
plugged with 
mud solids 
are often not 
detected 

Flow of mud into 
fractures 

0.20 mm 

None 

Depth of mud 

No 
invasion >1 m 

None 

Yields information on 
degree of formation 
damage and 
stimulation 
requirements 
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VISUAL IDENTIFICATION OF FRACTURES 
Nelson [l] defined, for consistency, four useful terminologies to 

describe cracks in a rock as: 

(a) Fracture: any break in the rock; 
(b) Fissure: an open fracture; 
(c) Joint: one or a group of parallel fractures which has no detectable 

displacement along the fracture surface; and 
(d) Fault: a fracture with detectable displacement. 

All these features can be visually identified on a core or borehole 
electrical images. Figure 8.8 shows three types of fracture that may be 
visually detected: 

(a) Natural vertical fractures in a nondeviated borehole can be identified 
as a high-amplitude feature that crosses other bedding planes. 
They occur in all lithologies. Fractures may be open, mineral filled, 
or vuggy. Visual inspection of cores and borehole electric images 
may be used only as a guide for interpretation. Core flow tests 
and actual production tests are recommended for interpreting the 
morphology of natural fractures. Production and recovery efficiency 
in reservoirs is influenced by the angle. The angle most often used by 
oil companies as a criterion is 75". Fractures with dip angles of more 
than 75" are treated as vertical fractures, while those less than 75" are 
treated as high-angle fractures. Vertical fractures are more common 
in sandstone rocks. 

(b) Syneresis fractures have a braided appearance and are often referred 
to as "chicken wire" fractures. They normally occur only in carbonate 
formations. 

(c) Mechanically induced fractures are sometimes unintentionally 
created during the drilling operations, or by hydraulic fracturing to 
stimulate the formation. 

Fracture morphology can also be visually detected on cores 
and/or borehole images. Figure 8.9 shows four detectable fracture 
morphologies: vuggy, mineral-lilled, partially mineral-filled, and open. 

PETROPHYSICAL PROPERTIES OF NATURALLY 
FRACTURED ROCKS 

Although advanced well-logging tools such as nuclear magnetic 
resonance (NMR) are currently being used to estimate rock permeability 
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N 

Figure 8.8. Visually detectable fractures. 

Figure 8.9. Fracture morphology showing vuggy, mineral-@lled, partially mineral 
filled, and open fractures and their log response sequence. 
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downhole, the technology is not yet fully developed. The only method 
to estimate permeability reliably is to combine core-derived parameters 
with computer-processed log data to establish, statistically, a relationship 
between the permeability of the fracture-matrix system and other 
parameters such as porosity and irreducible water saturation. Efforts 
have also been made to incorporate grain diameter and shale fraction 
in such models to reduce the scatter in the data. With such a relation- 
ship established, the formation petrophysical parameters, including 
permeability distribution, can be deduced from log data alone in 
wells or zones without core data. However, in carbonate formations, 
where structural heterogeneities and textural changes are common and, 
unfortunately, only a small number of wells are cored, the application of 
statistically derived correlations is extremely limited. Such correlations 
cannot be used to identlfy hydraulic flow units or bodies in naturally 
fractured reservoirs. 

FRACTURE POROSITY DETERMINATION 

The range of fracture porosity, $f, is 0.1 to 5 percent, depending on the 
degree of solution channeling, as shown in Figure 8.10, and on fracture 
width and spacing, as shown in Tables 8.2 and 8.3. In some fields, like the 
La-Paz and Mara fields in Venezuela, fracture porosity may be as high as 
7 percent. Accurate measurement of fracture porosity is essential for the 
efficient development and economical exploitation of naturally fractured 
reservoirs. If oil is trapped in both the matrix and fissures, then the total 

- 
(a) +,= 0.15% (b) + f =  1.0% (c )  + f =  5% 

- - 
(d) +r=  0.3% (e) Qr = 0.8% 

Figure 8.10. Development of fracture porosity in carbonate rocks that have low 
insoluble residue, (a), (b), (c), and high insoluble residue, (d) and (e) 120J. 
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TABLE 8.2 
POROSITY OF VARIOUS NATURALLY FRACTURED RESERVOIRS [2 11 

Field Porosity Range (“h) 
Beaver Gas Field 
Austin chalk 
General statement 
South African Karst Zone 
CT scan examples 
Epoxy injection examples 
Monterey 

0.05-5 
0.2 
1 
1-2 
1.53-2.57 
1.81-9.64 
0.01-1.1 

TABLE 8.3 

FORMATIONS [2 11 
FRACTURE WIDTH AND SPACINGS OF VARIOUS NATURALLY FRACTURED 

Field Width Range (mm) 

Spraberry 0.33 max. 

Selected dam sites 
La Paz-Mara field 6.53 max. 
Small joints 0.01 to 0.10 
Extension fractures 0.1 to 1.0 
Major extension fractures 0.2 to 2 
Monterey 

0.051 to 0.10 

Spacing/ 
Average Frequency 

0.05 1 Few inches to a 

4to14ft  
few feet 

0.2 

0.01 3 to 36ft 

oil in place in the reservoir is given by the following equation [ 101 : 

where Nom and Nof are, respectively, the oil volumes trapped in the 
matrix and fractures. Assuming a volumetric system, these two volumes, 
expressed in STB, are calculated as follows: 

where: A 
h 

= surface area of the reservoir, acres 
= average reservoir thickness, ft 
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@f = fracture porosity, fraction 
@m = matrix porosity, fraction 
Swf = water saturation in fractures, fraction 
Swm = water saturation in matrix, fraction 
Bo = oil formation volume factor, bbl/STB. 

Fracture porosity can be expressed as the ratio of the fracture pore 
volume (Vpf) over the total bulk volume (Vbt): 

VPf 
Of = - 

Vbt 

The total porosity is: 

(8.4a) 

(8.4b) 

The sonic log only measures the matrix porosity. However, neutron 
porosity is the combination of both the matrix and fracture porosity. 
Thus fracture porosity can be estimated from well logs as [22]: 

Fracture porosity can also be estimated with the help of well test analysis 
in such reservoirs, using Equation 8.76. 

Aguilera developed the following equation that relates the total 
formation resistivity factor, Ft, for dual porosity systems, to the total 
porosity based on the Pirson model of fully water-saturated rocks [23]: 

where Ro is the resistivity of porous rock 100 percent saturated with 
brine, and Rw is the formation water resistivity, both expressed in 
Ohm-m. 

If only the matrix porosity is present in the system, the porosity 
partitioning coefficient, v, is equal to zero. Thus Equation 8.6 simplifies 
to Equation 8.7, which is the same as for a consolidated matrix: 

If only fracture porosity is present in the system, such as in Type-1 
naturally fractured reservoirs, the porosity the partitioning coefficient 



PETROPHYSICAL PROPERTIES 505 

is equal to unity. In this case the formation resistivity factor can be 
expressed as: 

(8.8a) 

Laboratory tests indicate that the tortuosity factor, T, and the fracture 
porosity exponent, mf, are approximately unity in systems with 
open and well connected fractures. In Type-2 and Type-3 naturally 
fractured reservoirs, the formation resistivity factor can be more generally 
expressed as: 

(8.8b) 

Where mm is the matrix porosity. If only matrix porosity is present, i.e. 
$f = 0, Equation 8.8b simplifies to Equation 4.40 where m = mm and 
a = T. On the other hand, if only fracture porosity is present such as 
in Type-1, Equation 8.8b simplifies to Equation 8.8a. If only the total 
porosity is known, then F can be estimated from: 

(8.8~) 

The fractures should be considered as being well connected if the 
interporosity coefficient, h, which is determined from a pressure 
transient test is high, i.e. lo-* or lop5. If the interporosity factor is 
low, i.e. h is approximately lows or loT9, the fractures are poorly 
interconnected and/or partially mineral-filled. In this case mf and T 
maybe as high as 1.75 and 1.5, respectively. For 3 h 2 lo-', 
1.75 > mf > 1 and 1.5 3 T 3 1. 

EXAMPLE 

The following characteristics of a Type-2 naturally fractured formation 
were obtained from core analysis: 

$f = 0.037 $m = 0.15 mf = 1.5 mm = 2 

R, = 1.77 ohm-m Rw = 0.035 ohm-m 

Estimate the tortuosity factor for this formation. 



506 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

SOLUTION 

Using Equation 4.5 the formation resistivity factor is: 

Ro 1.77 
Rw 0.035 

F = - = - -  - 50.57 

The tortuosity is calculated from Eq. 8.8b: 

z = F ((1 - @?>$:"' + @?) 
= (50.57) ((1 - 0.0371.5)(0.152) + 0.0371.5) = 1.5 

POROSITY PARTITIONING COEFFICIENT 

Reservoirs with a fracture-matrix porosity system-such as found in 
many carbonate rocks due to the existence of vugs, fractures, fissures, 
and joints-differ considerably from reservoirs having only one porosity 
type. The secondary porosity strongly influences the movement of fluids, 
whereas the primary pores of the matrix, where most of the reservoir 
fluid is commonly stored (more than 96% in Type-3 naturally fractured 
reservoirs), are poorly interconnected. The Spraberry field of West Texas 
is an example of a naturally fractured sandstone oil reservoir, which 
is composed of alternate layers of sands, shales, and limestones. The 
Altamont trend oilfield in Utah is another naturally fractured sandstone 
reservoir with a porosity of 3% to 7% and an average matrix permeability 
less than 0.01 mD [13]. 

Laboratory-measured values of permeability for naturally fractured 
cores can be significantly different from the in-situ values determined 
by well pressure analysis. The difference is attributed to the presence of 
fractures, fissures, joints and vugs, which are not adequately sampled in 
the core analysis. One of the earliest methods used to analyze full-sized 
naturally fractured cores was developed by Locke and Bliss [30]. The 
method consists of injecting water into a core sample and measuring 
the pressure values as a function of the cumulative injected volume of 
water (Figure 8.11). The secondary pore space, Vf,  because of its high 
permeability, will be the first to fill up with water. A sharp increase in 
pressure is recorded later, indicating that the matrix porous space, V,, 
has to fill up. The total pore volume, Vt = Vf + @fVm, is considered to 
be fdled up when a pressure of 1,000 psi is reached in the test. If the 
fraction of total pore volume in the secondary porosity is v, then: 

v c  
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Figure 8.11. Locke and Bliss Method for Estimating the Pore Space of Fractures. 

The term v is commonly referred to as the “porosity partitioning 
coefjcient.” This coefficient represents the apportioning of total porosity 
(@) between the matrix (intergranular) porosity, @m, and secondary 
pores (vugs, fractures, joints, and fissures), @ f .  

The value of v ranges between zero and unity for dual porosity systems. 
For total porosity equal to matrix porosity (absence of fracture porosity), 
v = 0. For total porosity equal to fracture porosity, v = 1. This coefficient 
can be estimated from core analysis using the Locke and Bliss method, 
pressure analysis, and well logging data. By assuming that the fractures 
and matrix are connected in parallel, as shown in Figure 8.20, Pirson 
suggested the following equations for short and long normal or induction 
tools [ 2 5 ] .  If the drilling fluid used is non-conductive, the following 
correlations can be used to estimate the porosity partitioning coefficient 
and fracture intensity index: 

(a) Short Normal 

(8. loa) 

(8.10b) 
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(b) LongNorma1 

(8.11) 

where: R,, = Borehole corrected invaded zone, short normal, 
resistivity, ohm-m 

Rmf = Mud filtrate resistivity, ohm-m 
Rt = Borehole corrected true, long normal, resistivity, 

Rw = Water resistivity, ohm-m 
Qt 

S, = water saturation, faction 
Sxo = Saturation of mud filtrate in the flushed zone, fraction 

ohm-m 

= total porosity of the formation, fraction 

Most of these parameters can be measured on either cores or well 
logs. The water saturation of the flushed zone can be estimated only 
from correlations. Each formation seems to require a slightly different 
correlation. One of these correlations is: 

s,, = s: (8.12) 

The exponent C (typically 0.20 to 0.25) is assumed arbitrarily, 
depending on the experience of the mud-log analyst and results obtained 
in nearby wells. In a high-porosity and high-permeability formation 
C x SW. Because mud filtrate and formation water are miscible, in a 
water-bearing zone S,, = 1. In an oil-bearing zone S,, = 1 - Sox,, where 
So,, is the residual oil saturation in the flushed zone, typically in the 
range of 0.20 to 0.30. It is generally assumed that the amount of residual 
oil or gas is the same in both the flushed zone and the invaded zone. The 
flushed zone is that which immediately surrounds the wellbore (3 to 6 
in. radius). The invaded zone is that beyond the flushed zone (several 
feet thick). The presence of fissures near the borehole may increase the 
radius of both zones. 

In low-porosity ($t < 10%) and low-permeability formations (k < 
5 mD), any mud invasion would be very limited; but if k is high then 
mud filtration could be high and deep into the formation. In this case the 
range of the residual oil saturation is 10 to 20 percent. In high-porosity 
(Qt > 15%) and high-permeability (k > 100 mD) formations, a low mud 
invasion results, with residual oil saturation of approximately 30%. In the 
case of high porosity and low permeability, Sox, is in the order of 20%. 
These ranges of So,, are applicable primarily in water-wet sandstone 
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formations. The presence of fractures near the wellbore and their density 
are factors that must be taken into account when estimating S,,,. 

Combining Equations 8.10a and 8.11 and solving explicitly for the 
porosity partitioning coefficient, v, yields: 

(8.13) 

If the total porosity $, is known from logs or cores, the matrix porosity 
and fracture porosity may be estimated from: 

Om = cpt (1 - v) 
Of = Ot - Om 

(8.14) 

(8.15) 

The porosity partitioning coefficient v, commonly used by the 
petrophysicist, is physically equivalent to the storage capacity ratio, o, 
which is more commonly used in well test analysis. But, because of the 
difference in scale, it is unlikely that the two values would ever be equal 
for the same formation. Note that even equations 8.13 and 8.9 will yield 
slightly different values of v, because one is obtained from well logs 
(Equation 8.9) while the other is measured in cores. 

Logs seem to yield slightly lower values of v, because the measurements 
are done under in-situ conditions. 

EXAMPLE 

A newly drilled well in a naturally fractured reservoir was logged. 
The average total porosity of the system was estimated from cores as 
13%. Other known characteristics are: 

A = 3,00Oacres, h = 52ft, s, = 0.21, 

Bo = 1.25 bbl/STB 

R d  = 0.17 ohm-m, 

R, = 0.19 ohm-m, Rt = 95ohm-m, 

m = 1.40. 

(1) Estimate the porosity partitioning coefficient. 
(2) Estimate the matrix porosity and fracture porosity. 
(3) Calculate the total oil in place, STB. 

SOLUTION 

(1) In order to calculate the porosity partitioning coefficient v from 
Equation 8.13, we need to determine first the resistivity in the 
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flushed zone. Using Eq. 8.10b: 

The formation resistivity factor F and the water saturation in the 
invaded zone Sxo are estimated from equations 8 . 8 ~  and 8.12,  
respectively, assuming z Z 1 and CX = 0 . 2 :  

1 
0.14l.'5 

F =  = 31.2 

Using Equation 8.13 the porosity partitioning coefficient is: 

0.19 (L - L) = 0.24  V =  
O.ld(0.22 - 0.738) 95 9 .72  

This value indicates that fractures contribute 24 percent of the total 
pore space. 

( 2 )  We now can estimate the matrix porosity and fracture porosity from 
Equations 8.14 and 8.15:  

@m = @ t ( l  - V) = 0.14(1 - 0.24)  = 0.106 

(3) Assuming the water saturation in the fractures is equal to the water 
saturation in the matrix, the initial oil in place in the matrix and 
fractures are calculated from Equations 8.2  and 8.3, respectively: 

(7,758)(3,000)(52)(0.11)(1 - 0.22)(1  - 0.034) 
1.25 

Nom = 

= 80,186,700 STB 

(7,758)(3,000)(52)(0.034)(1 - 0 . 2 2 )  
Nof = 1.25 = 25,540,565 STB 

The total oil in place in this naturally fractured reservoir is: 

Not = 80,186,700 + 25,540,565 = 1 0 5 . 7 ~ 1 0 ~  STB 

This total oil volume is correct, assuming the porosity partitioning 
coefficient is the same in the entire reservoir. This is highly unlikely 
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Figure 8.12. Frequency of occurrence of natural fractures near major faults [25J. 

in naturally fractured formations, where porosity varies over short 
distances. 

FRACTURE INTENSITY INDEX 

Tension stress causes rock failure along major faults, giving rise to 
fracture porosity (@f), and fractures of decreasing width (wf) and length 
(hf) and frequency of occurrence (FII) away from the fault plane, as 
shown in Figure 8.12 [25]. Thus permeability is much more affected 
by fracture dimensions than the matrix or total porosity. The curve fit 
equations for both upthrown and downthrown blocks are as follows: 

Upthrown block: 

1 
4.2 x 1Op2FII2 - 2.43 x lop5 dLU = 

Downthrown block: 

1 

9.44 x 10-3exp(~11) - 9.3 x 10-3 
~ L D  = 

(8.16) 

(8.17) 

where: dLU = Lateral distance to the fault for upthrown block, ft  
dLD = Lateral distance to the fault for downthrown block, ft  
FII = fracture intensity index, fraction. 

The in-situ value of the fracture intensity index is estimated from: 

(8.18) 
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Equation 8.16 (R2 = 0.989) is applicable for a distance range of 250 to 
5,000 ft  and an FII range of 7 to 25%, and Equation 8.17 (R2 = 0.998) 
is applicable for a distance range of 250 to 1,250 ft  and an FII range of 
7 to 25%. These correlations were developed from well data obtained 
by Pirson near the Luling-Mexia fault in the Austin chalk. The primary 
application of these two correlations is in the exploration stage and when 
the presence of a nearby fault is known a priori from seismic data, as 
they provide only an order of magnitude of the distance to the fault. It 
is important to emphasize that (a) FFI is influenced by several factors, 
including the number of fractures and fracture geometry, and (b) not all 
natural fractures are the result of faulting. 

The following equations can be used to estimate fracture width and 
fracture permeability in a type 1 naturally fractured reservoir: 

0.064 
Wf = - [(l - Siw)FII]'.315 

@t 

kf = 1.5 x 107@t [(I - S,i)FII]2.63 

(8.19a) 

(8.19b) 

where porosity, FII, and irreducible water saturation are expressed as 
fractions, and fracture width and fracture permeability in cm and mD, 
respectively. The fracture porosity can be directly estimated using the 
following empirical correlation [ 221 : 

Of = [Rmf (- 1 - -)] l a  

RLLS RLLD 
(8.20) 

where the range of the coefficient CT is between 2/3 (typical for Type-1 
fractured reservoir) and 3/4. Rmf, RLLS and R L ~  are, respectively, the 
mudfiltrate, laterolog shallow, and laterolog deep resistivities in ohm-m. 
RLLS and R L ~  are equivalent to R,, and Rt, respectively. 

EXAMPLE 

Seismic surveys and geological studies have indicated that the well 
in the previous example is located in a naturally fractured zone and in 
an upthrown layer. Using the given data, calculate the FII and estimate 
the distance to the nearest fault, if the resistivity of the invaded zone is 
7.5 ohm-m. 
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SOLUTION 

Using Equation 8.18, the fracture intensity index is: 

1/9.7 - 1/95 
1/0.17 - l / O . l 9  

= 0.15 - - 1/Rxo - 1/Rt FII = 
1/R,f - 1/Rw 

The distance to the nearest fault is estimated from the correlation 
corresponding to the upthrown block and can now be estimated using 
Equation 8.16: 

1 
4.2 x 10-2FI12 - 2.43 x 

~ L L J  = 

1 
dLU = = 1 , l O O f t  

4.2 x lop2 (0.15)2 - 2.43 x 

The distance to the fault can be directly estimated using Figure 8.13. For 
the FII value of 15%, the distance is approximately 1 100 ft. 

EXAMPLE 

Resistivity survey in a well yielded the following data: wellbore 
corrected mud filtrate resistivity = 0.165 ohm-m, water resistivity = 
0.18 ohm-m, invaded zone resistivity = 12 ohm-m, and deep formation 

c c 
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Figure 8.13. Fault proximity index (FPI) as a function of fracture intensity index 
(FIIj in Austin chalk [25J 
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resistivity = 85 ohm-m. The reservoir average porosity (17%) was 
determined from a Neutron log. Substantial mud loss was observed during 
drilling of this well as well as in neighboring wells. Pressure test analysis 
as well as cores confirmed the presence of extensive natural fractures in 
the well. 

(a) Estimate the fracture intensity index and the porosity partitioning 
coefficient. 

(b) If the average irreducible water saturation estimated from log analysis 
is 24%, determine the fracture width. Note that the coefficient CX in 
equation 8.12 is typically 0.25. 

(c) Estimate the fracture width, fracture permeability and fracture 
porosity of the formation. 

SOLUTION 

(a) Knowing RLLS = Rxo = 12 and R m  = Rt = 85, the fracture intensity 
index is estimated from Eq. 8.18: 

1 I 
1/12 - 1/85 

= 0.1417 Rxo Rt - 
1 1 - l/0.165 - 1/0.18 FII = 

The saturation of mud filtrate in the flushed zone is: 

S,, = S 2  = 0.24°.25 = 0.70 

The porosity partitioning coefficient is calculated using equation 8.13: 

- 0.18 (L - ifi) = 0.165 - 
O.li’(0.24 - 0.70) 85 

(b) Using Equation 8.19a: 

0.064 
ot Wf = - [(l - Siw)FII]1.315 

0.064 
0.17 

- -- [(l - 0.24)(0.1417)]’.315 = 0.02 cm 
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(c) Using Equation 8.19b: 

kf = 1.5 x 107@t [( l  - Swi)FII]2.63 

= 1.5 x lo7 (0.17) [(l  - 0.24)0.1417]2.63 = 7,265 mD 

Using equation 8.20, where CT = 3/4, the fracture porosity is: 

Qf = [ R d  (& - &)IcT = b.165 (A - -$)I 314 = 0.0358 

For CT = 2/3, the fracture porosity is 0.052; thus the value of @f is 
between 0.036 and 0.052. 
The matrix porosity is: 

Qm = @ t ( l  - U) = 0.17(1 - 0.165) 0.142 

Note that the sum of Qf (for CT = 3/4) and @m is 0.177, which is 
approximately equal to the total porosity obtained from well logs. 
Therefore the fracture porosity of this reservoir is 3.6%. 

PERMEABILITY-POROSITY RELATIONSHIPS IN DOUBLE POROSITY SYSTEMS 

Petroleum reservoirs can be divided into three broad classes based on 
their porosity systems: 

(1) intergranular; 
(2) intercrystalline-intergranular; 
(3) solution channels and/or natural fractures. 

Reservoirs with vugular solution channels and/or fractures differ from 
those having intercrystalline-intergranular porosity in that the double 
porosity system strongly influences the movement of fluids. The double 
porosity can be the result of fractures, joints, and/or solution channels 
within the reservoirs. Carbonate reservoirs with a vugular-solution 
porosity system, such as the Pegasus Ellenburger Field and Canyon Reef 
Field in Texas, exhibit a wide range of permeability. The permeability 
distribution may be relatively uniform or quite irregular. The double 
porosity reservoir with a uniform permeability distribution can be 
analyzed as follows. 

Consider a rock sample with two dominant pore radii, as shown 
in Figure 8.14. The total flow through such systems is the sum of 
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Figure 8.14. Unit model with two dominantpore radii. The systemspossess different 
petrophysical properties such as porosity and permeability. 

individual flow rates through each system, the systems having different 
petrophysical properties such as porosity and permeability. 

qt = ql + q2 (8.21) 

Using Darcy’s law (for qt) and Poiseuille’s (for ql and q2), we have: 

The total area for the system is: 

Also, we know from Chapter 3 that: 

2 
r, = ~ 

SVP 

(8.22) 

(8.23) 

(8.24) 

Substituting Equation 8.23 in 8.22 and Equation 8.24 in the resulting 
equation gives: 

(8.25a) 
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The general form of this equation is: 

For a single porosity system, this equation reduces to: 

(8.25b) 

(8.26) 

The constant 2 in Equation 8.26 is related to the shape of the capillaries 
and their tortuosity and can be replaced by KT: 

(8.27) 

where 

KT = 6fsp~ (8.28) 

Methods for estimating the pore shape factor fsp and the tortuosity of 
the capillaries z are discussed in Chapter 3. In the case of formations 
containing a very small number of channels per unit pore volume, such 
as in reservoirs with high storage capacity in a rock matrix, and very low 
storage capacity in channels, nl >> n2, Equation 8.25a can be written as: 

where the subscript 1 stands for primary pore space, which stores most 
of the fluid. In the case of n2 >> nl , i.e. rocks in which the fluid is stored 
mainly in secondary pore spaces such as fissures and vugs, Equation 8.29a 
becomes: 

where the subscript 2 stands for secondary pore space. Thus, in 
cases where nl >> n2 and n2 >> nl, double porosity systems may be 
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approximated by a single pore space system, and consequently the 
methods developed in Chapter 3 for clastic rocks can be used in 
carbonate formations. In the case where nl is approximately equal to 
n2, and since it is impossible to determine nl and n2, an alternative to 
the above approach is to take the geometric mean of the two capillary 
systems, i.e.: 

(8.30) 

Using an average value of rcl and rc2, and an average value of 41 and 42 ,  

Equation 8.30 becomes similar to the Kozeny equation. 

POROSITY AND PERMEABILITY RELATIONSHIPS IN TYPE 1 NATURALLY 
FRACTURED RESERVOIRS 

As mentioned earlier in regard to type 1 reservoirs, fractures provide 
all the storage capacity and permeability and the fluid flow behavior 
is controlled by the fracture properties. The equation for volumetric 
flow rate, combined with Darcy’s law, provides the basic approach for 
estimating fracture permeability. 

Consider a block of naturally fractured rock with n fractures, as shown 
in Figure 8.15. Assuming the fractures are rectangular, smooth, and do 
not contain any mineral, the Hagen-Poiseiulle equation gives: 

nhfwf3 AP q =  ~- 
12 pL (8.3 1 a) 

unit Area 
At 

Figure 8.15. Unit model used in calculation of fracture permeability in type 
naturally fractured reservoirs. 

1 
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and Darcy's law is: 

AP 
q=kA- 

PL 
(8.3 1 b) 

Equating these two equations and solving for permeability results in: 

(8.32) 

The physical difficulty in using equation 8.32 is that the number of 
fractures, fracture height, and fracture width have to be known. Since, 
by definition, 

and 

substituting Equation 8.34 in 8.32 yields: 

(8.33) 

(8.34) 

(8.35) 

Equation 8.35 is similar to Equation 3.14, k = @r2/8, where the capillary 
radius r and constant 8 have been replaced by the fracture width wf and 
12 respectively. Equation 8.35 is commonly used to calculate fracture 
permeability. Expressing fracture porosity in percent and fracture width 
in micrometers (pm), Equation 8.38 becomes: 

where kf is expressed in darcies. 

permeability are known from well logs or well testing: 
Equation 8.35 can be used to calculate wf if the porosity and 

Wf = 4 2 -  k 

@ 
(8.37) 
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FRACTURES POROSITY AND APERTURE FROM CORES 

Oil-bearing fractured granite is a major productive formation in some 
parts of the world, such as in the Bach Ho field offshore Vietnam. 
Fractured granite consists of three main elements: macrofractures, low 
permeability matrix with microfractures, and tight non-permeable matrix 
[33]. Tan et al. selected ten of the most representative whole cores 
(D = 6.7 cm) from this oilfield, with total porosity from 3.03 to 9.93 
percent, and permeability from 226 to 19,250 mD, as shown in Table 
8.4 [33]. After trimming and cleaning, the cores were saturated with a 
brine, then the total porosity (of) was determined. The saturated samples 
were then loaded into a capillary cell (porous plate technique) and Pc 
was increased in steps from 0.05 to 5 bars. The water saturation S, was 
recorded at each step. They observed that the larger the fracture width, 
the lower the capillary forces. From this observation, they demonstrated 
that the sudden change in the slope of Pc versus &, as shown on Figure 
8.16, corresponds to the volume of fractures. The fracture porosity and 
porosity partitioning coefficients were then calculated from: 

o f  = o t u  - SWS) (8.37a) 

v = $f/$t = 1 - sws (8.37b) 

where SWS is the water saturation corresponding to the sudden change 
in slope of the PC curve. Values of of and v are shown in Table 8.4. This 
table shows very high values of v, which indicates a very high density of 
microfractures in the matrix. 

TABLE 8.4 
RESULTS OF CORE ANALYSIS OF FRACTURED RESERVOIR 

1800 
19250 
15220 
1704 
8520 
386 
824 
514 
226 
302 

8 .33  
8 .63  
4.25 
4.67 
3.03 
4.34 
9.93 
5.54 
4 .06  
7.69 

0 .328  
0.302 
0.435 
0 .4  
0.396 
0.26 
0.266 
0.462 
0.37 
0.223 

2.73 
2.61 
1.85 
1.87 
1.20 
1.13 
2.64 
2.56 
1.50 
1.71 

5.60 
6.02 
2.40 
2.80 
1.83 
3.21 
7 . 2 9  
2.98 
2.56 
5.98 



PETROPHYSICAL PROPERTIES 52 1 

0.0 0.2 0.4 0.6 0.8 

Water saturation, fraction 

iple 10 

1 1 .o 

Figure 8.16. Air/water capillaty pressure cutzles [X?]. 

Tan et al. also performed simultaneous measurement of permeability 
(to water) and resistivity on naturally fractured core samples, using a 
Hassler coreholder equipped with two silvercoated electrodes. For each 
core sample, resistivity and permeability were determined at various 
overburden pressure from 15 to 400 bars. Samples of two saturation states 
were investigated: Full brine saturation, and partial brine saturation. 
Resistivity measurements were performed on 31 fully brine saturated 
cores with k < 3 mD then the calculated formation resitivity factor (F = 
&/Rw), was plotted against fracture porosity (Figure 8.17). A curve-fit 
of the data points shows that the cementation factor is significantly low, 
which is typical of systems with high porosity partitioning coefficient. 
The log-log plot of resistivity versus permeability (Figure 8.18) allowed 
them to investigate the relationship between fracture permeability and 
fracture width. They concluded that wf calculated from resistivity 
(Equation 8.40b) represents the real value of the fracture aperture. 

Expressing fracture porosity in percent and fracture width or aperture 
in micrometer (pm) Equation 8.35 becomes: 

kf = 8.44 x lO-*w& (8.38) 

where kf is expressed in Darcy units. The fracture porosity is calculated 
from: 

0.04nfwf 
7CD Of = (8.39) 
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Figure 8.17. Formation resistivity factor us. porosity [33J. 

1000 

E 
E 

5 100 

c 
0 

.- > 
u) 
u) 
Q 
K 

.- c .- 

10 

1 

0.1 1 10 100 1000 10000 
Permeability, md 

Figure 8.18. Cross-plot of resistivity us. pemzeabilfty [33]. 

The fracture width or aperture can be estimated from the following 
equations: 

(8.40a) 
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Or, assuming the fracture length is equal to the length of the core sample: 

(8.40b) 

Where: 

nf = number of fractures in fractured core sample 
R, = Brine or water resistivity, Ohm-m 
rof = electrical resistance of the fractured core sample, Ohm 
D = Diameter of fractured core sample as shown in Figure 8.28A, cm 
L = Length of fractured core sample as shown in Figure 8.28A, cm 

kf = Fracture permeability, Darcy 
$f = Fracture porosity, percent 

wf = Fracture width or aperture, micrometer (pm) 

EXAMPLE 

Resistivity measurements were performed on a 100% water saturated 
core sample containing 5 fractures. The following results were obtained: 

r,f = 675 Ohm Rw = 0.15 Ohm-m D = 7.62  cm 

L = 30.48 cm Qt = 10.3% 

Calculate: 

(a) Fracture width 
(b) Fracture porosity 
(c) Fracture Permeability 
(d) Porosity partitioning coefficient and matrix porosity. 

SOLUTION 

(a) The fracture width or aperture is obtained from Eq. 8.40b: 

106RwL 
w 0 f D  

lo6 x 0.15  x 30.48 
5 x 6751 x 7.62 

Wf = - - = 178ym 

(b) The fracture porosity is estimated from Eq. 8.39: 

0.04nfwf 0.04 x 5 x 178 - - = 1.5% 
7CD 7.627~ Qf = 
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(c) The fracture permeability is estimated from Eq. 8.38: 

kf = 8.44 x lo-* x 178* x 1.5 = 39.6 Darcy 

(d) The porosity partitioning coefficient and matrix porosity are 
determined from Equations 8.3713 and 8.15: 

= 0.14 Of 1.5 
Ot 10.3 

v = - = -  

SPECIFIC AREA OF FRACTURES 

Let S,, be the internal surface area per unit of pore volume, where the 
surface area for n fractures is n(2wfL + 2hfL) = 2n(wf + hf)L, and the 
pore volume is n(wfhfL), assuming the fracture provides all of the storage 
and permeability. The specific surface area per unit pore volume is: 

(8 .41)  

Using the same assumptions, the specific surface area per unit grain 
volume is: 

Multiplying and dividing by wfhf , and simplifying, yields: 

2nwfhf 
sgv = A ( l - @ ) ( d + ; )  

(8.42) 

(8.43) 

Substituting for A from Equation 8.37 and simplifying results in: 

(8 .44)  

The term l/hf is very small in comparison to l/wf because hf >> wf. 
Thus equation 8.44 reduces to: 

(8.45) 
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Combining Equations 8.41 and 8.44 gives: 

s, = (”> spv 
1 - 4  

Since l/wf >> l/hf, Equation 8.41 reduces to: 

2 2 
S, = -orwf = - 

Wf SVP 

Substituting for wf , Equation 8.17 becomes, 

Combining Equations 8.46 and 8.36 gives: 

k = - (  1 (P3 ) 
3s& ( 1  - +)2 

(8.46) 

(8.47) 

(8.48) 

(8.49) 

The derivation of Equations 8.33 through 8.49 assumes that the 
fractures are rectangular, smooth, uniform, and that fracture length is 
equal to the length of the rock sample. The constant 3 is specific to the 
shape of the fracture. Equations 8.48 and 8.49 can be generalized for all 
fracture shapes as follows: 

(8.50) 

(8.51) 

where KTf = K&, Ksf being the fracture shape factor and T the tortuosity. 
This equation is similar to the generalized Kozeny equation. Unlike 
sandstone formations, identification and characterization of flow units 
in carbonate formations is not possible because of extreme variations of 
fissures, both in terms of geometry and intensity. However, in reservoirs 
where the geometry and distribution of fissures are uniform throughout 
the reservoir, one could use the same concepts of reservoir quality index 
(RQI), flow zone index (FZI), and Tiab’s hydraulic unit characterization 
factor (HT) as were presented in Chapter 3. 
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Figure 8.19. 

unit Area 
At 

Effect of fracture shape on the permeability-porosity relationship. 

EFFECT OF FRACTURE SHAPE 

Consider a fracture with an elliptical cross-section as shown in Figure 
8.19. Assuming a type 1 naturally fractured reservoir, the specific surface 
area per unit pore volume, S,, is: 

Ase s, = - 
VP 

(8.52) 

where Ase is the surface area of the elliptl:al fracture and is given by: 

Ase = 7~ b.75 (wf + hf) - 0.5-1 L 

and 

(8.53) 

7C 
Vp = -WfhfL 4 

Combining the above three equations, and simplifying: 

1 1  2 
= 3 (- + -) - - 

Wf hf 4 6 G  
Since l/hf << l/wf, the above equation reduces to: 

(8.54) 

(8.55) 

3 2 
h=(wy)-m (8.56) 
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Assuming wfhf >> wf, Equation 8.56 further reduces to (with less than 
5% error): 

3 
SVP = wf (8.57) 

It is clear from the above equations that the value of the facture shape 
factor K,f changes with fracture shape. 

HYDRAULIC RADIUS OF FRACTURES 

The effective radius of a fracture (rw) can be obtained by representing 
the fracture as a capillary tube. Equating Equations 3.10, which is valid for 
a capillary tube system, and 8.3 la,  which accounts for fracture geometry, 
yields: 

Solving for the radius results [32] : 

(8.58a) 

(8.58b) 

Equation 8.58b is very important equation in a sense that it interprets the 
fracture geometry in terms of equivalent hydraulic radius and thus can 
be incorporated in any tube model (Figure 8.20). 

Wf 

Figure 8.20. Fracture hydraulic radius in fractured and unfractured rocks. A rock 
sample with one fracture of hydraulic radius equal to I m is equivalent to a rock 
sample with one solution channel of radius I m. 
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Substituting Equation 8.58b in 3.10 (where r = ~ h f )  yields: 

(8.59) 

The fracture permeability in this equation is in cm2, porosity is a fraction, 
and fracture height and width are in cm. If fracture width, wf, and 
fracture porosity, &, are determined from core analysis and permeability 
is determined from well testing, fracture height can be determined from 
Equation 8.59. Another application of Equation 8.59 is to decide what 
radius a horizontal well has to have in order to get the same benefit of a 
hydraulic fracture of width wf and height hf. 

EXAMPLE 

Core analysis, well logs and pressure data yielded the following data: 

$f = 0.027 wf = 0.015 cm kf = 51.3 Darcies 

Estimate: 

(a) Fracture height and 
(b) Hydraulic radius of the fractures. 

SOLUTION 

(a) Equation 8.59 can be rearranged for fracture height as follows: 

(8.60) 

Since 1 Darcy = 9.87 x lo-’ cm2, therefore 51.3 Darcies = 
(51.3)(9.87 x lo-’) = 5.06 x cm’. 

= 314 cm = 10.3 ft 
hf = ( 5.06 x 10-5 ) 2  1 

0.05758 (0.027) (0.015)3 
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(b) Hydraulic radius can be calculated using Equation 8.58b. 

2 114 
rM = (- (314) (0.015)') = 0.12 cm 

3n: 

This value of rhf implies that a fracture which has a height of 314 cm 
and a width of 0.015 cm, is equivalent to a cylindrical channel which 
has a hydraulic radius of 0.12 cm. 

TYPE 2 NATURALLY FRACTURED RESERVOIRS 

In this type of reservoir the matrix has a good porosity and 
permeability. Oil is trapped in both the matrix and fractures. Consider 
a representative block containing two parallel layers, as shown in 
Figure 8.2 1. 

The average permeability in the matrix can be modeled using the 
capillary tube model and equations developed in Chapter 3. The average 
permeability in the fracture system can be expressed by the equations 
developed in previous sections in this chapter. 

For n, capillaries and nf fractures, the following approach can be 
followed to estimate permeability in type 2 naturally fractured reservoirs. 
Total flow rate from both matrix and fractures can be expressed as: 

Fracture 
hr 

Figure 8.21. Representative elementary rock volume containing two parallel systems 
of matrix and fracture. The Puid is stored in both matrix and fractures (type 2 
reservoirs). 
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Using Darcy's law (for qt) and Poiseuille's law (for % and sf) gives: 

The total area of matrix and fracture can be expressed as: 

(8.62) 

(8.63) 

Assuming equal storage capacity of both systems (matrix and fracture), 
i.e., the porosity partitioning coefficient v is approximately 0.50 and 
therefore n, = nf and @f = Qc, Equation 8.63 simplifies as: 

At = (nr: + hfwf) (8.64) 

Thus the average permeability can be extracted first by substituting 
Equation 8.64 in 8.62 and then solving for k: 

(8.65) 

For a unit block area, hf = 1. While hf and wf can be relatively easily 
measured, this is not always the case with rc. A rather simplistic approach 
to determine average permeability in type 2 reservoirs is to calculate the 
geometric mean of the two systems: 

(8.66) 

Assuming the average porosity @ = Equation 8.66 becomes: 

It is obvious from this discussion that in naturally fractured carbonate 
formations, where structural heterogeneities and textural changes are 
common and only a small number of wells are cored, the practice of using 
statistical core permeability-porosity relations to characterize flow units 
is not recommended. The main parameters that influence the flow units 
in naturally fractured reservoirs include: secondary porosity (fractures, 
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fissures, and vugs), matrix porosity, fracture intensity index, fracture 
dimensions (shape, width, and height), tortuosity, porosity, partitioning 
coefficient, specific surface area, and irreducible water saturation. These 
parameters must be incorporated in the definition of flow units in order 
to effectively characterize them. 

FLUID FLOW MODELING IN FRACTURES 
Fractures are modeled as flow channels or cracks. Their two main 

properties from the fluid flow point of view are the storage capacity 
and the fluid transmission or transfer capacity, also known as fracture 
conductivity. These two properties are dependent on the dimensions of 
length, width, and height. 

FRACTURE AREA 

Fracture area is determined by the shape and relative dimension of 
the fracture, and influences the mechanical behavior of the rock mass. 
Fractures are usually assumed to be circularly shaped, with constant 
radius, or parallelogram shaped, using a rectangle or square shape as 
a simplifying assumption. Fracture area is influenced by the extent of 
the fracture. There are three cases: (1) fractures are infinitely laterally 
extensive, (2) fractures terminate on other fractures, and (3) fractures 
terminate in intact rock. However, from fluid transfer point of view they 
are modeled as rectangular planes of a certain width w, height h, and 
length L or x, as shown in Figure 8.22. 

Three-dimensional fracture geometry systems can be represented in: 

(1) three principal planes: defining matrix blocks, Figure 8.23(a); 

Hk 

Figure 8.22. Fracture dimension for flow modeling point of view. 
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(4 (b’) 

Figure 8.23. An idealized schematic of elementary blocks [IPJ. 

(2) two principal planes: defining matches, Figure 8.23(b), (b’); and 
(3) one series of parallel planes: defining sheet, Figure 8.23(c). 

FRACTURE STORAGE CAPACITY 

In contrast to the matrix porosity, fracture porosity contributes only a 
few percent to the total porosity. Fracture aperture is typically up to a few 
millimeters in width, and typical fracture spacing is in the centimeter to 
meter range. Because fracture apertures are generally significantly greater 
than typical matrix pore-throat sizes, they contribute the major portion 
of the total transmissivity of the petroleum rocks, and consequently are 
an important factor in the movement of fluids. Fracture porosity initially 
is very high, but, over time, fractures may become partially filled with 
fines. This filling process considerably reduces the fracture porosity to 
less than five percent. Since only fracture conductivity is necessary in 
flow calculations, not much attention has been given to fracture porosity 
or storage capacity. The overall fracture storage capacity, which indicates 
how much fluid is held within the fracture network of a particular 
reservoir, is best estimated from pressure buildup tests. 
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FRACTURE CONDUCTIVITY 

In reservoir engineering, fractures have been typically categorized on 
the basis of their fluid transmission capacity or conductivity as follows: 

(1) Finite conductivity: Finite conductivity fractures allow a limited 
amount of the fluid to flow. If the fracture has dimensionless 
conductivity FCD = (kfwf)/(k,xf) less than 300, it is termed a finite 
conductivity fracture. 

(2) Infinite conductivity: Infinite conductivity fractures are highly 
conductive and their fluid transferring capacity is greater than that 
of the finite conductivity fractures. If FCD = (kfwf)/(k,xf) > 500 
then the fracture is infinitely conductive. This number is accepted 
by many researchers; however, some works assume FCD > 300 for 
infinite conductivity. 

(3) Uniform flux: Uniform flux fractures allow the fluid to flow through 
them such that there occurs a certain pressure drop but the amount 
of the fluid entering and leaving the fracture is constant. 

These three categories of fractures were developed for hydraulic 
fractures since physical dimensions of hydraulic fractures can be 
controlled by increasing the injection pressure and the amount of fluid 
and propant that control the fracture opening. Natural fractures, on 
the other hand, rarely show infinite conductivity behavior. This is 
because no propant is present in natural fractures and the fracture 
surface with time develops a skin due to the chemical and physical 
changes that take place with time and to the presence of reservoir 
fluids. 

Total reservoir conductivity is controlled by the fracture frequency, 
width or aperture, and length. Fracture frequency is the number of 
fractures per unit length (depth). Fracture frequency determines the 
fracture volume in a rock and is needed in order to determine the porosity 
due to fractures. 

Fracture aperture or width is the fracture opening and is a critical 
parameter in controlling fracture porosity and permeability. Fracture 
length determines the distance the fracture is penetrating the reservoir 
rock from the wellbore. Fractures are rarely straight, as shown in 
Figure 8.24. They are curvilinear and create a tortuous path as compared 
with straight tubes. The term fracture tortuosity is frequently used to 
define the irregular shape of the fractures and flow paths in reservoir 
rocks. Tortuosity is the ratio of the actual fracture length connecting two 
points and minimum fracture length, therefore the more the fractures 
are interconnected, the less the value of 2. 
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(a) Fracture frequency (b) Fracture tortuosity 

Figure 8.24. Examples of fracture frequency and fracture tortuosity. 

Figure 8.25. Realistic and idealized naturally fractured rocks, regenerated after 
Warren and Root fl8]. 

CHARACTERIZING NATURAL FRACTURES FROM 
WELL TEST DATA 

Warren and Root first modeled the transient flow of fluids in naturally 
fractured rocks, assuming that the rock consists of a fracture network as 
shown in Figure 8.25 [ 181. This widely popular model for flow analysis 
in naturally fractured reservoirs is referred to as the “sugar cube model” 
Warren and Root assumed that the entire fluid flows from the matrix to 
the fractures and only fractures feed the wellbore. 

Since not all naturally fractured reservoirs behave similarly, the degree 
of fluid flow is controlled by the matrix and the fracture properties. Thus 
Warren and Root introduced two key parameters to characterize naturally 
fractured reservoirs: 

(1) the storage capacity ratio, o, which is a measure of the fluid stored 
in fractures as compared with the total fluid present in the reservoir; 
and 
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(2) the inter-porosity flow parameter, h, which is a measure of the 
heterogeneity scale of the system and quantifies the fluid transfer 
capacity from matrix to the fracture and vice versa. 

A value of unity for h indicates the absence of fractures or, ideally, 
that fractures behave like the matrix such that there is physically no 
difference in petrophysical properties; in other words, the formation is 
homogeneous. Low values of h, on the other hand, indicate slow fluid 
transfer between the matrix and the fractures. The actual range of h is, 
however, lop3, which indicates a very high fluid transfer, to lop9, which 
indicates poor fluid transfer between the fractures and the matrix. The 
storage factor o has a value between zero and unity. A value of 1 indicates 
that the all fluid is stored in the fractures, whereas avalue of zero indicates 
that no fluid is stored in the fractures. A value of 0.5 indicates that the 
fluid is stored equally in matrix and fractures. 

Mathematically, the storage capacity ratio and the inter-porosity flow 
parameter are defined as follows: 

and 

where a is the geometry parameter, given by: 

(8.68) 

(8.70) 

where n is 1, 2, and 3 for sheet, matches, and cube models respectively, 
as shown in Figure 8.23. For cubical and spherical geometries [26]: 

60 a=- 
% 

(8.71a) 

where X, represents the side length of the cube or the diameter of the 
sphere block. For long cylinders 

32 a=- 
% 

(8.71b) 
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where Xm is the diameter of the cylinder. For layered or slab 
formations 

(8.71 c) 

where hf is the fracture height, usually taken as the formation thickness 
of the fractured zone stacked in between the other layers. Knowing the 
inter-porosity parameter h from well test analysis, the fracture height hf 
can be calculated from: 

hf = r w / T  (8.72) 

For the sugar-cube model, the side length of each matrix block is obtained 
from: 

X, = Radius of the 
Sphere Matrix Block 

x, 
I 

X, = Radius of the 
Cylindrical Matrix Block 

(8.73) 

X, = Side Length of the 
Cubical Matrix Block 

h, = Height of the 
Fractured Matrix Slab 

Figure 8.26. (a) Spherical, e) cubical, (c) cylindrical, and (d) layered or stacked 
matrix blocks with natural fractures. 
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EXAMPLE 

A well is completed in a naturally fractured reservoir. Knowing the 
following data, which were obtained from core analysis and a single 
pressure drawdown test: 

h = 2.5 x r, = 0.3 ft kf = 39,000 mD k, = 0.185 mD 

(a) Calculate the side length of the matrix blocks. 
(b) What would be the height of the fracture zone if the system were 

layered? 

SOLUTION 

(a) The side length X, is calculated from Equation 8.73: 

Xm=rw /F -- - o.3Jdou(llXs- = 15.3 ft 
2.5 x x 39,000 

(b) The fracture height is calculated from Equation 8.72: 

Both of the Warren and Root parameters, h and a, are preferably 
obtained from well test data by using either the conventional semi-log 
analysis or the type curve matching techniques. Using the Tiub’s Direct 
Synthesis technique both parameters can be determined from the log-log 
plot of the pressure derivative versus time without using the typecurve 
matching technique [29].  

Figure 8.27 is the semi-log pressure test, with a typical two parallel 
lines indicating presence of natural fractures. The storage capacity ratio 
can be estimated from this figure, using the following equation: 

o = exp (-2.303:) (8.74) 

where 6P is the pressure difference between the two parallel lines in 
Figure 8.24 and m is the slope of either line. The degree of fracturing 
in each segment of the reservoir can influence the estimated value of O; 
consequently testing different wells can yield diEferent values of 0. 
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At"= (tp + At)/At 

Figure 8.27. A typical pressure test curve showing two parallel lines, a strong 
indication of the presence of natural fractures in petroleum reservoir rock. 

The slope is used to estimate the formation permeability, k, from: 

162 .6qyB0 
mh 

k =  (8.75) 

The units of pressure and slope are psi and psiflog cycle respectively. 
Once o is estimated, the fracture porosity can be estimated if 
matrix porosity @m, total matrix compressibility Cm, and total fracture 
compressibility cf are known, as follows: 

(8.76) 

Fracture compressibility may be different from matrix compressibility 
by an order of magnitude. Naturally fractured reservoirs in Kirkuk field 
(Iraq) and Asmari field (Iran) have fracture compressibility ranging from 
4 x to 4 x loy5 psi-'. In Grozni field (Russia) cf ranges from 7 x lop4 
to 7 x In all these reservoirs cf is 10 to 100 folds higher than Cm. 

Therefore the practice of assuming cf = Cm is not acceptable. 
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The fracture compressibility can be estimated from the following 
expression [22]: 

1 - (kf/kfi)”3 
AP 

Cf = (8.77) 

kfi = Fracture permeability at the initial reservoir pressure pj 

kf = Fracture permeability at the current average reservoir pressure p 

In deep naturally fractured reservoirs, fractures and the stress axis on the 
formation generally are vertically oriented. Thus when the pressure drops 
due to reservoir depletion, the fracture permeability reduces at a lower 
rate than one would expect, as indicated by Equation 8.77. In Type-2 
naturally fractured reservoirs, where matrix porosity is much greater 
than fracture porosity, as the reservoir pressure drops the matrix porosity 
decreases in favor of fracture porosity [22]. This not the case in Type-1 
naturally fractured reservoirs, particularly if the matrix porosity is very 
low. 

A representative average value of the effective permeability of a 
naturally hctured reservoir may be obtained from: 

where 

k,, = maximum permeability measured in the direction parallel to 

kmin = minimum permeability measured in the direction perpendicular 

the fracture plane (Figure 8.28), thus kmm X kf 

to the fracture plane (Figure 8.28), thus k- km 

f 
D 

I 
t 

-41- 
Wf 

Figure 8.28. Maximum and minimum permeability 
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Equation 8.78 becomes: 

k = Jkfkm (8.79) 

The fracture permeability (plus connected vugs) can therefore be 
estimated from: 

k2 
kf = - 

km 
(8.80) 

Where km is the matrix permeability, which is measured from 
representative cores, and k is the mean permeability obtained from 
pressure transient tests. Combining equations 8.77 and 8.78 yields: 

1 - (k/ki)1’3 
Cf = 

AP 
(8.81) 

Where 

ki = average permeability obtained from a transient test run when the 
reservoir pressure was at or near initial conditions pi and 

k = average permeability obtained from a transient test at the 
current average reservoir pressure, p 

Ap=pi-r)  

Matrix permeability is assumed to remain constant between the two tests. 
Note that equations 8.77 and 8.81 are valid for any two consecutive 
pressure transient tests, and therefore Ap = p1 - p 2 .  The time between 
the two tests must be long enough for the fractures to deform significantly 
in order to determine an accurate value of cf. 

The fracture permeability can also be estimated from the following 
correlation [3 11, if the fracture width (or aperture) wf is known from 
logs or core measurements: 

kf = 33wtwf (8.82) 

where wf is in microns (1 micron = lop6 m), the storativity ratio o and 
total pososity t$t are expressed as a fraction and kf in mD. 

The effective permeability of a naturally fractured reservoir may also 
be approximated from the following equation: 

This equation should preferably be used for verification purposes, i.e. 
once kf is calculated from equations 8.80 or 8.82 and +f from Eq. 8.76, 
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they should be substituted into Eq. 8.83. If kf and $f are correct, then the 
effective permeability k from Eq. 8.83 should be approximately equal to 
that obtained from well test analysis. 

If the fracture width cannot be measured from logs or core analysis, 
and kf can be calculated from Eq. 8.80, then equation 8.82 may be used 
to estimate wf: 

The inter-porosity fluid transfer coefficient is then estimated as: 

(8.84) 

(8.85) 

The reservoir permeability, k, is in mD, fluid viscosity, p, in cP, wellbore 
radius, r, in ft, inflection time, A t i d ,  in hrs, porosity in fraction, and total 
compressibility, ct, in psi-'. 

The test time corresponding to the inflection point, Atid, is obtained 
from the semilog plot of the pressure drop AP versus shut-in time At. 
Sometimes, however, the inflection point is not obvious on a semilog 
plot due to the presence of a nearby boundary or near-wellbore effects 
such as wellbore storage and skin. It is thus recommended that a pressure 
derivative plot be used as a guide for locating this inflection point. 

If a Horner plot is used, i.e., a plot of the shut-in pressure versus Horner 
time, At" = (t, + At)/At, then the point of inflection is obtained from: 

(8.86) 

where (AtH)inf is simply ((t, + At)/At)inf, as shown on Figure 8.24, tp is 
the production time, and At  is the test time during a pressure buildup 
test. 

On the log-log plot of the pressure derivative (t*AP) versus test time At, 
the inflection point Atid is easily recognized on the pressure derivative 
plot. It corresponds to the time at which the minimum value of the 
trough is reached. Applying the Tiab direct synthesis (TDS) technique, k, 
0, and h can be obtained from the log-log plot without using typecurve 
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matching [29], The permeability is obtained from: 

where (tAp’)R is obtained from the horizontal line of the pressure 
derivative, which corresponds to the infinite acting radial flow regime. 

The inter-porosity fluid transfer coefficient is given by: 

42. 5h@ctr$ (t Ap’) min 

’= ( qB, ) At- 

where (t.AP’)- and At- are the coordinates of the minimum point, as 
shown in Figure 8.28. The fracture storage ratio is given by: 

where the dimensionless time corresponding to the minimum time, 
tDmin, is calculated from: 

(8.90) 

At- is the time coordinate of the minimum point of the trough on the 
pressure derivative curve. At- on the log-log plot of the derivative 
curve is equivalent to Atinf on the semilog plot of pressure versus time. 

Equation 8.89 is plotted in Figure 8.29. Curve fitting the points and 
solving explicitly for o yields: 

where 

The fracture storage ratio o can be directly determined from Figure 8.30 
or Equation 8.91. 

EXAMPLE 

Pressure tests in the first few wells located in a naturally fractured 
reservoir yielded a similar average permeability of the system of 85 mD. 
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Pressure derivative curve 

Unit slope portion 

storage and skin effect 

Trough, a typical indication of 
Presence of natural fractures 

log (b t )  

Figure 8.29. Eflect of natural fractures on pressure derivative on a log-log plot of 
pressure and pressure derivative against time. 
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Figure 8.30. Storage CoefJicientfiom the time coordinate of the minimum point of 
the pressure derivative curve. 
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An interference test yielded an average reservoir permeability, which 
implies that fractures are uniformly distributed. The total storativity, 
(+ct)m+f = 1.4 x lop6 psiw1, was obtained from this interference test. 
Only the porosity, Permeability and compressibility of the matrix could 
be determined from the recovered cores. 

Figures 8.31 and 8.32 show the behavior of pressure and pressure 
derivative of a recent pressure buildup test conducted in a well. The 
pressure data can be found in reference 28 (Well R-6). The pressure 
drop from the initial reservoir pressure to the current average reservoir 
pressure is 500 psia. The characteristics of the rock, fluid and well are 
given below: 

h = l150fi  r, = 0.292 ft p = 0.47 CP 

Bo = 1.74 RB/STB q = 17000 STB/D k, = 0.15 mD 

ctm = 4.15 x 10- 6 psi-’ qrn = 14% 

(1) Using: (a) conventional semilog analysis, and (b) the TDS technique, 
calculate the current: 

1. formation permeability, 
2. Storage capacity ratio, and 
3. fluid transfer coefficient 

(2) Estimate the four fracture properties: permeability, porosity, width 
and matrix block dimensions. 
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Figure 8.31. Pressure buildup test data plotted against shut-in time. 
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Figure 8.32. Pressure derivative group plotted against shut-in time. 

SOLUTION 

l(a) Conventional method 
From Figure 8.31: aP = 15 psi, m = 25 psiflog cycle and Atid = 

0.22 hrs 

1 .  The average permeability of the formation is estimated from the slope 
of the semilog straight line. Using Equation 8.75 yields: 

162.6qpB0 162.6 (17000) (0.47) (1.74) 
- - = 78.6 mD 

(25)(1150) 
k =  

mh 

2. Fluid storage coefficient is estimated using Equation 8.74: 

The storage coefficient of 0.25 indicates that the fractures occupy 25% 
of the total reservoir pore volume. 
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3. The inter-porosity fluid transfer coefficient is given by Equation 8.85: 

3792 (1.4 x (0.47)(0.2922) 

(78.6) (0.22) 
h =  

= 4.27 x 

The high value of fluid transfer coefficient indicates that the fluid 
transfer from matrix to fractures is very efficient. 

l(b) TDS technique 
From Figure 8.32, the following characteristic points are read: 

Atmin = 0.22 hrs (t*AP’)R = 10.9 psia (t*AP’)- = 4.76 psia 

1 .  Using the TDS technique, the value of k is obtained from Equation 8.87: 

70.6qpB0 70.6 (17000) (0.47) (1.74) 
h(t*Ap’)R (1150) (10.9) 

= 78.3 mD - k =  - 

2 .  The inter-porosity fluid transfer coefficient is given by Equation 8.88: 

42.5(1150) (1.4 X (0.292)’ 
- 4.267 x 

(17000) (1.74) 

3.  The storage coefficient o is calculated from Equations 8.91: 

x 0.22 = 80,968.8 
0.0002673 x 78.3 = 

(0.47 x 0.2922 x 0.0000014 

1 
2.9114 - 3.5668/ ln(0.70783) - 6.5452/0.70783 

o= = 0.25 

The conventional semilog analysis yields the same values of k, o and 
h as the TDS technique. The main reason for this match is that both 
parallel straight lines are well defined. 
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(2) Current properties of the fracture 

(a) The fracture permeability is calculated from Eq. 8.85: 

- 41,216 mD 
k2 78.62 k f = - = - -  
km 0.15 

The fracture permeability at initial reservoir pressure is: 

kfi = - k2 = - 852 - - 48,166 mD 
k, 0.15 

(b) The fracture porosity is obtained from Eq. 8.76. 
In fractured reservoirs with deformable fractures, the fracture 
compressibility changes with declining pressure. The fracture 
compressibility can be estimated from the following expression [ 221 : 

1 - (kf/kfi)''3 
AP 

ctf = 

= 10.12 x psi-' 
1 - (41,216/48,166)'/3 

500 Ctf = 

The compressibility ratio is: 

ctf 10.12 10-5 -- - = 24.4 
Ctm 4.15 x 

Thus, the fracture compressibility is more than 24 folds higher than 
the matrix compressibility, or ctf = 24.4ctm. The fracture porosity 
is: 

- 0.0019 = 0.19% 

The total porosity of this naturally fractured reservoir is: 

Cpt = (Pm + @f = 0.14 + 0.0019 = 0.1419 
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Substituting the values of km, kf, and Qf into Equation 8.83 yields 
approximately the same value of the effective permeability obtained 
from well testing, i.e. 

k * k, + @fkf = 0.15 + 0.0019 x 41,216 = 79.4 mD 

(c) The fracture width or aperture may be estimated from Eq. 8.84 

, 

= 187 microns = 0.187 mm 41,216 
33 x 0.25 x 0.1419 

The side length Xm of the cubic block is calculated from Equation 
8.73b: 

This interpretation assumes that (a) the change in matrix compress- 
ibility and porosity of this naturally fractured reservoir is negligible 
and (b) the Warren and Root sugarcube model is applicable. 

PROBLEMS 
1.  What are the major factors in the creation of natural fractures in the 

reservoir rock? 
2. Discuss (a) the geological classification and (b) the engineering 

classification of natural fractures. What are these classifications based 
on? 

3. What are the major indicators of natural fractures? 
4. Name the most prolilic naturally fractured oilfields of the world. 
5.  What are the major petrophysical characteristics of the natural 

fractures. How do these characteristics affect the flow of fluids 
through the fractures? 

6. Name the most common techniques used to characterize natural 
fractures in petroleum bearing rocks. 

7. What are the two main parameters involved in the Warren and Root 
sugar cube model? Discuss their significance and physical meaning. 
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8. Differentiate between fault, joint, and fracture. How do they affect 
the fluid flow in petroleum reservoirs? 

9. A 5-inch long, 2-inch thick rock sample has only one fracture. The 
fracture width was measured as 0.03 cm and it fully penetrates the 
rock sample over its entire thickness. 

(a) Calculate the surface area of the space created by the fracture 

(b) Calculate the hydraulic radius of the fracture. 
assuming rectangular and elliptical fracture shapes. 

10. A resistivity survey in a well showed a wellbore-corrected mud 
filtrate resistivity of 0.1 ohm-m, water resistivity 0.19 ohm-m, 
invaded zone resistivity 2 ohm-m, and deep formation resistivity 
115 ohm-m. The average porosity of 22%, estimated from log 
data, well matches the porosity estimated from cores. Pressure 
test analysis as well as cores indicated the presence of natural 
fractures in the well. Substantial mud loss was also observed during 
drilling of this well, and in neighboring wells. Several outcrops also 
indicate the presence of natural fractures in the area. Using log data, 
estimate the fracture intensity index and the porosity-partitioning 
coefficient. 

1 1. A newly drilled well in an oil reservoir was logged. Seismic surveys 
and geological studies indicated that the well is located in a faulted 
naturally fractured zone, which is a downthrown layer. The average 
total porosity (15%) of the system was estimated from cores. Other 
known characteristics are: 

A = 4,500 acres h = 7 0 f t  

S, = 0.25 Bo = 1.1 bbl/STB 

R, = 0.11 Ohm-m 

R w  = 0.15 Ohm-m 

Rt = 80 Ohm-m 

m = 1.30 

(1) Estimate the porosity partitioning coefficient 
(2) Estimate the matrix porosity and fracture porosity 
(3) Calculate the total oil in place, STB 
(4) Calculate the FII and 
(5) Estimate the distance to the nearest fault, if the resistivity of the 

(6) Does the presence of a nearby fault change the estimate of total 
invaded zone is 6.5 ohm-m. 

oil in place? 
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NOMENCLATURE 
A 
Bo 

d 
FII 
Ft 
hf 
h 
HT 
k 
L 
m 
mf 
mm 
No 
P 
9 
R 
r 
rW 
S 
S 
V 

C 

W 

SUBSCRIPTS 

b 
C 

C 

e 
f 
gr 
h 
m 

mf 
f + m  
P 
PV 

0 

S 

Area, cm2 
Formation volume factor, RB/STB 
Compressibility, psi-' 
Distance, ft 
Fracture Intensity Index, unit less 
Total Fracture Intensity Index, unit less 
Fracture height, cm or ft 
Formation Thickness, ft  
Tiab's hydraulic unit characterization factor, unit less 
Permeability, mD, Darcy, or cm2 
Length, cm 
Cementation factor or slope of semilog straight line 
Fracture or double porosity cementation factor, unit less 
Matrix cementation or porosity factor, unit less 
Oil in place, STB 
Pressure, psi or dynes/cm2 
Flow rate, STB/D or cm3/S 
Resistivity, ohm-m 
Radius, cm 
Wellbore radius, ft 
Specific surface area, cm2 
Saturation, fraction 
Volume, cm3 
Width, cm or pm 

Bulk 
Capillary 
Characterization 
Ellipsoidal 
Fracture 
Grain 
Hydraulic 
Matrix; 
oil 
Mud filtrate 
Fracture and matrix 
Pore; producing 
Pore volume 
Surface 
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sh Shape 
t True 
t Total 
W Wellbore or water 
Wf Wellbore flowing 
xo Flushed zone 

GREEK SYMBOLS 

Cp Porosity, fraction 
p Viscosity, CP 
z Tortuosity, unit less 
v 
6P 

Porosity partitioning coefficient, unit less 
Vertical separation on the two pressure curves 
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C H A P T E R  9 

EFFECT OF STRESS 

s OCK PROPERTIES 
N RESERVOIR 

Fairhurst defines rock mechanics as "the fields of study devoted 
to understanding the basic processes of rock deformation and their 
technological significance" [l]. The significance of these processes to 
petroleum engineers is considerable. For instance, being able to predict 
the mechanical behavior of underground formations is key to avoiding 
borehole instabilities during drilling. If rock deformation results in a 
noticeable contraction of the wellbore due to the state of induced stress 
in the rock formation immediately adjacent to the wellbore, the motion 
of the drill bit may be restricted or the emplacement of the casing, after 
drilling ceases, may be hampered. If the deformation results in a large 
expansion of the wellbore, the rock formation may fracture and result 
in lost circulation [2]. Predicting the mechanical behavior of reservoir 
rock is essential for well completion or stimulation programs. Reservoir 
compaction, which may lead to surface subsidence, is a critical factor 
with respect to design of the casing platforms and to the overall reservoir 
performance [3]. Figure 9.1 illustrates casing failure resulting from 
compaction of reservoir rock. The production of oil, natural gas, and/or 
water from underground rock formations results in a local change in the 
stress and strain field in the formation due to the decline in pore pressure 
[4]. In order to predict the compaction or compressibility behavior of 
petroleum reservoirs due to this decline in pore pressure, it is necessary 
to know the compressibility characteristics of the reservoir rock. 

Rock mechanical properties, such as Poisson's ratio, shear modulus, 
Young's modulus, bulk modulus, and compressibility can be obtained 
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CASINO 
-. 

RVE SRPS To REsEIIW3lR -ACTION N 4 0  CASINO FAJLURE: 

1. RL~LRVOIR FWRE PRESSURE DCCREAS= WE m mowcnow. 
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6. CASING FAILURE WILL OCCUR UNLESS EFRCTIM STRESS (-e) IS DECREASED. 

Figure 9.1. Illustration of casing failure resulting from compaction of reservoir rock. 

from two different sources: 

(1) laboratory measurements, which allow for direct measurements of 
strength parameters and static elastic behavior with recovered core 
material from discrete depths; and 

(2) downhole measurements through wireline logging, which allow 
the determination of dynamic elastic constants from the continuous 
measurement of compressional and shear velocities. 

However, it is important to remember that, because reservoir rocks 
are often layered, fractured, faulted and jointed, rock masses some- 
times may be controlled more in their reactions to applied loads by 
the heterogeneous nature of the overall rock mass than by the micro- 
scopic properties of the rock matrix. Consequently, the mechanical 
properties obtained from laboratory core tests may be slightly to 
considerably different from those existing in-situ. Core alteration during 
and after drilling also may influence the results. Nevertheless, mechanical 
properties determined under laboratory test conditions are a source of 
valuable information for most projects in rock mechanics because knowl- 
edge of deformational characteristics of rock is essential in locating and 
extracting mineral resources, and in the design and construction of any 
structure in the rock [ 5 ] .  

STATIC STRESS~TRAIN RELATION 
Poulos and Davis developed the following analytical model of the 

evaluation of the static stress-strain relation [7] .  Consider a cubic rock 
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ux 

1 
U Z  

Figure 9.2a. Tkee4rnensional stresspeld of a cubic element. 

sample in a threedimensional stress field, as shown in Figure 9.2a [ 5 ] .  
To understand the significance of the diagram, a number of important 
physical concepts associated with the mechanical behavior of rocks must 
be defined. 

STRESS ANALYSIS 

If a rock body is subjected to an external load or force, internal stresses 
are developed. If these stresses are strong enough, the rock deforms. 
Deformation refers to changes in shape (distortion) accompanied by 
change in volume (dilation). Three basic internal stress conditions are 
recognized: compressive, shear, and tensile, as illustrated in Figure 9.2b 
[6]. Compressive stresses occur when external forces are directed toward 
each other along the same plane. If the external forces are parallel 
and directed in opposite directions along the same plane, tensile stress 
develops. Shear stress occurs when the external forces are parallel and 
directed in opposite directions, but in different planes. 

pq-=iqw Couple 

Tension Compression 

A 6 C 
Figure 9.2b. Representation of tension, compression, and shear or couple. 
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Y 

Figum 9.3. Stress at a point 0 in a plane f5j. 

If any plane is taken within a solid body, as shown in Figure 9.3 along 
the yz-plane, then the internal components of stress may be resolved 
into normal stress (on), which acts at a right angle to the plane, and 
shear stress components, which act parallel to the plane (zxy and zxz). If 
the solid plane is taken along the xz-plane, the normal and shear stress 
components at point 0 are zy., ow,zyz, and in the xy-plane the three 
components are zm , zq, and 0,. Therefore, nine components of stress 
are required to fully define the forces acting on the cubic element shown 
in Figure 9.1 The stress matrix is: 

The notation Tij should be read as the “shear stress acting in the j direction 
on a plane norma1 to the i axis.” By convention, the normal stresses o,, 
ow, and oZ-or for convenience ox, oY, and 0,-are positive when 
directed into the plane. If the body is at equilibrium, then zq = zyx, 
T~ = ’tV, and 7% = zyz. In matrix operations it is convenient to express 
the stress tensor as: 

It is possible to show that there is one set of axes with respect to which 
all shear stresses are zero and the normal stresses have their extreme 
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Maxi mum 
Principal Stress 
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Stress Vector 
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Principal Stress MI ni mu m 

Principal Stress ( u* 1 
( U 3 )  

Figure 9.4. Principal stresses actlng on a point [GI. 

values. The three mutually perpendicular planes where these conditions 
exist are called the principal planes, and the three normal stresses on 
these planes are the principal stresses (Figure 9.4): 01 or 011 (maximum 
or major), 02 or 022 (intermediate), and 03 or 033 (minimum or minor). 
The principal stresses may be determined from the roots of the equation 
developed by Poulos and Davis [7] : 

0: +JIG; + J2Oi - 53 = 0 

where: J1 = on + ow + bZz 

(9.3) 

2 2 2  52 = OnOyy + OyyOzz + OzzOm - Tw - Tyz - T, 

J3 = OxxOyyOzz - OxxTyx - OyyZvr - OyyTyx + 2TxyTyzTvr 2 2 2 

JI (or bulk stress), J2, and 53 are defined as the first, second, and third 
stress invariants (because they remain constant) and are independent of 
the coordinate system. In terms of the principal stresses: 

The principal stress tensor is represented as: 

0 

0 033 

(9.4) 

(9.5) 

The maximum shear stress at a point, T ~ ~ ,  occurs on a plane at an 
angle of 45" with the 01 and 6 3  directions, and is given by: 



STATIC STRESS-STRAIN RELATION 559 

If the magnitudes and directions of the principal stresses can be easily 
obtained, it is convenient to use them as reference axes. 

STRAIN ANALYSIS 

Strain is defined as the compression (positive) or extension (negative) 
resulting from the application of external forces, divided by the original 
dimension. Two types of strain can be recognized: homogeneous and 
heterogeneous. When every part of a body is subjected to a strain of the 
same type and magnitude in any direction of the displacement, the strain 
is considered homogeneous [7] .  The strain is heterogeneous if it is not the 
same throughout the body. Strain resulting from extended application of 
large stresses at high temperatures is described as finite. If, however, 
the strain results from the application of an increment of stress and can 
be treated mathematically, then it is defined as infinitesimal strain. The 
strain is responsible for inducing body displacement, rotation, and strain. 
Shear strain, y, is defined as the angular change in a right angle at a point 
in a body and is related to the displacements in the x, y, and z directions. 
Assuming that a negative shear strain represents a decrease in the right 
angle and a positive shear strain represents an increase in the right angle: 

where E=, E ~ ,  and 

and to define yij/2 as Eij. The strain matrix is then [7]: 

are the normal strains. 
In matrix operations, it is convenient to use the double suffix notation 

(9.8) 

The shear strains in the three principal planes of strain are zero, and the 
normal strains are the principal strains. The greatest and least normal 
strains at a point are preferably referred to as the major and minor 
principal strains. The principal strains are determined in a similar manner 
to principal stresses, i.e. as the roots of Equation 9.3, in which 0 and 7 
are replaced by E and y/2, respectively. 
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The maximum shear strain, ymm, occurs on a plane whose normal 
makes an angle of 45" with the ~1 and ~3 directions, and is calculated from: 

Ymax = E1 - E3 (9.9) 

where: ~1 = maximum principal normal strain, and 
~3 = minimum principal normal strain. 

The principal strain tensor is represented as 

Ep = [" 0 E2 O ::I 
0 0 E3 

(9.10) 

The sum of the principal strains is the volumetric strain or dilatation, AV 

AV = ( ~ 1  + ~2 + ~ 3 ) v  (9.1 1) 

where V is the initial volume of the rock. Inasmuch as strain is a ratio of 
volumes or lengths, it is dimensionless. 

TWO-DIMENSIONAL STRESS-STRAIN SYSTEMS 

Many situations in rock mechanics can be treated as two-dimensional 
problems in which only the stresses or strains in a single plane need be 
considered. Poulos and Davis showed that the normal and shear stresses 
on a plane making an angle 8 with the zdirection, as shown in Figure 9.5, 
are [7] : 

1 1 
2 

0 0  = - (ox + 02) + (ox - 02) cos 28 + Tx2sin 28 (9.12) 

1 
20 = T:,~COS 28 + - (ox - oZ) sin 28 

2 

and the principal stresses are: 

1 1 2 0.5 
O1 = - (Ox + (32) + - [(ox - O2I2 - 42 3 

2 2 

(9.13) 

(9.14a) 

The principal planes are inclined at an angle (81 + 90) to the z axis, where: 

(9.15) 
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Figure 9.5. Shear strain [7]. 

The maximum shear stress occurs on a plane inclined at 45" to the 
principal plane, and is given by: 

(9.16) 

The normal strain, E ~ ,  and shear strain, 'ye, in a plane inclined at 01 to the 
x axis, as shown in Figure 9.50>) are: 

Ex + E2 Ex - EZ Yxz cos 20 + -sin 20 Eo = ~ +- 
2 2 2 

(9.17) 

yo = yxzcos 20 - (Ex - EZ) sin 20 (9.18) 

It is obvious from these equations that in order to completely describe 
strain, it is necessary to specify not only its magnitude, direction and 
sense, but also the plane upon which it acts. 

ROCK DEFORMATION 
The relationship between stress and strain for reservoir rocks is 

influenced by a large number of factors. Some of these factors are: the 
composition and lithology of rocks, their degrees of cementation and 
alteration, type of cementing material, amount and type of fluids in the 
porous space, compressibility of the rock matrix and fluids, porosity 
and permeability, and reservoir pressure and temperature. Many of these 
factors are interdependent, and their separate and combined effect on 
the stress-strain relationship can be measured only in the laboratory, 
using an actual rock sample from the reservoir and controlling the testing 
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parameters to accurately simulate the in-situ condition. Three measuring 
and loading techniques are commonly used: hydrostatic, uniaxial, and 
triaxial. These techniques, which are discussed later, essentially involve 
applying a specified load and measuring the corresponding strain 
according to the theory of linear elasticity. 

HOOKE’S LAW 

If a rock body is subjected to directed forces lasting for a few minutes, 
hours, or days, it usually passes through four stages of deformation: 
elastic, elastico-viscous, plastic, and rupture. The stages are dependent 
upon the elasticity, viscosity, and rigidity of the rock, as well as on its 
stress history, temperature, time, pore pressure, and anisotropy. 

At first, the deformation is elastic-that is, if the stress is withdrawn, 
the body returns to its original shape and size. With purely elastic 
deformation, the strain is a linear function of stress, i.e., the material 
obeys Hooke’s law, as shown in Figure 9.6. 

CJ = EE (9.19) 

where E is the modulus of elasticity. E, which is also known as Young’s 
modulus, is a measure of the property of the rock to resist deformation. 
If a cylindrical rock sample is subjected to stress parallel to its long axis, 
it will lengthen and the diameter of the cylinder becomes smaller under 
tension as shown in Figure 9.7. Under compression parallel to the axis, 
the rock sample wiII shorten while its diameter becomes greater. The 
ratio of transverse or lateral strain to axial strain is known as Poisson’s 
ratio, v, or: 

where: do = original diameter of cylindrical core sample. 
Ad = change in diameter. 
Lo = original length of core. 

AL = change in length. 
Elat = strain in the lateral direction. 

= strain in the axial direction. 

Using these terms, Young’s modulus can be expressed as: 

<T F/A E=-- - 
Eax A L / L  

(9.20) 

(9.21) 

where F/A is the load per unit area. Another important elastic constant is 
the modulus of rigidity, G, which is a measure of the resistance of a body 
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Figure 9.7. Compaction tests. (a) Uniaxial-strain compaction test; 0) Hydrostatic 
compaction test. 

to change in shape, and is expressed as: 

shear stress z 
shear strain y 

- _  G =  - (9 .22)  

Another elastic constant of rocks is the bulk modulus K, which is the 
ratio of change in hydrostatic pressure (stress) to the corresponding 
volumetric strain: 

(9 .23)  

where Ap is the change in hydrostatic pressure, AV is the change in 
volume, and Vo is the original volume. The bulk modulus is the reciprocal 
of matrix compressibility, cr: 

1 K = -  
Cr 

(9 .24)  

Table 9.1 shows typical rock elastic constants for several formations 
in the United States under in-situ conditions [SI. Table 9.2 summarizes 
the physical properties of a formation from the Piedras Negras field in 
Mexico at a depth of 6,550 ft (1996 m) under various confining pressures 
and temperatures. The values of E and v presented in Table 9.2 are 
obtained by testing the rock samples both vertically and horizontally 
to the borehole axis. Table 9 . 3  shows typical values of E and v for some 
typical sedimentary rocks [9 ] .  

The four elastic constants (9.20, 9.21,  9.22, 9 .23)  are not independent 
of each other, and if any two are known it is possible to derive the other 
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TABLE 9.1 
TYPICAL ROCK ELASTIC CONSTANT [8] 

Formation* (ft) (psi) (“F) (psi) ( lo6 psi) v 
Depth P, T C O  E 

Benoist Sand, IL 1,783 1,100 90 18,000 3.55 0.31 
Cotton Valley, TX 9,835 4,000 260 27,500 6.35 0.17 
Cotton Valley, LA 11,018 8,000 280 29,000 3.50 0.13 
Cotton Valley, LA 11,031 8,000 280 39,000 7.00 0.22 
Austin Chalk, TX 7,997 8,000 210 26,800 6.67 0.25 

*All samples have been cored along vertical direction. 
Pc = confining pressure. 
Co = ultimate compressive strength. 

TABLE 9.2 
IN-SITU ROCK ELASTIC CONSTANTS @ 6,550 FT 

(PIEDRAS NEGRAS FIELD, MEXICO) [8] 
pc (psi) T (“F) E ( lo6 psi) V 

(a) Vertical Tests for C, = 36,000 psi 
0 

1,000 
2,000 
4,000 
5,000 
5,000 

0 
1,000 
2,000 
4,000 
5,000 
5,000 

75 
75 
75 
75 
75 

190 

2.3 
5.2 
6.3 
6.5 
6.9 
6.4 

(b) Horizontal Tests for C, = 20,000 psi 
75 
75 
75 
75 
75 

200 

12.4 
11.0 
6.0 
6.3 
6.9 
8.8 

0.14 
0.24 
0.23 
0.30 
0.31 
0.30 

0.34 
0.27 
0.32 
0.35 
0.36 
0.40 

two from the following expressions: 

E 
G =  

2 ( 1  +v)  

9KG 
3 K + G  

E = -  

(9.25) 

(9.26) 

(9.27) 
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TABLE 9.3 
TYPICAL ROCK ELASTIC CONSTANTS OF VARIOUS ROCKS [9] 

Tensile 
Nature and Strength ( 1W6 
Origin of Rock E (bar) u C, (bar) (bar) l'blbar) 
Hassi-Messaoud 

sandstone 
El Agreb 

sandstone 
Zanaitine sandstone 
Fine Vosges sandstone 
Coarse Vosges 

sandstone 
Fountaine bleau 

sandstone 
Clayey sandstone 

(35% clay) 
Bituminous sandstone 

Saint-Maximin 
limestone 

Rouffach cornstone 
Marquise sandstone 

Marl 
Tersanne salt 

300,000 to 0.14 to 1,100 to 
500,000 0.21 1,250 

400,000 to 1,350 to 
550,000 z0.2 1,550 
450,000 - - 
125,000 - W O O  
235,000 - 400 

300,000 to 0.15 to 600to 
400,000 0.25 1,900 
50,000 to 

30,000 to 0.25 to 

66,000 to 0.19 to 

90,000 - 700tO740 

60,000 0.30 160 to 260 

82,000 0.25 90 to 120 

775,000 to 0.28 to 1,100 to 
950,000 0.33 1,500 

z50,000 0.36 150 to 200 

- - 450to700 

%80,000 to 100,OOO 0.41 - 

20 to 90 

- 
30 to 50 

a50 

10 to 12 
- 

100 to 140 
- 
- 

4 to 6 

4 to 6 

20 to 25 
- 

1.5 
6 

15 to 20 

and 
3K - 2G 

V =  
2(3K+G) (9.28) 

EXAMPLE 

A stress vs. deformation curve, shown in Figure 9.8, was obtained by 
axially loading at 200 Ib/sec a core in a triaxial cell, and by measuring 
the total load applied after approximately 87 seconds and the resulting 
deformation in both the axial and lateral directions. Inasmuch as no 
confining pressure was applied, this test is actually called a uniaxial test. 
The initial length and diameter of the core are 2.435 in. and 1.03 in., 
respectively. The change in diameter is 465 x lov6 in. and the change in 
length is 3,288 x lop6 in. for a maximum load of 17,375 lbs. Calculate: 

(a) The ultimate strength of the rock, i.e. strength where rock fails. 
(b) Young's modulus, Poisson's ratio, modulus of rigidity, bulk modulus, 

and rock matrix compressibility. 
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17,500 - - 
C,=17,375 Ib 

(a) The ultimate strength of this rock is: 

17y375 = 20,852 psi 
F 
A n(1.03/2>* 

o s - =  

(b) Young’s modulus is calculated from Equation 9.2 1, where the strain 
in the axial direction h, is: 

= 1.35 x 
AL 3 , 2 8 8 ~  
Lo 2.435 

e m = - =  

The axial and lateral deformations were measured by strain gauges, 
which are resistors mounted on the core. Thus, 

20,852 
E =  = 15.4 x lo6 psi 

1.35 x 10-3 

Poisson’s ratio is given by Equation 9.20, where the strain in the lateral 
direction is: 

= 0.451 x 
Ad 465 x lo-‘ 
do 1.03 Elat = - = 
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0.451 
1.35 

v=-- - 0.33 

The modulus of rigidity G is calculated from Equation 9.25a: 

15.4 x lo6 
2 (1 + 0.33) 

G =  = 5.77 x lo6 psi 

Equation 9.26 is used to determine the bulk modulus 

15.4 x lo6 K =  = 15.1 x 106psi 
3(1 - 2 x 0.33) 

The rock bulk matrix (grain) compressibility is: 
1 

15.1 x lo6 
cr = = 0 . 0 6  x psi-' 

In order to standardize the values of elastic properties measured at 
different points in the formation, it is recommended that these properties 
be determined at the same reference stress point, e.g., at the 50% point 
of the ultimate strength, which corresponds to the point of inflection on 
the stress vs. deformation curves [8,9]. In this case, the 50% compressive 
strength is: 

C50 = 0.50 x 20,852 = 1O,426psi, and: 

C50 10,426 
A 0.8332 

ow=-- - -  - - 12,513 psi 

AL50 2,800 x lop6 - = 1,150 x &SO=-- 
2.435 

= 10.88 x lo6 psi 

L, 
12,513 

1.150 x E50 = 

The AL50 corresponds to the deformation obtained at C50, as shown in 
Figure 9.8. Similarly: 

V =  = 0.30 
360 x 10-6/1.03 

1,150 x 

10.88 x 106 
G =  = 8.17 x lo6 psi 

2 (1 + 0.30) 

10.88 x lo6 K =  = 9 x lo6 psi 
2(1 - 2 x 0.30) 

and: 
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Figure 9.9. Typical stress-strain curves for various rocks in uniaxial compression 
tests [ I  01. 

Stress-strain cures are not generally linear as shown in Figure 9.9. 
Consequently Young’s modulus is not a simple constant, but is related 
to the level of stress applied. 

The change of elastic limit from elastic to plastic deformation is 
known as the yield point or yield strength. If the stress on a material 
exceeds its elastic limit, then it is permanently strained, the latter being 
brought about by plastic flow. Plasticity is defined as time-independent7 
non-elastic, non-recoverable, and stress-dependent deformation under 
uniform sustained load [ 101. Although most rocks at room temperatures 
and pressures fail by rupture before attaining a stage of plastic 
deformation, at sufficiently high temperatures and confining pressures 
they deform plastically even in experiments lasting for a short time. 
Sometimes the term elastico-viscous flow is used to describe “creep” or 
slow continuous deformation, with the passage of time, which occurs in 
rocks within the field of plastic flow. Figure 9.10a is a typical creep curve 
for rocks showing four stages of deformation: (A) instantaneous elastic 
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Figure 9.10a. Ideal creep curves: A = Instantaneous deformation; B, C, and D are 
primary, secondary, and tertiary creep. s = total strain and t = time. 
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Figure 9.lOb. Typical shess-strain curves showing ductile and brittle failure f12J 

strain, (B) primary or transient creep strain, (C) secondary or steady-state 
creep, @) and tertiary or accelerating creep. Primary creep occurs in 
the early stages of a long-term creep test or at low stresses. Secondary 
creep is observed in a long-term test or at intermediate stresses. Under 
continued increases in the stress microfractures develop and propagate, 
causing the eventual failure (rupture) of the rock. 

If the rock ruptures before any significant plastic deformation takes 
place, the rock is described as brittle (Figure 9.10b) [12]. Ductile rocks 
are those that undergo a large degree of plastic deformation before 
rupture. After the elastic limit has been exceeded, ductile rocks undergo 
a long interval of plastic deformation, and in some instances they may 
never rupture. Ruptures may be classified as either tension fractures or 
shear fractures. Tension fractures result from stresses that tend to pull 
the rock specimen apart, and when the rock finally breaks, the two walls 
may move away from each other. Shear fractures result from stresses that 
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tend to slide one part of the specimen past an adjacent part, and when 
the sample finally breaks, the two walls may slide past one another. 
The arrangement and form of the fractures depend upon several factors, 
including homogeneity, isotropy, continuity, and fabric of the rock. 

STRESS-STRAIN DIAGRAMS 

The relation between the stress and strain is commonly expressed in 
graphs known as stress-strain diagrams [ll]. The rock in Figure 9.11 
is under compression. With increasing stress the specimen becomes 
shorter, and the strain (deformation) is plotted in terms of the percentage 
of shortening of the rock sample. Curve A represents a typical behavior 
of a brittle rock, which deforms elastically up to a stress of approxi- 
mately 20,OOOpsi (137.9MPa), shortening 0.5% before rupture. Curve B 
describes an ideal plastic substance. First it behaves elastically until 
reaching the proportional elastic limit, which is the point at which the 
curve departs from the straight line. Then the rock deforms continuously 
with any added stress. Curves C and D represent the more typical plastic 
behavior. Once the elastic limit is reached, rock sample C becomes 
progressively more difficult to deform. With increased stress, rock 
sample D reaches its ultimate strength point, beyond which less stress is 
necessary to continue the deformation until rupture. 

The mechanical behavior of rocks is controlled not only by their 
inherent properties, e.g., mineralogy, grain size, porosity, width and 
density of fractures, etc., but also confining pressure, temperature, time, 
and interstitial fluids. Figure 9.12 illustrates the behavior of limestone 
under compression for different confining pressures, in a series of triaxial 
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Figure 9.11. Stress-strain diagrams (1 I ] .  



572 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

- 
(y 8000 E 
\ 

0 
Y - 
& 6000 
a 
?! 
ti 
Q) 

a 
Q) 

4000 

?! 
n 

0 
2000 

0 
0 5 10 15 20 25 30 

Strain Shortening-% 

Figure 9.12. Effect of confining pressure on stress-strain relationship 1131. 

tests [13]. It is evident that the strength of the rock increases with 
confining pressure. Such experiments indicate that rocks exhibiting very 
little plastic deformation near the surface of the Earth may be very plastic 
under high confining pressure. Thus, under a confining pressure of 
1,000 kg/cm2 or greater, limestone will deform plastically. Figure 9.13 
illustrates the effect of confining pressure on the breaking strength of 
several different rocks [ 111. At atmospheric pressure, the rocks deform 
only a few percent before fracturing. Under a confining pressure of 
approximately 1,000 kg/cm2, the sandstone and shale deform more 
than 5% before rupturing. Under a confining pressure of approximately 
2,000kg/cm2, the limestone deforms nearly 15%, and shale and 
sandstone more than 20% before rupturing. 

Heard showed that changes in temperature modify the strength of 
rocks [ 151. The effects of temperature on sedimentary rocks, however, 
are of less consequence than the effects of pressure down to depths of 
10 km. Nonetheless, with increasing temperatures there is a reduction in 
yield stress, and strain hardening decreases as shown in Figure 9.14 [14]. 
Heating particularly enhances the ductility-that is, the ability to 
deform permanently without loss of cohesion-of calcareous and eva- 
poritic rocks; however, it has little effect upon sandstones. Much rock 
deformation takes place while solutions capable of reacting chemically 
with the rock are present in the pore spaces. This is notably true of meta- 
morphic rocks, in which extensive or complete recrystallization occurs. 
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The solutions dissolve minerals and precipitate new ones (neoformation). 
Under such conditions, the mechanical properties of rock are greatly 
modified. Colback and Wild showed that the compressive strengths 
of quartzitic shale and quartzitic sandstone under saturated conditions 
were approximately half what they were under dry conditions [16]. 
Bernaix showed that the water content reduced the strength of these 
two quartzitic materials by 30% to 45% [ 171. 

It is important to emphasize that the discussion and tests described in 
the preceding sections assumed isotropic materials, that is, rocks whose 
mechanical properties were uniform in all directions. Reservoir rocks are 
not isotropic, and their deformation depends upon the orientation of the 
applied forces to the planar structures of the rock. 

THE MOHR DIAGRAM 

The relations between stress and rupture for many rocks may be 
determined graphically by Mohr’s stress circles. Consider an imaginary 
plane through a cylindrical rock specimen inside a triaxial compression 
chamber (Figure 9.15) [6]. The confining pressure 03 is applied and the 
longitudinal load 01 is increased until failure occurs. Continued loading 
of the rock specimen will cause it to deform via microcracks which, 
as more loading is applied, extend and ultimately join together to form 
a macro-weakness plane (shear plane) along which rupture will occur. 
At the peak load, the stress conditions are: 01 = F/A and 03 = p, where 
F is the highest load supportable parallel to the cylindrical axis, and p is 
the pressure in the confining medium. The stress normal to the failure 
or crack plane, on, is given by: 

The shear stress parallel to the crack plane, z, is given by: 

1 
2 

= - (01 - 03)sin28 (9.30) 

where 8 is the angle between the failure plane and the direction of 
the minimum principal stress 03. Again, failure or rupture is caused 
by a critical combination of both shear and normal stresses. This state 
can be represented by a point in the plane of z vs. on, known as 
Mohr’s diagram. Figure 9.16 is a Mohr plot of a single run [5]. A circle 
is drawn through 03 and 01, with the center on the horizontal axis; 
the center of the circle is (01 + 03)/2 and the radius is (01 - 03)/2. 
Inasmuch as an increase in confining pressure will normally increase the 
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Figure 9.15. State of stress along anyplane in a rock [6J, 

strength of the rock specimen (ix., as the normal stress on increases, 
the shear stress T increases), several triaxial tests at increasing confining 
pressures will lead to several Mohr’s circles; each test must be run 
until rupture occurs. Figure 9.17 is the Mohr diagram for five runs with 
different stresses [ 111. In the first experiment, the confining pressure was 
atmospheric. Each circle cuts the horizontal axis in two places. In each 
experiment, the left-hand intersection is the confining pressure whereas 
the right-hand intersection is the compressive stress causing rupture. 
The circles show that as the confining pressure is increased, the stress 
as well as the stress difference (01 - 03) must be increased to produce 
rupture. 

A line drawn tangent to the circles is known as “Mohr’s envelope.” 
Stresses that fall within the envelope are below the point of failure, 
whereas outside the envelope the stresses will cause failure. The angle 
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Figure 9.16. Mohr circle representation of stress on aplane [5]. 
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Figure 9.17. Mohr’s stress envelopefll]. 

that this envelope line makes with the horizontal axis of the diagram (on) 
is the angle of internal friction of. The intercept of the envelope line with 
the vertical axis, zo, is the cohesive strength of the rock. Evaluation of 
results obtained from Mohr’s stress circle normally assumes the validity 
of Coulomb’s Law, which determines the maximum shear stress at which 
rupture will occur along a plane of weakness in a rock sample. This law 
can be expressed as: 

z = zo + on tan $f (9.31) 
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Figure 9.18. Mohr stress envelope for Berea sandstone at 24OC with confining 
pressures of 0, 0.05, 4, and 2, kilobars ( I  I / .  

The angle that fractures theoretically should make with the greatest 
principal stress, 01,  is obtained from: 

In the experimental work, it is dficult to measure the fracture angles 
with great precision. Nevertheless, observations tend to confirm the 
fracture angles indicated by Mohr’s envelopes. Figure 9.18 indicates 
that the angle of internal friction is 2 9 O ,  the cohesive strength T~ 
about 0.35 kilobars, and from Equation 9.32, shear fractures should 
theoretically form at 3 1” [ 181. One disadvantage of Mohr’s method for 
determining the limits of failure of rocks is that it neglects the effect of 
the mean principal stress, 0 2 ,  and, consequently, it yields answers that 
are not always consistent with the experimental results. 

DYNAMIC ELASTIC PROPERTIES 

A number of methods have been used to determine the dynamic 
values of Young’s modulus and Poisson’s ratio. Hosking obtained the 
dynamic values of various elastic properties by determining the velocities 
of propagation in rock using ultrasonic pulse, vp, and the sound of 
resonance, v, [ 191. Young’s modulus is obtained from: 

(9.33) 
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and Poisson’s ratio from: 

(9.34) 

where Pb is the rock bulk density and g is the acceleration due to 
gravity. Deere and Miller used a similar method to derive the following 
relationship between compressional wave velocity (vc), density of the 
rock (Pb), Young’s modulus, and Poisson’s ratio [20]: 

(9.35) 

Sonic logging and wave form analysis provide the means for obtaining 
continuous measurements of compressional and shear velocities. These 
data, in conjunction with bulk density measurements, permit the 
in-situ measurement and calculation of the mechanical properties of the 
rock [21]. Table 9.4 shows the elastic moduli relationships in terms of 
transit times and bulk density. The units applicable to the table are: 

Pb = bulk density, g/cm3. 
v, = shear velocity, ft/sec. 

TABLE 9.4 
DYNAMIC ELASTIC PROPERTIES [Zl] 

v Poisson’s Ratio 

G Shear, psi 

E Young’s Modulus, psi 

& Bulk Modulus, psi 

Cb Bulk Compressibility 
(with porosity), psi-’ 

Cr Rock Compressibility 
(zero porosity), psi-’ 

a Biot Elastic Constant 

Lateral strain 
Longitudind%rain 

Applied stress 
Shear strain 

Applied uniaxial stress 
Normal strain 

Hydrostatic pressure 
Volumetric strain 

Volumetric deformation 
Hydrostatic pressure 

Change in matrix volume 
~~ 

Hydrostatic pressure 

Porepressure 
Proportionality 

Pb - x a  
t,’ 

2G (1 + V I  

Pb (; - $) a 

1 

Kb 
- 

cr 1 - -  
c b  

coeff. a = 1.34 x lolo if Pb is in g/cm3 and t is in ps/ft. 
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vc = compressional velocity, ft/sec. 
ts = shear transit time, psec/ft. 
tc = compressional transit time, psec/ft. 
E = strain, pin./in. 
0 = stress, psi. 

EXAMPLE 

A rock sample 2 in. in diameter, 5 in. long, and with a bulk density 
of 0.3 g/cm3 is subjected to a static loading test. The load is 5,000 lb, 
the axial contraction AL = 0.01 in., and diametrical expansion Ad = 
0.001 in. From well logging analysis, the same sample had a compres- 
sional wave travel time tc = 50 psec/ft and a shear travel time ts = 
80 psec/ft. Calculate the static and dynamic values of Young’s modulus 
and Poisson’s ratio. 

SOLUTION 

Using Equations 9.20 and 9.21, the static Young’s modulus and 
Poisson’s ratio are, respectively: 

7.9 x io5 psi 

= 0.25 

The dynamic Young’s modulus and Poisson’s ratio are obtained from 
Table 9.4: 

= 0.18 
0.5 (80/50)2 - 1 - I =  0.5(ts/tc)2 - 1 

V =  
(ts/Q2 (80/50)2 - 1 

2 x 1.34 x 10” x 0.3 
802 

(1 + 0.18) 2apb E 2G(1 +V) = ~ ( 1  +V) = 
t s  

= 14.8 x lo5 psi 

Generally, dynamic elastic constants are derived from the measurements 
of elastic wave velocities in rocks. Equipment such as geophones and 
seismographs can be used to measure in-situ values of wave velocities. 
Inasmuch as the static moduli are required for design of most rock 
engineering projects, however, dynamic moduli measurements are not 
common. Also, equations used to calculate dynamic moduli assume ideal 
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rocks, i.e. the rock is perfectly linear elastic, homogeneous, and isotropic. 
Reservoir rocks, of course, are not ideal. This causes the values of 
static and dynamic moduli to be different. Therefore, dynamic testing 
techniques will provide meaningful design data if dynamic moduli values 
can be converted into static values. Many studies aimed at establishing 
a relation between dynamic and static moduli showed that the dynamic 
modulus of elasticity, Es, tends to be greater than its static equivalent, 
Es, and that v d  is slightly smaller than vs. Using experimental data, the 
following correlation is obtained [22] : 

1 + 0.45 In (0.02660) 60.0724 Es = exp (9.36) 

where: 0 is the uniaxial compressive strength in MPa, and and Es 
are expressed in GPa. This correlation makes it possible to predict 
approximate values of the static Young’s modulus from dynamic 
measurements for most reservoir pressures. Ten different types of 
rock materials were used to derive this correlation, including several 
sandstones, quartzites, and magnetite. If the dynamic value of Poisson’s 
ratio v d  is assumed to be equal to the static value vs, then the bulk modulus 
K and the modulus of rigidity G can be calculated from Equations 9.26 
and 9.25, respectively. 

ROCK STRENGTH AND HARDNESS 
Strength is the ability of rock to resist stress without yielding or 

fracturing. It is influenced by the mineralogy of the rock particles and 
by the character of the particle contacts. These properties are the 
result of the various processes of deposition, diagenesis, and catagenesis 
that formed the rock, later modified by folding, faulting, fracturing, 
jointing, and weathering. Consequently, the strength of rocks reflects 
their geological history. Rock strength is estimated from two common 
laboratory techniques: uniaxial compressive strength tests, and triaxial 
or confined compressive strength tests. 

Uniaxial compressive strength tests is used to determine the ultimate 
strength of a rock, i.e., the maximum value of stress attained before 
failure. The uniaxial strength is one of the simplest measures of strength 
to obtain. Its application is limited, however, and it is generally used only 
when comparisons between rocks are needed. Uniaxial compression 
tests are influenced by several factors: size and shape of the test sample, 
rate of loading, amounts and types of fluid present in the rock sample, 
mineralogy, grain size, grain shape, grain sorting, and rate of loading. 
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The effects of these factors can be minimized by taking the following 
precautions [231: 

(1) The length-to-diameter ratio, also called the slenderness ratio, of the 
rock sample should be approximately 2 to 1. 

(2) The ends of the sample should be parallel and ground flat to 
within 0.025 mm; otherwise, low values of compressive strength 
are obtained. 

(3) Size effects are considerable only if flaws exist in the rock sample: 
The larger the sample, the greater the probability of a flaw existing 
in the sample. Size effects can be reduced by testing a large number 
of samples with the same size and calculating the average, preferably 
the geometric mean, of compressive strength values. 

(4) Because fluid content could reduce the compressive strength, it is 
recommended to perform the uniaxial test under fluid saturations 
similar to those existing in the reservoir. Reduction in compressive 
strength due to the presence of fluids could occur in several ways. It 
is probable, however, that in many rocks the effect of pore pressure 
is the main cause of reduction in rock strength. The pore pressure 
could affect the intergranular contact stresses and cause instability 
along a weakness plane. 

( 5 )  High rates of loading should be avoided, as they tend to yield 
abnormally high compressive strength values. Loading rates in 
the range of 0.5 MPa/s to 3 MPa/s are considered normal and 
generally cause negligible change in compressive strength of rock 
samples. 

Sometimes, only approximate compressive strength values are needed, 
in which case several testing techniques are available: point-load test, 
Protodyakonov test, and Brazilian test. 

The point-load test is a widely accepted test for direct and quick 
evaluations of the rock strength of drill cores and irregular rock 
fragments. In the point-load test, the rock specimen of diameter d is 
placed between opposing cones and subjected to a compression load 
Fa, at a distance of atleast 0.7 d from either end (Figure 9.19). The load 
generates tensile stress normal to the axis of loading. 

The determination of the direct tensile strength has proved 
complicated because of shape and size effect. The following empirical 
point-load equation, however, gives a good estimation of the tensile 
strength of rock [8]: 

(9.37) 
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Figure 9.19. De9nition of length of rock sample for the point-load test [23], 

where: Ct = tensile strength (x Fa&), psi. 
Sa = shape factor [24], 0.70 LJd. 
Fa = applied load, psi. 
L, = length as defined in Figure 9.19. 

Cu is the uniaxial, or unconfined, compressive strength, which can be 
estimated from the following equation: 

The size correction factor, S,, can be estimated from the following 
correlation [ 251 : 

S, = 0.18d + 14 (9.38b) 

where d is in mm. 
The Protodyakanov test is a widely accepted test for direct and 

quick evaluations of the rock strength of drill cores and irregular rock 
fragments. In the Protodyanakov test, the specimen is placed between 
opposing cones as shown in Figure 9.20 and subjected to compression, 
which generates tensile stress normal to the axis of loading. 
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f' 

Figure 9.20. Poht-load test [23]. 

The Brazilian test is another indirect method for obtaining the tensile 
strength of rocks. In this test, a core sample of length L and diameter d 
is subjected to a load Fa in a diametrical plane along its axis. The core 
sample generally ruptures along the line of diametrical loading, and the 
tensile strength Ct is calculated from: 

(9.39) 

The Brazilian test is based on the fact that most rocks under biaxial stress 
fail in tension when the principal stress is compressive. This test is much 
more accurate for brittle rocks than ductile rocks. Rocks have a much 
higher compressive strength than tensile stress, about 8: 1 in theory, but 
in practice it is generally 15: 1 to 25: 1 The uniaxial compressive strength 
also can be calculated from: 

2cos $f 
ell= ( 1 - sin$f )cti (9.40) 

where $f is the angle of friction in the Mohr-Coulomb failure model, 
generally set at about 29O or 30" and the initial tensile strength Cti is 
measured or estimated from the following empirical equation: 

Vsh is the shale fraction determined from well logs, and Cb is the bulk 
compressibility of the rock sample. 
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EXAMPLE 

A 2.13 in. in diameter 30 in. long core has been recovered from 
a 5,000 ft deep sandstone. In order to run a point-load test, ten 3-in. long 
cores have been cut. The following failure loads (in psi) were obtained: 
3,420; 3,150; 2,950; 3,280; 2,825; 3,410; 2,780; 3,050; 2,950; and 3,310. 
Calculate the following elastic properties: (1) compressive strength, 
(2) tensile strength, and (3) Young’s modulus. 

SOLUTION 

(1) The compressive strength of the rock sample can be evaluated from 
Equation 9.38, where the mean of failure load is equal to: 

The length of the core is the same as its diameter, i.e., = 2.13 in. 
The size correction factor, Ss, is estimated from Equation 9.38b. 
For core diameter of 2.13 in. (54.1 mm), Ss = 23.74. Thus, 

Fa 3 112 
Cu = Ss- = 23.74- = 16,284psi 

Ls2 2.132 

(2) The tensile strength of the sandstone is calculated from Equation 
9.38, where the shape factor Sa = 0.79 for a disk-shaped core. Thus: 

0.79 x 3,112 
- - = 754.4 psi SaFa ct = 

(Ls - 1.7Fa/Cu)2 (2.13 - 1.7 x 3,112/16,284)2 

(3) Young’s modulus can be estimated from Figure 9.21. Because the 
uniaxial compressive strength is about 16 x lo3 psi and the core 
samples are sandstone (line 2 in Figure 9.21), Young’s modulus E is 
2 x lo6 to 6 x lo6 psi. 

ROCK HARDNESS 

Rock hardness is measured by the Brinell spherical indenter. Hardness 
determinations require only a small amount of core material. The Brinell 
rock hardness number, N B ~ ,  is defined as the ratio of applied load Fa on 
the indenter (sphere of radius, rs) to the indentation depth Di: 

(9.42) 
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Figure 9.21. Young's modulus for three common reservoir rocks [23J. 

or 

where: ri, is the radius of the indentation circle. NBr is a rock constant, but 
the sphere diameter can influence the measured hardness. This influence, 
however, is small in most cases and negligible in others. 

For well-consolidated rocks, Ner, may be estimated from the following 
empirical correlation: 

The Brinell rock hardness number for the rock sample in Example on 
page 554 is: 

14.8 x lo6 
77.25 

= 1.9 x lo5 psi NBr = 
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COMPRESSIBILITY OF POROUS ROCKS 
Reservoir rocks are subjected to the internal stress exerted by fluids 

contained in the pores, and to external stress which is in part exerted 
by the overlying rocks. The depletion of fluids from the reservoir rocks 
results in a change in the internal (hydrostatic) stress in the formation, 
thus causing the rock to be subjected to an increased and variable 
overburden load, and the result is the compaction of the rock structure 
due to an increase in the effective stress. This compaction results in 
changes in the grain, pore, and bulk-volume of the rock. The fractional 
change in the volume of solid rock constituent (grains) per unit change 
in pressure is defined as the rock matrix compressibility. The fractional 
change in the total or bulk-volume of the formation per unit change in 
the reservoir pressure is called the rock bulk compressibility. Of principal 
interest to the reservoir engineer is the pore compressibility, which is 
the fractional change in the pore-volume per unit change in pressure. In 
areas where fluid withdrawal from underground reservoirs may induce 
subsidence which could result in the loss of wells, appreciable property 
damage, or earthquakes, the bulk compressibility is very important. 

PORE COMPRESSIBILITY 

Many researchers have recorded the changes in compressibility of 
reservoir rocks as a function of fluid pressure decline [26-453. Biot 
published a theory of elastic deformations of porous materials and their 
influence on fluid displacement within the pores [26]. Geertsma was, 
however, the first engineer to develop a set of practical pressure- 
volume relationships explaining pore and rock bulk-volume variations in 
petroleum reservoirs [39] .  He derived the following general expressions: 

(9.44) 

and: 

where: Vp = pore-volume. 
vb = bulk-volume. 
Cr = compressibility of the rock matrix material. 
Cb = rock bulk compressibility of the porous structure. 
pp = pore pressure (internal pressure). 
G = confining stress (external pressure). 
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Equation 9.45 can be simplified by keeping the difference between 
the confining stress o and the pore pressure pp at a constant during the 
triaxial, or hydrostatic, test, i.e., d (0-p,) = 0. Solving for cr one obtains: 

(9.46) 

On the other hand, if the pore pressure is held constant during the triaxial 
test, i.e., dpp = 0, Equation 9.45 gives: 

(9.47) 

For dpp = -do, Equation 9.44 yields an expression of the formation 
pore compressibility: 

and for dp, = 0: 

(9.49) 

Assuming the rock bulk compressibility Cb is much greater than the 
rock matrix compressibility Cr, such as the case in many consolidated 
sandstone reservoirs with @ > 0.05, Equation 9.49 becomes: 

(9.501 

Comparing Equation 9.48 with Equation 9.50 for the case where dp = do 
during a hydrostatic test, one obtains: 

cb cp = - 
0 

(9.51) 

Geertsma derived a similar expression by showing that, in petroleum 
reservoirs, only the vertical component of hydrostatic stress is constant 
and that the stress components in the horizontal plane are characterized 
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by the boundary condition [ 3 9 ] .  For these boundary conditions, he 
developed the following approximation for sandstones: 

(9 .52)  

Thus, it is important to remember that the pore compressibilities of 
sandstones obtained on using triaxial apparatus are about twice as high 
as those obtained in a uniaxial test. 

Fatt reported results of experimental tests on a limited number 
of representative consolidated rock samples and sandpacks [ 2 7 ] .  
Figure 9.22 shows the pore-volume compressibilities as a function 
of net overburden pressure for sandstones containing poorly sorted 
grains, 20% to 45% cement, and intergranular detrital material. These 
compressibilities are higher than those given in Figure 9.23,  which are 
for sandstones containing well-sorted grains and only 10% to 30% cement 
and intergrannular detrital material. 

Brandt defines the net overburden pressure as the external pressure, 
(3, minus 85% of the internal fluid pressure [ 2 8 ] .  The constant 0.85 was 
introduced to take into account the fact that the internal fluid pressure 
does not really react against the external pressure. This constant depends 
on the structure of the rock, and ranges from 75% to 100% with an 
average of 85%. 
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Figure 9.22. Influence of net overburden pressure on pore-volume compressibility 
for poorly sorted unconsolidated sand, curve A (4 = 0.36) and sandstone, curves 
B (4 = 0.231, C (4 = 0.25j and E and D (4 = 0.22) [27J. 
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Figure 9.23. Influence of net overburden pressure on pore-volume compressibiZty for 
well-sorted mndstone grains [27J 
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Figure 9.24. Relationship between effective rock compressibility and porosity [29J 

Fatt's results showed the absence of correlation between the com- 
pressibility and porosity data [27] .  This is contrary to the conclusion 
reached by Hall, who stated that, as the reservoir pressure declines, the 
pore compressibility of any reservoir rock is a result of two separate 
factors: expansion of the individual rock grains and the additional 
formation compaction brought about because the reservoir fluid 
becomes less effective in opposing the weight of the overburden [29].  
Both of these factors, according to Hall, tend to decrease porosity as 
shown in Figure 9.24. Most limestone and sandstone formations have 
pore compressibilities of the order of lop6 to 25 x loA6 psi-'. 
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The magnitude of the pore pressure change, Ap,, in the petroleum 
reservoirs for a given change in pore-volume depends on the 
compressibility of the pore fluid, cn: 

1 AVp 
APp = ---vp (9.53) 

The relative change in pore-volume can be expressed from Equation 9.44 
as follows: 

(9.54) 

where 6 is the mean effective stress, pp is the pore pressure, and: 

where: 

(01 + 0 2  + 0 3 )  
3 

The change in pore pressure for a given change in the mean stress is 
obtained by combining Equation 9.53 with Equation 9.54, and solving 
for Ap, (fluid in the pores is assumed to be water, cfl = cw): 

(9.55) 

EXAMPLE 

Calculate the change in pore pressure of a rock sample subjected to 
a hydrostatic test knowing: 

6 = 6,OOOpsi 
pp = 4,700psi 

= 0.20 

Cr = 0.20 x 10-6psi-* 
Cb = 2 x 10-6psi-' 
cw = 2.75 x 10-6psi-' 

SOLUTION 

The mean effective stress change is equal to: 

A 6  = 6,000 - 4,700 = 1,300 psi 
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Change in the pore pressure is (from Equation 9.55): 

(2 - 0.2) x lom6 x 1,300 
= 1,014psi *” = 0.2 x 2.75 x + (2  x - 1.2 x 0.2 x 

EFFECTIVENESS OF PORE PRESSURE IN COUNTERING STRESS 

The tests that measure stress-strain behavior of rocks described in the 
earlier sections assumed that pore pressure of these fluids developed 
during loading and may dissipate as the fluids are drained. Such tests 
are called drained tests, whereas the experiments in which drainage is 
prevented are called undrained tests [42]. Silt, sand, gravel, and other 
sediments and sedimentary rocks of relatively high permeability exhibit, 
when a load is applied, drained strength, i.e., the rock is soft or ductile. 
This effect is more pronounced if the rock is saturated with an 
incompressible liquid than with a compressible gas [8]. Clay, shale, and 
many rocks of low permeability, such as unweathered igneous rocks, 
exhibit undrained strength; when initially and instantaneously loaded, 
they become brittle and much weaker. Figure 9.25 illustrates the effect 
of pore pressure on the elastic behavior of rocks. 

The effect of pore pressure on the mechanical properties of saturated 
rocks has been extensively investigated by using the concept of “effective 
stress,” which van Tenaghi defined as the stress controlling compression 
or shear in rocks, and is simply the difference between the applied 
overburden load or the total stress, GOB, and the pore pressure, pp [31]: 

Ge = GOB - pp (9.56a) 

n 
0 

I 

Y b’ 

Axial Strain 
Figure 9.25. Transition from brittle to ductile failure in rock as a function of pore 
water pressure (pw) [lZJ. 
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or: 

Pe = Pt - Pp 
Laboratory experiments and careful field observations of the 

deformation have led to the modification of this relationship as follows: 

Oe = OOB - aPp (9.56b) 

where a, according to Brandt, is a correction factor that measures the 
effectiveness of the pore pressure in counteracting the total applied load 
[28]. According to the Biot poroelasticity theory the radial or horizontal 
earth stress is: 

Ox = ( y ) Oe + app 
1 - v  (9.57) 

Where the earth's effective vertical or overburden stress is obtained from 
equation 9.56b. 

According to Brandt, the value of a ,  which varies between 0 and 
1, depends on the pore geometry and the physical properties of 
the constituents of the solid system. In the extreme cases when a = 0, 
the pore pressure has no effect on the behavior of the rock, and 
when a = 1 the pore pressure is 100% effective in counteracting the 
applied load. Equation 9.56a, when a = 1, is used to evaluate the 
failure magnitude, and Equation 9.56b is used by some investigators to 
evaluate the deformation of the porous medium. Geertsma and Skempton 
proposed the following expression for a [39, 401 : 

(9.58) 

where: Cb = bulk compressibility, psi-' [ l/kPa] . 
cr = compressibility of the rock matrix, psi-' [ l/kPa] . 
K = effective bulk modulus, psi [ l/kPa] . 
Kr = bulk modulus of the rock solid only, psi [ l/kPa] . 

The value of a, which is known as the Biot constant, in the previous 
Example is equal to: 

0.2 x 10-6 

2 x 10-6 
a = l -  = 0.90 

Geertsma's derivation of Equation 9.58 has been modified by Suklje to 
include porosity, and showed that [4 11 : 

K 
a = 1 - (1 - 0) - 

Kr 
(9.59) 
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where 4 is the porosity. It is obvious from Equation 9.59 that when a = 0, 
Le., (T = 01, the K/K, ratio is equivalent to: 

(9.60) 

Equation 9.58 is, therefore, valid only in the ideal case where there is 
no porosity change under equal variation of pore pressure and confining 
pressure. The following expression is more general and accurate: 

(9.61) 

where: v = drained Poisson’s ratio. 
vu = undrained Poisson’s ratio. 
B = Skempton’s pore-pressure coefficient. 

In liquid-saturated compressible rocks, B = 1 .O; when the porous space 
is partially saturated, B < 1 .O; and B = 0 when the rock specimen is dry. 
Skempton showed that the value of B can be estimated from [42 ] :  

(9.62) 

where Cr and cfl are the compressibilities of the rock and the compress- 
ibility of the fluids (water) in the void space, respectively. 

EXAMPLE 

Knowing the following data: 

v = 0.250 E = 2 x 10 6 psi cw = 2.75 x 10-6psi-’ 

vu = 0.362 Kr = 4.83 x 106psi 4 = 0.20 

Calculate (1) the bulk modulus of the rock sample, and 
(2) the correction factor a using Equations 9.58-9.61. 

SOLUTION 

(1) The bulk modulus of the rock sample is: 

= 1.33 x lo6 psi 
2 x 106 - - E 

3(1 - 2v) 
K =  

2(1 - 2 x 0.25) 
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(2) The correction factor a 

(a) Using Equation 9.58 gives: 

1.33 x lo6 
a = l -  = 0.72 

4.83 x lo6 
(b) Using Equation 9.59 one obtains: 

1.33 x 10' 
4.83 x 10' 

a = 1 - (1 - 0.20) = 0.78 

(c) In order to use Equation 9.61, one needs to calculate 
the rock compressibility from Equation 9.24 and Skempton's 
pore-pressure coefficient B from Equation 9.62: 

1 - = 0.207 x c r = - -  1 
Kr 4.83 x lo6 

1 
1 + 0.207/0.20 x 2.75 

B =  = 0.726 

Then, the value of a is equal to: 

a =  = 0.68 

There is no agreement between the three equations. Actually, 
Eq. 9.59 is the least accurate of the 3 equations. 

3 (0.362 - 0.25) 
0.726(1 - 2 x 0.25) (1  + 0.362) 

EFFECT OF PORE COMPRESSIBILITY ON RESERVES CALCULATIONS 

As a new oil reservoir begins production, the volume of oil-in-place is 
one of the first and most important parameters the reservoir engineer 
needs to determine. Basically, the method of estimating oil-in-place 
from the pressure decline data in an undersaturated reservoir above the 
bubble point, assuming volumetric conditions, is: 

(9.63) 

where: N = initial oil-in-place, bbl. 
Np = oil production during the pressure decline Ap, bbl. 
Ap = pi - p- 
p = reservoir pressure. 

Ce = effective compressibility of the reservoir, expressed as: 

(9.64) 
(9.65) 
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where: co, cg, and cw, are the compressibilities of oil, gas, and water, 
and So,  S,, and &, are the saturations of oil, gas, and connate water, 
respectively. cf is the formation compressibility, which is the same as 
pore compressibility, cp, and ct, is the total compressibility. If N and Np 
are expressed in stock tank barrels (STB), then Equation 9.63 becomes: 

(9.66) 

where Bo and Boi are the oil formation volume factors at the reservoir 
pressure p and pi, respectively. 

As the undersaturated oil reservoir is produced, the pore pressure 
declines, allowing the reservoir fluids to expand and provide energy 
for production. In addition to fluid expansion, the formation compacts 
as the net overburden pressure increases, providing additional energy 
to squeeze out the reservoir fluids. Hall showed that the magnitude 
of formation compressibility is such that, if neglected, in some cases 
calculated values for oil-in-place will be from 30% to 100% higher than 
the actual oil-in-place [29 ] .  

EXAMPLE 

A volumetric undersaturated oil reservoir has the following 
characteristics: 

pi = 5,000 psia co = 10.7 x 10-6psi-1 
cw = 3.6 x 10-6psi-1 
cf = 5 x 10-6psi-1 

swc = 20% 
4 = 9 %  

Boi = 1.354bbl/STB 

The cumulative oil produced is 1.25 x lo6 STB and Bo = 1.375 bbl/STE! 
when the reservoir pressure falls to 3,600 psia, with negligible water 
production. What is the effect of neglecting formation compressibility 
on the value of oil-h-place in this reservoir? 

SOLUTIO N 

The effective compressibility of this undersaturated oil reservoir is 
obtained by Equation 9.64 where cg = 0 above the bubble point: 

0.80 x 10.7 x + 0.20 x 3.6 x lo-' + 5 x 
Ce = 

0.80 
= 17.86 x 10-6psi-' 
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Then the initial oil-in-place by using Equation 9.66 is equal to: 

-- 1*375 - 50.77 x lO'STJ3 1.25 x lo6 
N =  

17.86 x (5,000 - 3,600) 1.354 

If the formation compressibility is neglected, then the effective 
compressibility becomes: 

ce = - (0.80 x 10.7 x lo-' + 0.20 x 3.6 x lop6) 
0.80 

= 11.6 x lo-' psi-' 

and the initial oil-in-place is: 

1.25 x lo6 
11.6 x x 1,400 

N =  (1.0155) = 78.16 x lo6 STB 

Thus, neglecting formation compressibility results in the overestimated 
values of initial oil-in-place. In this case, N is overestimated by about 
28 x lo6 STB, i.e., nearly 50% error. 

Below the bubble-point pressure, gas will be liberated from the oil, 
and a free-gas saturation will develop in the reservoir. As a first order 
of approximation, the gas compressibility, cg, is given by l/p and the 
effective compressibility becomes, owing to the much higher com- 
pressibility of the free-gas phase, of the order of 100 to 500 x psi-'. 
Rock and water compressibilities usually are omitted from the 
calculations. Thus, for this example (cg = 1/3,000 = 333 x psi-', 
which is obviously much higher than c, and cf), Equation 9.66 cannot 
be used to estimate the initial oil-in-place. 

CONVERTING LAB DATA TO RESERVOIR DATA 

Whereas it is relatively easy to measure the pore-volume compres- 
sibility under a hydrostatic load, where the pressure is the same from all 
directions, this condition is not representative of the reservoir boundary 
conditions [39]. Consider, for instance, the case of a horizontal formation 
that is thin in comparison to both its depth of burial and lateral extent. As 
the reservoir fluid is depleted and pressure declines, the net overburden 
pressure increases, causing the formation to compact and the matrix to 
expand. The change in size will be in the vertical direction only, because 
the surrounding rock at the boundary of the reservoir will prevent any 
lateral expansion of the reservoir rock. In the laboratory, this condition 
is similar to the one observed during the uniaxial strain test, where a load 
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is applied in the vertical direction and the confining stress in the lateral 
direction is adjusted to retain a zero lateral strain condition. Anderson 
developed a practical procedure for converting the hydrostatic-stress, 
pore-volume reduction test data into the uniaxial strain compressibility 
data, which simulate more accurately the reservoir conditions [ 4 3 ] .  The 
three-step procedure involves: 

(a) Hydrostatic stress data are curve-fitted to the following power-law 
relationship: 

where: AVp = change in the pore-volume as a function of stress. 
oe = net overburden stress (grain-to-grain stress or 

effective pressure, p,). 
q, = stress at the initial strain condition. 
ah = hydrostatic coefficient of fit. 
n = power-law coefficient of fit. 

Figure 9.26 shows the curve-fits of pore-volume change data obtained 
from hydrostatic-stress and uniaxial-strain tests. 

(b) Calculate the “predicted value of the change in pore-volume using 
the parameters ah and n from the curve fit: 

Avi = Rhuah (0; - 0;) 

2.5 Hydrostatic- 

-----. -- 
Uniaxial 

I I I I I 
0 10 20 30 40 50 I 

Stress (MPa) 

(9.68) 

0 

Figure 9.26. Power-law cuvve$t of hydrostatic-stress and unia3cial-strainpove-voEecme 
reduction data [43J. 
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2.5 3m 

where 0, is the axial stress and Rhu is the hydrostatic-to-uniaxial 
correction factor and a function of Poisson's ratio v: 

1 l + v  
Rhu - 3 (-) 1 - v  (9.69) 

For the Berea core tests, Anderson obtained a Poisson's ratio of about 
0.40, which leads to Rhu, of 0.78 [43 ] .  Figure 9.27 compares the 
predicted pore-volume change with that of the uniaxial test. 

(c) Calculate the predicted uniaxial strain pore-volume compressibility 
that is representative of reservoir conditions from the following 
equation: 

(9.70) 

where: cg = predicted pore compressibility and n = power-law 
coefficient. Figure 9.28 shows that there is an excellent match 
between the power-law prediction and the calculation of uniaxial 
strain compressibility based on the experimental data. 

Experimental data obtained by Nieto et al. indicate that [89] : 

1. Core compaction correction values between 0.87 and 0.91 are more 
representative than the 0.95 factor generally used when correcting 
ambient porosity to reservoir condition. 

S I  

0 i 0  20  3 0  40 S O  I 

Stress (MPa) 
3 

Figure 9.27. Comparison of measured to predictedpore-volume reduction as a func- 
tion of stress [43]. 
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0.7 -, 1 

Stress (MPa) 

F i v  9.28. Power-kaw curve fit of uniuxiul and hydrostatic stress-strain curves [43J. 

2. The rate of stress application appears to be the most significant factor 
in determining the end value of core compaction correction. 

3. Different core compaction corrections observed in Jurassic and 
Triassic rocks having similar ambient porosity and permeability may 
indicate the significance of rock fabric and/or initial burial depth, and 

4. The use of uniaxial correction to porosity is incorrect. It is suggested 
that a hydrostatic total effective stress equivalent to reservoir 
conditions be applied slowly to allow the rock to creep back to a 
state representative of the reservoir. Stress application rate is a more 
significant factor in porosity reduction measurement than accurate 
simulation of reservoir stresses using biaxial strain. 

EFFECT OF STRESS ON CORE DATA 
The effect of overburden pressure on several petrophysical parameters 

of reservoir rocks, such as porosity, permeability, resistivity, and density, 
was extensively investigated by Dobrynin and Chierici et al. [44, 451. 

In addition to the use of published experimental data, Dobrynin carried 
out experiments to investigate the main physical properties of sandstones 
under pressure. He concluded that the changes in these properties are 
determined to a large extent by the pore compressibility, which, in the 
range of 0 to 20,000 psi, can be characterized by the maximum pore 
compressibility and the net overburden pressure. He also developed 
several general equations that describe the behavior of the physical 
properties of sandstones under pressure. 

Chierici et al. used a large number of samples to investigate, experi- 
mentally and theoretically, the influence of the overburden pressure on 



600 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

porosity, horizontal and vertical permeability, relative permeability to 
gas, formation resistivity factor, and capillary pressure curves [45], From 
the experimental results they drew the following conclusions: 

(a) the effect of shale on pore compressibility must be taken into account 
when dealing with undersaturated oil reservoirs in shaly rocks; 

(b) the formation resistivity factor and permeability of clean sandstones 
are effected by stress. In the low-porosity rocks, however, the 
formation resistivity factor at reservoir conditions can be quite 
different from that measured at no-stress conditions; 

(c) permeability anisotropy is only slightly affected by overburden 
pressure; and 

(d) capillary pressure curves are considerably affected by the stress tensor 
only at low capillary pressure values, whereas the irreducible water 
saturation is only slightly influenced by the overburden pressure. 

EFFECT OF STRESS ON POROSITY 

Fkperimental data generated by Dobrynin on a large number of 
sandstone samples (Figure 9.29) show that between a certain minimum 
pressure Pm and a certain maximum pressure p ~ ,  the relation between 
pore compressibility and the logarithm of pore pressure can be 
approximated by a straight line, which can be expressed mathematically 
as follows [44] : 

(9.71) 

2 
n 0 

Figure 9.29. 
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Pore compessZbili@ as a function of net overburden pressure f44J. 
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The maximum pore compressibility C ~ M  can be determined by 
extrapolating the experimental curves to zero pressure using Cartesian 
coordinates. The minimum pressure Pm is determined by assuming that 
there is essentially no change in pore compressibility within the small 
range of pressure from 0 to pm. Actually, Pm, corresponds to the first 
data point where the cp curve begins to decline with increasing net 
overburden pressure as shown in Figure 9.29. The value of p M  is obtained 
by extrapolating the straight line to cp = 0. For practical purposes, 
p~ is the pressure above which changes in pore compressibility are 
negligible. Dobrynin found that Pm is between 150 and 300 psi, and p~ 
is between 25,000 and 30,000 psi. 

Combining the following relationship between Cb, Cr, and cp: 

cb = @cp -k (1 - @) cr 

and Equation 9.52, yields: 

(9.72) 

(9.73) 

It is assumed in this equation that the rock matrix compressibility is not 
affected by pressure in the range of 0 to 20,000 psi. 

The relative changes of porosity under overburden pressure can be 
expressed as follows [44]  : 

0 . 7 4 )  

where AVp/Vp and AVb/Vb are the relative changes of pore-volume and 
bulk-volume, respectively. Inasmuch as the rock matrix compressibility is 
assumed to be independent of pressure in the range of 0 to 20,000 psi, 
i.e., 0 < p < Pm, the relative change of bulk-volume is essentially linear -~ 

with respect to the relative change of pore-volume: 

Avb Avp -- - 0- 
v b  VP 

Combining Equations 9.74 and 9.75 yields: 

@ = 1 - [ ( l  - $) / (1 - 8 3 1  

Within the range of pressure 0 < p < Pm, the relative 
pore-volume can be determined according to Equation 9.48: 

(9.75) 

(9.76) 

change of 

(9.77) 
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Substituting for cp from Equation 9.71, one obtains: 

which can be written, after integration, as follows: 

(9.78) 

(9.79) 

where the Dobrynin pressure function D(pp) is: 

~ ( p p )  =Pm + lOg(PM/Pm) pp [ 1 O P ( E )  PP + 0 . 4 3 4 - p - ( l o g ( ~ ) + 0 . 4 3 4 ) ]  PP 

(9.80) 
Substituting Equation 9.79 into muation 9.76 yields: 

(9.81) 

Figure 9.30 shows the experimental data that illustrates the effect of net 
overburden pressure on the A$/@ ratio for five different representative 
values of C ~ M ,  and porosity values of 5%, lo%, and 20%. It is evident 
that experimental data are in agreement with the calculated curves using 
Equation 9.81. The average values of Pm and p~ are 200 and 25,000 psi, 
respectively. 
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Figure 9.30. Influence of net overburden pressure on changes in porosity for five 
representative maximum pore compressibilities [44j. 
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EFFECT OF STRESS ON PERMEABILITY 

Assuming that changes in permeability due to changes in pore pressure 
depend mainly upon the contraction of the pore channels, Dobrynin 
derived the following semi-empirical equation [44] : 

(9.82) 

where fps is the pore shape factor. Figure 9.31 shows a comparison of 
experimental data with calculated curves using the more practical form 
of Equation 9.82: 

k 
-E = 1 - 2 (fps + 1) cp~D(pp) 
k 

(9.83) 

where kp is the actual permeability under pressure, i.e., k-Ak, and 
k is the permeability under zero pressure. The following approximate 
relationship between the pore shape coefficient fps and the maximum 
pore compressibility C ~ M  for sandstones with poor sorting is obtained 
from experimental data: 

fps = 8 x (cig9) (9.84) 

For a uniform pore size distribution or for a very high pore 
compressibility, fps = 0.33. It is obvious that the formation permeability 

0 

s 
X 
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Figure 9.31. Comparison of experfmental and calculated data showing changes in 
permeability of sandstones as a function of net overburden pressure f44J. 
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Figure 9.32. Curve$t ofpermeability us. net stress data f47J. 

decreases with increasing values of stress. This fact should be taken 
into account when interpreting the results of pressure transient tests, 
drawdown, or buildup. As an example, the stresses that are at their 
maximum effect in the vicinity of the well, due to the depletion of 
reservoir fluids and consequent rapid pressure decline and reduction 
of permeability in the same zone, can account for skin effects, which are 
not necessarily caused by mud-filtrate invasion [45]. Figure 9.32 shows 
that the permeability decreases rapidly at low stress and stabilizes with 
increasing confining or overburden stress [46] .  

EFFECT OF STRESS ON RESISTIVITY 

To investigate the relationship between resistivity and pressure, 
Dobrynin used Archie’s equation relating the formation factor F and 
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porosity 4 (assuming a = 1): 

1 
F R = -  am (9.85) 

where m is the cementation exponent. Assuming (a) changes in resistivity 
of porous rocks, when subjected to stress, are primarily dependent 
upon the shrinkage of the smaller pore channels, which are mostly filled 
with irreducible water, and (b) fine materials are present in the small 
pores or channels, Equation 9.85 becomes: 

1 

($ - A@)"+'" 
FRp = (9.86) 

Dividing Equation 9.86 by Equation 9.85 and assuming that Am and A@ 
are very small such that (9 - A@)'" = @'": 

(9.87) 

If the cementation exponent is approximately 2, such as in the 
low-porosity sands and limestones, which tend to be highly cemented, 
then (A@/@)* = 0 and Equation 9.87 becomes: 

Substituting Equation 9.81 into Equation 9.88 gives: 

(9.88) 

(9.89) 

Figure 9.33 illustrates the effect of the net overburden pressure on Am. 
It is evident from this figure that the curves are of similar character and, 
consequently, it is possible to distinguish them by the maximum change 
in Am. Assuming (1) this maximum change, AmM, depends upon the 
number of flow channels, and (2) clay content controls the percentage 
of flow channels, Dobrynin generated, experimentally, the two graphs 
in Figure 9.34 [44 ] .  These graphs show a typical behavior of FRP/FR 
as a function of net overburden pressure, porosity, and relative clay 
content. 

In conclusion, changes in the physical properties of sandstones under 
overburden pressure are determined by the pore compressibility, which 
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can be characterized by c P ~ ,  and the net overburden pressure (pp) in 
the range of 0 to 20,000 psi. 
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POROSITY-PERMEABILITY-STRESS RELATIONSHIP 
When the compressibility of grains, cr, is negligible compared with 

the change in porosity, and assuming that all the stress relief occurs 
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as a result of utilization of pore space, the following relationship is 
applicable [47] : 

d@=-Cb(l -@)do 0.90)  

where cb is the bulk compressibility which is defmed by Equation 9.72. 
For cr = 0: 

Combining Equation 9.90 and Equation 9.91 and integrating over the 
stress range yields: 

(9.92) 

where $o is the porosity at initial or zero effective stress oo (total 
overburden load). 

Assuming pore compressibility declines exponentially, one can 
express cp as follows: 

-bAO cp = cpoe 

where A 0  = o, - o. Defining the average pore compressibility as: 

(9.93) 

(9.94) 

substituting Equation 9.93 into Equation 9.94 and integrating yields: 

CPO bA(T Cp = -( 1 -e- ) bAo 
(9.95) 

where b is the rate of decline of pore compressibility as the effective 
stress increases. Pore compressibility (cp) is not constant and represents 
the average pore compressibility over a stress interval Ao. Thus, as o 
changes, cp also will change over the sand interval. In some cases, 
however, assuming constant pore compressibility may give an excellent 
curve fit, as shown in Figure 9.35 for a coal core sample. 

Combining Equation 9.93 and Equation 9.92 gives: 

(9.96) 

Equation 9.96 shows that, for an average constant pore compressibility 
value, a semilog plot of the void ratio @/( 1 - @) versus effective stress will 

0 - @ e--cp(~o-b) 

1-0- 1-q0 
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result in a straight line. Using laboratory core tests on sandstone, coal, 
clay, and granite samples, McKee et al. found that the theoretical curves 
for permeability and porosity as functions of stress fit the experimental 
values well, as shown in Figs. 9.36, 9.37, and 9.38 [48]. Figure 9.38 
shows a plot of laboratory-measured void ratio versus effective stress 
data for adjacent sand and clay samples from a Venezuelan oil field. 
It is apparent from this figure that the theoretical curve matches the 
experimental data well within a practical range of accuracy, especially 
for the clay core sample, which was taken within 4 ft of the sand 
sample. The data points obtained at very low stress values (less than 
200 psi) were not included in the least-squares fit. The void ratio for the 
sand sample decreased from approximately 0.60 (experimental point) 
to 0.30, which corresponds to a decline in porosity from 0.38 to 0.22, 
respectively, when the effective stress, o,, increased to about 4,400 psi. 

Solving Equation 996 for @/@o, one obtains: 

- 
- 

I I I I I 1 I 

Using the Carman-Kozeny correlation (Equation 3.26) and assuming 
that the specific surface area per unit of grain volume of a porous material 
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Figure 9.36. Laboratorymeasured permeability us. effective stress and theoretical 
match using variable compressibiliy for a coal sample from a depth of 2,767flr48J. 

Figure 9.37. Laboratory-measured permeability us. effective stress and theoretical 
match using variable compressibility for a sandstone core sample [48J 
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Fllgure 9.38. Laboratory-measured void ratio us. effective stress for sand and clay core 
samples [48]. 

(SGV) is independent of the net overburden stress and permeability 
is independent of pore (fluid) pressure, one can obtain the following 
formula: 

-- k 93/(1-9)2 
ko 92/(1- 9Ol2 
- 

Combining Equation 9.96 with Equation 9.98 gives: 

Substituting Equation 9.97 into Equation 9.99 yields: 

k 
ko 

e - 3 f p A ~  - _-  
1 - q0 ( I - e-4*O) 

(9.98) 

(9.99) 

(9.100) 
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If the permeability is dependent on fluid pressure, then from 
Equation 9.57 the following is true: 

do = -adp (9.101) 

where dp is the change in fluid pressure, or: 

AG= ot - 0, = a(p, - p) = CXAP (9.102) 

where ot is taken as constant caused by the overburden, and a is 
the rate of decline. Substituting Equation 9.102 into Equation 9.95 and 
solving for $/$o gives: 

(9.103) 

A combination of Equation 9.99 and 9.103 yields a new expression for 
the permeability ratio k&: 

(9.104) 

Figure 9.37 is a semilog plot of k& versus the effective stress [oe (psi)], 
assuming a = 1 for a sandstone sample from the Rocky Mountain region. 

Permeability values were measured at 100 psi with initial confining 
pressure (0,). For these samples, the rate of decline a of the effective 
stress is 3.5 x lo-* psi-'; and the theoretical curve, based on Equation 
9.100 can be obtained with an initial porosity value Qo ranging from 
0.05 to 010. It is important to emphasize that the above equations 
@quatiom 9.90-9.104) are derived with the assumption that the grain 
compressibility cr is negligible. 

McKee et al. also showed that the dependence of formation density 
on the effective stress is related to the change in pore compressibility 
[48]. If 

P=Pg( l -$>  (9.105) 

where p and pg are the specific gravities of the formation and grain 
material, respectively, and substituting Equation 9.97 into Equation 9.105 
for +, yields: 

(9.106) 
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Figwe 9.39. Laboratory-measured density us. depth for shale core samples [471. 

Figure 9.39 shows a considerable data scatter; however, there is a fair 
match of this expression to experimental data of density versus depth for 
400 shale core samples from northern Oklahoma, where approximately 
the same amounts of sediment were deposited with no intervening 
unconformity. The grain density in this area was 2.65 g/cm3, whereas 
the density at zero depth is 2.02 g/cm3. The effective stress in psi at any 
depth D in feet for lithostatic conditions can be approximated by the 
following formula: 

(9.107) Oe = 0.572D 

where the constant 0.572 psi/ft is the effective stress gradient, g,,, and 
is obtained from: 

gse =gs  - gw (9.108) 

where gw is the water gradient (0.4335 psi/ft for fresh water) and gs 
is the stress gradient: 

gs = PgU- 4) + Pw4 (9.109) 

Assuming ps = 2.65g/cm3, pw = 1 g/cm3, gw = 0.433 psi/fi, the stress 
gradient g, is equal to: 

gs= [2.65(1 -0.20)+(l)(0.2)]62.41bm/ftz x 44ft2/in.’= l.O05psi/ft 

and the effective stress gradient g, is equal to: 

&e= 1.005-0.43~0.572 psi/ft 

Although this approach of using lithostatic conditions to calculate the 
effective stress gradient yields acceptable results, it is important to use 
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Figure 9.40. Straight-line relationship between permeability and stress [47]. 

the local effective stress gradients when applymg this theory to field 
cases, especially in deep formations. 

As natural gas reservoirs are found at deeper zones, understanding 
stressdependent permeability is essential because, under large draw- 
down, reduced permeability can lower the production from a stress- 
sensitive reservoir [48].  

Jones presented empirical equations that accurately fit permeability 
and porosity data versus net confining stress [GI. Each of these equations 
has four adjustable parameters and, with little loss of accuracy, two of 
the coefficients can arbitrarily be preset. Consequently, permeability and 
porosity measurements need to be made at only two confining stresses to 
quantify the effect of stress with a good accuracy. Figure 9.40 was fitted 
by the following equation: 

k exp ak ~-e-Oe/,* 

k,- 1 +aJo 
(9.110) -- C (  
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where: k = slip-corrected (Klinkenberg) permeability at effective 
stress oe md. 

= slip-corrected permeability at zero effective stress, md. 
ak = slope of the straight line in Figure 9.40. 
aJ = Jones coefficient, 3 x 

Qe = effective stress, hydrostatic confining stress minus 
average pore pressure, psi. 

o* =Jones decay constant, 3,000 psi. 

psi-'. 

Figure 9.40 shows that greater reductions occur with low-permeability 
samples than with high-permeability samples. A laboratory study of low- 
permeability gas sands revealed that a ten-fold permeability reduction is 
not uncommon [47].  Equation 9.110 can be expressed as follows: 

A semilog plot of this expression, i.e., k (a + a p )  versus [ 1 - exp(-o,/ 
0*)], results in a straight line with intercept ko and a slope of -ak, as 
shown in Figure 9.40. The theoretical curves fit the laboratory data of 
permeability well, when these data were assumed to decline exponen- 
tially as a function of stress. Also, the abscissa ranges from 0, which 
corresponds to o = 0, to 1 ,  which corresponds to infinite stress. These 
correlations do not include the further loss of permeability when a rock 
sample is contacted by a brine, which can be especially severe in right 
samples [49] .  

Pore-volume reduction with increasing stress exhibits the same general 
behavior as the permeability reduction, as shown in Figure 9.41 for the 
same three core samples. The points on this figure were curve-fitted by 
the following expression: 

where Vp (in cm3) is the pore-volume of sample at net stress 6, and VP. 
is the pore-volume at zero net stress. All four of the adjustable coefficients 
in Equation 9.112 (vpo, a,, 6*, and aJ) were fit using least-squares 
technique. Figure 9.42 is a semilog plot of the same data points on 
Figure 9.41 according to the following correlation: 
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A majority of experimental data of k and Vp versus effective o revealed 
that the Jones decay constant Q* (3,OOOpsi) and the coefficient aJ of 
3 x lod6 psi-' yielded the best curve fits. Thus, if these two factors 
could be fixed a priori, then Equations 9.1 11 and 9.1 13, or their corre- 
sponding plots, suggest that only two stress tests are needed to describe 
the behavior of permeability and pore-volume with respect to o,. The 
two stresses of choice, according to Jones, would be about 1,500 and 
5,000 psi, because: 

(a) stresses much higher than 5,000 psi result in reduced sleeve life in 
a Hassler-type core holder, and 

(b) stresses less than 1,500 psig are unreliable because a thick rubber 
sleeve does not completely conform to microscopic irregularities 
of the core surface at low stresses, which results in too high 
measurements of pore-volume compressibility, cp . 

By definition: 

1 dVp dln(Vp) cp=--=- 
Vp do do 

(9.114) 

Differentiating Equation 9.113 with respect to stress Q and substituting 
into Equation 9.114 yields: 

(9.115) 

Figwe 9.43 shows the behavior of cp versus o according to 
Equation 9.1 15 for the same three core samples used in the previous 
figures for k and V,. The curve fit is obviously excellent. Because 
pore-volume compressibility is a derivative of pore-volume-stress data 
(Equation 9.1 14), several precautions need to be observed to ensure that 
the data are about an order of magnitude better quality than when the 
derivative is not required. These added precautions include: 

(a) the core sample must be cut such that it is free from surface 
irregularities, 

(b) the ends of the rock sample are square and do not have chips 
missing, and 

(c) additional stress tests are needed between the 1,500 psi and 
5,OOOpsi measurements tests. Flaws in the rock samples cause 
low-stress compressibility measurements to be too high. 
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Figure 9.43. Effect of stress on compressibility [47]. 

The decrease in porosity with increasing stress can be predicted 
similarly to that of permeability. Inasmuch as: 

solving for the void ratio 9 ~ :  

(9.116) 

Assuming grain volume compressibility is negligible because it is much 
lower than the pore-volume compressibility, the void ratio +R is directly 
proportional to Vp. Thus, from Equation 9.1 13 one obtains: 

exp a, e-oe/o* - I)] 4m-cp) =-- vp - I I (  
@ O / O  - ($0) vpo 1 + aJ0, 

or: 

and: 

(9.117) 

(9.1 18) 
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Figure 9.44. Straight-line relationsbQ between porosig and stress [47]. 

~ h u s ,  a semilog plot of [ $ / ( I  - $11 - ( 1  + aJo) versus ( 1  - e0e/O*> results in 
a straight line with intercept $o / (  1 - $o) and a slope of -av. 

Figure 9.44 shows two-point fits of experimental porosity-stress 
data according to Equation 9.1 18, where o* = 3,OOOpsi and aJ = 3 x 

psi-'. Occasionally, the yield strength of a rock sample is between 
the preferred stress range of 1,500 to 5,00Opsig, causing the sample 
to rupture. Two types of failure are recognized. The first type causes 
the sample to be crushed, but the interpretation of porosity-stress data 
obtained prior to crushing is unchanged. The second type of failure 
results in fracturing, slippage of grain, and irreversible compaction, 
causing changes in the permeability-stress and pore-volume-stress curves. 
Jones found that in this case semilog plots, such as Figure 9.40 or 9.42, 
exhibit two straight-line portions, and the intersection points of the 
two segments correspond to the compressive yield strength of the rock 
sample. The second segment has a steeper slope than the first one. It is 
suggested that an intermediate test point at 3,000 psi be run for every few 
samples if irreversible compaction is suspected. If the three points, i.e., 
1,500, 3,000 and 5,000 psig, do not lie on the same straight line, the yield 
strength probably has been exceeded and additional points are needed. 
These additional points should be between 3,000 psig and 5,000 psig, 
because the change in slope usually does not occur at hydrostatic stresses 
less than about 4,000 psig. 
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Figure 9.45. influence of compressibility on permeability-stress relationship [47 .  

Jones investigated the sensitivity of the curves of k versus o to the 
correlation parameters CT* and aJ and concluded that: 

the fits are appreciably affected by the parameter aJ only at stresses 
higher than 6,000 psig, as shown in Figure 9.45; 
the theoretical fits for k, V,, @, or c, are relatively insensitive to CT* 

and to aJ in the recommended range of stress, i.e., 1,500 to 5,000 psig; 
extrapolations beyond this stress range may be made with good 
reliability, provided they are not too large; and 
five to eight stress-test points for a sample are recommended for 
a new reservoir. 

Harari, Wang, and Saner investigated the pore compressibility 
characteristics of carbonate reservoir rock samples under elevated net 
confining pressure conditions [38], The rock samples were obtained 
from a limestone carbonate sequence found at a depth of 6,500 ft. The 
tested samples were separated into four groups on the basis of their 
lithological descriptions: grainstones, packstones, wackestones, and 
mudstones. Berea sandstone samples also were tested for comparison 
purposes. The stress tests consisted of saturating the rock samples with 
water and then subjecting them to differential pressures, ranging from 
0 to 4,500 psi, by reducing the pore pressure, pp, while maintaining 
a constant hydrastatic confining pressure, pc. The resulting reduction in 
pore-volume was measured, and the corresponding pore compressibility 
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TABLE 9.5 
CORRELATION CONSTANTS FOR EQUATIONS 9.1 19 AND 9.120 

Correlation Constants 
Equation 9.1 19 Equation 9.120 

Rock Type a1 bl 
Grainstone 0.00107 -0.632 
Packstone 0.00083 7 -0.608 
Wackestone 0.000953 -0.644 
Mudstone 0.0001 14 -0.505 
Berea 0.0236 -0.998 

a2 b2 
1.06 -0.01055 
1.05 -0.00946 
1.06 -0.00999 
1.02 -0.00329 
1.09 -0.0152 

was calculated from Equation 9.26. Harari et al. found that a log-log plot 
of the pore compressibility determined under variable pore pressure, 
cp vs. (pc -pp), is a linear relation of the general form [38]: 

cp = a1 (Pc - PPIb' (9.1 19a) 

where: cp = pore compressibility under variable pp, psi-'. 
pp = pore pressure, psi. 

al, bl = correlation constants (Table 9.5). 

For the same rock samples, Harari et al. also found that porosity vs. 
(pc - pp) is a linear relation of the general form: 

9 
90 - =a2(pc -ppIb2 (9.119b) 

where: $o = original porosity, %. 
9 = porosity under variable pp, %. 

a2, b2 = correlation constants. 

Butalov proposed the following correlation between pore volume (Vp) 
of a consolidated sandstone, and the external pressure (P,) and the pore 
pressure (Pp): 

VP 
VPO 
- =aP3 +bP2 + cP+d 

Where pressure is expressed in lop2 kgf/cm2, and 

ForP=Pp 

a=-39.46x b=0.32826 c=-3.083 d =  100.045 

(9.120) 
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ForP=P, 

a=-27.77x lop2 b=3.15362 c=--10.810 d=100.859 

As with all correlations, Equations 9.119a, 9.119b, and 9.120 should 
be used only to obtain an order of magnitude of cp, Cp and Vp/Vpo for 
carbonate rocks under variable pore pressure conditions. 

EFFECT OF STRESS ON FRACTURING 
The stress conditions at the bottom of the wellbore greatly influence 

the strength and ductility of the rock being drilled or fractured [50-581. 
A knowledge of the stress redistribution that occurs on drilling a wellbore 
is important in understanding (1) the causes of the reduction in the rate 
of penetration, (2) fluid loss problems, and (3) borehole and perforation 
instability problems in friable clastic formations. 

Howard and Fast defined hydraulic fracturing as the process of creating 
a fracture or fracture system in a porous medium by injecting a fluid 
under pressure through a wellbore to overcome native stresses and to 
cause material failure of the porous medium [59]. The basic purpose of 
a fracture treatment is to increase the conduction of reservoir fluid into 
the wellbore. Hydraulic fracturing may be beneficial in several cases: 
(1) low-permeability reservoirs, (2) damaged wellbore due to invasion 
of drilling mud, (3) secondary recovery, and (4) disposal of industrial 
waste. It should be remembered, however, that migration of natural 
gas to the surface can occur along these fractures. Several researchers 
have published theories of the mechanics of failure of rocks subjected 
to internal fluid pressure [30, 59, GO]. In this section only the practical 
effects of some elastic constants on fracturing are discussed. 

EFFECT OF POISSON’S RATIO ON FRACTURE GRADIENT 

Hydraulic fracturing has been extensively used for more than 40 years 
to stimulate the production of oil and natural gas from many different 
reservoir rocks. The subject of many debates during these years has 
been the fracture gradient required to induce fracturing of subsurface 
formations. Failure to accurately predict the formation fracture pressure 
gradient has resulted in the unintentional fracturing or opening of natural 
fissures and, consequently, very expensive and disastrous lost circulation 
problems. Lost circulation, which is the loss of large quantities of drilling 
fluid from a formation during drilling or well completion, may occur at 
any depth and anywhere the total pressure against the formation exceeds 
the total pressure in the formation. This pressure differential causes the 
sandface to fracture and/or enhances natural fractures, which may then 
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open and drain circulation fluid. Once a fracture has been created, the 
fluid lost to the fracture will wash out and widen the fracture. In many 
cases, even when the total pressure against the formation is reduced, the 
fracture may not close completely and the fluid loss will continue. This is 
why the fracture gradient is an essential parameter required in the design 
of wells and why it has received a great deal of attention in the literature, 

Hubbert and Willis showed that the Poisson’s ratio of rocks, reservoir 
pore pressure gradient, and overburden stress gradient are the main 
factors controlling fracture pressure gradient, according to the following 
expression [61] : 

(9.1 2 1) 

where GOB is the overburden pressure, D is the depth, pp is the reservoir 
pore pressure and, 2) is Poisson’s ratio. Assuming that the stress gradient 
g, = GOBD = 1.0 psi/& and 2) = 0.25, Equation 9.121 becomes: 

(9.122) 

This equation is still widely used even though it is known to predict 
values that are usually too low compared with the values from field data, 
especially in the U.S. Gulf Coast at shallow depths. Equation 9.121 should 
give accurate values of FG if in-situ values of GOB and v are available. 
The reservoir fluid (or pore) pressure (pp) can be determined with great 
accuracy from pressure transient tests. 

Matthews and Kelly modified the Hubbert and Willis equation by 
introducing the empirical concept of matrix stress coefficient, Rms [62]: 

where: 

Rms=V/(l -v) (9.123b) 

The effective stress, Oe, is obtained from: 

0, =gsD - pp =GOB - pp (9.124) 

assuming the overburden stress gradient is 1 .O psi/ft and Rms is obtained 
from Figure 9.46, where Di is the depth for which the matrix stress 0, 
would be the normal value: 

Q--- oe - 1.869(D - pp) 
0.535 (9.125) 
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Figure 9.46. Matrix stress coeflcient as a function of depth [63J 

The matrix stress coefficient values used in Figure 9.46 are correlated 
with the equivalent normal pressure depth and, thus, depend on both 
depth and pore pressure. 

Eaton investigated the effect of Poisson’s ratio on the fracture gradient 
and concluded that [63]: 

(a) Poisson’s ratio for rocks increases with depth, particularly in the Gulf 
Coast region (Figure 9.47); and 

(b) in the Gulf Coast region, the average overburden stress gradient is 
about 0.85 psi/ft near the surface and increases to 1 .O psi/ft at depths 
of about 20,000 ft (Figure 9.48). 

A composite group of density logs from many Gulf Coast well logs were 
used to plot bulk density, ob, versus depth, as shown in Figure 9.49, and 
to generate overburden stress gradient data used to plot Figure 9.48. The 
curvature of the trend of depth versus Poisson’s ratio in Figure 9.47 is 
caused by the sediments being younger and more compressible near the 
surface, but being less compressible and more plastic with depth. Eaton 
developed a monograph (Figure 9.50) for solving Equation 9.71 to predict 
the fracture pressure gradients and suggested the following procedure 
for estimating the fracture gradients for other tectonically relaxed areas 
of the earth: 

(1) Obtain overburden stress gradient versus depth from bulk densities 
taken from well logs, seismic data, or shale density measurements. 
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Figure 9.47. Poisson's ratio as a function of depth 

(2) Convert this Pb vs. D data into a plot of average overburden stress 
gradient versus depth similar to Figure 9.48. The values for Pb should 
be read at the midpoint of each 1,000-ft interval and averaged step 
by step downward to at least 20,000 ft of depth. 

(3) Obtain actual fracture pressure gradient, FGa, for several depths from 
actual fracturing data, or lost-circulation or squeeze data. 

(4) Determine formation pressures that correspond to the same depths 
as in Step 3. 

( 5 )  With these data and the following equation (Equation 9.126) 
Poisson's ratio curve can be back-calculated and plotted versus depth 
(similar to Figure 9.47): 

(9.126) 

(6) Combining these plots and Figure 9.50, accurate fracture gradient 
values can be predicted. 

(7) Predicted values can be plotted as a function of depth as shown 
in Figure 9.51, and the resulting curves can be used in everyday 
operations: cementing, sand consolidation, matrix and fracture 
acidizing, hydraulic fracturing, and secondary recovery. 
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Figure 9.50. Fracture gradient monograph [63/. 

FG FOR OFFSHORE WELLS 

Constant and Bourgoyne extended the correlations of Eaton and 
Matthews and Kelly to offshore wells by including the effect of 
oceanwater depth on the overburden stress [64] .  They developed the 
following equation for calculating the fracture pressure gradient: 

(9.127') 



EFFECT OF STRESS ON FRACTURING 627 

I 9 

0 

Equivalent Mud Weight Ibrlgel 
1p 1! 112 19 114 151 16 171 18 19 

2 

4 

16 

18 
0.3 0.5 0.7 0.9 

Fracture Gradient, psi/ft 

Figure 9.51. Fracturegradient as a function of depth for variable Poisson’s ratio [@I. 

where Ds is the sediment depth, D, is the water depth, DA is the air gap 
from the rig to sea level, and a, is the conversion constant. The fracture 
pressure, pf, is the sum of the average horizontal matrix stress, c h ,  and 
the pore pressure pp, where Oh = R,,G, = (v/( 1 - v))oe. 

The vertical overburden stress, GOB, due to geostatic load at any depth, 
may be presented as follows: 

where g is the acceleration gravity, and the rock bulk density is equal to: 

solving for the porosity $I, Equation 9.129 yields: 

(9.130) $I=- Pg-Pb 

This equation is used to calculate porosity from density logs for a given 
pfl and ps. The trend of average porosity versus depth of sediment is 

Pg - Pfl 
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assumed to be linear on a semilog plot, thus: 

0 = @&-bPDS (9.131) 

where b, = porosity decline constant. 
Inasmuch as, when moving further offshore, the sandstone layers 

gradually become much thinner, it is much more difficult to establish 
an accurate trend of porosity or to calculate with accuracy the values of 
@o and b,, which are the intercept and slope, respectively, of the porosity 
decline curve on semilog graph. 

Substituting Equation 9.129 into Equation 9.128 yields: 

(9.132) 

When an offshore well is considered, it is necessary to integrate 
Equation 9.132 from the surface to the water line, Dw, and from the 
water line to the depth of interest, Ds. Hence: 

(9.133) 

Substituting Equation 9.131 for @ into the above expression and 
integrating yields: 

(9.134) 

where D, is the seawater depth, psw is the seawater density, pg is 
the grain density, pf is the fluid density, and b, is the porosity decline 
constant. If oilfield units are used in Equation 9.134 then a, = 0.052, 
whereas for SI units a, =9.81 x lop3. 

The matrix stress ratio can be presented by an equation of the following 
general form: 

(9.135) 

The sediment depth, D,, is used rather than the total depth so that the 
matrix stress starts at the mud line. The curve fit constants, a and b, 
are dependent on local stress conditions. For instance, when Eatons’ 
data for Poisson’s ratio in the Gulf Coast was converted to Rms and 
curve-fitted using Equation 9.135, as shown in Figure 9.52, Constant and 
Bourgoyne found that a = 0.629 and b = -1.28 x lo-* [64]. Thus for 
stress conditions similar to those in the Gulf Coast, the matrix stress 
ratio as a function of depth of sediments can be estimated from the 
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following equation: 

(9.136) 

This correlation can be used in other regions until enough data are 
obtained to perform a curve fit and determine local values of a and b. 
Equation 9.136 tends to yield conservative fracture pressure gradient 
predictions for offshore wells. 

EXAMPLE 

Data from a Louisiana Gulf Coast well in the Green Canyon area 
are summarized in Table 9.6. Calculate the predicted fracture pressure 
gradients at various depths and compare with the value obtained from 
leak-off test: 15.3 lb/gal = 0.795 psi/ft. 

SOLUTION 

The calculation procedure is presented for one depth only (DS = 
6,692 ft). 
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TABLE 9.6 
GREEN CANYON WELL #l DATA [64] 

Water Depth = 1,223 ft. 
Air Gap = 85 fi. 

Pore Press. Frac. Press. Gradient 
D,, BML (ft) Gradient (lblgal) (lb/gal) (Leak-off test) 

4,100 
6,692 
8,692 

9.8 
11.6 
13.2 

13.9 
15.3 
16.0 

~~~ 

For Gulf Coast Area: 

pg = 21.6 Ib/gal (Z.Gg/cm3) 
pa = 8.95 Ib/gal(l.074 g/cm3> 

psw = 8.5 

bp = 0.000085 ft-’ 
$0 = 0.41 

1. The overburden stress at D, = 6,692 ft is obtained from Equation 
9.134, where a, = 0.052 for the units given in Table 9.6: 

60~=0.052(8.5 x 1,223+21.66 ~6 ,692)  

=6,694psi 

2. The effective overburden stress is <SOB - pp, where the pore pressure 
pp is obtained from: 

and g,, is the pore pressure gradient; thus: 

pp=0.052 x 11.6(6,692+ 1,233+85)=4,820 psi 

6, = 6,694 - 4,826 = 1,868psi 

3. From Equation 9.136, the matrix stress ratio is equal to: 

and Poisson’s ratio is estimated from: 
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thus: 

= 0.42 
0.733 

1 +0.733 
2)= 

4. The average horizontal rock stress is equal to: 

oh=0.733 x 1,868= 1,369psi 

5 .  The fracture pressure is equal to: 

6. The fracture pressure gradient at the total depth of 6,692 + 1,233 + 
85 = 8,040 ft is: 

= 14.91b/gal= 0.775psi/ft 6,195 
0.052 x 8,000 

FG = 

which is lower than the observed fracture pressure gradient 
value obtained from a leak-off test (15.3 lb/gal= 0.795 psi/ft). The 
difference may be due to at least three factors: 

(a) difficulty was encountered in obtaining porosity and density data 
from well logs at shallow depths; therefore, typical Gulf Coast 
values of @ and p were used; 

(b) presence of salt domes - when drilling on flanks of salt domes, 
lateral matrix stresses tend to be higher than expected and, in 
some cases, may be even greater than the vertical overburden 
stress; and 

(c) presence of plastic shale domes, i.e., alternating sandstone and 
shale layers. Plastic shale domes normally extend to depths in 
excess of 10,000 ft near the shoreline and gradually become much 
thinner further offshore. The predominantly plastic shale layers 
(15% or less sandstone) are reached at much shallower depths. It 
has long been recognized that fracture gradients in sandstones are 
lower than in the plastic shales. The more plastically a formation 
behaves, the less tendency there will be for differences between 
the horizontal and vertical overburden stresses [64].  

The difference between the calculated and observed fracture gradients 
also may be due to the assumption that is implicit in the derivation 
of Equation 9.134. Pilkington correlates the matrix stress ratio Rms as 
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follows [651: 
For GOB/D I 0.94: 

and, for OOBD > 0.94: 

Rms =3.2 (F) - 2.224 

(9.138) 

(9.139) 

where GOB is the effective overburden stress, in psi, and D is the 
depth in ft. These statistical correlations are valid for both normally and 
abnormally pressured sandstones. Using these expressions, the equation 
for FG becomes: 

(9.140) 

This equation is valid for both normally and abnormally pressured 
formations in tectonically relaxed areas containing plastic shales with 
interbedded sands. It is not valid, however, for brittle or naturally 
fractured formations, including limestones and dolomites [65]. 

EFFECT OF POISSON’S RATIO ON FRACTURE DIMENSIONS 

A vertical fracture formed by hydraulic fracturing extends (in length, 
height, and width) according to the so-called penny-shape crack theory, 
which assumes that the fracture height is constant along the length 
of the fracture [&I. In many cases, however, the fracture height 
is variable because shales are barriers possessing higher horizontal 
stress than sandstones. In naturally fractured reservoirs and shaly 
formations, it is very difficult to predict fracture height. Currently used 
field techniques to measure fracture height can be classified into two 
groups: (a) techniques that directly measure the fracture height, such as 
formation microscaner, borehole televiewer, and spinner survey; and 
(b) techniques that are based on interpretation of well logs such as 
the temperature and gamma-ray logs. By comparing temperature logs 
run before and after fracturing, as shown in Figure 9.53 ,  the zone 
cooled by injecting fracturing fluid can be identified and its height 
measured. Similarly, gamma-ray logs run before and after a stimulation 
treatment can be compared to locate intervals contaminated by the 
injected radioactive-tagged propping agent [30]. 

Labudovic determines hydraulic fracture height by calculating 
Poisson’s ratio values from velocities of longitudinal, v,, and transversal 
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vs, waves given by Pirson and Rzhevsky and Novik [67-691. These values 
are then tabulated versus depth. The area of lower values of Poisson’s 
ratio is the area of fracture height extension, and higher values of n 
represent shale barriers. This height is then compared, and corrected if 
necessary, with a log diagram for resistivity R and spontaneous potential 
SP from the same interval. According to Pirson: 

(9.141) 

(9.142) 

where E is Young’s modulus of elasticity and Pb is the bulk density of 
the rock. 

Figure 9.54 shows the profile of Poisson’s ratio of a fractured oil well 
located in a sandstone reservoir with thick deposits of shale on the bottom 
and shaly sandstone on the top. Values of Poisson’s ratio are obtained 
from Equation 9.142. The fracture was created with a hydrocarbon-based 
gel and propped with 0.8-1.2 mm sand, with continuous injection of 
radioactive tracer. Several days after hydraulic Eracturing and casing 
decontamination, radioactive tracer logging was performed to establish 
the height of the fracture. It is evident from Figure 9.54 that the bottom 
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Figure 9.54. Poisson’s ratio us. fracture height determined by using radioactive tracer 
Isotope 1-131 [67]. 

tip of the fracture is located at a depth of 795 m, where Poisson’s ratio 
increased from about 0.29 to 0.32. This increase in v corresponds to 
a definite change in SP, resistivity, and tracer profiles. The figure also 
shows that it is relatively difficult to locate the exact location of the 
top tip of the fracture, based on Poisson’s ratio alone. This difficulty 
is due to the similarity between horizontal stresses in the top shaly 
sandstone deposit and stresses in the producing sandstone. The tracer 
and resistivity profiles, however, seem to indicate that the top tip, in this 
case, is at a depth of 784 m. Thus, the fracture height is 11 m. Labudovic 
found that the predicted fracture height using Eaton’s method deviated 
considerably from the measured one, whereas the correlation of v values 
with SP and resistivity log values yielded only a slight deviation between 
the measured and predicted fracture heights [67]. 

Figure 9.55 shows how fracture height is determined from well logs, 
using differential temperature logs and Poisson’s ratio values. The pay 
zone, in this figure, is a sandstone layer with shaly sandstone at the top 
and bottom. The predicted fracture height deviated slightly from the 
measured one. The well was fractured with a water-based gel, and the 
breccia-dolomite deposits were selectively acidized. Radioactive tracer 
1-131 was continuously added to the diverting agent (benzoic acid). In 
this case, the measured fracture height of the producing interval and the 
zone in which acid entered the formation coincided with the predicted 
interval. The reason for this accuracy is the relatively sharp difference 
between Poisson’s ratio values of the top and bottom deposits, and that 
of the producing section. 
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Figure 9.55. Poisson:$ ratio us. fracture height determined by using di@rentiul 
temperature log [67]. 

The stress intensity factor, Is, for an infinitely long and linear crack of 
height, Hf, internally pressurized by a propping fluid and propagating 
through a homogeneous rock is equal to [70] : 

rS=1.25(pfl-qJfi= 1 . 2 5 A p a  (9.143) 

where pfl is the fluid pressure inside the fracture, oh is the formation 
stress normal to the plane of fracture, and Ap = pfl -oh .  For a finite 
coin-shaped fracture of radius 0.5Hf, Equation 9.143 becomes: 

Is = 0.SOAp-JHf (9.144) 

It is believed that if I, reaches a critical value, Isc, the fracture will 
propagate. The critical stress intensity factor is the property commonly 
known as the fracture toughness. Measured values of I,, in p~i-in.'.~ are: 
950 to 1,650 for silt stones, 400 to 1,600 for sandstones, 400 to 950 for 
limestones, and 300 to 1,200 for shales. Knowing Is=, one can estimate 
the width of the fracture, wf, from the following equation: 

where G is the shear modulus of the fractured formation. 
Figure 9.56 shows a hydraulic fracture in a three-layer system, where 

G1 is the shear modulus of the fractured producing zone of height h, 
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Figure 9.56. Vertical fracture in a three-layer system [70J. 

G2 is the shear modulus of the top and bottom deposits, and the 
maximum width of the fracture is: 

(9.146) 

Equation 9.146 assumes implicitly that Poisson's ratio is the same in 
the three layers. If both G and v vary between the layers, Equation 9.146 
becomes: 

wf =Ap [ (9) h+  (7) (Hf -h)] (9.147) 

where Ap = pw -oh ,  and pw is the fluid pressure in the wellbore. 
The half-length of the fracture can be estimated from: 

h [ 
2 

L = -  1+--log- (9.148) 

Whether or not the adjacent deposits at the top and bottom of the 
producing formation will act as a fracture barrier may depend on several 
factors: (1) differences of in-situ stress, (2) elastic properties, (3) fracture 
toughness, (4) ductility, (5) permeability, and (6) type of bonding at 
the interface. Van Eekelen analyzed these factors with respect to their 
relative influence on fracture containment and concluded that [71] : 

(a) the commonly used concept of stress intensity factor for 
predicting propagation or containment of fractures has only limited 
applicability; 

(b) in most cases, the fracture will penetrate into the layers adjoining 
the pay zone that is being fractured; and 
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(c) contrasts in stiffness and in-situ stress between the pay zone and 
adjoining layers tend to limit the penetration depth of the fracture 
into these layers. 

Thus, Poisson’s ratio and shear modulus have a considerable effect on 
fracture dimensions; however, differences of these properties between 
the reservoir rock and the bounding layers is not sufficient to contain 
the fracture. Warpinsky et al. analyzed the results of many hydraulic 
fracturing experiments and showed that [72]: (a) the minimum in-situ 
stress is the predominant influence on the propagation of fractures, 
(b) the orientation of the minimum in-situ stress dictates the orientation 
of fractures, and (c) steep gradients and discontinuities in the magnitude 
of this stress can act as barriers to fracture propagations. 

IN-SITU STRESS DISTRIBUTION 
The relationship between the strength and elastic properties as 

measured at laboratory conditions and those which exist at wellbore 
depths is still not well understood. However, several theories describing 
the induced stress distribution around a drilled hole are available. One 
of the early theories was proposed by Westergaard, who used the 
concept of effective stresses to show that, at great depths, a plastic 
state which relieves the stresses exists around the hole [73].  Later, 
Paslay and Cheatham investigated the rock stresses induced by producing 
reservoir fluid, assuming the rock behaved elastically [74].  Bradley 
developed a useful semiempirical approach for predicting the limit of 
elastic behavior in inclined boreholes [75]. 

Risnes et al. applied the theories of elasticity and plasticity to inves 
tigate the stresses in a poorly consolidated sand around a wellbore 
[76].  They showed that there is a plastically strained zone just around 
the wellbore of the order of magnitude of 1 m, and higher degree of 
consolidation yields smaller plastic zones. Breckels and van Eekelen 
used a large amount of field data to generate empirical equations to 
describe the trend of horizontal stress with depth for normally pressured 
formations in the U.S. Gulf Coast region, Venezuela, Brunei, the North 
Sea, and the Netherlands [77]. Coupled with regional correlations bet- 
ween the horizontal stress and pore pressure, these correlations enable 
horizontal stress levels to be estimated rather accurately for a given depth, 
provided the pore pressure is known. 

The total vertical stress or overburden stress OOB, which is normally 
equivalent to the maximum principal in-situ stress, can be determined 
from well logs. The in-situ minimum principal (horizontal) stress, (THmin, 
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can be approximated, sometimes very accurately, by the instantaneous 
shut-in pressure recorded during or after a fracturing job. In regions 
without tectonic activities, the maximum total horizontal stress, d H m x ,  is 
approximately equal to the minimum total horizontal stress, OH&. In the 
more general case ( O H m a  > OHmin), however, these approximations are 
invalid, and the correlations derived by Breckels and van Eekelen appear 
to be very useful [77]. Using a large number of basic data obtained from 
tests such as leak-off tests and casing-seat tests carried out to determine 
fracturing pressures or instantaneous shut-in pressures, Breckels and van 
Eekelen derived a relationship between the minimum horizontal stress, 
OH-, and depth, D, for various parts of the world. 

Figure 9.57 shows a plot of OHmin versus depth D for more than 300 
data points for normally pressured formations in the U.S. Gulf Coast. 
These data are obtained from hydraulic fracturing tests and leak-off 
tests. The latter tests, however, can only give a range of pressures at 
which the formation starts taking fluid, i.e., the fracturing pressure pf, 

Minlrnum Horizontal Stress (bar) 

0 200 400 600  800 1000 1200 

0 Hydraulic Fracturlng Data 

o Formation-Integrity Test Data 

(m) ( f t )  
Depth 

Figure 9.57. Minimum horizontal stress as a function of depth for GUrf Coast 
formations f77J 
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which may range from dHmin to 26H- -pp, where pp is the pore 
pressure. Consequently, the lower end of the range of values has been 
used to obtain an approximate trend for (THmin (psi) as a function of depth 
(ft), as shown in Figure 9.57. The solid curve in this figure forms a lower 
limit to 93% of the data points. The following two correlations are valid 
for normally pressured sands: 

For D 5 11,500 ft: 

0.149) 

For D > 11,500 ft: 

The lower curve represents a good correlation between the horizontal 
stress and depth for the normally pressured formations, because: 

(a) formation integrity test data, Hmin, which are generally influenced 
by the hoop stress around the borehole, lead to an overestimation of 
OHmin; and 

(b) only data points from normally pressured and overpressured 
formations, which normally have higher total horizontal stress than 
the underpressured formations, are included in Figure 9.57 [74]. 

The minimum horizontal stress in abnormally pressured formations in 
the Gulf Coast region can be estimated from the following correlations: 

For D 5 11,500 ft: 

(9.15 1) 

where Ppn, is the normal pore pressure corresponding to a gradient 
value of 0.465 psi/ft, i.e., ppn = 0.465D. 
For D > 11,500 ft: 

(9.152) 

Although Equation 9.15 1 is not supported by hydraulic fracturing, it can 
be used as a first estimate of the minimum in-situ horizontal stress during 
the design of a fracturing job. 

Using hydraulic fracturing data from Venezuela, particularly from Lake 
Maracaibo Block 1, and the original pore pressure gradient of the Eocene 
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Figure 9.58. Minimum horizontal stress as a function of depth in Venezuela u7]. 

formation of Block 1, which is 0.433 psi/ft, a relationship was derived 
between the 0-n and depth for abnormally pressured formations: 

This correlation gives good results for 5,900 < D < 9,200 ft. Currently, 
there is not enough data to support extrapolating this relationship beyond 
Lake Maracaibo. Normally pressured formations in this area (Figure 9.58, 
Curve 1 )  are at a slightly higher stress level than the U.S. Gulf Coast 
sediments (Curve 2). An approach similar to that used in the U.S. Gulf 
Coast and Venezuela was adopted to derive the following correlation for 
abnormally pressured formations in Brunei for D -= 10,000 ft using the 
leak-off test data and hydraulic fracturing data: 

(9.154) 

The normal pore pressure gradient is 0.433psi / f t ,  i.e., ppn = 0.433D. 
Normally pressured formations in the offshore Brunei appear to be 
subject to higher compressive stresses (Figure 9.59, Curve 1 )  than in 
the U.S. Gulf Coast (Curve 2). Comparing the leak-off with instantaneous 
shut-in pressure data obtained in Brunei, during the same test, it was 
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found that the leak-off pressures exceed the instantaneous shut-in 
pressure values by 11%. Extending this percentage to the U.S. Gulf Coast 
data, the following best-fit correlation is obtained for DS 5 11,500 ft: 

Leak-off pre~sure=O.219D~.*~ (9.1 5 5 )  

Similarly, the best-fit curve for leak-off test data from the North Sea yields: 

Leak-off pressure = 0.353D1.091 (9.156) 

Breckels and van Eekelen analyzed leak-off test data from the North Sea 
(Figure 9.60, Curve 1) and concluded that the U.S. Gulf Coast correlations 
for normally pressured formations (Curve 2), i.e., Equations 9.149 and 
9.150, can be used with a fair degree of confidence to predict OHmin as 
a function of depth. The same conclusion can be extended to normally 
pressured formations in Venezuela, Brunei, and other areas of the world. 

EXAMPLE 

Estimate the minimum horizontal stress of a 8,000-ft deep well in the 
U.S. Gulf Coast region. The.pore pressure of the sandstone reservoir is 
4,200 psi. 
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SOLUTION 

The normal pore pressure gradient for the U.S. Gulf Coast is 
0.465 psi/ft. Thus, the normal pore pressure for this well is equal to: 

ppn ~ 0 . 4 6 5  x 8,000= 3,720 psi 

Inasmuch as ppn < 4,200 psi, th is  well is obviously abnormally pressured 
(overpressured). Using Equation 9.151, one can determine C&in: 

C T H ~ ~ ~  =0.197(8,000)'.145 +0.465 (4,200- 3,720) 
= 5,801 +221=6,022 psi 

Thus, the overpressure (4,200 - 3,720 = 480 psi) causes the total 
horizontal stress to be higher (0.465 x 480 = 221psi) than if the 
formation had normal pore pressure. 

Lindner and Halpen, and Haimson have compiled from different 
sources, mostly from hydraulic fracturing tests, the in-situ stress mea- 
surements from hundreds of locations in the North America and have 
plotted them on a map of the United States [78,79]. Haimson showed that 
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throughout the United States all three principal stresses are compressive, 
with the major (or maximum) horizontal principal compression direction 
generally toward the north-east between N45"E to N75"E; and a hydraulic 
fracture would generally be parallel to the maximum horizontal stress 
direction. 

EFFECT OF STRESS CHANGE ON ROCK FAILURE 
In reservoir rock there are two primary stresses, the effective 

stress (grain to grain stress) and pore pressure. Overburden load is 
transmitted to the underlying layers through these two stresses. Under 
normal production conditions, reduction in pore pressure due to fluid 
withdrawal, grain to grain effective stress increases and is directly 
proportional to the decrease in pore pressure. Shear failure of the rock 
occurs when effective stress reaches the threshold value. The weak point 
is the first to fail and usually is the perforation cavity. This is also because 
the wellbore is the point of lowest pore pressure and maximum effective 
stress. In a homogenous reservoir rock, the effective stress radially 
decreases with eye at the wellbore, as shown in Figure 9.61. However, 
in a reservoir rock with varying strength, stress profile changes radically 
as we move away from the wellbore and depends on the shear strength 
of the rock, magnitude of drawdown pressure, reservoir permeability 
and porosity, and fluid properties such as viscosity. The failing rock 
particles are then carried to the wellbore by the fluid, thereby plugging 
the wellbore tubular and equipment downhole. Crushed sand is very 
abrasive and erodes the metals with which it comes in contact. 

Production history, fluid pressure, and uniaxial compressive strength 
are basic data in sand production evaluations. The two possible 
mechanisms of rock failure and sand production are tensile rupture and 

, Pore Pressure t 
Min. Pore Pre 

Distance from the Well 

W 
Max. Pore Pressure 

Effective Stress 

Figure 9.61. Effective stress radially decreasing from the wellbore in a homogeneoirs 
reservoir rock. 
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compressive rupture. Tensile rupture can occur under two conditions: 
(1) the fluid pressure gradient at the wellbore (sandface) is greater than 
the radial stress; and (2) the tangential effective stress does not exceed 
the level of compressive failure of the rock (00 < OUCS). As fluid gradient 
and tangential compressive stress are linked through the equilibrium 
equation of the sand, conditions (1) and (2) impose an upper limit on the 
drawdown (APmax = Pp - P d )  to avoid rock failure and sand production. 
APm is proportional to oucs and various values of the ratio AP-/oucs 
can be found, depending on the drainage geometry and production 
history (influence of shut-in). 

CHANGE IN STRESS FIELD DUE TO DEPLETION AND REPRESSURIZATION 

Due to drilling operations, natural depletion, and injection of fluids, 
the stress distribution around the well changes. This change also 
affects the critical or threshold shear stress of the rock, the stress at 
which rock fails and solids are dislodged. The principle stress is the 
overburden stress. As shown in Figure 9.62, the rock fails at the minimum 
horizontal stress. The knowledge of minimum horizontal and maximum 
horizontal stress is essential in order to determine borehole stability and 
the correct value of pressure drawdown. 

The overburden stress does not change and is considered constant; 
however, for Biot coefficient equal to unity, the change in the effective 
stress is equal to the change in the pore pressure, in the opposite 
direction, caused by the depletion or injection. As shown in Figure 9.61, 
effective stress increases if the pore pressure decreases and vice 
versa. These changes in minimum and maximum horizontal stress are 
expressed as follows: 

where K1 and K2 are the stress paths, defined as: 

(9.159) 

(9.160) 

Equations 9.157 and 9.158 indicate that, for the value of K less 
than one, the total horizontal stresses decrease as the pore pressure is 
reduced. 
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Figure 9.62. Schematic borehole breakout illustrates the relationsh@ between farjield 
principal stresses, effective tangential stresses, shear failure of the wellbore wall, and 
solid in vertical wellbore and horizontal wellbore respectively [SO]. 

STRESS RELATIONSHIP AT THE WELLBORE 

The simple correlation, which relates the maximum tangential stress 
to the principal stresses at the wellbore, is given as: 

The maximum tangential stress occurs in the direction of the least 
principal stress. The axial stress is estimated as: 

where v is the static Poisson’s ratio of the formation rock. Equa- 
tions 9.161 and 9.162 are valid only if the pore pressure is constant 
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throughout the formation. To incorporate the changing pore pressure 
profile and the pore elastic term, Haimson and Fairhurst [84] developed 
the following correlation: 

(1 -2v) 

(1 -VI 
Ao = a [ ~ (P* - Pp)] (9.163) 

where a is the Biot coefficient, and Pwb is the pore fluid pressure just 
behind the wellbore. 

ESTIMATING CRITICAL BOREHOLE PRESSURE IN VERTICAL W E L L S  

Overbalanced Conditions 

For an impermeable mud cake, the pore elastic effect does not exist. 
The maximum effective tangential stress is given by [80] : 

where Pbh is the wellbore pressure. 
The radial effective stress at the wellbore wall is given by: 

o€Jradial,eff = Pbh - pp (9.165) 

The combination of Equations 9.164 and 9.165 and the Mohr-Coulomb 
shear failure criterion, Equation 9.31, results in the critical bottomhole 
flowing pressure as shown by Rhett and Risnes [80]: 

where qf is the internal friction angle and is a material property of 
the rock. It is obtained from the slope of the failure line on the 
Mohr-Coulomb figure. The most common overbalanced conditions are 
encountered during drilling operations and injection projects such as 
waterflooding. If the calculated critical bottomhole flowing pressure is 
less than the pore pressure, then the assumption of overbalance is not 
valid. 

The critical wellbore flowing pressure is a function of pore pressure, 
which continuously changes with depletion. The change in critical 
pressure with change in pore pressure is simply the derivative of 
Equation 9.166, as shown by Rhett and Risnes [80]: 

APwco = 0.5 [(2 - 3K2 + KI) + sinq (3K2 - KI)] APp (9.167) 
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Balanced and Underbalanced Conditions 

The most common practice of underbalanced conditions is where 
wellbore flowing pressure is always lower than the reservoir pressure. 
Recently drilling and perforation techniques have been frequently 
applied to maintain wellbore pressure in order to reduce damage to the 
formation. Such conditions, however, affect the effective stress at the 
wellbore. A useful correlation for underbalanced conditions is [80] : 

where oucs is the unconfined compressive strength of the rock, psi. 
Equation 9.168 requires accurate knowledge of the downhole stresses. 
If the estimated value of critical borehole pressure (Equation 9.168) does 
not agree with the filed observations of the pressure at which first sand 
production was observed, the values of the stress can be adjusted to 
match the stress history of the formation. 

The change in the critical pressure with a certain change in pore 
pressure during underbalanced conditions is given by: 

Thus, at any given stage of depletion, the net effective critical wellbore 
flowing pressure can be estimated as follows: 

where ( F C u ) i  is the critical wellbore pressure estimated at initial 
reservoir conditions and (APdC& is the additional stress caused by the 
depletion at time t. 

CRITICAL BOREHOLE PRESSURE IN HORIZONTAL WELLS 

Equations of vertical wellbore stresses can easily be applied to 
horizontal well if the well orientation with respect to stress is known. 
Horizontal wells are drilled either parallel to maximum horizontal stress 
d H m m  or minimum horizontal stress 0 ~ ~ i ~ .  For a horizontal Well K2 = 1 
and 0- = CYOB. All equations are transformed as shown below. 

Overbalanced Conditions 

(a) Wefl drilled pomllel to maximum horizontal stress: 

(9.171) 
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Additional stress due to change in pore pressure is: 

APdc, =0.5 [(Kikn - 1) + SinCpf (3 - Kl,hn)]  APp (9.172) 

where 

(9.173) 

(b) Well drilled parallel to  minimum horizontal stress: 

P w ~ ~ O = O . ~ I ~ ~ O B  -OHmax - ~ u c s l ( I  -sincpf)+Ppsincpf (9.174) 

where 

Underbalanced Conditions 

(a) Well drilled parallel to maximum horizontal stress: 

Additional stress due to depletion is: 

where 

(b) Well drilled parallel to  minimum horizontal stress: 

Additional stress due to depletion is: 

(9.175) 

(9.176) 

(9.177) 

(9.178) 

(9.179) 

(9.180) 

(9.1811 
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where 

(9.182) 

Knowledge of K1 and K2 is essential in order to estimate critical pressure 
so as to avoid borehole stability problems. Maximum horizontal stress 
is usually determined from minifrac or leak-off tests, sonic logs, and 
borehole breakout analysis. Pressure at the wellbore is measured with 
gauges. 

The critical flow rate in field units corresponding to critical pressure 
in a horizontal well can be estimated using the El-Sayed-Al-Sughayer 
correlation [83] : 

(9.183) 

(9.184) 

(9.185) 

(9.186) 

where p is the inclination angle of the horizontal well from the vertical 
section. The effect of the inclination on wellbore pressure is high for an 
angle between 0" and 60" and negligible from 60" to 90". 

CRITICAL PORE PRESSURE 

The only factor that reduces reservoir pressure is the primary 
depletion. Thus initial effective stress, which is partially supported by 
the reservoir fluid, is progressively transferred to the rock matrix. The 
rock begins to fail if the increasing effective stress approaches the critical 
shear stress of the rock. Thus any reservoir pressure value below the shear 
failure value of the rock matrix will cause crushing of the rock solids. Fluid 
movement further enhances the cavitations of the cementing material 
and dislodged particles are carried by the fluid towards the wellbore. 

(9.187) 
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For axial stress greater than the maximum tangential stress: 

Once the weight of the overburden is unloaded from the reservoir fluids 
and is supported by the grains, rock mass remains at the maximum shear 
stress evolved during the depletion [81, 821. Thus stress paths during 
the injection are different from the paths followed during the depletion. 
During the repressurization, critical pore pressure can be estimated by 
using the minimum values of the maximum and minimum horizontal 
stresses as follows [80] : 

where  OH^^-^ and OHmin-min are the lowest values of the maximum 
horizontal stress and minimum horizontal stress respectively. Change in 
critical pore pressure with changing reservoir pressure at a given stage 
is then given by: 

where subscript t stands for any given time. 

EXAMPLE OF A NORTH SEA RESERVOIR 

A 14,150 ft deep North Sea reservoir having a porosity range of 5 1 2 %  
with well-sorted uniform medium-grained quartz sandstone was analyzed 
with the sand prediction models discussed above [80]. The rock is stiff 
and strong. The elastic properties and strength of the rock were estimated 
using triaxial compression tests on 2.54 to 5 cm long cylindrical plugs by 
applying an axial loading of 1,000 psi/hr. Young's modulus ranged from 
1.8 x 10' to 2.1 x 10' psi. Internal friction angle varied from 50" to 54". 
The ranges of cohesive strength and unconfined compressive strength 
observed were 1,143 to 1,334 psi and 6,994 to 7,635 psi respectively. 
Uniaxial strain compression tests indicated that the rock followed typical 
elastic rock behavior with K1% 0.25. The test samples of the rock were 
weakest when taken from the top of the reservoir at a true vertical depth 
of 14,150 ft with a friction angle of 53.8", with a cohesive strength of 
1,143 psi and a oucs of 6,881 psi. 
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The following table summarizes the above-mentioned properties of the 
rock sample: 

Total overburden stress 
Maximum horizontal stress 
Minimum horizontal stress 
Initial reservoir pore pressure 
Maximum horizontal stress path K2 
Minimum horizontal stress path K1 
Internal friction angle 
Cohesive Strength 
Unconfined compressive strength, UCS 

14,150 psi 
12,716 psi 
12,537 psi 
12,000 psi 
0.35 
0.25 
53.8' 
1,143 psi 
6,994 psi 

Stress Field and Reservoir Stress Paths 

No in-situ stress measurements were available for this particular 
reservoir, so the stress boundary conditions had to be developed in the 
laboratory and from the geologic studies of the tectonic environment 
(Table 9.7). The total overburden stress gradient was assumed 1 .O psi/ft. 
This resulted in a total overburden stress of 14,150 psi. The initial 
reservoir pressure is 12,000 psi, resulting in a net effective stress of 2,150 
psi (Figure 9.63). 

TABLE 9.7 
STRESS PATHS FOR VARIOUS GEOLOGIC AM0 TECTONIC REGlOMS [80] 

ControNing 
Regions v K1 KZ Factors 

V 
Tectonically inactive K1 X Kz = - 0.2 0.25 

basins lacking stress (1 -VI 

measurements 
(1 - sin%) 

Geologic setting of kl = 0.2 0.2-0.23 Friction on 
(1  +sin*) (North the fault 

[ (1 +$) + P] Area) fractures 

1 active normal 
faulting - - Sea and 

where p = coefficient 
of sliding friction 

Regions with active N 0.21 In the Friction on 
thrust of reverse order the fault 
faulting of 4.7 and 

fractures 
Areas with strike and > 0.21 < 4.7 

slip faults 



652 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

14,000 

Q 12,000 
Ln' 
e 10,000 
5 
.- > 8,ooo 

.- ln 
u) 

Q) 

0 
c 

6.000 

I I I T I 
0 2,000 4,000 6,000 8,000 10,000 12,000 14,000 

Pore Pressure, psi 

Figure 9.63. Depletion diagram indicating estimated cvlticalpore pressure and stress 
change path [SO]. 

There is no record of recent active normal faulting and thus it is 
assumed that the minimum horizontal stress is mainly controlled by 
the rock material properties. Accordingly the initial effective minimum 
horizontal stress was estimated from uniaxial stress-strain test path. It 
was determined to be approximately 25% of the effective overburden 
stress (538 psi). 

No borehole breakouts were found in wireline logs, which led to 
the assumption that the maximum horizontal stress was larger than the 
minimum horizontal stress, or about 33% of the effective overburden 
stress (710 psi). The two horizontal stress paths K1 and Kz (from uniaxial 
strain stress paths) were estimated to be 0.25 and 0.35 respectively. 

Analysis 

The critical pore pressure at initial reservoir pressure is estimated using 
Equation 9.187: 

The depletion causes an increase in the critical pore pressure and 
the axial stress replaces the maximum tangential stress as the greatest 
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principal stress. Thus critical reservoir pressure can be calculated from 
Equation 9.188, using Poisson's ratio of 0.2: 

The field observations indicated the first sand production at a pore 
pressure of 8,OOOpsi, which is very close to the estimated value. At 
8,000 psi the maximum tangential stress is used to calculate the critical 
wellbore pressure, using Equation 9.168: 

Perhaps the major applications of rock shear modeling are borehole 
failure during drilling operations and sand production during depletion. 
Sand production is a major problem in many parts of the world. The 
main reason for sand production is the deteriorating rock strength with 
depletion. Rock strength varies from place to place within the same 
reservoir, ranging from loose sand to consolidated sandstone formations. 
Such formations are frequently encountered in the Gulf of Mexico, but 
can be encountered in oil-producing basins worldwide. 

POROSITY AS STRENGTH INDICATOR TO EVALUATE SAND PRODUCTION 

Petroleum production from poorly consolidated formations can 
be considerably hindered by the phenomenon of sand production. 
Gravel-packs can be used to prevent sand production, but they 
are generally harmful to well productivity and expensive. Sarda 
et al. proposed tensile rupture and compressive rupture as possible 
mechanisms of sand failure [85]. 

Field observations indicate that the formations possessing low porosity 
show significant rock strength. Thus porosity can be used as a quali- 
tative measure of rock strength and to predict sand production. Sand 
production can be expected if the product GKb of two elastic parameters 
exceeds the threshold value 8 x lo1' psi2 [SG] , where the shear modulus 
G and the bulk modulus Kb are derived from the interpretation of acoustic 
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and density logs. The 

10 Pb G = 1 . 3 4 ~ 1 0  - 
At: 

(9.19 1 a) 

Kb = G(r2 - 4/31 (9.19 1 b) 

where r is obtained from the acoustic log and is expressed as: 

The ratio r is related to Poisson's ratios as follows: 

(9.192) 

The bulk density and porosity are obtained from: 

Atc - Atma 
Atf - Atma cp= (9.194) 

The product G& is actually the "Sand Production Indicator" or SPI: 

SPI = G2(r2 - 4 / 3 )  (9.195) 

Thus, using the suggested threshold [85]: 

SPI 5 8 x 10'l psi2 

SPI 2 8 x 10" psi2 

The formation is stable, therefore no sand 
production 

The formation is unstable, sand production 
could occur. 

The sand strength limit can be estimated using the following 
correlation [54, 871 : 

Oucs=O.O87 X ~o-6EK~[0.008Vs~+0.0054(1 -Vsh)] (9.196) 

The internal friction angle, Of, of the sand is assumed to be equal 
to 30". Parameters such as grain form and grain strength, grain size 
and size distribution contribute to the frictional strength of the sand, 
whereas cementation, contact surface area, and pore fluid contribute to 
its cohesional strength. 
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TABLE 9.8 
UNCONFINED COMPRESSIVE STRENGTH OF VARIOUS ROCKS [85] 

Unconfined Compressive 
Rock Type Strength Remarks 

Ceramics oUCS = o,e-P@ Use for 2-62% porosity range. 
p = 8 or 9 depending on the 
orientation of pores with 
respect to the loading 
direction 

1. Good for 0-7% porosity 
range. 

2. Use for porosity up to 30%. 
Uniaxial strength of the 
in-situ undamaged sand- 
stones fits this correlation. 

Damage due to coring and 
plugging operations 

If the porosity shows multiple 
trends 

Undamaged rocks 1 .  outs (MPa) = 357e-".'@ 
2. outs (MPa) = 258e-'@ 

Damaged rocks 

Mechanical strength 

O U C S . ~ ~ ~  (MPa) = 11 1.5e-' '@ 
oucs (MPa) = o(+ - 

in the zone of high 
porosity 

Estimation of unconfined compressive rock strength from porosity data: In 
clean sandstones the acoustic velocities depend on porosity. Unconfined 
compressive rock strength can be estimated using logderived data as 
follows [88] : 

(9.197) 

where Pb, At,, and Ats depend mainly on porosity. Equation 9.192 clearly 
introduces porosity as a basic and implicit variable. C ,  represents sonme 
decompaction or some mechanical damage and Of is the frictional angle. 
Table 9.8 shows the various models of rock strength developed by Sar,da 
et al. [SS] , which include porosity as an input variable. 

EXAMPLE 

Is a sand at 4,437 m, for which At, = 125 p / f t  and AQ = 74 ps/ft, likely 
to break down under production conditions? The formation water has a 
density of 1.071 g/cm3 [851. 
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SOLUTION 

The shear modulus can be estimated using the second equation in 
Table 9.4, with a = 1.34 x 10"; or Eq. 9.191a: 

G =  1.34 x 1O' 'Pb 
At: 

Bulk modulus is given by the fourth equation in Table 9.4; or 
Eq. 9.191b: 

Kb = 1.34 x 10'' [(e) At: (r2 - f>] 

where r is estimated by: 

r=--.=-- 125 - 1.6893 
Atc 74 

Porosity has to be found in order to estimate the bulk density: 

Atc-Atma 74-55.5 
= 14.28% - - '= Atf -Atma 185 - 55.5 

Bulk density is solved from the density porosity equation as follows: 

Pb =@Pf + (1 -0)Prna = (0.1428)( 1.071) + (1 - 0.1428)(2.65) 
= 2.424 g/crn3 

Then 

2.424 
G =  1.34 x 10"- =2,078,822.4 

1252 

SPI=GKb=6.554 x 10" psi2 

Since the sand production index, SPI, is greater than the threshold value 
of 8 x lo", the format is unstable and it is likely that sand production 
w i I I  occur. 
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TABLE 9.9 
POROSITY VALUES FOR EXAMPLE [85] 

Depth (m) 4) 
891.4 
892 
892.4 
895.7 
896.3 
896.5 
897.1 
897.5 
897.7 
898.5 
904.1 
904.5 
904.9 
914.9 
915.1 
915.7 
916.5 
Av . 

32.48 
7.01 

33.07 
32.5 
24.85 
30.36 
19.02 
22.1 1 
23.67 
22.08 
19.95 
16.13 
21.28 
22.38 
29.47 
33.56 
34.81 
25.98 

EXAMPLE 

Estimate the unconfined compressive strength of the rocks using the 
porosity value given in Table 9.9: 

(a) Assuming undamaged rock. 
(b) Assuming damaged rock. 
(c) Assuming that all the porosity values are from same formation, 

estimate the unconfined strength in the regions of highest porosity 
values, assuming that the average porosity of this formation is 25%. 

SOLUTION 

Since most of the porosity values are greater than 7%, Equation 2 in 
Table 9.9 can be used for undamaged rocks. 

(a) Undamaged rocks: 

GUCS = 258eC9@ 

cuts = 258e-9(0.3248) = 13.87 MPa 
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(b) Damaged rocks: 

-ll.bQ, Q U C S - ~ ~  = 1 1 1.5e 

QUCS,,,~~ = 111.5e-"~6(0.3248)=2,58 MPa 

Other results are shown in Tables 9.10A and 9.10B, and Figure 9.64. 

TABLE 9.1 OA 
EXAMPLE RESULTS (a) AND (b) 

outs (MP4 WCS-min (MPa) 
(a) Undamaged (b) Damaged 

13.87 
137.29 
13.15 
13.85 
27.56 
16.79 
46.58 
35.27 
30.65 
35.37 
42.84 
60.42 
38.01 
34.42 
18.19 
12.59 
11.25 

2.58 
49.45 
2.41 
2.57 
6.24 
3.29 

12.28 
8.58 
7.16 
8.61 

11.02 
17.17 
9.45 
8.31 
3.65 
2.27 
1.97 

TABLE 9.10B 
EXAMPLE RESULTS (c) 

~ 

0.3248 
0.3307 
0.325 
0.3036 
0.2947 
0.3356 
0.3481 

GUCS-min (MPa) 
Undamaged 

0.08 
0.09 
0.08 
0.05 
0.04 
0.09 
0.11 

ales (MPa) 
Damaged 

0.01 
0.02 
0.01 
0.01 
0.01 
0.02 
0.02 
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Figure 9.64. Unconfined compressive strength prediction in damaged and 
undamaged rocks-Example results. 

(c) Unconfined strength in the highest porosity value regions 
At @ = 32.48% (values lower than 25% are ignored): 

%cs ( M W  = (3 (@ - @rnax>2 

For undamaged rocks: 

0 ~ ~ ~ = 3 1 . 8 7 ( 0 . 2 5 - 0 . 3 2 4 8 ) ~  =0.08MPa 

For damaged rocks: 

oucs = 2.58(0.25 -0.3248)2 =0.01 MPa 

PROBLEMS 
1. Consider a sandstone formation at a depth of 5,000 ft  from which 

several 2-in. diameter core samples are available for laboratory investi- 
gations. The stress gradient is 1.1 psi/ft and the horizontal stress is 
2,000 psi. Three compressional tests were run: A uniaxial test with 
an ultimate strength ((31) of 3,000 psi, two triaxial tests with ultimate 
strengths of 6,000 psi and 8,500 psi for confining pressures ((33) of 
1,000 psi and 2,000 psi, respectively. 

a. Estimate the fracture angle. 
b. Calculate the normal and shear stresses acting on the failure plane. 
c. Comment on the stress field and implications if the formation stress 

field is such that (31 = 750 psi and (33 = 6,250 psi. 
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2. The results of 4 compression tests and other data are given in 
Tables 9A, 9B, 9C, and 9D. The four rock samples were obtained 
from a limestone formation. Calculate for each rock sample: 

a. The ultimate compressive strength of the rock samples at 
(1) maximum load and (2) the same reference stress point at 50% 
of ultimate strength. 

b. Young’s modulus, Poisson’s ratio, modulus of rigidity, bulk 
modulus, and rock compressibility. 

c. Analyze the relation between stress and rupture of the limestone. 

TABLE 9A 
UNIAXIAL COMPRESSION TEST 

Core 1 = 11.34 cm, d = 5.34 cm 
Axial load (kN) Axial Deformation Diametral Deformation (mm) 

25 
50 
75 
100 
125 
150 
175 
200 
225 

250 (Failure) 
252 

0.047 
0.075 
0.092 
0.115 
0.137 
0.158 
0.179 
0.208 
0.23 
0.27 

- 

0.0045 
0.0052 
0.0095 
0.0125 
0.0150 
0.0195 
0.0235 
0.025 
0.038 
0.055 
0.075 

TABLE 9B 
TRIAXIAL TEST 

Core 1 = 11.11 cm, d = 5.32cm 
Minimum Principal Stress (03) = 11.4 MPa 

Static load = 25.3 kN 
Axial Minus Static Axial Strain lateral Strain 

Load (kN) &a, 10-6 E1 (10-6) 

50 
100 
150 
200 
250 
300 

360 (Failure) 

460 
850 

1,275 
1,720 
2,165 
2,670 
3,950 

125 
245 
338 
470 
640 
895 

1,500 
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ADDITIONAL SAMPLE DATA 

Sample # 0 1  (MPa) 0 3  (MPa) 
250 

385.3 
511.1 
667 

0.0 
11.4 
22.8 
57.0 

TABLE 9C 
TRIAXIAL TEST 

Core L = 10.88 cm, d = 5.34 cm 
Minimum Principal Stress (03)  = 22.8 MPa 

Static Load = 5 1.1 kN 
Axial Minus Static Axial Strain Lateral Strain 

Load (kN) Ea E1 (10-6) 
50 
100 
150 
200 
250 
300 
350 
400 
450 

460 (Failure) 

400 
895 

1,330 
1,825 
2,420 
3.100 
3,600 
4,540 
5,700 
6,200 

100 
290 
400 
600 
850 

1,100 
1,500 
2,000 
3,300 
4,100 

TABLE 9D 
TRIAXIAL TEST 

Core L = 11.38 cm, d = 5.32 cm 
Minimum Principal Stress (03) = 57 MPa 

Static Load = 127 kN 
Axial Minus Static Axial Strain Lateral Strain 

Load (kN) Ea E1 (10-6) 

50 
100 
150 
200 
250 
300 
350 
400 
450 
500 

540 (Failure) 

500 
1,050 
1,300 
1,800 
2,400 
3.000 
3,800 
4,300 
5,100 
6,000 
6,800 

50 
150 
200 
325 
580 
650 
800 

1,050 
2,000 
2,800 
3,850 
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TABLE 9E 
ELASTIC PROPERTIES OF ORIENTED CORES USED IN STRESS CALCULATIONS 

Depth (m) Elastic Modulus (GPa) Poisson's Ratio 

1,500.8 
1,507.2 
1,507.5 
1508.8 
1,509.4 
1,995.5 
1,998.0 
2,404.3 
2,406.4 
2,474.7 
2,475.2 

25.1 
26.9 
27.4 
25.1 
25.2 
29.6 
30.7 
39.6 
40.4 
35.6 
33.9 

0.13 
0.18 
0.17 
0.15 
0.15 
0.21 
0.20 
0.23 
0.22 
0.18 
0.17 

3. Triaxial compression tests were made on 11 oriented cores at 60 MPa 
confining pressure. Table 9E shows the results of these static tests. 
AU of the cores came from the Mesa Verde formation, Colorado, 
from depths of about 1,500 to 2,500m. The average grain density 
is 2.4 g/cm3. For each core: 

a. Calculate the rock compressibility. 
b. Estimate the dynamic values of the elastic and shear moduli. 
c. Determine the shear and compressional transit time. 

4. A core sample was subjected to a hydrostatic test with the following 
stresses: 01 =5,800 psi,oZ =2,200 psi, and 03=3,600 psi. The 
pore pressure is 2,850 psi. The porosity of the core is 0.18. 
Knowing cr = 0.45 x psi-', cb = 2.3 x psi-', and cw = 3.1 x 

psi-', determine: 

a. The relative change in pore-volume. 
b. The change in pore pressure. 
c. The effectiveness (a) of the pore pressure in counteracting the total 

applied load, if the sample has a compressional wave travel time of 
58 ps/fi and a shear travel time of 84 ps/ft. The bulk density of the 
rock sample is 0.42 g/cm3. The undrained Poisson's ratio is 0.18. 

5. A 15,265-fideep sandstone formation has a stress gradient of 1 psi/ft. 
The formation is unconsolidated, with a pore pressure of 7,000 psi. 
The compressional and shear velocities are 10,836 fvs  and 7,462 
ft/s, respectively. From laboratory measurements, the unconfined 
strength is 6,848 psi. The bulk density of this rock is 2.65 g/cm3. 
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TABLE 9F 
AUTOMATED CORE MEASUREMENTS 

Net Stress (psi) Porosity (%) Klinkenberg Permeability (mD) 

1,000 14.48 
1,500 14.07 
5,000 12.81 
9,800 12.51 

16.38 
15.30 
12.46 
11.82 

Calculate: 

a. Poisson’s ratio, shear modulus, bulk modulus, and Young’s modulus. 
b. Horizontal stress. 
c. Mean effective stress. 
d. Initial shear strength. 

6. A stress-sensitive productive zone was cored from 8,000 to 8,050 ft. 
Core plugs were subsequently analyzed for porosity and permeability 
by an automated core measurement system (Core Laboratories CMS 
300). This system provides measurements of porosity and permeability 
as a function of overburden stress, as shown in Table 9F. The stress 
gradient is 0.5 psi/ft. 

a. Using Jones method [46], determine porosity and Klinkenberg 

b. Develop an empirical relationship between (1) the void ratio 

c. Estimate the porosity and permeability values at a depth of 8,025 ft. 
d. A second well was drilled to a second zone at 10,500 ft. Assuming 

the two zones are similar, calculate the porosity and permeability 
of this zone. 

7. Using data in Table 9F and the Jones et al. [47] method, calculate the 

8. Given the following data of a sandstone formation, 

permeability at zero net stress. 

@/( 1 - 9) and stress, and (2) permeability and stress. 

average pore compressibility over the stress intervals. 

Ats = 1350 p / f t  Atc =75 p / f t  pw = 1.0 g/cm3 Depth = 3425 m 

Determine: 

1. The likelihood of sand production using the threshold criteria of SPI. 
2. Poisson’s ratio. 
3. Pore pressure and overburden pressure. 
4. Horizontal stress of the earth. 
5. Fracture gradient (FG). Use two methods for calculating the Biot 

constant and discuss its effect on the calculation of FG. 
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NOMENCLATURE 
A 
B 

C 
D 
d 

E 
f 
F 
FR 
FG 
g 
G 
H 
h 
I 
J 
L 
m 
N 
P 
R 

S 
ss 
t 
V 

V 

C 

WP) 

S 

SUBSCRIPTS 

A 

b 
bh 

d 
e 
f 

ax 

C 

area 
Skempton coefficient, formation volume factor 
compressibility 
compressional strength 
depth 
diameter 
Dobrynin pressure function 
modulus of elasticity 
factor 
force, load, formation factor 
formation resistivity factor 
fracture gradient 
gravity acceleration, gradient 
modulus of rigidity 
height 
power-law coefficient 
intensity factor 
stress invariant 
length 
cementation exponent 
oil-in-place 
pressure 
correction factor, ratio 
saturation 
specific surface area 
shape factor, saturation 
time 
velocity 
volume 

air 
axial 
bulk 
bottomhole 
compressional 
dynamic, drained 
effective 
fracture, formation 
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fl 
gv 
H 
h 
hu 
i 
lat 
m 
M 
ms 
n 

0 
OB 
P 
PC 

PS 
r 

0 

Pi 

S 

t 
T 
0 

ucs 
UCS-min 

wb 
wfco 
wfcu 

U 

W 

GREEK SYMBOLS 

a 
E 

Of 
Y 
K 

V 

0 
P 
(5 

T 

fluid 
grain value 
horizontal 
hydrostatic 
hydrostatic to uniaxial 
initial 
lateral 
matrix, minimum 
maximum 
matrix stress 
normal 
original, oil 
overbalanced 
overburden 
principal, propagation, pore 
critical pore 
initial pore 
pore shape 
rock, resonance 
shear, static, stress 
tensile 
time, or any stage in depletion 
tangential 
undrained, uniaxial, underbalanced 
unconfined compressive strength 
minimum unconfined compressive strength 
water 
wellbore 
wellbore flowing critical at overbalanced conditions 
wellbore flowing critical at underbalanced conditions 

correction factor 
strain 
angle of friction 
shear strain 
bulk modulus 
Poisson’s ratio 
angle 
density 
stress 
shear stress 
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C H A P T E R  10 

FLUID- ROCK 
INTERACTIONS 

Laboratory and field studies indicate that rock properties, especially 
permeability, are altered or damaged during almost every field operation: 
drilling, cementing, perforation, completion and workover, production, 
stimulation, and injection of water and chemicals for enhanced oil 
recovery. Fine solid particles introduced from well-fluids during any 
of these operations or generated in-situ by the interaction of invading 
fluids with rock minerals and/or formation fluids, are the main 
cause of formation damage. Regardless of their origin, these particles 
can concentrate at pore restrictions, causing severe plugging and 
large reduction in near-wellbore permeability. This zone of reduced 
permeability, commonly referred to as a “skin” and ranging from a few 
inches to a few feet, can reduce well productivity to only a fraction of 
its potential value. Numerous studies have been conducted to determine 
the magnitude of skin effect under various formation damage conditions. 
Other studies investigated the composition; physical characteristics, and 
other factors controlling the migration and deposition of fine particles 
in porous media. Because repair of permeability damage is generally 
difficult and expensive, all of these studies emphasize the importance 
of preventing damage. 

IMPORTANCE OF NEAR-WELLBORE PERMEABILITY 

Krueger and Amaefule and Kersey showed that although the thickness 
of the skin zone is only a few inches to a few feet, whereas the drainage 
radius may be several hundred feet, the effective permeability in the 

67 1 
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Figure 10.1. Eflect of permeability damage on productivity ratio [I] .  

skin zone has an extremely disproportionate effect on well productivity, 
as illustrated in Figure 10.1 [l,  21. This figure also shows the effect 
of improving (by acidizing or fracturing) permeability of the formation 
rock in the vicinity of the wellbore. The impact of the skin zone on well 
productivity can be evaluated by calculating the annual revenue loss due 
to skin damage, or gain due to skin improvement, from the following 
equation: 

A!$ = 365qu (DF) so (10.1) 

where $* is the price of oil in U.S. dollars per STB, qu is the production rate 
without skin effect in STB/D, and DF is the damage factor expressed as: 

9s DF = 1 - PR = 1 - - 
Qu 

(10.2) 

where: qs is the production rate with skin effect and PR is the productivity 
ratio in Figure 10.1. Another common factor used to express the effect 
of skin is the damage ratio, which is the inverse of the productivity ratio: 

The following example illustrates the relative importance of the 
formation condition in the vicinity of the wellbore. 
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EXAMPLE 

A pressure drawdown test yielded a flow efficiency of 60%, indicating 
a skin damage. The production rate of this well is 252 STBD and the price 
of oil is 18 dollars/STB. From core analysis, the depth of the skin zone 
is approximately 2 ft. The undamaged formation permeability is 55 mD. 
The wellbore radius is 0.25 ft. After an acid stimulation treatment, the 
productivity ratio of this well has doubled. Calculate: 

(1) Skin permeability, skin factors and annual revenue loss before 

(2) Skin permeability and annual revenue gain after stimulation. 
stimulation. 

SOLUTION 

(1) Before stimulation, i.e., damaged well: From Figure 10.1, the perm- 
eability damage ratio for Ar, = 2 ft and PR = 0.60 is approximately 
0.2. Therefore, the skin permeability of the skin zone before stimu- 
lation (ksb) is equal to: 

ksb = 0.20ku = 0.20 X 55 = 11 mD 

Knowing the radius, r,, and the permeability, ks, of the skin zone, 
the skin factor, s, may be calculated from the following expression: 

(10.4) 

where k is the permeability of the undamaged zone of the formation 
and r, is the wellbore radius. The skin factor before stimulation 
is then: 

Thus, the permeability of the formation rock near the wellbore has 
been damaged to 20% of its original value by some field operation 
to a depth of 2 ft. The undamaged production rate is obtained from 
Equation 10.3: 
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The annual revenue from this damaged well is: 

If the well is not treated for removal of permeability damage, the 
annual revenue loss from this well is obtained from Equation 10.1: 

(2) Inasmuch as the productivity ratio is now 120%, the permeability in 
the skin zone after stimulation &a) is equal to: 

ksa = 1.20ku = 1.20 x 55 = 66mD 

and the new production rate is: 

The annual revenue gain due to stimulation is: 

A$G = 365 x $o(qsa - qsb) 

= 365 x 18(504 - 252) = $1.65 x lo6 

The annual revenue from this stimulated well is equal to: 

which is double the annual revenue before stimulation. This example 
clearly illustrates the impact of near-wellbore permeability damage 
or stimulation on the well productivity, which is essential to the 
profitable development of new reserves. 

NATURE OF PERMEABILITY DAMAGE 
Permeability in the vicinity of wellbore may be damaged during any 

operation between drilling injection and injection. The primary and 
probably the most important cause of permeability damage is associated 
with: 

(1) the introduction of solid particles into the formation from wellbore 
fluids during any of these operations, or 
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(2) movement of formation fines and chemical reactions in the pore 
channels resulting from the interaction invading fluids with rock 
minerals and formation fluids. 

Not all reductions in well productivity are due to the impairment 
of rock permeability. Damages of mechanical origin, which are called 
“pseudoskins, ” can result from partial completions, slanted wells, low 
perforation density, short perforations, and high production rates, 
which can cause turbulent flow and stress changes near the wellbore. 
Productivity decline also can result from the alteration of reservoir 
fluid viscosity, which typically occurs during the invasion of drilling and 
completion filtrates, and often leads to the formation of emulsion blocks 
in the vicinity of the wellbore. 

Permeability damage can occur anywhere along the flow path, from the 
formation to perforations and into the wellbore as shown in Figure 10.2. 
Thus when designing a remedial treatment, both the type and location 
of permeability damage must be considered. 

ORIGIN OF PERMEABILITY DAMAGE 

Krueger, Amaefule and Kersey, and Economides and Nolte provided 
an extensive analysis of formation damage problems [l-31. They all 
recognize that from the time the drill bit enters the formation and until 
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Figure 10.2. Location of various types ofpermeability damage near the wellbore [3]. 
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the well is put on production, invasion of mud filtrate and solids, and 
migration of formation fines are the major causes of permeability damage. 

Formation damage during drilling is practically unavoidable because 
the mud preferred by the reservoir engineer may not be what the drilling 
supervisor needs. For instance, low-filtrate mud may be necessary to 
combat formation damage and differential pressure sticking, whereas 
high-filtrate mud minimizes cuttings hold-down and, therefore, provides 
for a high penetration rate. Also, inhibition of shale swelling and 
dispersion of clay solids is extremely important for borehole stability and 
the prevention of formation damage, but dispersion of clay shale solids 
helps control the viscosity, gel strength, and filtration of water-based 
muds [4 ] .  Filtrate damage may extend from a few inches to several feet 
as shown in TablelO.1, depending on the sensitivity of the formation 
rock and the type of filtrate 151. High permeability of the filter cake, high 
wellbore overpressure-i.e., wellbore pressure higher than formation 
pressure-and long exposure of the formation to drilling fluid are 
some of the most important factors that enhance formation damage 
by filtrate invasion [l, 31. Potassium-based drilling fluids, which cause 
minimal permeability damage, are widely used. However, when drilling 
through highly shaly (clayey) formations, which are extremely sensitive 
to water, oil-based muds are preferred, even though they contain more 
solid particles than water-based muds and, therefore, have the potential 
to cause a severe permeability impairment by solids invasion. 

Invasion of the drilling mud solids-such as clay particles, cuttings, and 
weighting and lost-circulation agents-into the formation is usually shall- 
ower (2 to 4 in.) than the filtrate invasion (up to 15 ft), but the resultant 
permeability reduction can be as high as 90% [3]. Formation damage 

TABLE 10.1 

FORMATION NEAR WELLBORE [4] 

Depth of 
Invasion, in. 

Oil Low-Colloid 

DEPTH OF INVASION OF DRILLING FILTRATE INTO THE 

Water 
Time Mud Oil Mud Mud 
1 day 1.2 3.3 7.7 

5 days 4.6 11 12 
10 days 7.7 17 18 
15 days 10 21 23 
20 days 12 23 27 
25 days 14 29 31 
30 days 16 32 34 
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from drilling fluid solids is dependent on: the pore and pore throat 
size distribution of the formation rock (large pore and throat sizes favor 
solids invasion), particle size distribution in the drilling mud, existence of 
fissures and natural fractures in the vicinity of the wellbore, and wellbore 
overpressures. For minimizing formation invasion by mud solids, some 
operators use brines devoid of solids and fluid-loss agents. 

Table 10.2 gives a complete list of potential formation damage problems 
during various well operations. A discussion of all sources of formation 
damage is beyond the scope of this work. Table 10.3 summarizes the 
origin, mechanisms and types of formation damage problems, whereas 
Table 10.4 ranks the damage severity for various stages of wellbore 
development and reservoir exploitation. 

TYPES OF PERMEABILITY DAMAGE 

Keelan and Koepf identified four main types of near-wellbore 
permeability damage that can be evaluated by core analysis [6]: 

(1) plugging of pores and pore throats by solids introduced during 
drilling, completion, workover, or improved recovery operations; 

(2) clay hydration and swelling clay particle dispersion and their 
movement with produced or injected water; 

(3) water blockage or increased water saturation near the wellbore 
caused by extraneous water introduced into the formation during 
various operations; 

(4) caving a subsequent flow of unconsolidated sands, causing loss of 
well productivity. 

Figure 10.3 illustrates the effect of water blockage on relative perm- 
eability curves. Points A and A’ correspond to the condition of irreducible 
water saturation in the pay zone. A 14% increase in water saturation (from 
A’ to D’) causes a 60% decline of relative oil permeability (from A to D). 
Points C and C’ represent a situation where water blockage near the 
wellbore is so severe that the relative oil permeability is essentially zero. 
A formation water block occurs by invasion of water-base filtrate during 
drilling and completion operations, or through fingering or coning of 
connate water during production [3]. Therefore, to minimize or prevent 
water-blocks in oil wells, low fluid-loss muds should be used when drilling 
or coring with water based muds. Oil-based or inverted oil emulsion 
muds should be used during completion operations. In gas wells, air 
is recommended for drilling and coring. Using oil-based mud in gas 
wells may cause severe permeability damage [6] .  Once a water block has 
occurred, core testing is the best available tool for determining the extent 
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TABLE 10.2 
POTENTIAL FORMATION DAMAGE PROBLEMS DURING 

VARIOUS WELL OPERATIONS [2] 

1. Drilling 
Mud Solids and Particle Invasion 

Pore throat plugging 
Particle movement 

Mud Filtrate Invasion 
Clay swelling, flocculation dispersion, and migration 
Fines movement and plugging of pore throats 
Adverse fluid-fluid interaction resulting in either emulsion/water block, or 

Alteration of pore structure near wellbore through drill bit action 
inorganic scaling 

2. Casing & Cementing 
Blockage of pore channels by cement or mud solids pushed ahead of the 

Adverse interaction between chemicals (spacers) pumped ahead of 

Cement filtrate invasion with resulting scaling, clay slaking, fines 

cement 

cement and reservoir minerals fluids 

migration, and silica dissolution 

3. Completion 
Excessive hydrostatic pressure can force both solids and fluids into the 

Incompatibility between circulating fluids and the formation with 

Invasion of perforating fluid solids and explosives debris into the 

Crushing and compaction of near-wellbore formation by explosives 

Plugging of perforation of extraneous debris (mill scale, thread dope, and 

Wettability alteration from completion fluid additives 

formation 

resultant pore plugging 

formation with resultant pore plugging 

during perforation 

dirt) 

4. Well Servicing 
Problems similar to those that can occur during completion 
Formation plugging by solids in unfiltered fluids during well killing 
Adverse fluid-fluid and fluid-rock interaction between invading kill fluid 

Damage to clays from dumping of packer fluids 
and reservoir minerals 

(Continues) 
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TABLE 10.2 
(CONTINUED) 

5. Well Stimulation 

Potential plugging of perforations, formation pores, and fractures from 
solids in the well kill fluid 
Invasion of circulating fluid filtrate into the formation with resultant 
adverse interaction 
Precipitation of hydrofluoric acid reaction by-products during acidizing 
Potential release of lines and collapse of the formation during acidizing 
Precipitation of iron reaction products 
Plugging of pores and fractures by dirty fracture liquids 
Inadequate breakers for high viscosity fracture fluids may cause blockage 
of propped fracture 
Fluid loss or diverting agents may cause plugging of the perforations, 
formation pores, or propped fractures 
Crushed proppants may behave like migratory fines to plug the fracture 
Inorganic/organic scales in the wellbore along with remnant debris may 
plug perforations, pores, or etched fractures 
Fracture conductivity decline due to proppant embeddment 

6. Production 

Initiation of fines movement during initial DST by using excessive 
drawdown pressures 
Inorganic/organic scaling through abrupt shift in thermodynamic 
conditions 
Sand production in unconsolidated formations triggered by water 
encroachment into producing zones 
Screens of gravel packs can be plugged by produced silt, clay, mud, 
scale, etc. 
Sand-consolidated wells may be plugged by debris, and sandconsolidating 
material may reduce reservoir permeability 

7. Secondary Recovery Operations- Injection Wells 

Formation wettability alteration from surface-active contaminants in the 

Impairment of injectivity due to suspended solids (clays, scale, oil, and 

Formation plugging by iron corrosion products 
Inorganic scaling due to incompatibility of injected & formation waters 
In pressure maintenance with gas injection, formation may be plugged by 

Reduced well injectivity from injected corrosion inhibitors in gas zones 

injection water 

bacteria) in the injection water 

compressor lubricants that may also alter wettability 

(Continues) 
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TABLE 10.2 
POTENTIAL FORMATION DAMAGE PROBLEMS DURING 

VARIOUS WELL OPERATIONS [2] (CONTINUED) 

8. Enhanced Oil Recovery 

Fines migration, clay swelling, and silica dissolution initiated by contact of 
high pH steam generator effluents (condensates) with the formation rock 
during thermal recovery 
Dissolution of gravel packs and increased sanding during thermal recovery 
Inorganic scaling due to changes in thermodynamic conditions during 

Plugging due to carbonates deposition during CO2 injection 
Deposition of asphaltenes with C02 contacts asphaltic crude oils 
Potential emulsion formation during C 0 2  wag process 
Fines movement due to hydrodynamic conditions of velocity and 

steam injection 

viscosity during chemical EOR process with surfactants and polymers 

of the water block and finding the best remedial treatment. In oil wells, 
water blocks usually are treated by surface-tension reducing chemicals 
such as surfactants and alcohols. In gas wells, various alcoholic acid solu- 
tions are injected into the formation to vaporize the liquid block. Water 
blocks form in oil wet rocks, whereas oil blocks form in water-wet rocks. 

When formation clays come in contact with aqueous fluids used 
in drilling or completion operations, clay swelling occurs and usually 
causes plugging of flow channels and reduction in well productivity. 
Permeability damage by the dispersion and subsequent migration of 
various clay particles, resulting in the plugging of pore channels, is more 
prevalent than originally suspected, and is now the subject of intense 
experimental and theoretical investigations [8-231, some of which will 
be presented in this chapter. 

A wellbore in an unconsolidated formation is likely to be unstable, 
and usually leads to sand production and consequent reduction in 
well productivity. This instability is aggravated when fluid systems with 
poor filtration properties or reactive fluids are used during drilling 
or completion operations. Highly reactive fluids, which dissolve the 
cementing material, may cause the wellbore to collapse [24] .  Sand 
production in weakly consolidated formations also can be triggered 
by the onset of water production. Muecke showed that production of 
formation waters promotes the movement of formation fines, which 
eventually develop bridges at pore restrictions (throats) near the well- 
bore [8]. Severe bridging increases the pressure drawdown necessary 
to maintain production, which in turn leads to the movement and 
production of formation sand. High drawdowns also can cause premature 



NATURE OF PERMEABILITY DAMAGE 68 1 

TABLE 10.3 
MECHANISMS AND TYPES OF FORMATION DAMAGE PROBLEMS [Z] 

Types of Formation 
Origin Mechanism Damage 
A. Solids Invasion 

A-l . Solid Types Plugging of effective flow 
1 .  Drill solids (sand, silt, Physical path 

clays, and colloids) 
2. Weighting materials 

(barite, bentonite) 
3. Lost circulation 

materials 
4. Fluid loss additives 
5. Solid precipitates 
6. Living organisms 

(bacteria) 
7. Suspended solids (silt, 

clays, oil) 
8. Perforation debris 

(pulverized rock, 
charge debris) 

9. Crushed proppants 

A-2. Solids Origin 
1. Drilling fluids 
2. Completion fluids 
3. Workover fluids 
4. Stimulation fluids 
5. Supplemental injected 

fluids (water, steam, 
chemical) 

B. Fluid Invasion 

El. Fluid Types 
1. Water 
2 .  Chemicals 
3. Oil 

Alteration of fluid 
Chemical saturation distribution 
Physical Changes in capillary 
Biological pressure 

minerals 
9 Destabilization of resident 

Clay swelling 
Fines migration 
Mica alteration 

(Continues) 
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TABLE 10.3 
MECHANISMS AND TYPES OF FORMATION DAMAGE PRWBLEMS [Z] 

(CONTINUED) 

B2. Fluid Oragin Wettability alteration 
Reduction of 
hydrocarbon relative 

spacers permeability 
Emuision blockate of 

workover fluids pores pores 
Inorganic scales 
Organic scales 
Mineral transformation 

1. Drilling mud filtrates 
2. Cement filtrates & 

3. Completion and 

4. Stimulation fluid 
5. Chemical additives 
6. Supplemental injected 

fluids Sand movement 

C. Thermodynamic (Pressure, Temperature) and Stress Changes 

C-1. Origin 
1. Production (pressure 

drawdown) 
2. Drilling/compIetion/ 

workover fluids 
3. Stimulation fluids 

(aciddfrac.) 
4. Supplemental injected 

fluids (water, thermal & 
9 s )  

D. Operating Conditions 

D-1. Parameter 
1. Welibore pressure 

(over- or 
underbalanced) 

2. Operatingtime 
3. Production rates 
4. Injection rates 

Inorganic scales 
Chemical (induced/natural) 
Physical Organic scales 

(induced/natural) 
Ion exchange with 
resultant destabilization 
of resident minerals 
Permeability decay with 
pressure drawdown 
Secondary mineral 
precipitation 

Wellbore erosion 
Chemical Destabilization of resident 
Physical minerals 

Clay/fines movement 
Fluid/Solids invasion 
Weakening of rock 
integrity 

D-2. Origin 
1. Drilling 
2. Completion 

(perforations) 

(Continues) 
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TABLE 10.3 
(CONTINUED) 

D-2. Origin 
1. Stimulation 

2. Drill stem testing 
3. Production 
4. Supplemental fluid 

injection 

(acidizing/fracturing) 

E. Types of Materials 

1.  
2. 

3. 

4. 
5.  

Salt types Chemical Salt precipitation 
Additives (surfactants, Physical Destabilization of resident 
corrosion inhibitors, minerals 
etc.) Wettability alteration 
Gelling materials Inorganic scales 
(viscosifiers) Organic scales 
Acids (HCL, HE) 
Alkalinity control 

Emulsion formation 

compaction due to sudden changes in the stress state near the well, 
which invariably result in the caving and subsequent flow of sand 
into the wellbore. Oil-based gravel packs, particularly in open holes, 
wire-wrapped screens, and pre-packed liners, are some of the most 
commonly used sand-control techniques. 

Other common types of formation damage are: emulsion formation, 
wettability change, scale deposition, and organic deposits. The normal 
locations of these damages are shown in Figure 10.2. Emulsions may 
result from the intermixing of either a) water-based fluids and reservoir 
oil or b) oil-based fluids and formation brines during the invasion of 
drilling and completion filtrates. Adsorption of surface-active agents 
(surfactants) from oil-based fluid is the major cause of wettability change 
in water-wet oil reservoirs [3]. Wettability changes cause formation of 
water blocks and, therefore, reduction in well productivity. The drop 
in temperature and pressure in or near the wellbore during production 
causes minerals to precipitate and deposit either within the formation 
pores or inside the wellbore. These inorganic deposits, called scales, 
are a common source of severe well-plugging. Organic deposits, such as 
paraffins and asphaltenes, are also an important source of formation 
damage. As with mineral deposits (scales), organic deposits (waxes) form 



TABLE 10.4 
FORMATION DAMAGE SEVERITY SCALE FOR VARIOUS STAGES OF WELL DEVELOPMENT AND RESERVOIR EXPLOITATION [Z] 

Well Development Reservoir exploitation 

Drilling & Well Primary Supplemental 
Type of Problem Cementing Completion Workover Stimulation DST Production Fluid Injection 
Mud Solids Plugging **** ** *** 
Fines Migration 
Clay Swelling 
Emulsion/Water Block 
Wettability Alteration 
Reduced Relative Permeability 
Organic Scaling 
Inorganic Scaling 

* - - - 
*** **** *** **** **** *** **** 

** - - - **** ** *** 
*** **** ** **** * **** **** 

**** ** *** *** **** - - 
- ** 

**** 
- *** *** **** *** 

* * *** **** 
** *** **** * **** *** 

- - 
- 

**** 
*** 

- - **** *** *** Injected Particulate Plugging - 
Secondary Mineral Precipitation - - - - - 

Sanding - 

**** 
** **** - - ** ** ** Bacteria Plugging 

*** * **** *** ** - 
* * ** = verysevere 

** = lesssevere 
* = notsevere 
- = negligible 

* * * = severe 
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Figure 10.3. Effect of water blocking on relative permeability cuwe [6]. 

during production because of pressure or temperature drop and may 
accumulate either in the formation near the rock face or in the tubing. 
Figure 10.4 shows various products and methods available for treating 
several types of formation damage. 

Formation damage during stimulation treatments, such as wellbore 
cleanup and acidizing, and during injection of fluids for improved recovery 
is as common as during production. Most problems causing productivity 
decline can occur during wellbore cleanup, acidizing, waterflooding, 
chemical flooding, and steam injection operations. If the treatment is 
well designed and properly executed, however, the net result will be 
improved productivity. 

EFFECT OF FINES MIGRATION ON PERMEABILITY 
Clay swelling and dispersion, and the subsequent movement and 

entrapment of clay fines in the formation pores and pore throats, 
are probably the most important causes of permeability damage. 
Therefore, a fundamental knowledge of clay properties is necessary 
to diagnose the damage problem and to design an effective remedial 
treatment. 
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I 

Figure 10.4. Basic types of formation damage and treatment selection [3]. 

TYPES AND SIZES OF FINES 

There are two types of clays in most sandstone formations [22]: 

(1) detrital or allogenic clays, which were introduced into a sandstone 
by physical processes at the time the sediment bed was deposited or 
by biogenic processes shortly after deposition, and 

(2) authigenic clays, which were developed by direct precipitation from 
formation waters or were formed by the interaction of formation 
waters with preexisting clay minerals. 

Detrital clays normally form an integral part of the supporting rock 
matrix and, therefore, are not mobile. Figure 10.5 shows the various 
modes of occurrence of clays in sandstones shortly after deposition. 
Inasmuch as detrital clays in most sandstone beds are altered after burial 
to form regenerated authigenic clays, most clay minerals in ancient 
depositional environments are authigenic. Authigenic minerals, which 
typically fill, line or bridge pore systems, have the greatest potential 
to damage a formation through migration or adverse chemical reaction 
with invading drilling and well completion fluids because of their 
morphology, their sensitive locations within pore systems, and their very 
high surface-area to-volume ratios [2]. Smectite and vermiculite have the 
highest potential for adverse chemical reactions (Table 10.5). Figures 
10.6a-c show scanning electron microscope (SEW microphotographs 
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Figure 10.5. Modes of occurrence of clays in sanaktone [25]. 

TABLE 10.5 
SURFACE AREA OF CLAY MINERALS [2] 

Surface Area (m2/g) 
C b Y  Internal External Total 

Smectite 750 
Vermiculite 750 
Chlorite 0 
Kaolinite 0 
Illite 5 
Quartz 0 

50 800 
<1 750 
15 15 
15 15 
25 30 
3 3 

of several examples of authigenic clays typical of those present on the 
surfaces of formation sand grains. Authigenic clays are generally classified 
as cementing agents, and the frequency of their occurrence in decreasing 
order is presented in Table 10.6. 

The major characteristics of five authigenic clay groups commonly 
found in sandstones are presented in Table 10.7. Amaefule and Kersey, 
Wilson and Pittman, and Eslinger and Pevear summarized many of the 
important concepts explaining the role of clay minerals in permeability 
damage [2, 25, 261. 

It is important to emphasize that not all the fines that cause permeab- 
ility damage are clay minerals. Reed showed that when micaceous sands 
are leached with neutral sodium chloride (NaCI) or calcium chloride 
(CaC12) solutions, mica is altered by exchange of interlayer potassium by 
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Figure 10.6a. SEM microphotographs of pore-jilling authigenic kaolinite. Note the 
smooth quartz overgrowths on the framework grains (1,000 x magnijication). 

Figure 10.6b. SEM microphotographs of euhedral authigenic feldspar in a chlorite- 
linedpore (1000 x magnification). 
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i 

Figure 10.6~. SEM microphotograph of delicate fibers of illlite bridge pores. Under 
highpow rates, thefibers may break off and migrate, becoming lodged in pore throats 
(3,000 x magnipcation). 

TABLE 10.6 
FREQUENCY OF OCCURRENCE OF CEMENTS IN 

DECREASING ORDER [2] 

1.  Quartz 6. Muscovite 11. Hematite 
2. Calcite 7. Kaolinite 12. Halite 
3. Dolomite 8. Chlorite 13. Barite 
4. Siderite 9. Orthoclase 14. Celestite 
5. Anhydrite 10. Albite 15. Zeolites 

sodium or calcium ions Figure 10.7 [7]. This causes the edges of mica 
particles to break off, migrate downstream, and plug pore throats, which 
decreases permeability as shown in Table 10.8. He also showed that 
when large volumes of leaching solution pass through poorly consoli- 
dated micaceous sands, significant amounts of carbonate cement are 
removed causing mineral particles to move and plug flow channels, thus 
reducing permeability as shown in Figure 10.8 and Table 10.9. Reed's 
findings are based on reservoir samples obtained from several Southern 
California oilfields. The minerological composition of these samples is 
provided in Table 10.10 



TABLE 10.7 
CHARACTERISTICS OF AUTHIGENIC CLAYS [25] 

Thickness of 
Coating or long 

Relationship to Dimension of 
Morphology of Form of Sand Size Detrital Aggregates 

Individual Flakes Aggregates Grains (Microns) Special Features 

Chlorite 

flakes notched 

(twinned?) 

Kaolinite and Dickite pseudohexagonal stacked plates (book) pore filling 2-2,500 
(generally 2-20) or embayed 

pseudohexagonal vermicule pore filling 10-2,500 flakes notched or 
(generally 20-200) embayed (twinned?) 

flakes notched or 
embayed (twinned?) 

pseudohexagonal sheet pore filling 0.1-1 
pseudohexagonal plates (2-D cardhouse) pore m g  2-10 
curled honeycomb pore lining 2-10 
equidimensional 
with rounded 
edges 

with angular or pore filling (generally 4-20) 
lobate edges 

fibrous bundles pore filling 
Illite irregular with sheet pore lining 0.1-10 bridging between 

elongate spines sand grains 
Smectite not recognizable wrinkled sheet or pore lining 2-12 bridging between 

honercomb sand grains 
Mixed-layer subsequent with imbricate sheet to pore lining 2-12 bridging between 
smectitehllite stubby spines ragged honeycomb sand grains 

equidimensional rosette or fan pore lining and 4-150 

fan-shaped cabbagehead pore lining and 8-40 
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Continued 
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Figure 10.7. Damage mechanisms by mica alteration u]. 

Regardless of their origin and type, it is ultimately the sizes and 
amounts of solid particles that mostly dictate the extent of permeability 
damage. To define these two important factors, Muecke analyzed a 
large number of samples of unconsolidated sandstones in different 
U.S. Gulf Coast wells. He conducted three types of analysis on these 
samples [SI: 

(a) SEM microphotographs, such as those shown in Figures 10.6 and 
10.9, were used to determine the size and shape of fines present in 
the sandstones. Arbitrarily defining formation fines as particles small 
enough to pass through the smallest mesh screen available (400 mesh 
or a 37-mm opening), Muecke found that these particles varied widely 
in size and ranged from 37 mm to considerably less than 1 mm in 
all samples analyzed. Examination of SEM microphotographs also 
revealed that the concentration of fine particles located on surfaces 
of sand grains was high and variable. 

(b) Standard dry-sieve analyses confirmed the range of these fines and 
showed that their amount varied from 2 to 15 weight percent. The 
SEM examination of several sieved sandstone samples, however, 
revealed that large concentrations of fines were still present on 
the surfaces of sand grains. Thus, the range of 2 to 15 weight 
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TABLE 10.8 
PERMEABILITY DAMAGE IN MICACEOUS SANDS [7] 

Initial Volume Permeability 
Permeability Throughput Decline 

Well (mD) (ml) (percent) 

A-Permeability damage in field cores during flow of a 3% NaC12 

1030 
1030 
1030 
1030 
4290 
4290 
4290 

1,010 
1,313 

813 
952 

1,662 
827 
635 

3,000 
1,600 
4,000 
3,400 
2,500 
2,500 
2,450 

M e a n  

59 
63 
59 
66 
69 
71 
93 
69 

B-Permeability damage in field cores during flow of a 3% CaC12 

4290 
4290 
4290 
4290 

1 , 188 
480 
41 1 
644 

3,000 38 
3,000 81 
2,500 5 
2,500 71 

M e a n  49 

C-Permeability damage in field cores during flow of a 3.7% KCl 

1030 
1030 
1030 
1030 
1030 
4290 
4290 

1,867 
1,399 
1,446 
2,165 

408 
645 

1,424 

3,900 
3,900 
3,000 
4,000 
4,000 
2,450 
2,500 

M e a n  

70 
15 
56 
8 

50 
4 
0 

29 

percent is a conservative estimate of the amount of fines present in 
sandstone samples. Even wet sieving, which gives more accurate size 
distribution of particles, did not remove all fines from the surfaces of 
sand grains. 
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Figure 10.8. Carbonate leached from afield core by flowing 3.7% KCl solution [7]. 

TABLE 10.9 
PERMEABILITY DAMAGE IN FIELD CORES DURING FLOW OF 

3.7% KCl SOLUTION SATURATED WITH Cas03 [7] 
~ 

Initial 
Permeability 

(m D) 

Volume Permeability 

(ml) (percent) 
Throughput Decline 

150 
78 

518 
977 
1,690 
140 

73 
1,585 
221 
278 
351 
200 

2,200 

1,900 
1,600 

3,500 
2,500 
2,475 
2,500 
2,550 
2,475 
2,500 
2,500 
2,500 

7 

9 
14 

-7 
-20 

0 

0 

- 29 
-2 

2 
-2 

2 

Mean -4 
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TABLE 10.1 0 

OIL RESERVOIR SANDS [7] 
MINERALOGICAL COMPOSITION OF SEVERAL SOUTHERN CALIFORNIA 

Composition (weight percent) 
Field A Field B Field C Field D Field E 

Quartz 
K-feldspar 
Plagioclase 
Calcite 
Dolomite 
Siderite 
Anhydrite 
Pyrite 
Kaolinite 
Mica 
Chlorite 
Mixed layer 
Montmorillonite 

50.7 
10.5 
25.8 
0.0 
Tr 
0.0 

0.0 
0.8 
1.1 

7.8 

0.3 
0.0 

3.1 

42.7 
16.6 
28.8 
0.0 

4.1 
0.0 

0.0 

0.7 
0.0 
6.0 
0.0 
1 .o 
0.0 

35.8 
15.4 
28.7 
0.0 

8.5 
0.0 

0.0 
0.0 

2.7 
7.6 
0.0 
0.0 

0.0 

34.7 
33.8 
17.8 
0.0 
0.0 

0.0 

0.0 

0.2 
1.8 

7.9 
0.9 
0.0 

0.5 

29.8 
18.2 

30.9 
2.4 
0.0 

0.0 
0.0 

0.6 
4.2 

11.6 
1.2 
0.0 

0.4 

1 

I 

Figure 10.9. SEM microphotograph of porejilling kaolinite plates. (Courtesy of Core 
Laboratories.) 
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TABLE 10.1 1 
RESULTS OF X-RAY ANALYSIS OF FORMATION FINES* IN WEIGHT PERCENT [8] 

Well A Well B Well C Well D Well E 
Clays 

Montmorillonite 5.5 13.4 2.2 1.4 - 
Illite 6.2 9.1 3.0 1.7 
Kaolinite 0.8 4.2 1.3 0.7 - 
Chlorite 3.9 

- 

- - - - 
Quartz 36.7 24.0 17.3 17.0 6.83 
Other Minerals 

Feldspar 8.6 5.7 9.1 5.4 11.4 
Muscovite 1.6 - 1.6 1 .o - 
Sodium chloride 1.1 1.3 7.8 5.0 1.5 

1.5 Calcite - 1.6 
Dolomite - - 1.8 2.8 - 
Barite - - - 22.1 - 

Amorphous Materials 35.6 40.7 25.9 42.9 17.3 
Total 100.0 100.0 100.0 100.0 100.0 

- - 

* Passed 400 mesh screen. 

X-ray diffraction analyses of formation frnes to determine minera- 
logical content showed that not all formation fines are clay minerals. 
The results of these analyses are presented in Table 10.11 and 
Figure 10.10. As expected, quartz was the dominant species 
(39wt%), followed by amorphous material (32wt%) and other 
minerals (18 wt%), such as feldspars, muscovite, calcite, dolomite, 
and barite. Clays represented only llwt% of the total fines. 
Similar analyses of the mineralogical composition of several Southern 
California oil reservoir sands by Reed Gable 10.10) gave almost 
identical average mineralogical contents of fine particles [7 ] .  Reed’s 
and Muecke’s studies showed that formation fines are present in 
all reservoir sands in sufficient amounts to cause serious formation 
damage, and any remedial treatment to remove this damage must be 
capable of treating not only clay minerals but also all other types of 
substances (minerals and non-minerals). 

FINES MIGRATION 

Migration of fines in petroleum reservoirs has been typically 
investigated from two different perspectives: 

(1) chemical interactions of drilling and completion fluids with the 
reservoir rock and fluids, and/or 
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Clays Quartz Other Amorphous 
Minerals Materials 

Figure 10.10. Typical average mineralogical content of fine particles present in US. 
Gulf Coast formations [SI. 

( 2 )  mechanical flow forces in the portion of formation near the 
wellbore. 

Veley reported that as fresh water contacts a clay-containing formation, 
clays swell, disperse, migrate, and plug, causing a rapid and severe 
decline in permeability [ 2 7 ] .  Swelling and dispersion of clay particles is a 
function of the amount of water absorbed, which in turn is a function of 
the crystal structure and the cations present on the mineral surfaces. The 
smectite group of minerals has the greatest water sensitivity as shown in 
Table 10.12. Kersey indicated that smectite minerals, which have a crystal 
structure that favors absorbtion of water and some organic molecules, 
such as polymers, between unit layers, will not swell unless they are 
contacted by a drilling or completion fluid with different salinity and 
chemical composition than the formation water [ 2 9 ] .  He maintained 
that smectite minerals can swell to 1,000% ( 2 0  times) of their original 
volume if the invading fluid is appreciably incompatible with the 
formation water. Table 10.13 shows the importance of clay content and 
type of clay mineral in determining the mechanism of permeability 
damage. It is evident from this table that, regardless of the clay content, 
water sensitivity is of major importance in formations containing 
grain-coating authigenic minerals (e.g., smectite, illite, and chlorite), 
whereas migration of fines is prominent in porefilling authigenic minerals 
(e.g., silicates, kaolinite and illite). Because of their very large surface 
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TABLE 10.1 2 
MINERALOGICAL SENSITIVITY TO FORMATION DAMAGE [8] 

Chlorite/Smectite Illite/Smectite 
Water Sensitive Illite Smectite (Montmorillionite) 

Acid Sensitive (HCL) Chamosite 
Chlorite (Iron-Rich) 
Chlorite/Smectite 

Dolomite (Iron-Rich) 
Acid Sensitive (HF) Calcite 

Dolomite 
Scale Anhydrite 

Barite 
Brucite 
Calcite 

Celestite 
Gypsum 

Kaolinite 
Migration of “Fines” Illite 

“Sand” Production Rock-Forming Minerals 

Glauconite 
Hematite 

Pyrite 
Siderite 

Silicate Minerals 

Halite 
Hematite 
Magnetite 
Siderite 
Trolite 

Silicate Minerals 

areas and their loose attachment to sand grain surfaces, kaolinite and 
illite clay particles are very susceptible to migration [29]. 

Chemical Damage 

Khilar et al. investigated the sensitivity of sandstones to fresh water 
and determined the existence of a critical rate of salinity decrease at 
which a rapid and drastic reduction in permeability occurs [30]. This 
rate is reached when the saltwater present in the sandstone is replaced 
by the injected fresh water. Figure 10.11 shows a typical behavior of 
the permeability damage ratio k/ko during a standard core-flood test to 
demonstrate the water sensitivity of clayey sandstones. As a few pore 
volumes (2.5) of fresh water were injected into a core containing 0.51 M 
NaCl(1 ppm = m), the permeability ratio dropped from 100% (no 
damage) to approximately 1%, i.e., the final core permeability of 0.01 b. 
When fresh water was injected in the opposite direction, the permeability 
increased only temporarily; however, when saltwater was injected in the 
same direction as fresh water, no change in permeability was observed. 
The last portion of Figure 10.11 corresponds to the case where saltwater 
was injected in the same direction at the start of the flow test. In this 
case, the permeability ratio increased and then stabilized at about 0.85. 
These permeability trends indicate that mobilization and dispersion of 
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TABLE 10.13 
MECHANISM OF FORMATION DAMAGE AS A FUNCTION OF CLAY CONTENT AND TYPE [2] 

Silicate and/or Carbonate 
Cement Clay Cement 

Type Clay content Clay content 
Distribution <lo% >lo% <lo% >lo% 
Clay Minerals Mechanism of Formation Damage 

Detrital/ 
Laminae 

Fresh Water 
Acid (HCL) 
ACID (HF) 

Fresh Water 
Acid (HCL) 
ACID (HF) 

Migration of 
“Fines” 

Fresh Water 
Acid (HCL) 
Acid (HF) 

“SAND” 
PRODUCTION 

Detrital/ 
Bioturbated 

Authigenic/ 
Grain-Coating 

Authigenid 
Pore-Filling 

Fresh Water 
Acid (HCL) 
Acid (€IF) 

Migration of 
“Fines” 

FRESH WATER 
ACID (HCL) 
ACID (HF) 

Acid (HCL) 
Acid (HF) 

MIGRATION 
OF “FINES” 

Fresh Water 
Acid (HCL) 
ACID 0 

MIGRATION 
OF “FINES” 

FRESH WATER 
ACID (HCL) 
ACID (HF) 

Acid (HCL) 
Acid (HF) 

MIGRATION 
OF -FINES’ 

Fresh Water 
Acid (HCL) 
Acid (HF) 

Migration of 
“Fines” 
“SAND” 

PRODUCTION 
FRESH WATER 

ACID (HCL) 
Acid (HF) 

“SAND” 
PRODUCTION 

Acid (HCL) 
Acid (HF) 

MIGRATION 
OF “FINES” 
“SAND” 

PRODUCTION 

Fresh Water 
Acid (HCL) 
Acid (HF) 

Migration of 
“Fines“ 
“ S A N D ”  

PRODUCTION 
Fresh Water 
Acid (HCL) 
Acid (€IF) 

Migration of 
“Fines” 
“SAND” 

PRODUCTION 
FRESH WATER 

ACID (HCL) 
Acid (HF) 

“SAND” 
PRODUCTION 

Acid (HCL) 
Acid (HF) 

MIGRATION 
OF “FINES” 

PRODUCTION 
“SAND” 

NOTE: A. The categories of Formation Damage are based on the assumption that normal 
rock-forming minerals are present (including calcite and pyrite). 

B. Scale can form in each category if incompatible fluids are mixed. 
C. Capitalized words indicate major importance. 

clay fines are occurring, and the primary cause of permeability reduction 
is pore plugging [31,32]. These permeability trends also lead War 
to the deduction that the permeability reduction is related to the rate 
at which the salt concentration is decreased [31]. To determine this 
relationship, Khilar conducted a large number of f lood  tests in Berea 
sandstone core samples of 1 in. in diameter and 1 in. in length [31]. These 
cores (@ = 19%) typically contain about 8% by weight of dispersible 
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' 0  10 20 30 40 50  60 7 0  80  90 100 
Pore Volume 

Figure 10.11. Bebador ofpwmeability damage ratio during a standard coreflood 
test [30J. 

ci CI r 

I Q 
B Mlillpore fliter 

C Core Sample 

CI Concentration Indicator 

D Distributor 

E Collector 

P Pressure Measuring System 

S Stirred Pot 

T Constant Temperature Bath 

V Swltching Valve 

Figure 10.12. Schematic diagram of experimental apparatus used to investigate 
chemical damage 13 1J. 

clays, such as kaolinite and illite. The experimental apparatus shown 
in Figure 10.12 was used to carry out several experimental runs in which 
the salt concentration was decreased exponentially with time by using 
a continuously stirred mixer. Table 10.14 shows the results of 15 such 
experimental runs, where the superficial velocity is equivalent to the 
Darcy velocity and the space velocity is the ratio of the flow rate of the 
stream to the volume of the mixer (q/V). The space velocity was used 
to characterize the rate of salinity decrease. 
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TABLE 10.14 
RESULTS OF CHEMICAL DAMAGE TESTS [3 11 

Superficial Volume (v) Space (-') 
Experimental Flowrate (4) Velocity of mixer Velocity 

Run # cclsec cmlhr cc hr-' Wk, 
1 
2 
3 
4 
5 
6 
7 
8 
9 

10 
11 
12 
13 
14 
15 

1.67 x 10-3 
8.89 x 10-3 
8.89 x 10-3 
2.22 x 10-2 
3.61 x 
3.61 x 
3.61 x lo-* 
3.61 x 
3.61 x 
3.61 x 
3.61 x 
3.33 x 10-3 
3.33 x 10-3 
3.33 x 10-3 
3.33 x 10-3 

1.2 
6.3 
6.3 

15.8 
25.6 
25.6 
25.6 
25.6 
25.6 
25.6 
25.6 
2.4 
2.4 
2.4 
2.4 

150 
150 
150 
36 

1,600 
1,080 

530 
385 
255 
100 
36 

148 
65 
36 
24 

0.040 
0.222 
0.222 
2.22 
0.083 
0.125 
0.263 
0.357 
0.555 
1.320 
3.85 
0.082 
0.212 
0.345 
0.526 

0.45 
0.67 
0.56 
0.008 
0.70 
0.67 
0.62 
0.16 
0.01 
0.008 
0.008 
0.36 
0.11 
0.02 
0.008 

PDR 

1.0 10.0 

0.8 8.0 

0.6 6.0 

0.4 4.0 

1 

0.2 2.0 

0 0 
0 1000 2 0 0 0  3 0 0 0  4000 5 0 0 0  

In 

Pore Volume 

Figure 10.13. Permeability damage ratio and salt concentration ratio at a space 
velocity of 0.125 hr-' [311. 

Figures 10.13 and 10.14 are typical plots showing the behavior of the 
permeability damage ratio k/ko and salt concentration ratio Co/C, where 
C and C,  are the effluent and original salt concentrations, respectively. 
Figure 10.13 is for the case where the salt concentration is decreased 
slowly as indicated by a high residence time of 8.0 hours or, inversely, 
a low space velocity of 0.125 hr-'. Figure 10.14 corresponds to the 
case of a high rate of decrease as indicated by a higher space velocity 
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Data q,ccls v,cmlhr 
0 3.6~10'' 25.6 
A 3.3~10''  24.0 

PDR 

10.0 

8.0 

6.0 

4.0 

2.0 

0 
0 100 2 0 0  300 400 500 

I co n- 
C 

Pore Volume 

Figure 10.14. Permeability damage ratio and salt concentration ratio at a space 
velocity of 1.316hr-I [ ~ I J ' .  

1 

10-3 1 I 1 I 

10-2 lo-' 1 10 
Space Velocity (hr-') 

Figure 10.15. Critical rate of salinity decrease in water sensitivity tests of Berea 
core (3 I / .  

of 1.316 hr-'. Comparison of these two figures shows that a high rate 
of salinity decrease causes severe and abrupt permeability reduction. 
Consequently, there is a critical rate of salinity decrease below which 
negligible permeability damage occurs and beyond which Permeability 
reduction is rapid and drastic. This critical rate can be obtained by 
plotting the final Permeability reductions from Table 10.14 versus 
space velocities, as shown in Figure 10.15. For v = 25.6 cm/hr, the critical 
rate corresponds to a space velocity of approximately 0.26  hr-' and a 
permeability damage ratio of 0.62 (Figure 10.15). For a lower superficial 
velocity of 2.4 cm/hr, the critical salinity rate corresponds to 0.15 hr-' 
and k& of about 0.30. 
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Samples of the effluent from several runs were analyzed both 
microscopically and chemically. Scanning electron micrographs revealed 
that clay particles are released regardless of the rate of salinity decrease. 
To quantrfy this observation, clay particles were dissolved in hydro- 
fluoric acid solution to yield mostly silicon ions (Si4+) and aluminum 
ions (AI3+). Assuming that most migrating clay particles are kaolinite, the 
concentrations of aluminum ions were converted to concentrations of 
clay particles (X) and plotted as shown in Figs. 10.16, 10.17, and 10.18. 

60 

50 

40 
X 

30 

20 

10 

0 

10.0 

8.0 

6.0 c 

4.0 

2.0 

I"% 

800 1600 2400 3200 4000 
Pore Volume 

Figum 10.16. Behavior of clay concentration, X, and permeabiZity damage ratio, 
k/ko, at slow decrease in salt concentration, C, and high flow rate /30]. 

7 

Flow Rate=13Occ/hr 
Space Velo~Ity=l.32hr'~ 
( v  = 25.6cm/ hr 1 6 0  
i 

Pore Volumes 
Figure 10.17. Behavior of day concentration, X,  andpermeability damage ratio, kfio 
at fast decrease in salt concentration, C, and highfrow rate /.OJ 
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Flow Rate=lScc/hr 

10.0 

8.0 

6.0 c 

4.0 

2.0 

In- c o  

0 20 40 60 80 100 120 140 160 180 200 
Pore Volume 

Figure 10.18. Behavior of clay Concentration, X ,  and permeability damage ratio, 
k/ko, at fast decrease in salt concentration, C, and lowJow rate (301. 

From these figures, Khilar et al. concluded that [30] : 

the effluent is free of clay particles until the critical rate of salinity 
decrease is attained; 
the clay concentration in the effluent stream is directly proportional 
to the space velocity and inversely proportional to the superficial 
velocity; and 
approximately the same amount or mass of clay particles is released 
for a given drop in the salt concentration below the critical one, 
irrespective of the flow rate and the rate of salinity decrease 
(Table 10.15 and Figure 10.19). This figure shows the amount of clay 
particles released as a function of salt concentration. The amount of 
clay particles released can be estimated by calculating the area under 
the clay concentration curve X. 

Based on chemical and microscopic analyses, the dependence of 
the permeability damage ratio k/k, of the rate of salinity change 
can be explained by the so-called “log-jam” mechanism. For instance, 
Figure 10.16 shows that an abrupt decrease in the salt concentration 
causes a sudden and rapid increase in clay concentration (X). As more 
particles are released, they start arriving at pore throats at the same time, 
causing logjams or bottlenecks and consequently a significant reduction 
in the permeability. Continued release and capture of clay particles in 
the same flow direction can result in total plugging of the sandstone 
pore throats. Conversely, if the salt concentration is reduced slowly, 
then the clay particles are released slowly and in low concentration, 
thereby avoiding the logjam effect. Based on these experimental results, 
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TABLE 10.1 5 
MASS OF CLAY PARTICLES COLLECTED AT DIFFERENT VELOCITIES [30] 

Superficial 
Space Velocity Velocity (AM) 

(W (cmlhr) (gm*) 

0.125 
0.263 
9.34 

25.6 
25.6 

2.4 

0.025 
0.022 
0.020 

1 o4 

lo3 

LI 

E 
n 

0 

P 

PD 
- 

lo2 

i a  

Mass (gm) 

Figure 10.19. Mass of clayparticles collected as a function of salt concentration at 
various space velocities [30J 

a theoretical model was developed to predict the critical rate of salinity 
decrease. The predictions appear to be in reasonable agreement with 
these experimental measurements. 

Mechanical Damage 

Permeability damage by fines migration resulting from mechanical 
flow forces has been systematically investigated first by Muecke then by 
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Gruesbeck and Collins [8, 101. Earlier studies, which were mostly based 
on analyses of core flooding experiments, yielded only qualitative results 
with limited practical applications [33-381. Gray and Rex found that 
non-swelling mica crystals, partially mixed-layer minerals, and kaolinite 
crystals constituted the principal sources of permeability damage [33]. 
The electrostatic forces bonding these clay particles and keeping them 
in equilibrium are weak and may be altered by any change in cation 
concentration, causing these particles to dislodge from the walls of 
sandstone pore channels. 

Muecke designed a micromodel of porous media, shown in Figure 
10.20, to investigate the many factors controlling the migration of 
formation fines in porous media [SI. This micromodel allows direct 
visual observation of fines movement during fluid flow through an 
optical microscope using transmitted light at various magnifications. 
Precipitated calcium carbonate (CaC03) particles ranging in size from 
2 to 15 prn, were used as fines and introduced into the micromodel 
as a suspension. Water, oil, and various common solvents were used, 
separately and in various combinations, as carrier fluids. When a single- 
liquid phase is present, Muecke observed: 

(a) The fines move freely through the porous system, unless they 
mechanically bridge at pore restrictions as depicted in Figure 10.21. 

(b) The tendency to bridge is directly proportional to the concentration 
of fines; consequently, high concentrations of fines in sandstone 
formations can lead to severe permeability reduction by the bridging 
or plugging mechanism. 

Produc tlon Port Injection Port 

(6cm x 8cm x .5crn) 
Figure 10.20. Scbenzatic diagram of experimental apparahcs used to investigate fines 
movement in ~ O V O U S  media f81. 
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Fines Bridged At 
Pore Restriction 

Mobile Fines 

Figure 10.21. Fines migration during single-phase$ow 181, 

Bridges formed at high flow rates or velocities are much more stable 
to flow reversals or pressure disturbances than those formed at low 
velocities; therefore, pulsating flow may cause less permeability 
damage than continuous flow. 
There is an equilibrium bridged condition reached at some constant 
flow rate when the movement of fines practically ceases. If the flow 
rate is changed or the flow direction is reversed, however, the bridges 
become unstable, causing the fines to move again. 

Using the same micromodel, Muecke investigated fines migration in 
porous media containing two or more immiscible fluids and concluded 
that: 

(1) Because fine particles have a high surface-area-to-mass ratio, fines 
wettability and surface-interfacial forces play a dominant role in their 
movement. 

(2) Formation fines become mobile only if the liquid phase that wets 
them becomes mobile, as shown in Figures 10.22 and 10.23 for a 
water-wet fines case. 

(3) Simultaneous flow of oil and water causes considerable fines 
migration because the localized pressure disturbances at the oil- 
water interfaces keep the fine particles agitated. 

(4) Continued water flow at residual oil saturation, i.e., the oil phase is 
immobile, rapidly establishes an equilibrium bridged condition. 

(5) Fines of mixed wettability, i.e., located at the interface between 
the oil and water, tend to move only along the oil-water interface 
(Figure 10.24). If one of the wetting phases is immobile, interfacial 
forces confine the fines movement to only a few grain sizes. 

(6) Injection of mutual solvent or surfactant solution releases formation 
fines held by wetting and interfacial forces, causing them to migrate 
at high concentrations as shown in Figure 10.25. This suggests that 
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Figure 10.22. Water-wetfines are immobile when the connate water is immobile [8]. 

Water 

Water 

Figure 10.23. Fines migration during two-phase flow [8]. 

permeability damage by fines migration is likely to occur during 
improved oil recovery processes. Muecke reached the same conclu- 
sions when he used a largescale linear flow cell (4 ft long and 1.5 in. 
in diameter) to study the movement of fines under conditions that 
are more representative of those present in the reservoir rocks. 

Gabriel and Inamdar investigated the simultaneous effects of both the 
chemical and mechanical mechanisms on fines migration and subsequent 
permeability damage [21]. The flow tests were performed mostly on 
Berea sandstone core samples (10.2 cm long and 2.54 cm in diameter). 
Table 10.16 shows the mineralogical composition of these samples. 
This experimental investigation essentially confirmed the findings of 
Muecke and Khilar [8,31]. The primary contribution of this study is 
the estimation of critical velocity. For Berea sandstone core samples, 
which typically have an average permeability of approximately 150 mD, 
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Figure 10.24. Fines of mhed wettability migrate along the watw/oil integace when 
the connate water is immobile [8J. 

Figure 10.25. Fines migration during injection of chemicals for improved oil 
recovey [8J. 

TABLE 10.16 
TYPICAL MINERALOGICAL COMPOSITION OF BEREA CORES [2 11 

Bulk Core Fines (t5 m) 

Quartz 86% 51% 

Dolomite 1 
Siderite 1 1 
Illite 4 15 
Kaolinite 3 20 

2 Chlorite - 
Total 100% 100% 

Feldspar 5 11 
- 
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permeability damage occurred at velocities greater than 0.007 cm/s. 
Generally, however, the extent of permeability damage is a function of 
flow area, direction, original core permeability, and wettability. 

MIGRATION OF FOREIGN SOLIDS 

Clays or other solid particles often are included in the formulation of 
drilling, completion, or workover fluids to provide the required density, 
rheology, and filtration. These solid particles may be carried into the 
formation with the filtrate from the fluid system. Once these solids 
are inside the pore channels of the formation, they behave similarly to 
formation fines. Permeability impairment by foreign solids is strongly 
dependent on their size distribution and the pore throat size distributions 
of the formation. Penetration of these solids is generally shallow (5 to 
10 cm); however, the resultant permeability damage ratio, k&, can be 
as low as 10% [3]. 

CRITICAL VELOCITY CONCEPT 
Gruesbeck and Collins used a parallel-pathway model of a porous 

medium, as shown in Figure 10.26, to determine the local laws of 
mobilization and deposition of formation fines [9] .  In this model, it is 
assumed that flow channels have two parallel branches: (1) one consists 
of large pore sizes in which only surface non-plugging deposition occurs, 
and (2) the other consists of smaller pore 
deposition of fines may occur. The fraction 

sizes in which plug-type 
of flow channels that are 

Figure 10.26. Parallel pathway model offines migration and deposition [PI. 
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plug-type pathways is determined by the size of fines relative to the size 
of pores. 

ENTRAINMENT AND SURFACE DEPOSITION 

Assuming no plugging deposition occurs when very small fine particles 
are entrained through a porous medium having large pores, Gruesbeck 
and Collins performed a set of experiments using clean sandpacks 
with grain diameters ranging from 840 to 2,000 ym and a suspension 
of CaC03 particles with a mean diameter of 8 ym [9] .  The carrier fluid 
was a 2% KCI solution with pH adjusted to 8 with sodium hydroxide. 
Effluents were collected and analyzed for fines concentration and particle 
size distribution with a Turbidimeter and a Coulter Counter. Figure 10.27 
shows a typical plot of CJCi versus PV throughput for different interstitial 
velocities, v/&, 

where: 

C, = fines concentration in effluent, cm3/cm3. 
Ci = fines concentration in inlet fluid, cm3/cm3. 
u = volume flux density (q/A), cm/s. 
@i = initial porosity, fraction. 
q = flow rate, cm3/s. 
A = cross-sectional area, cm2. 

Figure 10.27 shows that, at each change in flow rate, there exists a 
constant value of C&i, indicating steady-state conditions. Thus, from a 
material balance on fines at any point x in the sandpack, one obtains the 

v l q  = 0.9 5 cml s 
v 1@i = 0.6 6cmls 

',* v ~ ~ = 0 . 3 2 o r n l s  

I I I I I I I I I I I 
0 5 10 15 2 0  25  30 3 5  40 45 50 55 t 

Pore Volume 
0 

Figure 10.27. Deposition of fines in a porous medium (sandpack) for dirkrent 
intmtittal velocities f9J. 
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following equation: 

a ac 
at 
- (+C + +iV+) + UG = O (10.5) 

where: 

CpC = volume of fines in suspension per unit bulk volume 
of porous medium, cm3. 

porous medium. 
@iVf, = volume of fines deposited per unit bulk volume of 

+ = remaining porosity after deposition, fraction. 
C = fines concentration in fluid, cm3/cm3. 
x= distance along the core, cm. 

VQ, = volume of fine particles deposited per unit initial 
PW, cm3/cm3. 

At steady-state conditions, the volume of fmes in suspension, $C, is 
constant and a(+C)/at = 0. Thus, Equation 10.5 becomes: 

(10.6) 

Assuming the rate of fines deposition, aVf,/at, is proportional to fines 
concentration C, i.e.: 

av, = a1c 
at  

(10.7) 

where: a1 = constant of proportionality, sec-' . 
Substituting a l C  for aVf,/at in Equation 10.6 and integrating yields: 

-u c e  
a1 = -1n- 

(PiL Ci 
(10.8) 

where Ci is the inlet fines concentration and Ce is the fines concentration 
at the outlet of the core. 

Thus, the surface-type deposition occurs according to the following 
equation: 

(10.9) 

Using the data in Figure 10.27 and Equation 10.8, it was found that a1 = 
0.01 s-' for each flow rate, which indicates that the surface deposition 
constant a1 is independent of flow rate. 
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D 
Pore Volume 

Figure 10.28. Concentration of Jnes in the eJfluent for diflment interstitial 
velocities [9j. 

Based on another setof data shown in Figure 10.28, which was obtained 
from flowing a clean fluid through a dirty sandpack-i.e., the 840- to 
2,000-pm grain diameter sand was mixed and packed wet with a fines 
suspension-Gruesbeck arid Collins derived an equation for calculating 
the average rate of entrainment. Assuming steady-state conditions and 
integrating Equation 10.6 over the length of the sandpack with C = 0 
at x = 0, and C = Ce at x = L, gives: 

(10.10) 

This equation is used to calculate the average rate of entrainment within 
the sandpack from the data in Figure 10.28, which is then plotted against 
the interstitial velocity as shown in Figure 10.29 (Curve a). This figure also 
shows the result of experiments using the same fines, sand, arid solution, 
but with a polymer added to increase the fluid viscosity (Curve b). 
These plots reveal the existence of a “critical veIocity, ’ or flow rate, below 
which entrainment of fine particles does not occur, i.e., aVf,/at = 0, 
and above which the rate of mobilization, entrainment, and deposition 
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Figure 10.29. Net rate of entrainment ofjsnes in a porous medium as a function of 
interstitial velocity [9J. 

of formation fines increases linearly with the flow rate according to the 
following expression: 

-- avfp - a1C - a2vfp (u - Q) u > u, (10.11) 
at 

where: 

u, = critical volume flux density, cm/s. 
a2 = constant (determined experimentally), l k m .  

Inasmuch as the inlet concentration is zero, the term a l C  should be 
negligibly small throughout the sandpack for the brief duration of these 
type of tests and, therefore, may be dropped from Equation 10.8. 

From Figure 10.29, it appears that the only effect of increasing the 
viscosity of flowing fluid on the rate of entrainment of fines is that the 
value of the critical velocity increases. This increase may be justified by 
postulating the existence of a force that binds fine particles on the sand 
grain surface. If this force is exceeded by the viscous drag force of 
the flowing fluid, the release and entrainment of fine particles would 
occur. The large fluctuations observed in the effluent concentration at 
each change in flow rate are caused by turbulent flow (Figure 10.28). 
Turbulence enhances the viscous drag force of the flowing fluid and, 
consequently, increases the rate of entrainment of formation fines. 
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ENTRAINMENT AND PLUGGING 

Experiments in which both surface and plug-type deposition occur 
were made by using flowing suspensions of 5- to IO-pm glass beads 
through a clean pack of 250-297 pm diameter sand grains. The results 
of these tests are shown in Figure 10.30, which reveals the existence 
of a limiting condition of zero deposition rate at some equilibrium 
value of fines deposition. This equilibrium value is dependent on the 
interstitial velocity of the flowing fluid. Using the parallel pathway model 
in Figure 10.26 and assuming, within any elemental volume of the porous 
medium, a fraction f of the element made up of pluggable pathways 
and a fraction (1 -0 of nonpluggable pathways, the total flux density is 
equal to [9]: 

u = fup + (1 - f)unp (10.12) 
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where the subscripts p and np stand for pluggable and nonpluggable, 
respectively. The total volume of deposits per unit bulk volume of porous 
medium is equal to: 

Nonpluggable pathways are assumed to be sufficiently large compared 
with the size of the suspended fines so that total plugging never occurs. 
However, in pluggable pathways, which are composed of narrower 
pore openings, the formation permeability and consequently the flux 
density up can be reduced to zero by fines deposition. Based on these 
assumptions and Equations 10.5,10.12, and 10.13, Gruesbeck and Collins 
postulated that the rate of entrainment and deposition in the pluggable 
pathways behaves according to the following expression [9] : 

(10.14) 

where a3 and aqare constants (in cm-l), which can only be determined 
experimentally. In nonplugging pathways, Equation 10.11 applies by 
changing the terms u and Vfp to Unp and (Vfp),,, respectively: 

(10.15) 

It is evident from Equations 10.12 and 10.13 that as the volume of fine 
particles deposited in the plugging pathway, (VfP), , increases, the velo- 
city, up, decreases, causing the fluid velocity through the nonplugging 
pathways, unp, to increase; i.e., fluid flow is diverted from plugging 
pathways to nonplugging pathways. Hence, entrainment in non- 
plugging pathways increases until a(V&,/i3t approaches zero. Setting 
a(VfP),,/at equal to zero in Equation 10.1 1 or 10.15 gives the equilibrium 
value, V&,, observed in Figure 10.30: 

where it is assumed that, during equilibrium, all pluggable pathways are 
plugged, and consequently Unp = u. As a test of the general validity of 
the critical concept theory, Gruesbeck and Collins carried out numerical 
integration of these equations and generated data, which is plotted in 
Figure 10.31, It is evident that this theoretical data matches, almost 
perfectly, the data generated experimentally (Figure 10.30). The simple 
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Pore Volume 

Figure 10.31. Numerical simulation of the effect of interstitid velocity on fines 
migration [SJ. 

theory of critical velocity, therefore, is an excellent representation of 
deposition and entrainment processes in porous media. For the purpose 
of numerical integration, the permeability is assumed to change as 
deposits accumulate according to the following expressions: 

and: 

(10.17) 

(10.18) 

where a3 and a4 are dimensionless constants that may be determined 
experimentally. Also, the fraction of flow through pluggable pathways is 
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assumed to change according to the following equation: 

(10.19) 

The experimental tests used to develop the concept of critical velocity 
were run at a constant flow rate, even though in producing wells flow 
occurs more nearly at a constant pressure differential, especially in 
the vicinity of wellbore where formation damage occurs. Figure 10.32 
shows the results of deposition and entrainment tests run at a 
constant pressure drop across the sandpack for two types of sands. The 
permeability damage ratio k/k, for finer sands (Curve A) approaches 
zero rather rapidly because the deposits tend to concentrate near the 
inlet end of the sandpack. In the coarser sand (Curve B), deposits are 
more uniform throughout the sandpack and, consequently, after a brief 
decline, the permeability damage ratio becomes constant. Gruesbeck and 
Collins observed that more deposition results, for a given pore volume 
throughput, under constant Ap than for a constant flow rate q. 

Figures 10.33 and 10.34 show permeability changes versus PV and 
interstitial velocity, respectively, when a Berea sandstone core is exposed 
to a deposition and entrainment test. Data in Figure 10.33 were obtained 
by maintaining each indicated flow rate for a throughput of 100 PV 
while Ap was measured continuously. For the flow rate of 0.0367 cm3/s, 
the permeability of the core became constant. Figure 10.34 is a plot of 
k&, vs. u/$ for the data in Figure 10.33 and three other similar data 
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Figure 10.32. Entrainment and deposition of formation Jnes under constant Ap 
of 5- to IO-mm diameter Jnes; Curve A: 177- to 210-mm diameter sandpack 
and ApplL = 900 kFa/m; Curve B: 250 to 297-mm diameter sandpack, ApIL = 
450 kFa/m [9J. 
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Figure 10.33. Effect of flow rate on the entrainment and redeposition of fines in a 
Berea core duringflow of a 2% KCI solution [9]. 
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Figure 10.34. Eflect of interstitial velocity of the permeability damage ratio klk, for 
different flowing solutions [91. 

sets obtained using different flowing fluids. The curves plotted in Figure 
10.34 have the same characteristic behavior as those shown in Figure 
10.29. This characteristic behavior also can be observed in Figure 10.35, 
which shows the results of similar experiments on actual cores from a 
field where some wells have exhibited abnormal productivity decline. 
These results confirm the role played by naturally occurring fines in 
formation damage and consequent well productivity decline. Hence, 
the critical velocity theory is an excellent representation of deposition 
and entrainment processes, and is applicable to consolidated as well as 
unconsolidated porous media. 
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IDENTIFICATION OF PERMEABILITY DAMAGE MECHANISMS 
Assuming that, at certain times, only one mechanism of permeability 

damage is dominant, Wojtanowicz et al. developed a simple and 
practical technique for identifying the prevailing mechanism [ 191. This 
technique is based on the "systems analysis" approach in which the 
experimental data of permeability changes versus the flowing time are 
used to infer quantitative values of selected factors involved in the 
fluid-rock interaction. For practical applications, this approach can be 
used to recognize the damage mechanisms by analyzing Cartesian plots 
of the permeability damage ratio, k/ko, as a function of time. The type of 
damage mechanism occurring is identified by the existence of a straight 
line of a specific slope. The general assumptions used in the development 
of this technique are: 

(1) the concentration of formation fines exponentially decreases with 
time; 

(2) the concentration of solids in completion fluids invading the 
formation is constant; 

(3) the migration of these solids behaves according to the constant-rate 
filtration process; 

(4) the concentration of solids is low, so that the volume reduction due 
to particles capture is negligible; 

(5) the filter cake is incompressible; 
(6) the formation is homogeneous and pore geometry is regular; and 
(7) the flow is linear and laminar. 
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PERMEABILITY DAMAGE FROM FOREIGN SOLIDS 

There are three mechanisms of foreign solids transport in porous rocks 
by which permeability damage can occur: gradual pore blocking, single 
pore blocking or screening, and cake forming or straining. 

Gruesbeck and Collins defined gradual pore blocking as a surface-type 
deposition and showed that during this machanism the rate of deposition 
or capture is directly proportional to the solids concentration in the flow 
stream [lo]. Using a first-order particles capturing model, Wojtanowicz 
et al. derived the following equation describing the behavior of formation 
permeability during gradual blocking [ 191 : 

k = (& - mgf)2 

or: 

/$ = -mgt + 1 

(10.20) 

(10.2 1) 

which is an equation of a straight line with a negative slope mg and 
intercept 1.00. The slope is a function of the capture factor fc, solids 
concentration C,( g/cc), average length of the flow path L (cm), density 
of solids ps( g/cc), and original flow area Afo(cm2): 

(1 0.22) 

The physical meaning of the capture factor fc is analogous to the 
cake-to-filter ratio used in deep-bed filtration theory and can be estimated 
from the solids capture equation [36]: 

1 AM 
f 

C, At c -  (1 0.23) 

where M is the mass of foreign solids captured by the rock over a period 
of time, At. Single-pore blocking occurs when solid particles of critical 
size, i.e., of size close to the pore size, instantly block individual pores. 
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The permeability damage function describing this mechanism is: 

& = -mst + (10.24) 

which is also an equation of a straight line of slope-m, and intercept 
1.00. The slope is given by: 

(10.25) 

where: 

q = flow rate, cc/min. 
Csc = concentration of solid particles of critical diameter, g/cc. 
d, = critical diameter of particles, cm. 

= area of single pore, cm2. 

During the straining mechanism, a filtration cake builds up at or near the 
formation face. Cake forming can be initiated by solid particles larger 
than the pore size or by a high concentration of solids smaller than the 
pore size. The permeability change during this mechanism is: 

(1 0.26) k0 - = m,t + 1 
k 

This equation is a straight line of positive slope m, and intercept 1.00. 
The slope m, is approximated by the following equation: 

aqcs m, = - 
AcRr 

where: 

a = average flow resistance, cm/g (= &&/M). 
A, = area of cake, cm2. 
Rr = rock resistance to filtration, cm-' . 
& = cake resistance to filtration, cm-'. 

= actual length of the rock, cm. 
A, = rock area, cm'. 

(10.27) 

Using the laboratory setup shown in Figure 10.36, Wojtanowicz et al. 
performed a series of experiments by flowing completion fluids 
with different levels of mud contamination through core samples, and 
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1-Contalner WIDIstlIled Water 
2-Llquld Motered Pump (0-1OmlImln) 
3-Fluld Accumulator WIPlaton (1000m;270 atm) 
4-Pressure Transducer (0-6 atm) 
5-Inlet For Contlnlng Pressure Sst (Nltrogen; 7 rtm) 
6-Hand Packed Core In Lead Sleeve (PV-18.3ml) 
7-Rubber Sleeve 
8-Annulus 
9-Sample Bottle ( 6 0 m l )  

Fi- 10.36. Schematic diagram of experimental apparatus used to investigate the 
damage mechanisms [Igj. 
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Figure 10.37. Behavior of PDR is Indicative of the damage mechanism [lgj. 

generated Figures 10.37-10.40 [19]. Tables 10.17 and 10.18 show 
the completion fluids and the mineral composition of the reservoir 
rock samples used in these tests. Figure 10.37 clearly shows funda- 
mental qualitative change in permeability for different fractions of 
contamination. Figure 10.38 is a plot of &/k, versus time, which 
shows the existence of an early straight line for three different levels of 
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Figure 10.38. Early-time straight line is indicative of “gradualpore blockage” damage 
mechanism during foreign solids invasion [19]. 
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Figure 10.40. Diagnostic plot of “cake-forming damage mechanism” during foreign 
solids invasion [19]. 

TABLE 10.17 
COMPLETION FLUIDS TESTED [ 191 

Salt 
TSS CST Conc. Density Viscosity 

Fluid (PPm) (4 (g/l) (PPd (CP) P” 
Calcium Chloride 1 .o 9.3 190 9.5 1.5 8.6 
Sodium Chloride 0.0 8.9 215 9.5 1.9 8.1 
Ammonium Nitrate 0.2 9.8 260 9.5 1.7 3.2 
Ammonium Nitrate + 0.3 10.0 320 9.5 1.9 3.1 
20% Methanol 

‘Filtered through 0.4 micron filter. 

contamination (0.2%, O S % ,  and 1.0%). In alI three cases, the intercept 
is approximately equal to one and the slope is negative. Thus, according 
to Equation 10.37, the gradual pore blocking mechanism is dominant 
during the early part of the tests. As shown in Figure 10.38 the duration 
of this mechanism is a function of the level of contamination, and the 
higher the level of contamination the shorter the duration of gradual pore 
blocking mechanism. At the end of this mechanism, the curve is declining 
rapidly, i.e., severe permeability damage, suggesting the existence of 
single-pore blockage (screening) mechanism. Figure 10.39 is a Cartesian 
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TABLE 10.18 
MINERAL COMPOSITION OF 

CORE SAMPLES [ 191 

Concentration 
Mineral % wtlwt 

Quartz 56-68 
Feldspar 11-23 
Calcite 5-8 
Dolomite 4-1 1 
Illite/Mica 3-7 
Chlorite 3-5 
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Figure 10.41. Effect of solids size and concentration on PDR [I9J  

plot of k&, versus time for the same data used to plot Figure 10.38. 
The two straight lines corresponding to 0.5 and 1.0% contamination, 
which behave according to Equation 10.24, confirm the existence of 
single-pore blockage mechanism. Figure 10.40 is a plot of k& versus 
time of the same data corresponding to the two “straining” curves in 
Figure 10.37. Thus for very high levels of contamination (3% or more) 
the cake-forming mechanism is dominant and behaves according to 
Equation 10.26. Figure 10.41 describes the effect of solids size and 
concentration on the gradual pore blocking mechanism. Large particles 
sizes and concentrations shorten considerably the duration of this 
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mechanism and, therefore, allow the more damaging single-pore block- 
ing mechanism to dominate. 

Based on these results and other tests not included here, Wojtanowicz 
et al. made the following observations [l9]: 

1. Inasmuch as a solids-free completion fluid is virtually impossible to 
achieve, the gradual blocking mechanism is always present. This 
mechanism is indicated by: 

(a) parabolic-type permeability reduction, 
(b) deep invasion of particles, and 
(c) steady decrease in the size of invading solids. The duration of this 

mechanism is a function of size and concentration of solid particles 
in the completion fluid. 

2. A single-pore blockage or screening mechanism, which may produce 
irreversible permeability damage, is associated with: 

(a) a steep and linear reduction in the formation permeability, and 
(b) a deep invasion of solid particles into the rock near the wellbore. 

3. A cake-forming or straining mechanism has three characteristics: 

(a) steep and linear reduction in permeability, 
(b) deep penetration of invading solids into the formation, and 
(c) small solids passing through the damaged zone. 

PERMEABILITY DAMAGE FROM FORMATION FINES 

Formation fines may be either generated as chemical precipitates from 
the chemical reaction between the completion fluid and formation water, 
or released form the surface rock as the completion fluid interacts with 
the various clay and non-clay minerals present in the formation rock. 
Once mobilized, these fines can damage the permeability in a similar 
manner as foreign solids. The equations describing the permeability 
response to damage, however, are different. Assuming the solids are 
mobilized exponentially, by analogy to the decay equation and chemical 
reaction kinetics, Wojtanowicz et al. showed that when the size of 
mobilized fines is much smaller than the size of pores, a simultaneous 
gradual blocking and sweeping mechanism occurs [ 191. Assuming the 
initial mass of mobile fines at the pore throats is negligible when 
compared to the mobile fines on the pore walls, the permeability 
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response to this mechanism can be described by the following equation: 

, /%=l-%ste -f r t 

where: 

Mpi = initial mass of fines on the pore surface, g. 

Lt = average length of the pore throat, cm. 

f, = release coefficient, min-' . 

Equation 10.28 can be written as follows: 

(10.28) 

(10.29) 

(10.30) 

Thus, a semilog plot of (1 - m ) / t  versus time should yield a straight 
line of slope-f,. Such a plot generally yields two straight portions, as 
shown in Figure 10.42. The first corresponds to the case where the 
concurrent mechanism is dominated by gradual pore blocking. The 
second straight line is for the case where the damage mechanism is 
dominated by pore sweeping. The slope of the second straight line is 
approximately 5 to 6 times the slope of the first straight line. The 
minimum permeability is reached at time t = l/'fr. 

The gradual pore-blocking and pore-sweeping mechanisms also can 
be analyzed separately in case the previous approach does not yield 
definite results. The permeability response to these mechanisms is the 
following general form: 

where, for gradual pore blocking, the constant am is equal to: 

(10.31) 

(10.32) 



728 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

E -  l 
r 

-7.0 - 

and for pore sweeping: 

(10.33) 

Mti is the initial mass of solids at the pore throat. Equation 10.30 can be 
written as: 

(10.34) 

Thus, a semilog plot of [ 1 + (1 - &/ko)/am] versus time should yield 
a straight line of slope -fr. 

When the mobilized fines resulting from interaction of completion fluid 
and formation are within the range of the pore throat size, the single-pore 
blocking mechanism takes place and causes a reduction in permeability. 
When the size of mobilized fines is considerably greater than the pore 
throat size, however, the plugging or cake forming mechanism occurs, 
which also causes permeability damage [19]. The permeability decline 
during single-pore blocking is: 

k 
ko - = 1 + a& (1 - &t) (10.35) 
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where asb is a group of measurable parameters: 

Rearranging and taking the logarithm, Equation 10.35 becomes: 

(1 0.36) 

(10.37) 

The permeability response to plugging or cake-forming due to the 
mobilization of fines is given by: 

= b, + a, (1 - 
ko 
k 
- 

or: 

where: 

(10.38) 

(1 0.39) 

(10.40) 

(10.4 1) 

Figures 10.43 and 10.44 illustrate the permeability response to the inter- 
action of four completion fluids, described in Table 10.17, and reservoir 
rock samples. Based on this study, Wojtanowicz et al. made the following 
observations [ 191 : 

1. 

2 .  

3. 

The amount of fines available for mobilization is constant for a parti- 
cular formation rock, and not dependent on the type of completion 
fluids; 
The mechanism by which fines were mobilized and captured is 
dependent on the type of completion fluid; and 
The level of compatibility of the completion fluid with a formation 
rock can be quantified by values of the release and capture coefficients 
fr and f,. Khilar and Fogler investigated the mechanism of water 
sensitivity of Berea cores and found that these two coefficients were 
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Figure 10.43. Behavior of PDR during the mobilization of fines in reservoir rock 
samples by NaCl and CaCl2 [19J 
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Figure 10.44. Behavior of PDR during the mobilization of fines in reservoir rock 
samples using two different well completion fluids [19]. 
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Figure 10.45. Variation of release and capture coeficients withflow rate (32J. 

proportional to the fluid flow rate as shown in Figure 10.45 [32]. 
A curve-fit of these data yields: 

(10.42) 0.965 fc = 0.385q 

and: 

fr = 0.640q0.970 (10.43) 

where the flow rate q is expressed in cm3/sec and the two coefficients 
in sec-’. The temperature affects the release coefficient and, conse- 
quently, the permeability damage ratio k/k,. According to Figure 10.46, 
decreasing the temperature delays the onset of permeability damage 
and reduces the rate of decline of k/k,. Figure 10.47 shows that 
the release coefficient fr can be related to the temperature by an 
Arrhenius-type relationship. The capture coefficient f, is independent 
of temperature [32]. 

EFFECT OF WATER QUALITY ON PERMEABILITY 

The quality of water injected into a sandstone formation during a 
waterflood or a water disposal project is affected by various types of 
contaminants, including suspended silts, clays, scale, oil, and bacteria, 
which can be a source of severe permeability damage and subsequent 
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Figure 10.46. Eflect of temperature on PDR [32]. 
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Figure 10.47. Effect of tempature on the reZease coefJident [32J. 

injectivity decline. In considering the effects of suspended solid particles 
on the rate of injectivity decline, Barkman and Davidson introduced 
a measure of "water quality" [23]. They defined it as the ratio of the 
concentration of suspended solids to the permeability of the filter 
cake formed by those solids. It can be obtained directly from the 
membrane or core filtration experiments. Filtration usually can reduce 
the concentration of suspended solids, but it is unlikely that sufficient 
water treatment can be achieved over long periods of time to prevent 
injectivity decline. A convenient way to determine how long an injector 
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can be used before well stimulation or replacement is required is to 
calculate its “half-life,” which is simply the time required for the injection 
rate to decrease to half of its initial value, and to estimate the rate and 
location of permeability damage. Barkman and Davidson investigated 
four mechanisms by which impairment of permeability can occur [23]: 

wellbore narrowing caused by the formation of a filter cake by solids 
on the face of the wellbore; 
invasion by solids of the formation rock in the vicinity of the wellbore 
or skin zone, causing bridging and buildup of an internal filter cake; 
perforation plugging as the solid particles lodge in the perforations; 
and 
wellbore fillup as the solids settle to the bottom of the well by gravity, 
causing a decrease in the net zone thickness. 

Figure 10.48 is a schematic representation of these types of permeabi- 
lity damage. Assuming that, in all four damage mechanisms, fluid is 
injected at a constant pressure, the flow state is semi-steady state, and 
the flowing fluid is incompressible, Barkman and Davidson showed that, 

1. Well bore Narrowing 

2. invasion 

The solids form 
a filter cake on 
the face of the 
well bore 

The solids invade 
the formation, bridge, 
and form an internal 
filter cake 

3. Perforation Plugging 

The solids become 
lodged in the perforations 

0 0  

The solids settle to the 
bottom of the well by 
gravity and decrease 
the net zone height 

9 
4. Welibore Filling 

Figure 10.48. Types of formation damage caused by solids near wellbore (2.11 
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for each mechanism, the time required for the injection rate to decline 
to some fraction of its initial value can be expressed as follows: 

where tT is the total time required to completely fill the wellbore volume 
with solids at the initial water injection rate iwi, and is independent of 
the impairment mechanism: 

(10.45) 

where: 

r, is the wellbore radius, h is the injection interval, 
C,, is the concentration of solids in water, and 
pc and pw are the density of filter cake and water, respectively. 

The Barkman-Davidson function, GD, adjusts tT according to which 
permeability impairment is dominant. 

EXTERNAL FILTER CAKE BUILDUP 

Assuming that: 

(1) the solids are trapped in the wellbore as in Figure 10.48, 
(2) there is a resistance to flow across the filter cake and across the 

formation, and 
(3) the filter cake resistance is a function of time as the cake builds, 

then the total pressure drop across the formation and filter cake is 
equal to: 

(10.46) 

where: 

i, is the water injection rate, 
k, is the filter cake permeability, 
k is the formation permeability, 
re is the external radius of the formation or injection pattern, 
rc is the radial distance to the face of filter cake, 
reD = re/rw, and 
rcD = rc/rw. 
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From a material balance on the solid particles in the wellbore, one 
obtains: 

(10.47) 

Substituting Equation 10.47 into Equation 10.46 and integrating over time 
gives the fractional life of a well with an external filter cake: 

where: 

0.5 
GBDE = 1 + - 

In0 

and: 

kD 9 = re, 

(10.48) 

(1 0.49) 

(1 0.50) 

(10.51) 

At half-life, i.e., the time at which injection rate is 50% of its initial value 
or a = 0.5, the function GBDE can be approximated by 1 for k,/k > 0.05 
and, therefore, t E  = tT. For k,/k < 0.05: 

and the corresponding half-life is equal to: 

(10.52) 

(10.53) 

For kJk > 0.05 the half-life of a typical injection well, where re/rw = 
1,800 and r, = 4 in., and in which impairment from an external filter 
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cake is dominant, is equal to: 

and for k,/k < 0.05: 

7,600 
tE1/2 = (2) (%)k 

( 1 0.54) 

(1 0.55) 

where Cs, is expressed in ppm, k and in mD, i,i in bbl/D, h in feet, 
and time t in years. 

A key finding of Barkman and Davidson is that the water quality 
ratio (WQR), C,,/k,-, can be used to calculate the rate of formation 
impairment. For instance, if the permeability of the deposited cake, k,-, 
is small compared with the formation permeability, k, the water quality 
ratio is, from Equation 10.55, equal to: 

Csw 7,600 1 WQR = - = (?) - kc (%)k  

which can be written as: 

log(WQR) = -log 

(10.56) 

(10.57) 

Thus, a plot of WQR versus i,ik/h on a log-log graph should yield a 
straight line of slope -1, as shown in Figure 10.49. This figure shows a 
qualitative scale of water quality (good, fair, poor, and bad) based on the 
order of magnitude of the typical injector half-life. A quantitative measure 
of water quality can be obtained by taking the derivative of Equation 10.56 
with respect to either (iwi/h) or t E .  Figure 10.50 is a plot of C,, in ppm 
versus iwi/h for the case where k, is larger than k (Equation 10.54). 

INTERNAL FILTER CAKE BUILDUP 

Impairment from invasion occurs in two main stages: 

(1) solid fines are transported and deposited, because of gravity and 

(2) then bridging occurs, which results in a buildup of an internal filter 
surface forces, causing restriction of the pore throats, and 

cake within the formation in the vicinity of the wellbore. 
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.1 1 10 i o *  103 
(Inj. Rate/Net Ft.) x Formation Perm., BD-mD/ft. 

Figure 10.49. Qualitative scale of water quality for the case of wellbore narrowing 
with a loui kc assuming re/rw = 1,800 i231. 

Inj. RatelNet Sand Thickness, BD/Ft. 

Figure 10.50. Haw-lge of a typical injection well (re/r, = 1,800) for the case of well- 
bore narrowing witb high kc [23]. 

Assuming that the depth of invasion and, consequently, the extent of 
formation impairment depends only on fluid velocity, pore throat sizes of 
the rock, and size of invading fines, Barkman and Davidson found that: 

(a) in systems that have a broad distribution of pore and solid particle 
sizes, invasion may last for a long time before a filter cake forms on 
the rock face, and 
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(b) bridging will occur unless rs/rp < 0.1, where r, is the mean radius of 
the solid particles and rp is the mean pore radius. This corresponds 
to a permeability ratio of kJk < lo-*, assuming Kozeny’s equation 
is valid. 

Inasmuch as formation damage from invasion is caused by the growth 
of internal filter cakes, the total pressure drop across the formation and 
filter cake can be expressed as: 

where the skin factor s is equal to: 

(1 0.58) 

(10.59) 

and q, is the radius at which solid particles bridge pores and form internal 
filter cakes. The permeability in the damaged zone is approximated by 
the product &. This approximation is valid only if the formation pore 
channels are blocked by the filter cake, which is not often the case. 
This approximation, however, should be useful when only a qualitative 
estimate of permeability damage is necessary. A material balance on the 
solids yields: 

(10.60) 

where: r,D = rc/rb. Combining Equations 10.58 and 10.60 and integrat- 
ing in time, one obtains an equation of the following general form: 

 IO! = ~TGBDI (10.61) 

where GBDI is the Barkman-Davidson function for impairment from 
invasion and subsequent formation of an internal filter cake: 

(1 0.62) a 6 D I  = 

where: 

2 (a  - 1) 
= a(l  - kJk) 

(1 0.63) 
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At half-life and for small filter cake permeability such that k,/k < 0.10, the 
function GBDI can be approximated by: 

Thus, the half-life of formation impairment from invasion is: 

(10.64) 

(10.65) 

Formation damage from invasion can be related to that from wellbore 
narrowing, at half-life time, by combining Equations 10.53 and 10.65 for 
k,/k < 0.05: 

(10.66) 

The predicted half-lives of the two impairment mechanisms will be the 
same when: 

@rb - = 10 
rW 

(10.67) 

Because filtrate invasion can be as deep as 8ft or more, as shown in 
Figure 10.5 1, the half-life of impairment from invasion, tII/Z, generally 
will be greater than the half-life of impairment from wellbore narrowing, 
especially in high-permeability clean sandstones [40]. For instance, if 
@ = 0.20, r, = 0.5 ft ,  and rb = loft: 

2 0.20 x 10 
tI1/2 = ( o.5 ) tE1/2 = 16tE1/2 

The severity of formation damage from invasion depends on the 
sensitivity of the formation to the filtrate. Although high-permeability 
clean sandstones, i.e., not containing clays that can be dispersed and/or 
swollen, undergo more invasion than the low-permeability ones, they 
usually are not too severely damaged (40% or less permeability reduction) 
when their connate water is chemically compatible with the invading 
fluid [38]. 
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Figure 10.51. Depth of invasion for McKenzie Delta wells 1401. 
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Figure 10.52. Types of formation damage near perforations 1.J. 

INJECTIVITY DECLINE FROM PLUGGING OF PERFORATIONS 

Impairment from perforation plugging occurs when the solid particles 
become lodged in the perforations, as shown in Figure 10.52. The extent 
of this impairment mechanism is a function of particle size. Plugging of 
perforations will occur unless the injected particles are so small that they 
can be transported by suspension through the rock matrix. The existence 
of near-wellbore fractures minimize this impairment mechanism because 
they allow the solid particles to bypass the perforations [23]. Assuming 
that the filter cake forms within the perforation, Barkman and Davidson 
found that the total pressure drop, Ap, is constant and equal to the sum 
of the pressure drop across the filter cake and the pressure drop across 
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the formation. thus: 

(10.68) 

where np is the number of perforations per unit length of sand interval, 
dp is the diameter of perforation, and Lp is the filter cake thickness in 
perforation. 

A material balance on solid particles along the filter cake thickness in 
perforation yields: 

"nphpcdg dLp 
iw = ( 4c,,pw ) dt (1 0.69) 

Combining Equations 10.68 and 10.69 and integrating with respect to 
time yields the time at which injection rate is a fraction a of the form: 

tppa = ~TGBDPP (1 0.70) 

where the Barkman-Davidson impairment function for perforation 
plugging is equal to: 

GBDPP = In - 

The half-life approximation of G ~ p p  is: 

(10.71) 

(10.72) 

Thus, the half-life of formation damage from perforation plugging is: 

(10.73) 

Assuming average parameters, Barkman and Davidson found that, because 
of the smaller injection surface area offered by perforations, formation 
damage in perforated completion occurs at a faster rate than the 
formation damage from wellbore narrowing in the openhole completion. 
Consequently, the half-life of perforated completion is considerably 



742 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

smaller than that of an openhole completion. This can be demonstrated 
by comparing Equations 10.53 and 10.73: 

(10.74) 

For instance, if np = 4 shots/ft, dp = 0.4 in., and r, = 5 in., then: 

2 ( g)2 = [ 4 x (0.4/12)2 ] = 1.77 x lop6 
8 x (5/12) 

thus: 

When injecting into a perforated well, therefore, the water quality 
requirements must be more stringent. Figure 10.53 illustrates the effect 
of poor water quality (high solids content) has on the formation permea- 
bility in perforated wells [23]. 

IMPAIRMENT FROM WELLBORE FILLUP 

Formation damage from wellbore fillup occurs when large solid parti- 
cles settle to the bottom of the well by gravity and reduce the injection 
interval, as illustrated in Figure 10.48. Assuming all solid particles fall to 
the bottom of the well and fluid flow through the settlement of solid 
particles is negligible because of its negligible permeability, the total 
pressure drop across the formation is given by the following equation: 

iwP re Ap = - 
2nkh r, (10.75) 

A material balance on the solids along the injection interval h gives: 

(10.76) 

Equating Equations 10.75 and 10.76 and integrating in time yields: 
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Figure 10.53. Effect of poor water quality on permeability in perforated wells 1381. 

where: 

(10.78) 1 
6 D W F  = ’”G 

G B D ~  is the Barkman-Davidson function for wellbore fillup at half-life 
time, i.e., a = 0.5, G B D ~  = 0.69. Thus, the injector half-life during well- 
bore fillup is equal to: 

Impairment from wellbore fillup can be reduced by injecting water at 
a low rate, because from Equation 10.45, tT is inversely proportional 
to iw. 
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Figure 10.54. Schematic diagram of experimental apparatus used in standard linear 
jiltration tests [Z]. 

MEMBRANE FILTRATION TESTS 

Barkman and Davidson extended the surface frltration theory of 
McCabe and Smith to include the effect of solid particles invasion and 
derived a simple equation for calculating the water quality ratio C,,/kC 
[39] .  During a linear filtration test, as shown in Figure 10.54, the total 
pressure drop is the sum of the pressure drop across the filter cake and 
the pressure drop across the filter membrane [23] : 

(1 0 B O )  

where L, k, and A are length, permeability, and area, respectively, of the 
filter cake (subscript c) and filter medium (core or membrane). The flow 
rate q is obtained from the following equation: 

(10.81) 

Substituting Equation 10.81 into Equation 10.80 and integrating 
(between 0 and L and t and tg), assuming a constant pressure drop, 
one obtains: 

(10.82) 
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where tg is the time at which bridging occurs. The relationship between 
the cumulative volume of filtrate after bridging occurs, VB, and the 
thickness of the cake, L,, is: 

(10.83) 

where V is the cumulative throughout volume of filtered solutions. 
Solving this equation for L, and substituting into Equation 10.82 yields 
the following relationship between V and the total testing time t: 

v = [D: + D2 (t - t ~ ) ] ~ ”  + (vg - D1) (10.84) 

where: 

Dl = (5) (2) 
and: 

(10.85) 

(10.86) 

Even though invasion of solid particles takes place during the early part 
of the test, bridging will occur if V is large enough [23]. When the test- 
ing time, t, is much larger than the bridging time, tg, and D2t >> D:, 
Equation 10.84 becomes: 

V = m z / l + b  (10.87) 

where: 

m = &  (10.88) 

( 10.89) 

Equation 10.87 indicates that a plot of the cumulative throughput 
volume V versus ,h should yield a straight line portion, when t >> tg, 
of slope m and intercept b. Knowing the slope, the water quality ratio 
WQR, (Csw/k),  can be calculated by the following equation: 

(1 0.90) 
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Once the water quality ratio is obtained and C,, is determined by 
weighting the deposited solids, the filter cake permeability, k,-, can be 
calculated. The intercept b is used to determine whether or not invasion 
has occurred: (a) if b < 0, there is no invasion, as shown in Figure 10.55; 
and (b) if b > 0, such as in Figures 10.56 and 10.57, then solids invasion 
has occurred. In this case, the cumulative volume and filtration rate at 
bridging time, VB and q B ,  can be calculated by trial and error from the plot 
of V versus ,h and Equation 10.87, which, at bridging time, becomes: 

VB=m,&+b (10.91) 

Then, qB is then obtained from Equation 10.89. For routine field tests, 
Barkman and Davidson suggested the use of a membrane filter of 47 mm 
in diameter and a differential test pressure of 20 psi. Then, V (in cm3) is 
plotted versus 4, where time is in minutes, and the slope of the straight 
line portion is determined. This slope is used in Figure 10.58 to calculate 
the water quality ratio C,/k,. 

The shape of the V versus ,h depends on the properties of the 
suspended solid particles and of the filter medium (core or membrane). 

Median Particle Size = 35 Microns 
Median Pore Size = 20  Microns 
Concentration - 1% wt.  

t 

0 2 4 6 8 10 12 

Square Root of Time , 

Figure 10.55. Typicalfiltration curve without invasion in Berea cores p3J. 
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Figure 10.56. Typical filtration curve with invasion in Berea cores [23]. 

There are three possible shapes: 

(a) Figure 10.55 is a typical filtration curve without invasion, as indicated 
by a negative intercept. This may indicate that the median particle 
size is greater than the median pore size. 

0s) Figure 10.56 is an example of filtration curve with invasion, as indi- 
cated by a positive intercept. The median particle size in this case is 
smaller than the median pore size. 

(c) Figure 10.57 is a typical S-shaped filtration curve with invasion. 
Figure 10.58 and 10.59 illustrate the effect of membrane pore sizes 
and pressure tests on the shape of filtration curves. Figures 10.55- 
10.57 indicate the importance of running the filtration test long 
enough to reach the proper straight line. To achieve this, the test 
should be run until f i  3 2&. If short tests are required, then the 
test should be run at pressures higher than 20 psi 1231. 

CORE FILTRATION TESTS 

Membrane filtration testing is an attractive way of describing pheno- 
mena occurring in cake filtration because of its simplicity and repeat- 
ability. Vetter et al. and Ershagi et al., however, investigated particle 
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Figure 10.57. Typical S-shapedflltration cume with invasion in Berea cores f23J 

invasion and related injectivity decline, and concluded that core flow 
tests yielded results that are more representative of field conditions than 
membrane filtration tests [42,43].  Todd et al. investigated the influence 
of core plug preparation on particle invasion and found that the decline 
of permeability in the case of sawn-faced core is generally sharper than 
that of broken-faced core of similar characteristics [44 ] .  Broken-faced 
core can be obtained by fracturing a core at a plane perpendicular to 
the longitudinal axis of the core. The length of the core is measured 
from the main plane of the broken-face (inlet) to the outlet (sawn or 
broken face). The broken-faced core, which represents more accurately 
the well sandface, generally showed little or no external accumulation of 
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Figure 10.58. Finding WQR directly from the slope of a standard$ltration test using 
a membrane [23J. 
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Figure 10.59. Effects of membrane pore sizes and pressure on kc value f2.31. 

filter cake. After running numerous core tests, Todd et al. concluded 
there is a very definite influence of the nature of the inlet face on 
the entrainment and deposition of solid particles [ 4 4 ] .  It is possible, 
however, that fracturing a core to obtain a broken face may introduce 
microfractures parallel to the plane of fracturing, which could explain 
the lack of external filter-cake. 
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External Filter Cake Formation 

Eylander used the results of laboratory coreflood tests and Coulter 
Counter analysis of the injection water to modify Barkman and Davidson’s 
fractional life expressions [45]. A material balance between the solids in 
the injection water and the cake yields: 

(10.92) 

where V is the cumulative injected volume, ps is the density of solids, 
and A is the cross-sectional area of the core or formation subjected to 
water injection. Solving Equation 10.92 for L, and substituting it into 
Equation 10.80 (assuming A = & = Am), and then taking the derivative 
of V with respect to time yields: 

= meV + be AP 
dV/dt 

where: 

and: 

(10.93) 

(10.94) 

(1 0.95) 

Assuming constant Ap, me and be and integrating Equation 10.93 
over time and volume until bridging occurs, Le., t = tg and V = VB, will 
give an equation similar to Equation 10.84, which is then approximated 
by Equation 10.87. The latter, in turn, is used to calculate the water 
quality ratio. Inasmuch as the pressure difference, Ap, generally fluc- 
tuates during the filtration tests, Eylander found that direct use of 
Equation 10.93 gives more representative results [45]. A Cartesian plot 
of Ap/(dV/dt) vs. V should yield a straight line having a slope me and 
intercept be, as shown in Figure 10.60. The intercept is used to calculate 
the matrix permeability, k. The slope is used to calculate the filter cake 
porosity, @,, from Equation 10.94 by substituting the Carman-Kozeny 
equation for permeability for the parameter &, i.e.: 
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Figure 10.60. Core filtration test showing formation of external filter cake L4.31. 

where the specific surface area of solids, SGV per unit grain volume is 
obtained from Coulter Counter analysis of the injected water: 

(1 0.97) 

where ni and Vi are the number and volume of particles counted in the 
ith channel of Coulter Counter. Combining Equations 10.94 and 10.96 
gives: 

where: 

(10.99) 

Equation 10.98 has only one real solution (the other two are imaginary): 
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Knowing &, the filter cake permeability can be calculated from 
Equation 10.96. 

Assuming: 

a. The total bottomhole pressure drop is maintained constant during 

b. The flowing fluid is incompressible, 
c. The injection zone is homogeneous, and 
d. kc and $c are constant during the injection period, Eylander showed 

that the fractional life of an injector with an external filter cake, tEa, 
is equal to: 

the injection period, 

(10.101) 

where C,, is the fractional solids concentration in water. The cumulative 
injected volume at time tEa can be expressed as follows: 

At half-life, i.e., a = i,/i,i = 0.5, Equation 10.102 becomes: 

(10.102) 

(10.103) 

Figure 10.61 shows that external filter-cake formation results in a rapid 
pressure decline and, consequently, a rapid reduction of well injectivity. 

Internal Filter Cake Formation 

Equating the total pressure drop across the porous sample to the 
sum of the pressure drops across the particle deposition zone, the filter 
cake, and the uncontaminated matrix, and assuming that the filter cake 
thickness, Lc, can be approximated by: 

( 1 0.1 04) 

where @ is the porosity of uncontaminated portion of the porous medium, 
the following expressions can be derived from a material balance: 

-- " -mjV+bj 
dV/dt 

(10.105) 
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Figure 10.61. Effect of externalplter cake on reservoir pressure (431. 

where: 

PLm b. - - 
1 -  

and: 

(1 0.106) 

(10.107) 

By analogy of electric flow through parallel elements, the permeability 
of the damaged zone, k d ,  is expressed as [43]: 

where fd is the formation damage intensity factor when 0 < fd < 1. The 
lowest value of kd,  such as during complete plugging, is obtained at 
fd = 1: 

(10.109) kd = Qkc 
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The highest value of kd as a result of invasion, corresponds to fd = 0; 
thus: 

ki = W m  (10.110) 

Generally, however, @k,- < kd < $km. To investigate the worst-case 
situation, substitute Equation 10.109 into Equation 10.107 and solve 
Equation 10.105 (similar to Equation 10.93) for the water quality ratio, 
C,,/k, ratio, the internal filter cake permeability, k,-, and the porous 
medium permeability, k, . 

Figure 10.62 is a typical plot of Ap(dV/dt) versus the cumulative 
injected volume V, showing the formation of an internal filter cake. 
In contrast to the case of external filter cake, the intercept bi in 
Equation 10.106 is obtained from the plot by extrapolating the filtration 
line (Phase I1 in Figure 10.62), not to V = 0, but to the “displaced” 
origin, which corresponds to the end of Phase I where V = VI. According 
to the deep-bed filtration theory, during Phase 1, i.e., at early times 
of the filtration process, the permeability of the porous medium is 
changing. Consequently, at the onset and during the semi-steady state 
filtration performance line, the permeability km is less than the pre-Phase I 

I II 

/ 
1000 2000 

injected Volume,cm3 

30 

Figure 10.62. Core filtration test showing formation of internal filter cake [43]. 
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value of k. The change in porosity during Phase I is negligible. The data 
points during this phase also fall on a straight line. The two straight lines 
intersect at V = VI and Ap(dV/dt) = bi. 

The fractional life of an injection well, in which impairment of the 
formation by invasion is dominant, can be predicated by: 

(10.1 1 1) 

where rd is the radius of filtrate invasion, which can be estimated from 
the coreflood tests conducted at reservoir conditions of pressure and 
temperature [ 21 : 

(10.112) 

where Sod is the residual oil saturation after water-based filtrate invasion. 
If filtrate is from the oil-based drilling fluid, Sod is replaced by &if, 

which is the irreducible water saturation after invasion of water-based 
mud. Assuming filtrate loss per unit surface area in the laboratory test is 
equivalent to that in the field, the total fluid loss, VLT, can be obtained 
from the following equation: 

(10.113) 

where d, is the diameter of the core sample, VLD is the 30-min fluid loss 
during dynamic circulation in the laboratory, VLS is the 30-min fluid loss 
during static condition in the laboratory, t D  is the mud circulation time 
across the interval of interest in the well, and ts the time the mud was left 
stagnant in the open hole across the interval of interest. Equation 10.112 
is obtained by scaling standard laboratory filtrate data to field conditions. 
Any convenient system of units can be used here. For instance, if rd is 
expressed in feet, Equation 10.1 12 becomes: 

(10.1 14) 

where r, and dc are in feet, Vm and V u  are in cc/30 min, and t D  and ts 
are in days. Once rd is determined and if the true skin factors is calculated 
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from a well pressure test, then the permeability of the damaged portion 
of the formation, b, can be estimated from: 

The cumulative injected volume,  VI^, at time tIa is equal to: 

VI, = (pi) tI, 
- + 1  

Comparing Equations 10.102 and 10.116, gives: 

and comparing Equations 10.101 and 10.111, yields: 

(1 0.1 1 5) 

(10.116) 

(10.117) 

(10.118) 

Equations 10.117 and 10.118 are useful in relating external and interval 
filter cakes. There are relatively fewer uncertainties in analyzing the effect 
of an external cake on the performance of an injector than that of an 
internal cake. The principal uncertainty in analyzing the performance 
of an injection well impaired by invasion is the value of rd, which is 
determined in the laboratory at fixed testing times (30-min. fluid loss), 
when, actually, rd varies with time [45 ,46 ] .  Nevertheless, if repre- 
sentative core samples are flooded at reservoir conditions and the test 
is run for a long time, Le., until the permeability damage ratio becomes 
constant, the previous procedures [23 ,45 ]  can give good results. 

PROBLEMS 
1. If cores from a well show that the original formation permeability is 

120 mD, and a well test five years later indicates that the permeability 
has been reduced to 60 mD: 

a. What percent reduction of production rate has taken place? 
b. What is the value of the damage factor? 
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c. If the initial production rate was 60 STB/D, what is the revenue loss 
assuming the price of oil is $35.00 per barrel? 

2. If the formation damage presented in Problem 1 occurred gradually 
over the five-year period: 

a. What is the most probable cause and what could be done to avoid 

b. Discuss three other causes of formation damage that may be active. 
this in the future? 

3. a. Illustrate the changes of the relative permeability curves for water 
and oil that will occur when the formation near the wellbore is 
damaged by a water block. 

b. Explain how this could occur. 

4. a. What are some common organic deposits that cause formation 

b. Why are these organic deposits localized near the production wells? 

5. Define allogenic and authigenic clays, and explain their effects on 

damage in the vicinity of production wells? 

permeability. 

6. a. List three water-sensitive clays and discuss how this property 
produces formation damage at injection and production wells. 

b. What well treatments can be used to abate this problem at 
production wells? 

NOMENCLATURE 
A 
a 
B 
C 
DF 
f 
h 
k 
L 
LD 
LS 
LT 
M 
m 
m 
P 

area 
constant 
breakthrough 
concentration 
damage factor 
fraction 
thickness of formation 
permeability 
length 
dynamic loss 
static loss 
total loss 
mass, Equation 8.99 
membrane 
slope 
pressure 
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PDR 
PR 
Q 
r 
R 
S 
sw 
t 
U 

V 

V 
WQR 

permeability damage ratio, k / b  
productivity ratio 
production ate 
radius 
resistance 
specific surface area; saturation 
solids in water 
time 
mass velocity 
interstitial velocity 
volume 
water quality ratio, Csw/kc 

SU BSCRl PTS 

1/2 
b 
BD 

d 
e 
E 
fP 
G 
i 
I 
nP 

P 
PP 

sa 
sb 
T 

C 

0 

S 

U 

W 

WF 

SYMBOLS 

a 
Q 
P 
P 

half-life 
bridge 
Barkman-Davidson 
capture, cake, critical 
damage 
effluent, external 
external 
fine particles 
function 
injection rate, inlet, initial 
invasion 
non-pluggable 
oil, time zero 
pluggable, pore, perforation 
perforation plugging 
skin, solid 
after stimulation 
before stimulation 
total 
undamaged 
wellbore 
wellbore fillup 

fraction i, /iwi, constant 
porosity 
viscosity 
density 
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E X P E R I M E N T  1 

FLUID CONTENT s ETORT METHOD 
F ROCKS BY THE 

INTRODUCTION 
The theories of the formation of oil reservoirs consider that oil 

traps (structural or stratigraphic) originally were filled with water of 
marine origin. The oil and/or gas is believed to have entered the trap, 
displacing the water to some original reservoir saturation (the connate 
water saturation). Thus, a petroleum reservoir normally contains both 
petroleum hydrocarbons and water occupying the same, or adjacent, 
pores. Quantitative evaluation of the fluids is necessary for reservoir 
characterization. 

The retort distillation is divided into two parts: (1) as the rock is 
first heated (to approximately 400'F or 204OC), water and all but the 
heaviest fraction of the oil present in the sample are vaporized; and (2) in 
the second stage of heating, the temperature is raised to about 1 100°F 
(593°C) and the hydrocarbons remaining in the sample are vaporized, 
or cracked by the heat and removed as a vapor. Part of this vapor is 
condensable and part is not. Generally the process of cracking leaves a 
carbon residue within the core. Therefore, the amount of oil recovered 
by retort distillation is less than the amount of oil in the core. Thus, the 
intense heat removes water of crystallization from the clays and other 
hydrated minerals present in the core. The amount of water obtained is 
slightly greater than the amount of free water in the pores because of 
the added water of crystallization. Empirical correction factors (obtained 
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from retorting cores containing known amounts of oil) are used to 
correct for the retorting errors. The correction factors are defined as 
follows: 

Co = fraction of oil left in the rock as coke, with respect to the total oil 

C, = amount of excess water recovered due to dehydration (removal 
recovered. 

of water of crystallization) with respect to the dry mass of the 
sand. 

The fluids produced by the retort are collected in the centrifuge tubes, 
which then may be centrifuged to separate the oil and water for accurate 
volumetric measurements. 

Because the oil is less dense than the water, it will separate to the top of 
the liquid column in the centrifuge tubes. An emulsion (a fine mixture of 
oil in water) will form in the centrifuge tubes between the oil and water 
that cannot be separated by the centrifuge. As a first approximation, one 
can assume that the emulsion is composed of 80% water and 20% oil, by 
volume. If better results are obtained by changing the water/oil ratio of 
the emulsion, one should do so. 

EQUIPMENT AND PROCEDURES 
EQUIPMENT 

Retort assembly 
Graduated centrifuge tubes 
Analytical balance 
Oil injection porosimeter 
Oven-dried sandstone 
Saturated sandstone 

RETORT SPECIMEN 

1. Obtain core samples from the instructor. 
2. Determine the bulk volume of the core sample by measurement 

with a caliper or using an oil or mercury porosimeter (Experiment 
No. 8). 

3. Obtain the mass of the core sample. 
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4 .  Place the sample in the retort cylinder and screw the lid on (hand-tight 
only). 

RETORT CALIBRATION 

1. Crush part of the dried sandstone to half-centimer fragments. 
2.  Place the fragments into the retort receptacle to within one-half inch 

of the top and pack them in tightly. 
3. Using a pipette, slowly drip 6 ml of oil and 4 ml of water over the 

crushed rock. The centrifuge tube should be under the retort to catch 
any flow. 

RETORTING 

1. Start circulating water through the condensers. 
2 .  Plug in both retorts. 
3. After 45 minutes, prop the circulating hoses upright. Fill them with 

4 .  Thirty (30) minutes later, drain all of the water from the condensers. 
5. Fifteen ( 1 5 )  minutes later, unplug the retorts. 
6. Cool the retorted samples. DO NOT PLACE THE RETORTED SAMPLES 

ON WAXED PAPER. Record the dry mass of the samples. 
7 .  Centrifuge the tubes containing the fluids and record the total fluid 

volumes obtained in: ( 1 )  the calibration retort and (2)  the sample 
retort. 

water and close the water valve. 

SAMPLE CALCULATIONS 
RETORT CALIBRATION 

Data: 
Volume of oil introduced = 6.0 ml 
Volume of water introduced = 4.0 ml 
Volume of oil recovered = 5.7 ml 
Volume of water recovered = 4.2 ml 
Mass of dry retort sample = 75.0 g 
c o  = (voil introduced - voil recovered)/voil recovered 
Co = (6.0 - 5.7)/5.7 = 0.0526 
c w  = (voil recovered - vwater introduced)/maSS Of dry calibration retort 

Cw = (4 .2 - 4.0)/75.0 = 0.002667 
sample 
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RESULTS FROM THE TEST SPECIMEN 

Data: 
Volume of oil recovered = 4.1 ml 
Volume of water recovered = 2.1 ml 
Mass of retort sample = 69.8 g 
Correct volume of oil in sample = ( 1  .O + C,) x Oil recovered 

Correct volume of water in sample = (Volume of water recovered) - 
= (1.0 + 0.0526) x 4.1 = 4.32ml 

(Mass of the dry specimen sample multiplied by C,) 
= 2.1 - (69.8 x 0.002667) = 1.91 ml 

SATURATION CALCULATIONS 

Data: 
Saturated mass of sample = 75.2 g 
Mass of dry retort sample = 69.8 g 
Bulk volume of sample = 34.98 ml 
Saturated density of sample = 75.2/34.98 = 2.15 g/ml 
Sand grain volume of sample = (mass of dry specimen-retort sample)/ 

Sample pore volume = (Sample bulk volume) - (Sample sand grain 

Porosity = Sample pore volume/Sample bulk volume = 8.64/34.98 

Stock tank oil saturation, So = Corrected volume of oil in sample/ 

Connate water saturation, Sw = Corrected volume of water in sample/ 

Gas saturation, S, = 1.0 - So - S, = 1.00 - 0.50 - 0.22 = 28% 

[mineral grain density (2.65 g/ml)] = 69.8/2.65 = 26.34 ml 

volume) = 34.98 - 26.34 = 8.64 ml 

= 0.247 

sample pore volume = (4.32 x 100)/8.64 = 50% 

sample pore volume = (1.91 x 100)/8.64 = 22.1% 

QUESTIONS AND PROBLEMS 
1 .  Discuss the adverse effects that can result from penetration of drilling 

mud fluid into the cores used for laboratory analysis. 
2 .  If the water saturation around the wellbore is at irreducible water 

saturation (Si,), will water flow into the wellbore? Why? 
3.  Why is it that part of the vapors from the retort vessel cannot be 

condensed? 
4 .  Why is it that the amount of water obtained from the retort is greater 

than the amount of free water in the core? 
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E X P E R I M E N T  2 

EASUREMENT OF P ATURATION BY 
LXTRACTION 

INTRODUCTION 
A hydrocarbon solvent that is insoluble in water is used to leach the 

fluids from a saturated rock. A special graduated receiving tube may be 
used to collect the extracted water, thus providing a direct measurement 
of the water saturation (Figure A2.1). Once the water saturation is 
known, the oil saturation may be calculated from indirect gravimetric 
measurement of the rock. The gas saturation is then obtained indirectly 
by difference because: 

s, + s, + s, = 1.0  (A2.1) 

After extraction of the fluids and drying, the cleaned core may be 
used for measurement of other petrophysical properties and quantities 
(permeability, porosity, sieve analysis, mineral grain density, etc). 

The boiling point of the hydrocarbon fluid used for the extraction 
must be higher than the boiling point of water and preferably lower than 
the boiling point of the hydrocarbons in the core (toluene is the most 
frequently used solvent: BP = 110.6"C). When the boiling point of the 
solvent is higher than 212OF (lOO°C), water vaporizes from the core and 
travels upward within the rising solvent vapors. The vapors (solvent plus 
water) are condensed and collected in a side receiver where the water is 
trapped at the bottom of the tube because its density is higher than the 
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GRADUATED TUBE .-A I - 
CORE THIMBLE 

u 
--lJ aL 

TOLUENE 

ELECTRIC HEATER .-d 
Figure A2.1. Equipment for measurement of water saturation by solvent extraction. 

density of the solvent. The excess solvent drains back into the boiling 
pot where it is reheated to continue the process of extraction. 

The crude oil that was originally a part of the core fluids will dissolve in 
the solvent. If the boiling point of the crude oil is higher than the boiling 
point of the solvent, the crude oil will remain in the boiling pot. 

EQUIPMENT AND PROCEDURES 
1. 

2. 
3. 
4. 

Pour toluene into the boiling flask until the flask is three-fourths full 
of toluene (or whatever hydrocarbon solvent is being used). 
Obtain the mass of the saturated core sample. 
Determine the bulk volume of the saturated core using a pycnometer. 
Assemble the extraction equipment, which will consist of a heating 
mantle, boiling pot, extraction/collection tube, and a condenser. 
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5 .  Determine the density of the crude oil. 
6. Set the heater control at a point where no gas or liquid can be seen 

escaping from the top of the condenser during condensation. 
7. Record the volume of water collected in the graduated tube every 

30 minutes. When no more water is collected after two readings, 
turn off the heater and record the volume of water collected. 

8. When the solvent cools, remove the core and dry it in an oven 
equipped with an exhaust vent connected to a hood. If this type 
of oven is not available, allow the solvent to evaporate from the core 
by placing it in a hood overnight, and then dry the core in an oven. 

10. Calculate the fluid saturation of the core from the data collected. 
9. Obtain the mass of the dried core. 

SAMPLE CALCULATIONS 
Data: 

Porosity = 0.20 
Bulk volume = 25.0 ml 

Density of the oil = 0.88g/ml 
Mass of saturated core = 57.0g 

Mass of dried core = 53.0g 
Volume of water collected = 1.4 ml 

Pore volume = Porosity x Bulk volume 
= 0.20 x 25.0 = 5.0ml 

= 0.28 = 28% 

= Mass of oil/density of oil x 
1 .O/Pore volume 

= (Mass sat. core - Mass dry core - Mass 
of water)/(Oil density x Pore volume) 

Water saturation, S, = Water volume/Pore volume = 1.4/5.0 

Oil saturation, So = Oil volume/pore volume 

= (57.0 - 53.0 - 1.4)/(0.88 x 5.0) 
= 0.59 = 59% 

= 0.13 = 13% 
Gas saturation, S, = 1.0 - So - S, = 1.8 - 8.28 - 0.59 

QUESTIONS AND PROBLEMS 

1. Compare the accuracy of the “Measurement of Saturation by Solvent 
Extraction” (Experiment 2) to the “Fluid Content of Rocks by the 
Retort Method” (Experiment 1). 
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2. Which method of saturation measurement (solvent extraction or retort 
method) would you prefer to use if you were an engineer sending 
cores to a laboratory to be tested? Explain why you would chose one 
method over another. 

3. List as many advantages and disadvantages as you can for both 
methods: (1) Solvent Extraction and (2) Retort Method. 

REFERENCES 
Text, Chapter 2. 

Amyx, J. W., Bass, D. M. Jr., and Whiting, R. L. Petroleum Reservoir 
Engineering. McGraw-Hill, New York, NY, 1960: Chapter 2. 



E X P E R I M E N T  3 

DENSITY, SPECIFIC 
GRAVITY, AND API 
G RAVITY 

INTRODUCTION 
The density of a substance is the ratio of its mass to its volume. It is 

always necessary to state the units of density because it may be expressed 
in a number of different mass and volume units. 

Specific gravity is the ratio of the mass of a volume of a substance 
to the mass of an equal volume of some substance taken as a standard. 
For convenience, the following standards are generally used: for water, 
39.2"F (4°C) and 60°F (15"C), and for gases, the standard is dried air 
at the same temperature and pressure as the gas for which the specific 
gravity is sought. 

API hydrometers were developed for crude oils and are defined at 60°F. 
The specific gravity (SG) also was defined at 60°F as the density of a fluid 
at 60°F referred to the density of water at 60°F. Thus, direct conversion 
between the API gravity and specific gravity is possible. 

Specific Gravity = 141.5/(API Gravity + 131.5) (A3.1) 

A complete set of charts has been prepared for the conversion of 
hydrometer readings at temperatures from 0°F to 150°F (-18°C to 66°C) 
for the range of API gravities from 0 to 99; these charts are published 
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in the Petroleum Production Handbook (McGraw-Hill). For example, 
using the API charts, assume that an API hydrometer reading is 12 at an 
observed temperature of 85°F (29°C). Enter the 10-19" API Chart at a 
temperature of 85"F, move to the column under the observed value of 
12, and find that the API gravity at 60°F is 10.7. Using Equation A2, the 
specific gravity is 0.9951. 

The hydrometer design is based on Archimedes's principle. A body 
floating on a liquid will displace a volume of liquid equal to the mass of 
a floating body divided by its density. Hydrometers of different mass will 
float at different depths in liquids, and the depth to which each floats is 
read from a scale on the stem of the hydrometer, which is scaled to read 
the API gravity directly. The API scale is an arbitrary one related to the 
specific gravity as shown in Equation A3.1. 

EQUIPMENT AND PROCEDURES 
MEASUREMENT OF API GRAVITY 

1. Transfer a sample of oil to a cylinder that is at least 25 mm greater in 
diameter than the bulb of the hydrometer. 

2. Place the hydrometer carefully into the liquid: Do not wet the entire 
stem of the hydrometer because the mass of the liquid on the stem 
will adversely affect the measurement. Spin the hydrometer lightly 
and let it come to rest. 

3. Record the scale reading on the stem where it encounters the surface 
of the liquid, and record the temperature of the liquid using the 
thermometer in the stem thermometer. Use a separate thermometer 
if one is not provided in the stem of the hydrometer. 

4. Convert the API gravity measured at the liquid temperature to 
API gravity at 60°F using the API tables (Petroleum Production 
Handbook). Convert the API gravity to specific gravity using the 
formulas previously provided. The specific gravity at 60°F may be 
converted to the specific gravity at any temperature using the &G 

multipliers (given in Table A3.1 and Equation A3.2). 

Specific Gravity at T"F = SG at 60°F - &S x (T"F - 60) (A3.2) 

Density(g/ml) at TOF = Specific Gravity at T"F 

x Density of Water at T°F (A3.3) 
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TABLE A3.1 
MULTIPLIER CONSTANT FOR CONVERSION OF SPECIFIC GRAVITY AT 

60°F TO SPECIFIC GRAVIN AT OTHER TEMPERATURES 

Specific Gravity at 60°F KGS 

0.90 0.00035 
0.85 0.00037 
0.80 0.00040 
0.75 0.00043 
0.70 0.00048 

CALIBRATION SCREW 

PLUMMET 

TEST 
FLUID 

u 
Figure A3.1. Westphal balance for measurement of spec@ gravity 

WESTPHAL BALANCE 

The Westphal balance, the design of which is based on Archimedes’ 
principle, provides a method for direct measurement of the specific 
gravity (Figure A3.1). A plummet is attached to the end of the balance 
beam and immersed in a liquid. The beam is then balanced by adding or 
subtracting mass from the beam. 

1. The instrument is first calibrated using deaerated distilled water. 
2. The plummet is submerged in the water and the beam is balanced with 

a unit mass placed on mark 10 of the beam. Balancing is accomplished 
by turning the threaded counterweight at the end of the beam until 
the two pointers coincide. The temperature of the water is noted. 
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3. The plummet is removed and dried, and then submerged to about the 
same depth in the unknown liquid. The masses are adjusted to balance 
the beam. The masses are in ratios of ten: 1.0/0.1/0.01. The specific 
gravity of the unknown fluid, at the specified temperature, is equal 
to the total of the masses. If the temperature is 77°F (25OC) and the 
unit mass was placed on mark 8 of the balance beam, the tenth mass 
on mark 5 and the hundredth mass on mark 2, the specific gravity is 
0.852. 

QUESTIONS AND PROBLEMS 
1. Convert the following "API to specific gravity at 60°/60"F: 50,40, 30, 

20, 10, and 1. Explain the meaning of 6O"/6O0F (refer to Petroleum 
Production Handbook). 

2 .  Using the theory of additive gravities, compute OAPI for a crude 
oil-kerosene mixture as follows: 60% crude oil of "API = 32 plus 
40% kerosene of "API = 48. 

3. How would you measure the specific gravity of a viscous crude oil 
using a Westphal balance when the viscosity of the fluid hampers free 
movement of the plummet? 

REFERENCES 
Text, Chapter 2. 

Am-, J. W., Bass, D. M., Jr., and Whiting, R. L. Petroleum Reservoir 
Engineering. McGraw-Hill, New York, NY, 1960: Chapter 2.  

Archer, J. S. and Wall, C. G. Petroleum Engineering, Graham & Trotman, 
London, 1986: Chapter 2. 

Fisher Scientific Co. Fisher-Tag Manual for Inspectors of Petroleum, 28th ed., 
New York, NY, 1954: 218 pp. 

Frick, T. C. (Ed.), Petroleum Production Handbook. McGraw-Hill Book Co., 
New York, 1962: pp. 16-52-16-95. 
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SPECIFIC GRAVITY 
OF GASES 

INTRODUCTION 
The Schilling specific gravity analyzer for gases is based on the principle 

that less dense gas molecules move with greater velocity than do heavier 
molecules at the same temperature and pressure. Therefore, a gas with 
the lowest specific gravity escaping from a container through a small 
orifice will escape in the shortest time. 

EQUIPMENT AND PROCEDURES 
The Schilling instrument is a glass tube (1 inch in diameter and 

10 inches long) with the bottom end open and suspended in a tube 
about 4 inches in diameter. The smaller tube has a mark just below its 
midpoint. Water is added to the larger tube to within about 1 inch from 
the top. 

Air pressure is applied at the top of the water in the larger tube, forcing 
water to rise into the smaller tube until it reaches the mark. The gas entry 
valve is then closed. 

A valve connected to a small platinum orifice is opened, and the time 
required for the water level in the inside tube to return to its original 
level is recorded. 

Gas, the specific gravity of which is to be determined, is introduced 
into the instrument, filling the smaller inner tube and the top of the 
larger tube. The gas should be allowed to bubble through the water for a 
short period to remove dissolved air from the water. The experiment 
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is then repeated for the gas, and the specific gravity of the gas is 
calculated as follows: 

(A4.1) 

where: SG = specific gravity. 
tgas = effusion time for the gas. 
tair = effusion time for the air. 

The Edwards gas density balance consists of a beam mounted on a 
fulcrum with a large bulb attached to one end of the beam. The bulb is 
large enough so that the forces acting on the beam and counterweight 
may be negiected. The bulb furnishes a volume on which the buoyant 
force of a gas in the chamber can act. 

The beam is mounted inside the chamber, which is surrounded by a 
water jacket to maintain constant temperature during measurements. 
A manometer attached to the gas chamber measures the difference 
between the pressure inside the chamber and atmospheric pressure. 
The pressure must be converted to absolute pressure by adding the 
barometric pressure. 

A drying tube (containing anhydrous calcium chloride) is attached to 
the inlet gas line to remove moisture from the gas. Small petcocks are 
used to introduce the gas gradually into (or to let gas out of) the chamber. 

The buoyant force of an unknown gas acting on the bulb is equalized 
to the buoyant force of air in the balance, and the specific gravity of the 
unknown gas is calculated as follows: 

(A4.2) 

where: SG = specific gravity. 
Pair = absolute pressure of air that balances the beam, 
P,, = absolute pressure of the unknown gas that balances 

the beam. 

1. Flush the chamber with dry air. 
2. Carefully raise the pressure of air in the chamber until a definite 

3. Balance the beam to a steady zero reading and record the pressure 

4. Flush the system with the gas to be measured. Be sure to pass all gases 

5 .  Raise the pressure of the gas in the chamber until the beam is balanced 

pressure is attained, as shown by the manometer. 

shown by the manometer. 

entering the chamber through the drying tube. 

once more. 
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6. Record the pressure on the manometer and the temperature of the 

7. Calculate the results using Equation A4.2. 
water bath. 

SAMPLE CALCULATIONS 

Pair = 51.1 mmHg 
Ppropane = 33.6 mmHg 
Tambient = 79°F 

SG790~ =51.1/33.6 = 1.521 

QUESTIONS AND PROBLEMS 
1. Measure the specific gravities of several known gases (nitrogen, 

helium, etc.) and compare your measurement with handbook 
values. When you have developed sufficient skill to make accurate 
measurements, measure the specific gravity of unknown samples. 

2. Discuss the sources of error inherent in the two methods: SchilLing vs. 
Edwards. Which is more accurate? Which is simplest in execution? 

3. What is the mass, in kg, of 500m3 of air at 3 atm of pressure and 
361"F? 

REFERENCES 
Text, Chapter 2. 

Amyx, J. W., Bass, D. M., Jr. and Whiting, R. L. Petroleum Reservoir 
Engineering. McGraw Hill, New York, NY, 1960: Chapters 1 and 4. 
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V I SC OS I TY 

INTRODUCTION 
Viscosity is a measure of a fluid’s inherent resistance to flow. Fluid 

viscosity is very sensitive to changes of temperature; therefore, in 
this experiment, the viscosities of fluids will be determined at several 
temperatures and a plot of viscosity versus temperature for oil samples 
will be made on semi-log paper. 

The terms normally used for viscosity are “dynamic” or “absolute” 
viscosity, which imply that the fluid is in motion. These terms are 
distinguished from the “kinematic viscosity,” which is defined as the 
dynamic viscosity divided by the density of the fluid. 

A poise (g/cm x s in CGS units; kg/m x s in SI units) is the fluid viscosity 
that requires a shearing force of 1 dyne to move a 1 cm2 area plate (parallel 
to another plate) through the liquid with a velocity of 1 cm/s. A stoke 
(cm2/s in CGS units; m2/s in SI units) is defined as a poise divided by the 
density. 

EQUIPMENT AND PROCEDURES 
Several instruments have been developed for measurement of 

viscosity; they depend on the pressure of the liquid being tested to 
provide the force to drive the liquid through the instruments providing 
a measure of the kinematic viscosity, which is expressed in centistokes 
(cS = cm2/100 s). The Cannon-Fenske viscometer equipped with a clear, 
liquid-controlled temperature bath, provides a method for determining 
viscosity at several temperatures (Figure A5.1). The Saybolt viscometer 
contains brass viscometer tubes set in a temperature-controlled oil bath 
with a calibrated orifice placed at the outlet of the viscometer tube. 
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Figure A5.1. Cannon-Fenske viscometer. 

The time required for 60 ml of the liquid being tested to flow from the 
viscometer is a measure of the viscosity in Saybolt Universal Seconds. 

Saybolt Universal viscosity, determined at various temperatures, may 
be converted to kinematic viscosity using the proper relationship, for 
example: 

Saybolt Seconds = cS x 4.628 at 100°F 

Saybolt Seconds = cS x 4.629 at 130'F 

Saybolt Seconds = cS x 4.652 at 218'F 

(A5.1) 

CANNON-FENSKE VISCOMETER 
1. Invert the viscometer, immerse the small diameter tube in the liquid to 

be measured, and using suction on the large diameter tube, draw the 
liquid into the viscometer filling the two small bulbs (Figure A5.1). 
It is important that the proper amount of fluid be used in order to 
correspond to the calibration conditions that were used. 

2. Return the viscometer to its normal, upright position and place it in a 
holder in the cool water bath. The large bulb at the bottom must be 
vertically below the two smaller bulbs, and the capillary tube must be 
slightly inclined from the vertical as shown in Figure A5.1. 
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3. Allow the liquid to drain into the larger bulb at the bottom. Then 
draw the liquid back up by suction on the smaller tube, until the top 
of the liquid is about 0.5 cm above the mark between the two small 
bulbs. 

4. Allow the liquid to drain by gravity and record the time required for 
the top of the liquid to move from the top etch-mark to the bottom 
etch-mark under the bottom small bulb. Then record the temperature 
of the liquid bath. Repeat the measurement once more. 

5. Place the viscometer, with its test liquid, in a warmer-temperature 
bath and allow at least 10 minutes to achieve temperature equilibrium. 
Always move from the cooler to the warmer baths. Record the 
temperature and time for two readings at each bath temperature. 

6. Using the capillary number of the Cannon-Fenske Viscometer that 
was used for the test, obtain the calibration constant, I&,, from 
Table A5.1 below. Table A5.1 also may be used to select an 
appropriate viscometer if an estimate of the viscosity is known by 
using the approximate measuring range listed in the table for each 
viscometer. 

TABLE AS. 1 
CALIBRATION CONSTANTS (Kvls) AND APPROXIMATE VISCOSITY RANGES TO BE USED 

FOR SPECIFIC CANNON-FENSKE VISCOMETERS 
Capillary Capillary Constant Measuring Range 
Number (mm) Kvis (cS/s) (Approximate cS) 

25 0.30 0.002 0.4-1.6 
50 0.44 0.004 0.8-3.2 
75 0.54 0.008 1.6-6.4 

100 0.63 0.015 3-15 
150 0.77 0.035 7-35 
200 1.01 0.10 20-100 
300 1.26 0.25 50-200 
350 1.52 0.5 100- 500 
400 1.92 1.2 240- 1,200 
450 2.30 2.5 500- 2,500 
500 3.20 8 1,600-8,000 
600 4.10 20 4,000-20,OOO 

Saybolt Viscometer 

1. Clean the viscometer tube with a light paraffin solvent. 
2. Preliminary to making the test, completely fill the viscometer tube 

with the oil to be tested. Allow this oiI to flow through the orifice into 
a beaker in order to wet the wall of the tube. 
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3. Insert the cork stopper in the opening in the base of the tube below 
the orifice and fill the tube until it overflows slightly. The excess oil 
will collect in the annular tray at the top of the tube. 

4. Gently stir the sample in the tube with the thermometer until a 
constant temperature is attained. 

5.  Place a receiving flask under the orifice; snap the cork from the 
opening and simultaneously start timing with a stopwatch. 

6.  Stop the watch when the tube empties, or when 60 ml is collected. 
7. Check the measurement by running the test three times. 
8. Convert the Saybolt Universal seconds to kinematic viscosity 

(centistokes) using Equation A.5.1. Obtain the density of the oil from 
the API gravity measurement using Equation A.3.1, and convert the 
kinematic viscosity to absolute viscosity (centipoise) by multiplying 
the kinematic viscosity by the density. 

QUESTIONS AND PROBLEMS 

1 .  How do your values of viscosity compare with literature values for the 

2. Explain Stoke’s Law. 
3. How does the viscosity of a liquid vary with temperature? How does 

the viscosity of a gas vary with temperature? 
4. Describe two methods for measuring viscosity. 

same fluids? 

REFERENCES 
Text, Chapter 2. 

Amyx, J. W., Bass, D. M., Jr., and Whiting, R. L. Petroleum Reservoir 
Engineering. McGraw-Hill, New York, NY, 1960: Chapter 1. 
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FLUORESCENCE 

INTRODUCTION 
Modern well-logging methods locate petroleum-bearing formations 

without the aid of odor, taste, and visual observations of cores, or drill 
cutting; however, these methods are occasionally useful. 

Rock samples are analyzed using a petrographic binocular microscope 
to qualitatively provide a description of the core materials along with any 
indication of oil or gas. 

Fresh samples can indicate the presence of hydrocarbons by a 
distinctive aromatic odor, indicating that more careful analyses of other 
samples or logs from the zone should be made. 

Crushed samples of the cores, or cuttings, can be extracted with a 
light solvent such as pentane, carbon tetrachloride, or ether. The extract 
is then examined visually for change of color and for fluorescence to 
provide another qualitative indication of the presence of petroleum in 
the formation. 

Fluorescence of the samples, or a vial of the solvent extract of 
samples, is examined in a box under ultraviolet light. The aromatic ring 
compounds in crude oils fluoresce with a white to yellow glow. This 
property has been proven to be a very sensitive indicator of the presence 
of crude oil in rocks (fresh, and aged in storage), muds, and solvents. 
It also has been used for the qualitative analyses of lighter fractions of 
oils and lubricants. 

Ultraviolet light has a higher frequency than visible light and, 
therefore, is just outside of the visible light spectrum. Under ultraviolet 
light, however, many molecules absorb some of the ultraviolet light 
energy, causing their electrons to jump to a higher energy level 
orbit. In the case of molecules, the higher energy level produces strain 
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between molecular bonds. The excited state exists for a very short 
period (about lO-%econds), after which the electron returns to the 
lower orbit accompanied by the emission of a small amount of light in the 
visible region. The continued excitation and relaxation of the electrons 
produces sufficient light to observe fluorescence. Small molecules, which 
cannot store much of the energy as vibrational energy, fluoresce at 
shorter wavelengths, producing a blue light. Larger molecules, which 
are capable of absorbing more energy, fluoresce at longer wavelengths, 
yielding fluorescence that appears yellow, orange, or brown. 

Dilution of liquid samples sometimes may increase fluorescence. In 
concentrated solutions, dimerization (reaction of excited molecules with 
unexcited molecules) can take place. The gain in energy is distributed 
throughout the new double molecule, and when the dimer splits (after 
a very short duration, about lop3 seconds), the energy of excitation 
is emitted as heat and, consequently, no fluorescence occurs. If the 
sample is diluted, however, the opportunity for molecular collision is 
diminished, and fluorescence will increase considerably. 

EQUIPMENT AND PROCEDURES 

The equipment used for fluorescence analysis is a sealed box with a 
door at one end for the introduction of samples, and viewing ports for 
observation. An ultraviolet light is located on the inside top, out of the 
viewing range. Samples, and comparative rocks or solvents, are placed 
on the floor of the box, and observations are recorded as positive or 
negative. 

Considerable practice in the analyses of samples by this method is 
needed to gain sufficient skill for discrimination between blanks and 
samples containing very small amounts of aromatic, or multiple-bond, 
compounds. 

1. Test a small sample (5 to 10 cm3) of oil by observing it first under 
“white” light and then ultraviolet light. Describe the differences noted 
in the observations. 

2. Add about 0.5cm3 of carbon tetrachloride to the oil in the beaker, 
and compare it to another beaker containing the oil alone under the 
ultraviolet light. Describe the differences noted in the appearance of 
the diluted and undiluted samples under ultraviolet light. 

3. Obtain samples of cores that do not contain crude oil and others 
that contain a small amount of residual crude oil. Compare the 
fluorescence of these samples under the ultraviolet light. Describe 
the differences observed. 
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4. Obtain some drilling fluid that has not been used and a sample of 
drilling fluid from a drilling rig. Place small amounts of each in beakers 
and observe them under the ultraviolet light. Add a small amount of 
crude oil (2 to 3 drops) to the fresh drilling mud, stir, and observe the 
sample under the ultraviolet light. Present as detailed a description as 
possible of the observations. 

QUESTIONS AND PROBLEMS 

1. Describe the types of compounds in crude oils that are fluorescent 
under ultraviolet light. 

2. What properties of the fluorescent hydrocarbons are responsible for 
fluorescence? 

3. If the fluorescence of a sandstone rock is suspected to be due to the 
presence of minerals, such as calcite, how can the test be modified to 
ensure correct analysis? 

4. Define the fluorescence “show number.” 

REFERENCES 
Text, Chapter 2. 

Helander, D. P., 1983. Fundamentals of Formation Evaluation. Oil & Gas 
Consultants PubIications, Tulsa, OK: Chapter 1. 
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ABSOLUTE 
POROSITY 
AND EFFECTIVE 

INTRODUCTION 
The most basic property of reservoir rocks is porosity ($) which allows 

the rock to store fluids @as, oil, and water). The total volume of fluid that 
can be stored in a given bulk volume (vb) of rock is its pore volume 
(Vp). The solids volume (or grain volume) (V,), is the portion of the rock 
comprised only of solid matter. The total exterior, or bulk volume, of the 
rock is, therefore, the sum of the grain and pore volumes. The total, 
or absolute porosity, is the pore volume divided by the bulk volume 
(expressed as percentage, or fraction, of the bulk volume). The void 
ratio (e) is the pore volume divided by the solids volume. 

The complex internal structure of pores and solution vugs in rocks 
frequently results in the formation of isolated pores. These isolated 
pores contribute to the overall (or absolute) porosity of the rock, but 
are not interconnected to the main body of pores and, therefore, are 
not involved in the flow of fluids through the rock. The interconnected 
pores that support the flow of fluids make up the effective porosity, 
which is numerically less than the absolute porosity, that is, the 
intercommunicating porosity excluding the pores containing irreducible 
fluid saturation. The small pores occupied by the irreducible fluid (water 
or oil), and cracks and dead-end pores are not involved in the flow 
process. 
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For example: the mass (M) of a sample of rock with a bulk volume (Vb) 
of 15 cm3 is 30.3 grams; it was found to contain an absolute grain volume 
(V,) of 11.25 cm3, an interconnected pore volume (Vp) of 3.0 cm3, an 
unconnected (isolated) pore space (VI) of 0.75 cm3, and an irreducible 
water saturation (Si,) equal to 6%. The rock sample has the following 
characteristics: 

Bulk density (pb =mass/Vb) = 30.3/15 

Effective pore volume (V,) = 3 cm3 

= 2.02 g/cm3 
Solids volume (V, =vb -V, -Vi) = 15 - 3 -0.75 = 11 2 5  Cm3 

Isolated pore volume (Vi) = 0.75 cm3 
Absolute pore volume (V, =Vp +Vi) = 3 + 0.75 = 3.75 cm3 

Grain density (p,=mass/V,)=30.3/11.23 =2.70 g/cm3 
Bulk density (pb =mass&) = 30.3/15 = 2.02 g/cm3 

Effective porosity (Oe=Vp/Vb -Si,)=3/15-0.06 =0.14= 14% 
Isolated porosity (@i =vi/vb)=O.75/15 =0.05=5% 

Absolute porosity (@a =V,/Vb)=3.75/15 =0.25=25% 
Void ratio (e=Va/Vs)=3.75/11.25 =0.33=33% 

Void ratio [e=@,/(l -@a)]=0.25/0.75 =0.33=33% 

EQUIPMENT AND PROCEDURES 
ABSOLUTE POROSITY FROM GRAIN VOLUME 

As shown here, there are two types of rock porosity: the absolute (or 
total) porosity, which is composed of both isolated and interconnected 
pore spaces, and the effective porosity, which includes only the 
interconnected pores containing mobile fluid. The effective porosity is of 
greater interest to petroleum engineers because fluids saturating a rock 
can move only through the effective pore spaces. 

Three basic parameters are to determine porosity: (1) bulk volume; 
(2) pore volume, and (3) rock matrix, or solids, volume (Vb = Vp + V,). 

In order to determine the absolute porosity, the density of the solid 
portion of the rock (its grain density) is first determined from a sample of 
the rock that has been crushed using an impact crusher (not a grinder). 
An appropriate size pycnometer, whose volume is known, is dried and 
weighed, and then the volume and mass of a portion of the sand grains 
is determined using the pycnometer. 

1. Fill the pycnometer with a liquid (hydrocarbon or water), and obtain 

2. Empty and dry the pycnometer. 
its mass (Mpyc + MI). 
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3. Place a sample of crushed rock in the pycnometer (about one-half the 
volume of the pycnometer) and determine the mass (Mpyc + Mgrains). 

4. Fill the pycnometer (containing the sand grains), then with the liquid 
used in (1) above, and determine the mass (M,,, + Mgmins + Ml). 

5. The sand grain density is calculated from the data as follows: 

Sample Calculation 

vPy, (knownvolume) = 10.0 cm3 
MPYc (measured) = 16.57 g 

M,, +Ml(measured)=26.58g 
M i  = [(Mpyc + MI) - Mpyc] = 26.58  - 16 .57  

= 10.01 g 
p1 =(M1/Vpyc)= 10.01/10.0=0.01 g/cm3 

Mpyc + Mpains (measured) = 20.59  g 
MP, +Mgmins+Ml(added)=29.175 g 

Mgrains =(Mpy, +Mgmhs)-Mpy,=20.59- 16.57 
= 4.02 

M i  (added) = [Mpyc + Mgrains + M i  (added)] 
-(Mpyc +Mgrains) 

=29 .175-20 .59=8 .585  
Vl(added) =(Ml(added)/pl)=8.585/1.01= 1.50 g 

Vgrain~=[Vpy~-V~(added)]=10.0-8.50= 1.50 g 
pgrains = (Mgmins/Vgmins) =4.02/1.50=2.68 g/cm3 

GRAIN AND BULK VOLUMES 

The next step is to determine the grain and bulk volumes of a rock 
sample (core): 

1. A core of convenient size is dried and its mass is determined (Mcore). 
2. The core is then saturated with liquid by first evacuating the core 

to remove air and then admitting the liquid into the vacuum flask 
containing the core to fill the pores with the liquid. 

3. The bulk volume (Vb) of the core may be determined accurately using 
a beam balance. Tie the core to a fine wire, attach it to the beam 
balance, and then immerse the core in a beaker with the same liquid 
used for the measurements above. The core should be immersed until 
it is just below the surface of the liquid, and it should not touch the 
sides or the bottom. Obtain the mass of immersed core (Mim). 

4. Remove the beaker of liquid, carefully wipe the excess liquid from 
the surface of the core, and obtain the mass of the saturated core 
(Mcorc-sat). 
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Sample Calculation 

Mcore = 39.522 g 
Mi, = 24.393 g 

Mcore-sat = 43.797 g 
Vgrains = Mcore/pgnins = 39.522/2.68 = 14.747 cm3 

vb = [(Mcore-sat - Mirn>/pll 
= (43.797 - 24.393)/1.01 = 19.212 cm3 

Porosity(abso1ute) = ( 1  - Vgrains/Vb) = 1 - (14.747)/19.212 = 0.232 

EFFECTIVE POROSITY 

The effective porosity is the ratio of the interconnected pore space in 
the rock to the bulk volume minus the irreducible saturation. For highly 
cemented sandstones and carbonate rocks, there can be a significant 
difference between the absolute and effective porosities. 

Sample Calculation 

Effective pore volume of core(V,) = [(Mcore-sat - Mcore)/~liq] 
= (43.797 - 39.522)/1.01 
= 4.233 cm3 

Effective porosity(V,/Vb - Si,) = 4.233/19.212 - 0.06 = 0.16 

SUMMARY 

Absolute Porosity = 1.0 - Vgrains/Vb = 0.232 

Effective Porosity = vpore/vb - Si, = 0.160 or 16% 
Pore Volume = (Mcore-sat - Mcore)/pl = 4.225 cm3 

POROSITY MEASUREMENT BY MERCURY INJECTION 

The mercury porosimeter is designed to yield bulk volume as well 
as pore volume (Text, Figure 5.13) .  The porosimeter consists of 
a hand-screw mercury pump attached to a pycnometer. The hand- 
screw has a precision-measuring screw that measures the volumetric 
displacement of the piston, which is indicated on a scale and on a 
micrometer dial. 

1 .  Open the pycnometer valve. Displace mercury into the pycnometer 
by turning the hand-crank until mercury appears in the pycnometer 
valve seat. 

2 .  Set the scale reading to zero by adjusting the dial on the hand-crank 
without turning the hand-crank. 
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3. Withdraw 15 ml of mercury from the pycnometer. 
4. Place the core in the pycnometer. Lock the pycnometer lid and leave 

the valve open. 
5. Inject mercury into the pycnometer until it appears in the 

pycnometer valve seat. The bulk volume of the core is read directly 
from the scale on the hand-crank wheel dial. 

6. Adjust the scales to zero without turning the hand-crank. 
7. Close the pycnometer valve and increase the pressure to about 

750 psig. The volume scale on the instrument gives the apparent 
pore volume (Vp - app), which must be corrected for instrument 
volumetric deviation when the pressure is raised from atmospheric 
pressure to 750 psig. The correction factor (F,) is obtained as 
described in Steps 8- 10. 

8. Remove the core from the pycnometer and displace mercury into 
the pycnometer until it appears in the pycnometer valve seat. 

9. Set the scales to zero without turning the hand-crank. 
10. Close the pycnometer valve and increase the pressure to 750 psig. 

The volumetric correction factor (F,) is the volume of mercury 
displaced by the piston when the pressure in the mercury-filled 
instrument is raised from zero to the reference pressure (750 psig). 

Sample Calculation 

Vp = (Vp-app - F,) x 1.02 (A7.1) 

where: multiplication by 1.02 is used to account for compression of air 
trapped in the core. 

Porosity = vp/vb (A7.2) 

POROSITY MEASUREMENT BY GAS COMPRESSION/EXPANSION 

The method consists of placing a dry core sample in a sealed chamber of 
known volume (VI), which is then filled with gas to a convenient pressure 
(PI) (Figure A7.1). The second chamber, connected by a closed valve, 
is either evacuated or filled with gas at a different pressure ( ~ 2 ) .  The 
valve between the two chambers is then opened and the final pressure, 
common to both chambers (pf) is observed. 

The grain volume of the core sample can then be calculated using the 
gas law: pV = nRT, where p is the pressure, V is the volume of the fluid, 
n is the number of moles of the fluid, R is the gas constant, and T is the 
absolute temperature. 
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Figure A7.1. Equipment for measurement ofporosity by gas compression/expans2on. 

The moles of gas in each chamber, after the initial pressure have been 
established, are: 

nl = p1 x V1/R x T and n2 = p2 x V2/RT (A7.3) 

where the temperature, T, is assumed to be constant throughout the 
experiment. 

After the valve between the chambers is opened and the pressures have 
come to equilibrium, the total moles of gas in the system are calculated: 

When a core is placed in Chamber 1, the actual volume of gas contained 
in the chamber is not the volume of the original chamber, because the 
solids volume from the core sample 07s) occupies some of the space; 
hence, the gas volume of Chamber 1 is actually 071 - V2), and this term 
must, therefore, be substituted into Equation A7.4: 

Pf x (vl -vs +V2) = p1 x (Vl -Vs) +p2 x vz (A7.5) 

Equation A7.5 may be rearranged to yield the solids, or grain, volume 
of the sample as follows. 

vs = [Vl x (Pf - P1) + v2 x (Pf - PZ)I/(Pf - p1) (A7.6) 

The bulk volume is then determined by fluid displacement, or by 
careful measurement of the core dimensions, and porosity is calculated 
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as before: 

Porosity = (1 .O - vs)/vb (A7.7) 
Sample Calculations 

First, use Equations A7.4 and A7.5 to determine the volumes of the 
two chambers (VI and V2) using a steel cylinder of known volume, Vc. 

1. Close the valve between the two chambers and open Chamber 1 
071) to the atmosphere (p1 = 0.0kPa). 

2. Admit gas to Chamber 2 (V2) to a pressure of 413.7 kPa (p2 = 
4 13.7 kPa). 

3. Close Chamber 1 (VI) so that it is no longer open to the atmosphere; 
then open the isolation valve between the chambers and record 
(pf(1) = 183.869 kPa). 

4. Place a steel cylinder of known volume (Vc = 2.54cm in diameter 
times 5.08 cm long = 25.741 cm3) into Chamber 1 at atmospheric 
pressure; Close the isolation valve and Chamber 1 valve to the 
atmosphere. 

5. Admit pressure to Chamber 2 to a convenient value: for example, 
p2 = 354.541 kPa. 

6. Open the isolation valve and record pf(2)(pf(2) = 354.541 kPa). 
7. Calculate the volumes V1 and V2 by simultaneous solution of 

Equations A7.4 and A7.5 (where V, is substituted for V, in Equation 
A7.5 and the appropriate pf is used): 

183.869 x (Vi + V2) = (0 + 413.700) x V2 
183.860 x (VI - 25.741 + V2) = (0 + 354.541) x V2 

3 V1 = 100cm 
3 V2 = 80 cm 

Next, use the following procedure and Equation A7.5 to measure the 
porosity. 

8. Place the dry core in Chamber 1 and close the isolation valve. 
9. Admit gas to Chamber 2, where (p2 = 413.700kPa). 

10. Open the isolation valve and record pf , which is equal to 199.783 kPa. 
11. Calculate the solids volume of the core using Equation A7.5: 

199.783 x (100 - V, + 80) = (0 + 413.700)80 
V, = 14.338 cm3 

1-in. long = 18.382 cm3) 
12. Obtain the bulk volume from the core dimensions (1-in. diameter x 

Porosity = 1.0 - vs/vb = 1.0 - 14.338/18.382 = 0.22 or 22% 
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The mass of the core saturated with liquid is greater than the mass of 
the saturated core immersed in the liquid due to the buoyancy of the 
sample in the liquid. This result was used to determine the mass of liquid 
displaced by the saturated core. 

The grain density of the crushed rock is equivalent to the density of 
the dry core. This result was used to obtain the grain volume of the 
core. 

The absolute porosity is greater than the effective porosity, which 
indicates that there are some pores that are not connected to the main 
flow channels in the rock. This occurs because of changes in the rocks 
internal structure due to compaction during burial and cementation of 
the grains by precipitation of various minerals, e.g., calcite, dolomite, 
silica, clays, and ferrugineous materials. 

STATISTICAL EVALUATION OF POROSITY DATA 

The vertical and areal porosity distributions of reservoirs approximate 
normal distributions. The simplest method for testing this, and for 
initiation of statistical evaluation of porosity data, is to plot the porosity 
versus the cumulative frequency on arithmetic probability paper. If the 
data can be approximated by a straight line on such a plot, the data can be 
described by a normal distribution, which leads to convenient statistical 
evaluations. 

Mode is the value of the porosity that occurs most frequently and can be 
estimated from the peak of the histogram of frequency versus porosity, 
about 15 in Figure A7.2. 
Mean or average value, varies slightly depending on how the data are 
analyzed. The most familiar arithmetic mean is the sum of individual 
values divided by the total number of values: 

When the data are classified in ranges (Table A7.1), the arithmetic 
mean is expressed as: 

where: (Pi = class mark (porosity value at the midpoint of the 
interval) of the ifh interval 

N = number of class intervals. 
Fi = frequency of the i* class interval. 
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Figure A7.2. Histogram of frequency us. porosizy 

TABLE A7.1 
STATISTICAL EVALUATION OF A SET OF POROSITY DATA 

(2) (3) (4) (5) 
Class Number of Frequency Cumulative Porosity 

Interval Mark Samples % Frequency 

(1) 

4-6 
6-8 
8- 10 

10-12 
12-14 
14-16 
16-18 
18-20 
20-22 
22-24 

5 
7 
9 

11 

13 
15 
17 
19 
21 

23 

3 
5 
9 

16 
21 
23 
18 
11 

6 
3 

2.61 
4.35 
7.83 

13.91 
18.26 
20.00 

15.65 
9.57 
5.22 
2.61 

2.61 
6.96 

14.79 
28.70 
46.96 
66.96 
82.61 
92.18 
97.40 

100.01 

A histogram of the frequency (F, col. 4 )  versus the porosity ($, col. 2)  is illustrated 
in Figure A7.2 and the cumulative frequency (Column 5) is plotted as a function of 
porosity in Figure A7.3. Mean = 14.22, standard deviation = 4.21, and coefficient of 
variance = 0.30. 
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0 5 10 15 20 25 
POROSITY, PERCENT 

Figure A7.3. Cumulative frequency us. porosity Each point represents the frequency 
of each class and the sum of allpreceding size classes. 

Standard Deviation: The standard deviation gives a measure of the 
dispersion of the data from the arithmetic mean. For unclassified data: 

where: SD = Standard deviation. 

For classified data (Table A7. l), the standard deviation is calculated 
as follows: 

(A7.11) 

Normal  curve: The normal curve, represented by the straight line 
drawn through the points plotted on probability paper, may be 
represented analytically by an expression that is defined by the mean 
and the standard deviation: 

where: f(+) = function of porosity. 

Variance: The degree of heterogeneity can be expressed as a function 
of the coefficient of variation (or dispersion) of the data. The 
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coefficient of variance is the standard deviation divided by the mean. 
A coefficient value of zero means that there is zero porosity variation 
and, consequently, the rock is completely homogeneous. A coefficient 
value of 1 .O indicates that the rock is completely heterogeneous. 
Median: The median is the central point of the distribution. Values 
are equally divided on each side of the median which occurs at the 
50 percentile mark on a cumulative frequency curve (Figure A7.3). 
The cumulative frequency curve differs from the frequency distribution 
histogram, because each point represents the frequency of each class 
as well as the sum of all percentages of the preceding size classes. 
Various vertical scales may be used for cumulative frequency curves: 
arithmetic, probability, and logarithmic. 

QUESTIONS AND PROBLEMS 

1. Which porosity (absolute or effective) is measured by the gas 
compression/expansion method? Which porosity is measured by the 
mercury injection method? 

2. How accurate are laboratory measurements of porosity from core 
samples when applied to an entire reservoir? 

3. In the calculation of pore volume by the mercury injection method, 
why is it necessary to multiply by 1.02? 

4. Why is the measurement of porosity so important to petroleum 
engineering? 

REFERENCES 
Text, Chapter 3. 
Amyx, J. W., Bass, D. M., Jr., and Whiting, R. L. Petroleum Reservoir 
Engineering. McGraw-Hill Book Co., New York, NY, 1960: Chapter 2. 

Anderson, G .  Coring and Core Analysis Handbook. PennWell Books, Tulsa, 
OK, 1975: Chapter 2. 

Archer, J. S. and Wall, C. G .  Petroleum Engineering. Graham & Trotman, 
London, 1986: Chapter 5. 
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PARTICLE SIZE 
DISTRIBUTION 

INTRODUCTION 
One of the methods used for determining grain size distribution is 

sieve analysis. After the grain size distribution has been determined, the 
depositional history of the rock may be inferred from graphical analysis 
of the grain size distribution. The distribution of sizes of the grains in 
sediments is related to: (1) the availability of different sizes of particles 
in the parent matter from which the grains are derived, and (2) the 
processes operating where the sediments were deposited, particularly 
the competency of fluid flow (in other words, the history of sedimentary 
processes). 

Measurement of the grain size distribution will yield a plot of the 
cumulative mass percent (frequency) of ranges of grain sizes versus the 
PHI-scale used for particles size notation, the surface area of the rock per 
unit of pore volume and of bulk volume, and the surface area per unit of 
grain volume of the sediment. 

EQUIPMENT AND PROCEDURES 
In general, the procedure is to carefully crush the rock with an impact 

crusher (not a grinder) to obtain individual grains. A set of sieve trays is 
assembled with the finest screens at the bottom (Figure A8.1). In sieve 
analysis, it is assumed that the grains caught on the individual screens 
have sizes that are smaller than the openings of the screen above and 
larger than the screen that they are resting on. The amount of sand caught 
on each screen in the stack is weighed and, as a first approximation, the 

798 
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HAMMER\ 

Figure A8.1. Assembly of sieve trays @nest screens at the bottom) for analysis 
grainsize distribution of sediments. 

' of the 

average grain diameter is assumed to be equal to the average of the screen 
opening sizes between which it was trapped. The second assumption 
that is applied is that the mineral grains are spherical in shape. With 
these assumptions, several statistical analyses can be made. 

The relationship between the surface area and volume of a sphere is 
as follows: 

(AS. 1) 

where: SA(sphere) = Surface area of a sphere. 
V(sphere) = Volume of a sphere. 

The average surface of the grains is taken as the sum of the surface 
areas determined for the sand caught on each screen size. This surface 
area is based on the average grain diameter. Summing up the calculated 
surface area for each of the sieve screens is performed as follows: 
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(A8.2) 

where: dithsC = diameter of the ith screen 
psd = density of the sand 
Statal = total surface area of the sample 
VithSC = volume collected on the ith screen 
Vtotal = total grain volume of the sample 
MithsC = mass (‘grams) collected on the ith screen 

The surface area of a porous medium does not quantify the value; 
instead, the surface area must be a function of the volume of material 
in which it was contained (cm2/cm3). Smaller particles packed in a unit 
volume have much more surface area than do larger particles filling the 
same space. The surface area of a porous medium can be expressed in 
three ways based on the three rock volumes (pore volume, grain volume 
and bulk volume). The surface areas are defined as follows: 

SBV = surface area per unit bulk volume of the porous medium 
SMG = surface area per unit volume of the mineral grains comprising 

Spv = surface area per unit volume of pore space within the porous 
the porous medium 

medium. 

The three surface area expressions are related through the definition 
of porosity (the ratio of the pore volume to the bulk volume), thus: 

The expression for calculating the surface area per unit volume of 
mineral grains (SMG) from sieve analysis data may be derived as follows: 

MithSC 6 

MithSC/dithSC 
ZMithSC 

= 6 1  (A8.4) 

The standard size classifications for sedimentary particles are listed in 
Table A8.1. The size classes are based on a geometric scale in which the 
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adjacent orders within the scale differ by a factor of 2 .  Thus, going from 
large to small, the ratio is one half: 1, $, $, mm, etc. In the other 
direction, the ratio is 2: 1, 2,  4, 8 mm, etc. The sizes also are expressed 
as the negative logarithm of these dimensions to base 2,  which is known 
as the phi scale: 

PHI(@) = -10g2d = -3.322 x loglod (A8.5) 

The principal advantage of the phi scale is that it allows plotting of 
the particle size distributions on linear graph paper, and the calculation 
of the various statistical parameters is simplified. It also simplifies the 
geologic practice of plotting the larger sizes on the left and smaller sizes 
on the right. 

SIEVE ANALYSIS PROCEDURE 

Equipment: 
Analytical balance 
Rock crushing instrument 
Mortar and pestle 
Sieves 
Mechanical shaker for stacked sieves 

1. Using a sledgehammer, break a clastic rock sample into pieces 
approximately 1 in. in diameter. 

2. Crush the 1-in. pieces in the rock crusher and collect the crushed 
rock in a mortar. 

3.  Crush the sample into grains using the mortar and pestle. Do not 
crush the individual grains by using a rotary motion of the pestle. 
Separate the grains by using a back and forth motion. 

4. Obtain a crushed sample of about 200 g. 
5. Clean each of the sieves using a bristle brush (brush from the bottom). 
6. Strike the sieve on the outside of the rim 2 to 3 times to loosen grains 

that are tightly trapped between the screen openings. It may not be 
possible to remove all of them. 

7. Assemble the sieve on the shaker with the pan on the bottom and 
the coarsest of the screens on the top. 

8. Pour the weighed, crushed sample of sand into the top sieve (be 
careful not to spill any of the sample). 

9. Place the cover on the top sieve, tighten the stack of sieves onto 
the shaker, and shake the assembly for 5 minutes. Place any grains 
left on the top sieve into the mortar and re-crush them. (Consult 
the lab instructor about this.) Return the crushed grains to the top 
sieve. 
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10. Shake the assembly for 15 minutes. A modification of the procedure 
at this point is to separate the sample into two new series of sieves 
for thorough sorting with additional shaking for 20 minutes. If the 
sample is not to be separated, continue shaking for an additional 10 
minutes and then proceed with the weighing. 

1 1. Weigh the contents of each sieve individually on an analytical balance 
and complete the sample calculation as follows: 

SURFACE AREA 

Mass of Sand Trapped Average Diameter, 
Sieve Size, in. on Sieve, Mi, g di, in. Mi/di 

0.12 
0.08 
0.04 
0.02 
0.00 

0.00 
8.07 

20.82 
14.31 
6.04 

49.24 
__ 

- 
0.01 80.7 
0.06 347.0 
0.01 477.0 
0.01 604.0 

1508.7 

Sample Calculations 

SMG = (GCMi/di)/CMi = 6(1,508.7)/49.24 = 183.8 in2/in3 = 
15.32 ft2/ft3 mineral grains. 

Assume a porosity of lo%, then: 

SBV = SMG x (1 - 0) = 15.32 x 0.90 = 13.8ft2/ft3 

SMG X (1 - @) 15.32 x 0.90 
= 137.9ft2/ft3 - - 

9 0.10 SPV = 

DATA FOR GRAPHS 

Sand Trapped Average Mass Cumulative 
Sieve Size on Sieve Diameter PHI(@) Percent Mass Percent 

(mm) (grams) (mm) Size (%) (%) 
11 0 - - - - 
5 20 8 -3 0.10 0.10 
3 30 4 -2 0.15 0.25 
1 50 2 -1 0.25 0.50 

Pan 100 0.5 f l  0.05 1 .oo 
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QUESTIONS AND PROBLEMS 
1. Plot the cumulative weight percent vs. PHI-size on linear coordinate 

paper and on probability-linear paper. These plots indicate the 
depositional environments of sedimentary particles. What is the 
probable depositional environment of the sample measured for this 
experiment? 

2. Discuss the relationship of sorting and particle size to the overall 
surface area of clastic rocks. 

3. How can knowledge of the grain size distribution aid in the evahation 
of a petroleum reservoir? 

4. How can grain size distributions be correlated to the shapes of the Self 
Potential and Gamma Ray well logs? 

REFERENCES 
Text, Chapter 3. 
Chilingarian, G. V. and Wolf, K. H.,  Compaction of Coarse-Grained 
Sediments, I .  Elsevier Scientific Publishing Co., 1975: Chapter 1 .  

Friedman, G. M. and Sanders, J. E. Principles of Sedimentology. John Wiley & 
Sons, New York; 1978: Chapter 3. 
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SURFACE AREA OF 
SEDIMENTS 

INTRODUCTION 
The theory of monolayer adsorption developed by Brunauer, Emmett, 

and Teller (1938) is used for surface area measurements of sediments 
and other materials. Molecular adsorption is produced by van der Wads 
forces, which cause condensation of liquids and without which no 
adsorption would occur. Adsorption occurs at the most active site 
of the solid surface and then progresses to areas of lesser activity; 
finally, pore-filling will occur as gas condenses in the pores of the solid. 
Normally only a monolayer of gas molecules covers the surface area of the 
solid, which is exposed to the gas at the temperature of condensation. 
When only a monolayer of gas is adsorbed on the surface, one can 
calculate the surface area that was covered by the gas molecules from the 
amount of gas that was adsorbed. The adsorption isotherm of nitrogen 
(volume adsorbed vs. the relative pressure at constant temperature) is 
generally used for surface area measurements of sediments, grains, and 
powders. The volume of gas physically adsorbed as a unimolecular layer 
is determined by arranging the adsorption parameters in the form of a 
straight line: 

(A9.1) 

where: P = equilibrium vapor pressure. 
PN2 = pressure of saturated nitrogen vapor at the test 

temperature. 

804 
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V = volume of nitrogen adsorbed at pressure P and the test 
temperature. 

V, = volume of gas required to form a monolayer. 
C = dimensionless constant related to the heart of adsorption. 

A plot of P / (PN~ - P) versus P / P N ~  yields a straight line with 
intercept 1/VmC and slope (C-l)/VmC, from which V, is determined 
by simultaneous solution of the equations. The volume gas (Vm) is then 
converted to molecules of nitrogen adsorbed on the sample. Hexagonal 
packing of the nitrogen molecules in the monolayer on the surface is 
assumed to determine the average area occupied by each molecule. This 
leads to the average area of the liquid nitrogen molecule: 16.24 square 
angstroms (1.624 x cm2). The surface area is calculated from the 
number of molecules adsorbed on the surface. 

Helium is used to measure the volume of the system and sample cell 
(containing the degassed sample) because it does not adsorb on surfaces 
at ambient temperature and low pressure. 

EQUIPMENT AND PROCEDURE 

The equipment consists of : (1) a gas burette, (2) sample cell, (3) Dewar 
flask containing liquid nitrogen, (4) vacuum pump, and (5) mercury 
manometer, as illustrated in Figure A9.1. 

The gas lines and burette are flushed once with helium to remove air 
from the system. Then the burette is filled with helium, the remainder of 
the equipment is evacuated, and helium is expanded into the system and 
sample ceIl to determine their volumes. The system and sample cell are 
then flushed with nitrogen, and the amount of nitrogen adsorbed on the 
sample is determined for incremental increases of nitrogen pressure. 

1. Sample preparation: Determine the mass of the sample (79.871 g 
for this example) and place it in the sample cell. Evacuate the sample 
and sample cell while heating to about 60°C (140°F) to degas the 
sample. 

2. Cool the sample cell, which contains the sample, to ambient 
temperature, and connect it to the system. 

3. Evacuation of the system and sample cell. Close 3-way Valve 2 
to the system, open Valves 3 and 4, and close Valve 5. Evacuate the 
system and sample cell to the lowest possible pressure and then close 
Valve 4. 

4. Fill the burette with helium: With Valve 2 closed to the evacuated 
system, fill the burette with mercury. Connect the burette to a bottle 
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gas buret 1 

4 4  

3 

I samplecell 

; 5  

manometer 

Fi- A9.1. Equipment of measurement of tbe surjbce area of sediments by 
adsorption of nitrogen. 

of helium and draw some helium into the burette; then, expel this 
helium from the burette by disconnecting it from the helium bottle 
and filling the burette with mercury once more. flhis step is used to 
remove the small amount of air from the line.) 

Reconnect to the helium bottle and fill the burette to the bottom 
mark with helium by withdrawing mercury from the burette. 

5. Determine the volume of the system (Vs), exclusive of the 
sample cell: Close Valve 3 and open 3-way Valve 2 to admit helium 
from the burette into the system. Open Valve 5 to activate the mano- 
meter.Displace helium into the system to pressure P (P = 14.55 cm Hg 
for this example). Record the amount of helium displaced into the 
system at pressure P and at ambient temperature Ta (96 ml at P and 
Ta = 293.5 K for this example). 

6. Determhe the volume of the sample cell and sample (V& 

(a) Open Valve 3 and displace helium into the system from the burette 
until pressure P (P = 14.55 cm Hg) is attained once more, and 
record the volume of helium displaced as VI (VI = 47.0 ml at P 
and TJ. 

(b) Immerse the sample cell in liquid nitrogen to a predetermined 
depth. Displace helium from the burette until pressure P is 
once more attained. Record the volume of helium displaced as 
v2 ( v 2  = 145.0 d at P and TN~).  
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(c) Adjust V2 to ambient temperature: 

145.0 x 77.4 
V2(P7T;I) = 293.5 = 38.2ml (A9.2) 

(d) Calculate the volume of the sample cell at P and Ta: 

VSC = Vi + V2 = 47.0 + 38.2 = 85.2 ml 

(e) Correct for non-ideality of nitrogen used for the adsorption 
isotherm. Factor to account for non-ideal behavior of nitrogen 
at liquid nitrogen temperature, T N ~ ,  is equal to 0.05, therefore: 

V,, = 85.2(1.00 + 0.05) = 89.5 ml 

7. Measurement of nitrogen adsorption: 

(a) Remove the liquid nitrogen from the sample cell. 
(b) Close 3-way Valve 2 to the system, open Valves 3 and 4 and close 

(c) Evaluate the system. 
(d) Flush the burette and line with nitrogen from a nitrogen bottle 

and fill the burette with nitrogen. 
(e) Immerse the sample cell in liquid nitrogen to the predetermined 

depth. Close Valve 4, open the 3-way Valve 2 to the system, 
and open Valve 5. Record the initial pressure registered by the 
manometer, Pi (Pi =-0.9 cm Hg for this example). This is a 
correction that will be necessary for all pressure measurements 
during the balance of the experiment (Table A9.1). 

(0 Displace nitrogen into the system and sample cell until a small 
positive pressure is attained. Record the pressure, P, the amount 
of nitrogen displaced into the system (VD), and the amount of 
nitrogen remaining in the burette at equilibrium (VR). 

(g) Continue successively displacing increments of nitrogen into the 
system and sample cell until the limits of the equipment are 
attained (Table A9.1). Refill the burette with nitrogen whenever 
necessary by opening 3-way Valve 2 to the nitrogen line (closed to 
the system); then, close Valve 2 to the nitrogen line, which opens 
it to the system once more. 

Valve 5. 

Sample Calculations 

Refer to Table A9.1 for a list of data and results of calculations. 
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TABLE A9.1 
DATA AND CALCULATIONS FOR SURFACE AREA MEASUREMENT (GREER, 1962) 

A B C D E F 
Run No. P Pcorr VD VR AV 

cmHg cmHg ml ml ml  

0 1.75 2.65 - - - 
1 0.45 1.35 500 300 200 
2 1.10 2.00 300 100 200 
3 1.70 2.60 500 300 200 
4 3.95 4.85 300 20 280 
5 5.10 6.00 500 350 150 
6 7.75 8.65 350 163 187 
7 11.60 12.50 163 40 123 
8 14.45 15.35 500 383 117 
9 18.60 19.50 383 130 253 

10 23.80 24.70 253 152 101 
11 30.50 31.40 152 78 74 

- 
596 
485.5 
685.5 
485.5 
685.5 
535.5 
348.5 
685.5 
568.5 
438.5 
286.5 

H I J K L M N 
P/PN2 Va(PN2 P)* 1 O3 G*P,/P2 G -AV H-l Va @ STP Va 

Va @P2, Ta (accum) 
- 

1167.0 
327.1 
527.7 
260.3 
554.1 
371.6 
242.2 
560.0 
447.1 
346.1 
224.8 

- 
396.0 
285.5 
485.5 
205.5 
535.5 
348.5 
225.5 
551.5 
438.5 
337.5 
212.5 

- 
681.5 
42.2 
41.8 
64.8 
18.6 
23.1 
16.7 
8.5 
8.6 
8.6 

12.3 

- 
11.27 
1.03 
1.34 
3.25 
1.37 
2.45 
2.55 
1.60 
2.05 
2.60 
4.72 

- 
11.27 
12.30 
13.64 
16.89 
18.26 
20.71 
23.26 
24.86 
26.91 
29.51 
34.23 

- 
0.0177 
0.0262 
0.0340 
0.0635 
0.0785 
0.1130 
0.1635 
0.2010 
0.2550 
0.3230 
0.41 10 

- 
1 .60 
2.18 
2.58 
4.01 
4.66 
6.16 
8.38 

10.10 
13.20 
16.18 
20.35 

1. Correct all pressure measurements by adding the initial pressure (Pi) 

in the system and sample cell to the incremental pressure, P: 

pcom,O = P - Pi = 1.75 - (-0.9) = 2.65 cm Hg 

P ~ ~ ~ , ~  = 0.45 + 0.9 = 1.35 cm Hg 

P ~ ~ ~ , ~  = 1 .10  + 0.9 = 2.00 em Hg 
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2. Add the measured volumes (Column G): 

[The initial sample-cell volume, Vsc,l = 01 

3 .  Calculate the term in Column H (G refers to the values in column G): 

Go x Pl,O/P2,0 = 0 

GI x P1,1/P2,1 = 596 x (2.65/1.35) = 1,167 

G2 x P1,2/P2,2 = 485.5 x (1.35/2.00) = 327.7 

4. Calculate the term in Column I, Table A9.1: 

Go - AVO = 0 

G1 - AV1 = 596.0 - 200 = 396.0 

G2 - AV2 = 485.5 - 200 = 285.5 

5.  Calculate the term in Column J, Table A9.1: 

Ho - IO = 0 

H1 - I1 = 1,167 - 396.0 = 771 

H2 - I2 = 327.7 - 285.5 = 42.2 

6. Calculate the term in Column K (STP = 273.2 K, 76 cm Hg), 
Table A9.1: 

Va,o = 0 
Va,l = (273.2 x 1.35 x 771)/(76 x 293.5) = 12.75 

Va-2 = (273.2 x 2.00 x 42.2)/(76 x 293.5) = 1.03 

7. Calculate the term in Column L, Table A9.1: 
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8. Calculate the term in Column M (system pressure relative to the 
pressure of saturated nitrogen vapor at 77.4 K): 

Po/PN~ = 2.65/76.6 = 0.0346 
P ~ / P N ~  = 1.35/76.5 = 0.0176 

P ~ / P N ~  = 2.00/76.5 = 0.0261 

9. Calculate the term in Column N, Table A9.1: 

No = 0 

N~ = (pl x 103)/[va,l(~N2 - pl)i 

= (1.35 x 103)/(12.30 x 75.15) = 1.46 

N2 = 0'2 x 103)/[Va,2(P~2 - P2)l 

= (2.00 x 103)/(12.30 x 74.5) = 2.18 

10. Determine the slope (C - l)/(VmC), and intercept l/(VmC), from a 
plot of Column N vs. Column P (Table A9.1), or by a least-squares 
solution of the data. Use simultaneous solution to obtain the values 
of C and Vm: 
From a least-squares solution of the data plotted in Figure A9.2: 

Slope(C - l)/(VmC) = 47.33 
Intercept(l/V,C) = 0.87 

From simultaneous solution of the slope and intercept: 

C = 42.23 

Vm = 27.18 

11. Calculate the surface area of the sample and the surface area per gram 
and per cm3, assuming that the density of the sedimentary sample, 
p, is equal to 2.51: 

(1.624 10-15) (6.03 x 1023) (10-*m2/cm2) 
- A x N  

V 22,400 ml 
s/cm3 = - - 

= 4.372 

S/cm3 = 4.372 

sa/g = 118.989/79.871 = 1.49m2/g 

Sa of sample = 118.989 m 2 

2 3  Sa/cm3 = Sa/g x p = 1.49 x 2.51 = 3.79m /cm 
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25m 

PIP0 

* Exp. data * Least square cal. 

Figure A9.2. Experimental data and least squares analysis to determine the slope and 
intercept of the best straight line fit of the data. 

where: S = surface area of a cubic centimeter of nitrogen 
molecules. 

Sa = surface area. 
V, = volume of the system. 

V,, = volume of the sample cell. 

QUESTIONS AND PROBLEMS 

1 .  Explain the difference between Langmuir and Freundlich adsorption 

2. What is the physical meaning of the intercept of the line in Figure A9.1 
isotherms. 

(the point at which PRO = O)? 
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ABSOLUTE 
PERMEABILITY 

INTRODUCTION 
Permeability is a measure of the ease with which a fluid can flow 

through a porous medium; it is the inverse of resistance to flow. The 
permeability of a sample is, therefore, determined by measuring the 
rate at which a liquid will flow through a porous medium of specific 
dimensions with a given pressure gradient across the length of the 
porous medium. A permeability equal to one darcy is obtained when 
a liquid, having a viscosity of one centipoise, flows at a rate of one cubic 
centimeter per second through a sample with a cross-sectional area of 
one square centimeter under a pressure gradient of one atmosphere per 
centimeter: 

k(darcy) x A(cm2) Ap(atm) 
X 3 

MCP) L(cm) 
Q(cm /SI = (A10.1) 

Generally, permeability is expressed as millidarcies (mD) because the 
darcy is a fairly large unit and mD is more convenient to use. In SI units, 
the darcy is expressed as micrometers squared (pm2): 

darcy = 0.987 x 10-'Cm2 = 0.987pn2 (A1 0.2) 

81 3 
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EQUIPMENT AND PROCEDURES 

ABSOLUTE PERMEABILITY USING A LIQUID 

The liquid permeability measurement is made by determining the 
time required for a fixed volume of liquid, at constant temperature, to 
pass through a core at a specific pressure gradient. The Ruska Liquid 
Permeameter has a coreholder, thermometer well, cutoff valve, a burette 
for liquid volume measurement, and a pressure regulator. The upstream 
pressure is indicated on a calibrated pressure gauge. 

1. Core samples are cut to the specific size required by the coreholder. 
The cores are washed gently to remove cuttings and dried in an 
oven at 110°C. If an outcrop core is used, it should be cleaned in 
a steam bath before use to remove humus materials that are generally 
present in outcrop core samples. (Steam cleaning does not disturb 
water-sensitive clays .) 

2. A dried core is then placed in a vacuum chamber, evacuated to remove 
air, and saturated with a salt solution by closing off the vacuum pump. 
A deaerated salt solution is then admitted to the vacuum flask. A salt 
solution (approximately 20,000 ppm) is used to avoid clay swelling 
and particle transport during the test. To avoid these problems with 
very sensitive rocks, one may use a hydrocarbon solvent, such as 
Soltrol from Phillips Petroleum Co., in place of a water solution. 

3. Insert the core in the coreholder. Figure A1O.l illustrates the high- 
pressure Hassler sleeve core holder. The burette is filled above the 
zero level with the salt solution and connected to the air pressure 
source at the top. 

4. The inlet pressure is set at the desired value and the discharge valve is 
opened. Start the timing when the water level reaches the zero mark 
on the burette. Stop the timer when the burette empties. Record the 
inlet pressure (PI), the volume of fluid passed through the core 0, 
and the time required for the volume of fluid to pass through the 
core, t. Record the temperature of the fluid. 

5 .  Calculate the absolute permeability as follows: 

p x V x L  
k =  

A x A p x t  (A1 0.3) 

where: k = permeability, darcies. 
p = fluid viscosity, cP, at the observed temperature. 
V = volume of fluid, cm3. 
L = length of the core sample, cm. 



EQUIPMENT AND PROCEDURES 815 
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B 

C 
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D E l  F 

A-WATER INLET F-TYGON 
E-WATER INLET G-O-RING 
C-AIR INLET H-STEEL LINE 
D-RUBBERS I-CORE SAMPLE 
E-SCREEN J-WATER 

Figure A10.1. Hassler-sleeve core bolder used for fluid pow experiments @actions of oil and 
waterJowing, absolute permeability, and relative permeability]. 

A = cross-sectional area of the core, cm2. 
Ap = pressure gradient across the core (p1 -p2), atmospheres. 
Pa = atmospheric pressure. 

t = time required for passage of V cm3 of fluid, seconds. 

6. Example using a hydrocarbon fluid: 

p = 0.895 CP at 25°C. 

L = 1.90cm. 
A = 2.83 cm2. 
p = 2.0atm. 

k = (0.895 x 10.0 x 1.90)(2.83 x 2.0 x 30) = 0.10darcy 

v = 1 0 . 0 ~ m ~ .  

t = 30s. 

= l00md 
= 98.7 pm2. 

ABSOLUTE PERMEABILITY USING A GAS 

It is often more convenient to determine the permeability of core 
samples using a gas as the test fluid (Figure A10.2). When a gas is used, 
however, one must account for expansion of the gas along the length of 
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5-Pressure Gauge 12-Nitrogen Pressure Gauge 
&Pressure Regulator 12-Nltrogen Tank Valve 
7-Second Flowline Valve 14-Nltrogen 

lC-Bleed Off Valve 

Figure A10.2. Ruska gaspermeameter. 

the core as the pressure decreases with respect to length. In addition, 
the “Klinkenberg effect” accelerates the flow of gas when the free mean 
path of the gas is greater than the pore diameter, because under these 
conditions some of the random kinetic energy of the gas is transferred to 
movement of the gas molecule through the pore, or slippage at the pore 
walls. 

To account for the expansion of gas, the average rate of flow and 
the average pressure are used to calculate the permeability. Referring to 
the figure of the core holder, Figure A1O.l, Q1 and 4 2  (cm3/s) are the 
entrance and exit gas flow rates. Because of expansion, Q1 is less than 
Qz . Using the ideal gas law at isothermal conditions: 

In making the measurements, the time required to collect a specific 
volume of gas at the exit and the two pressures, p1 and p2, are measured. 
The average flow rate, Qav, is equal to the volume collected divided by 
the time. Solving Darcy’s equation for permeability: 

QavW 

A(P2 - P1) 
k(Darcy) = (A10.6) 
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Due to the Klinkenberg effect, the measured gas permeabilities 
are greater than the absolute permeabilities of the core. Klinkenberg 
discovered that if the permeability to gas was measured at several 
pressures and plotted against the reciprocal of the average pressure, 
the points would lie on a straight line. When the line is extrapolated 
to l/pav = 0 (infinite pressure), the intercept represents the absolute 
permeability because all gases become liquids at infinite pressure. Thus, 
the procedure for measurement of absolute permeability using a gas is 
to make three or more measurements at different pressure gradients and 
then to extrapolate the results to infinite pressure. 

EFFECT OF OVERBURDEN PRESSURE ON ABSOLUTE PERMEABILITY 

If a core is placed in a high-pressure Hassler sleeve coreholder, which 
is capable of exerting very high overburden pressure (10,000 psi or 
more), the effect of increasing overburden pressure can be obtained 
by measuring the gas permeability of a dry core after each incremental 
increase of overburden pressure. After each increase of pressure, the 
core should be allowed to equilibrate for about 24 hours before the 
permeability is determined again. 

Permeability is a measure of the ease with which a fluid will flow 
through a porous medium; hence, it is related to the pore and 
pore throat size distributions, shape and continuity of the pores, and 
tortuosity. Compression of the rock changes the pore and pore throat 
size distributions; shape changes of the pores may increase tortuosity 
and close some of the fluid-flow paths. 

The overburden pressure @OB) of a subsurface sand is supported by the 
grain-to-grain pressure (PG) of the sand and the interstitial fluid pressure 
(PF), as shown in Figure A10.3, where: 

Pob = pG -k PF (A10.7) 

When the overburden pressure is equal to the sum of the grain-to-grain 
pressure and the fluid pressure, a static condition exists at the boundary. 
If, however, the compacting overburden pressure is increased, or the 
reservoir fluid pressure is reduced by fluid withdrawal, compaction of the 
sand grains will occur. The compaction is accompanied by reduction of 
porosity and permeability, and an increase of tortuosity in the compacting 
zone. 

SAMPLE CALCULATIONS 
1. Measure a specific volume of gas exiting a core at atmospheric 

pressure ( ~ 2  = 800 cm3). 
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SATURATED WITH FLUIDS 

Figure A10.3. Relationships between the overburden pressure and thefluid andgrain 
pressures in a subsurface environment. 

2. Time required to collect V2 = 500 s. 
3. p1 = 1.5 atmosphere; p2 = 1.0 atmosphere: Ap = 0.5 atm. 
4. Core diameter, d = 2.5cm; core length, L = 4cm; gas viscosity, 
/l = 0.02 CP. 

RUN 1 

pav = (1.5 + 1.0)/2 = 1.25atm. 

4 2  = V2Qdpav = 1-60 

Qav = p2Q2/pav = (1.0 x 1.6)/1.25 = 1.28cm3/s 

A = (7~/4)d2 = (~ /4) (2 .5)~  = 4.9cm2 

kgasat 125 atm = 1.28 x 0.02 x (4.0/4.9) x 0.5 = 0.0418 Darcy 

= 41.8 md = 0.0412 pm2 

RUN 2 

p1 = 2.333; p2 = 1.00; Apav = 1.666 

V2 = 1,470cm3; t = 300s; Q2 = 4.9cm3/s; Qav = 2.94cm3/s 

kgas at 166 atm = 2.94 X 0.02 x (4.0/4.9) x 1.666 = 0.036 Darcy 

= 36md = 0.335 pm2 

Plot kgas at av p vs. 1 .O/p, and extrapolate the straight line to intercept 
the Y-axis (permeability axis) to obtain the absolute permeability, which 
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is equal to 0.020 Darcy (0.0197 ym2) for the example problem illustrated 
above. 

Areal permeability distributions of reservoir generally fit exponential 
curves, unlike porosity, which most frequently falls into the category 
of normal distributions. When the permeabilities of individual samples, 
or sample intervals, for a field are plotted on semilog paper against 
the cumulative number of samples, one or more straight lines will be 
obtained. Each straight line segment represents a different statistical 
distribution of permeability, which is described by: 

log(k) = mN + B (A 10.8) 

where m and B are the slope and intercept, respectively. 
Mean: Because permeability is best described by an exponential curve, 

the geometric mean (rather than the arithmetic mean) is used as the 
permeability descriptor. 

For unclassified data: 

For classified data (Table A10.2) 

where: Fi = cumulative frequency of the ith interval. 

ki = permeability of the ith sample. 

kmean = arithmetic average permeability. 

krnean-, = arithmetic average permeability of a logarithmic 

class interval. 

N = total number of samples. 

SAMPLE CALCULATION 1 

Assume that the following list of f i fty permeability values was 
obtained from a reservoir and the data are arranged in ascending order 
(Table A10.1): 

A semilog plot of the permeability data (versus chronological number 
of the data) reveals two lines with the break between samples number 
2 1 and 22. Therefore, two statistical analyses results are evident, because 
the data show two distinct distributions of permeability. 
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TABLE A1 0.1 
LIST OF PERMEABILITY VALUES ARRANGED IN ASCENDING ORDER 

2 
3 
3 
4 
4 
5 
6 
7 
8 
9 

11 
13 
16 
17 
19 
24 
27 
31 
36 
42 

46 
53 
59 
60 
69 
70 
72 
81 
92 
92 

109 
111 
111 
120 
148 
150 
150 
180 
181 
195 

220 
225 
230 
245 
295 
330 
335 
340 
350 
420 

SAMPLE CALCULATION 2 

Using Table A1O.l (Samples 1-21) and Equation A10.9: 

log(k,ean-g) = 2 1.6528/2 1 = 1.03 1 1 

kmean-g = 10.7 

Using Table A10.2 (Samples 1-21) and Equation A1O.lO: 

Taking the arithmetic mean for Samples 1-2 1 (Table A. 10.1): 

kmean = 333/21 = 1 5 . 9 m D  

The analyses of the data show that the two distributions of permeability 
have geometric mean permeabilities of 10.9 and 143.7 mD and arithmetic 
means of 15.8 and 172.2 mD, respectively. Characteristically, the 
geometric mean is less than the arithmetic mean. 

QUESTIONS AND PROBLEMS 

1. Explain the meaning of the Klinkenberg effect. 
2. Why is nitrogen passed through a drying tube before being allowed 

to enter the core? 
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TABLE A1 0.2 

GEOMETRIC MEAN FOR SAMPLES 1 TO 21 (FIRST SET) AND SAMPLES 22-50 
(SECOND SET) USING EQUATION A1 0.10 

CLASSIFICATION OF THE DATA FROM TABLE A1 0.1 AND DETERMINATION OF THE 

Permeability Average Cumulative FIX Log 
Range, MD Permeability Log (kmean-g) Frequency (kmean-g) 

0-5 3.5 0.00 0.286 0.1556 
6-10 7.5 0.8751 0.190 0.1663 

11-15 13.0 1.1139 0.095 0.1058 
16-20 17.3 1.280 0.143 0.1770 
21-30 25.5 1.4065 0.095 0.1336 
31-40 33.5 1.5250 0.095 0.1449 
41-50 44.0 1.6435 0.095 0.1561 

1.0393 
5 1-60 60.7 1.7832 0.103 0.1837 
61-80 70.3 1.8470 0.103 0.1902 

111-120 112.8 2.0523 0.138 0.2832 
12 1 - 160 149.3 2.1741 0.103 0.2239 
161-200 185.3 2.2679 0.103 0.2336 
201 -250 230.0 2.3617 0.138 0.3259 
2 5 1 - 300 262.5 2.4191 0.069 0.1669 
301-350 341.7 2.5336 0.103 0.2610 
351-450 420.0 2.6232 0.034 0.0892 

2.1576 

81-110 88.3 1.9460 0.103 0.2000 

For Group 1: kmean-g = 10.9 and kmean = 15.9 
For Group 2: kmean-g = 143.7 and kmean = 172.2 

3. Why measure permeability with a gas, rather than with water? 
4. Plot the permeability data in Table A10.1 vs. the cumulative number 

of samples and observe the two distinct distributions of permeability. 
5 .  Discuss the meaning of two or more permeability distributions with 

respect to the behavior of fluid flow in a reservoir. 

REFERENCES 
Text, Chapter 3. 
Amyx, J. W., Bass, D. M., Jr. and Whiting, R. L. Petroleum Reservoir 
Engineering. McGraw Hill, New York, NY, 1960: Chapters 2 and 7. 
Archer, J. S. and Wall, C. G. Petroleum Engineering. Graham and Trotman, 
London, 1986: Chapter 5. 
Chilingarian, G. V. and Wolf, K. H. Compaction of Coarse-Grained Sediments, I. 
Elsevier Sci. Publ. Co., Amsterdam, 1975: Chapter 1 .  
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VERIFICATION OF 
THE KLINKENBERG 
EFFECT 

INTRODUCTION 
Refer to the section titled: Measurement of Absolute Permeability 

Using a Gas in Experiment 10. 
When the mean free path of the measuring gas is greater than the 

diameter of the capillary through which it is traveling, the random kinetic 
energy of the gas is transferred to movement of the gas molecule through 
the capillary, or slippage of the molecules occurs at the pore walls. This 
“slippage” causes the molecules of the gas to travel at a higher velocity in 
the direction of transfer. This phenomenon, known as the “Klinkenberg 
effect,” causes the measured permeability of a gas to be greater than the 
absolute permeability of the sample. 

EQUIPMENT AND PROCEDURES 
The mean free path of the gas decreases as the pressure is increased and 

vanishes when the gas becomes a liquid at infinite pressure. Therefore, 
extrapolation of the measured Permeability to l.O/pav = 0 (or infinite 
pressure) yields the absolute permeability that would be obtained if the 
measurement had been made with a liquid. Measurements of absolute 
permeability are generally made more conveniently with a gas than with 
a liquid; therefore, this method is in common use. 

822 
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The relationship between the measured gas permeability (k,) and 
l/pav is a straight line expressed as: 

(A1 1.1) 

where: k, = measured permeability to gas. 

ka = absolute permeability. 

B = Klinkenberg constant that is a function of the gas 
being used. 

Pav = mean (or average) flow pressure. 

The intercept of the line, at l/pav = 0, is the absolute permeability 
(ka). The slope of the line in Equation A1 1.1 is equal to kaB; therefore, 
after ka has been determined, the Klinkenberg constant for the gas (B) 
can be obtained. Klinkenberg reported that B = (0.77713, - 0.39) for 
any gas. 

SAMPLE CALCULATIONS 

Using air, measure the permeability of a 2.54 cm in diameter, 2.54 cm 
length, core: 

EXPERIMENTAL DATA 

Core diameter = 2.54 cm 
Core area (A) = 5.07 cm2 
Effluent absolute pressure (p2) = 1 .0 atm 

Core length (L) = 2.54 cm 
Air viscosity (p) = 0.018 CP 

~ 2 ,  cm3 Time, s p1 (gauge), atm 
100 9 17.2282 0.144737 
250 330.3390 0.671053 
500 107.8261 2.039474 

Calculations based on Equation A10.6: 

(A1 1.2) 
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Figure AI1.1. Extrapolation of permeability (measured with a gas) vs. average 
pressure for several measurements. n e  absolute permeability is the value at the 
intercept (infinite pressure, where l/pao = 0). 

Figure A1 1.1 shows the extrapolation to infinite pressure using linear 
regression. 

atm- pav 1Ipav p1 -p~  Vav Qav kg k,, mD 
1.0 1.072 0.933 0.145 92 0.102 0.0059 5.91 
1.0 1.336 0.749 0.671 187 0.567 0.0057 5.70 
1.0 2.020 0.495 2.039 248 2.300 0.0050 5.04 

4.07 

Useful equations: 

pav = (PI + p2)/2 (absolute pressure) 
Pabs = Pgauge + Patm 

Vav = (p~Vd/pav 
Qav = vav/t 
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QUESTIONS AND PROBLEMS 

1 .  Select at least two cores from different sources and determine the 
absolute permeability of each core with at least two different gases. 

2 .  Calculate the Klinkenberg B-constant and verrfy it with the equation 
given in this experiment. 

3.  Explain why the &constant is different for each gas. 

REFERENCES 
Text, Chapter 3. 
Amyx, J.  W., Bass, D. M., Jr. and Whiting, R. L. Petroleum Reservoir 
Engineering. McGraw Hill Publ. Co., New York, N Y ,  1960: Chapter 2. 

Archer, J .  S. and Wall, C. G. Petroleum Engineering. Graham and Trotman Publ. 
Co., London, 1986: Chapter 5.  
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RELATIVE 
PERMEABILITY 

INTRODUCTION 
The absolute permeability is a characteristic of a rock and is determined 

from measurements of the flow rate of a single fluid through the rock. 
Relative permeability, however, is a function of the rock chemical and 
physical properties, and the fluid chemical and physical properties. 
Relative permeability, therefore, is sensitive to temperature and the 
relative wetting characteristics of the rock and fluids. The temperature 
effect is due to the fact that the water-oil-rock system becomes more 
water-wet as the temperature of the system is increased. 

Three fluids, gas, oil and water, may be present and mobile in a rock 
at certain saturations. In this case, three-phase relative permeabilities 
must be considered; however, no general method has been established 
for three-phase relative permeability measurements. Several papers in 
the literature discuss this, but they do not agree with respect to data or 
procedures. On the other hand, methods for the determination of relative 
permeabilities for two phases (gas-oil, gas-water, water-oil) have been 
well established. Two methods are used: (1) the steady-state method in 
which the two fluids are made to flow into and out of the core at steady 
flow rates at various saturations, and (2) the unsteady-state method, 
which is conducted by displacement of two fluids saturating a core with 
either gas or water. 

Relative permeability is defined as: 

(A1 2.1) 

826 
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where: k = absolute permeability. 
keg, &,, and k,, = effective permeabilities to gas, water and 

oil at specific saturations, respectively. 
k,, k,, and k,, = relative permeabilities to gas, water and 

oil at specific saturations, respectively. 

STEADY-STATE METHOD 
To determine the relative permeabilities of water and oil, a core which 

is saturated to some predetermined saturation is placed in a Hassler 
sleeve core holder and a pressure transducer is connected to the inlet. 
If a back pressure regulator is used to maintain a high pore pressure, a 
pressure transducer is connected also to the outlet end of the core to 
allow measurement of the pressure difference. Metering pumps are used 
to pump the water and oil at steady flow rates into a small mixing cell, 
which transfers the fluids to the face of the core. The individual flow 
rates of the fluids are controlled by adjusting the pump rates. 

Water and oil are injected at predetermined flow rates and the effluent 
rates are monitored until they are equal to the influent rates. At this point, 
it is assumed that steady state (constant saturation throughout the core) 
has been attained. The flow rates and pressure drop are recorded, and the 
core is removed and weighed. The saturation is calculated from the core 
mass, the pore volume, and the density of the two fluids. The relative 
permeability at that specific saturation is calculated as shown in equation 
A12.2. Then the core is reassembled in the sleeve and the water/oil ratio 
is adjusted to another value to change the fluid saturation in the core. 
The procedure is repeated until sufficient data are obtained to describe a 
complete set of relative permeabilities as a function of the saturation of 
one of the fluids. For a water-oil system: 

(A12.2) 

k, and k,, are calculated from Equation A1 2.1 for the specific saturations 
by assuming that the capillary pressure between the phases is negligible; 
then pw = po. The saturation (S,) is calculated using the following 
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relationship: 

Total mass (M), core and fluids = (DM) + S, x Vp x p + (1 - S,) 

x VP x Po 

SW = (M - DM - vp x po)/[vp x (pw - Po)] (A12.3) 

where: DM = dry mass of the core, g. 

Vp = pore volume of the core, ml. 

M = total mass of the core and interstitial fluids, g. 

p = density, g/cm3 

UNSTEADY-STATE METHOD 
Three methods for calculating the relative permeabilities are available. 

All of the methods are based on the assumption that the core is 
homogeneous, and that capillary pressure and gravity may be neglected. 

1. The Alternate Method yields the relative permeabilities as a function 
of the average fluid saturation of the core. The calculations for the 
alternate method are simplified because it is only necessary to apply 
Darcy’s law to the displacement method and plot the calculated 
relative permeabilities as a function of the average, rather than the 
terminal, saturation of the core. 

2. The Johnson-Bossler-Naumann (JBN) Method is used to calculate 
the relative permeabilities of the cores as a function of the effluent 
(terminal) fluid saturation for fluid displacement at constant injection 
rate. The experiment must be carried out at high flow rates to avoid 
capillary end effects (abnormally high wetting phase saturation at the 
end of the core). 

3. The Toth et al. Method is more general than the Alternate and 
JBN methods because it is applicable to constant injection rate 
displacement and constant pressure. The method allows direct 
calculation from the displacement data and consequently offers 
greater computational accuracy than the other two methods. 

EQUIPMENT AND PROCEDURES 

1. Saturate a core 100% with water and then displace the water to Si, 
by pumping the oil into the core until no more water is produced. 
Centrifuge the collected water and oil in a graduated tube (or tubes) 
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and measure the amount of water displaced by the oil. Calculate the 
initial water saturation. 

2. Allow the core and fluids to adjust to capillary equilibrium overnight. 
3. For constant injection rate, adjust a metering pump to deliver the 

displacing fluid into the core at a convenient constant flow rate. For 
constant injection pressure, adjust a gasdriven piston pump to deliver 
the displacement fluid at a convenient constant pressure. 

4. When the water displacement pump is turned on, start a stopwatch 
to begin measuring the time. 

5. If water and crude oil are used, collect the effluent fluids in graduated 
centrifuge flasks and record the time when each fraction is taken. If 
a gas and liquid are used, direct the effluent gas through a gas meter 
and collect the liquid in a graduated cylinder or burette. 

6. Stop the displacement test when oil stops flowing, or at some 
predetermined volume of water to be injected (3 pore volumes, for 
example). 

7. When crude oil is used, centrifuge the samples to separate the water 
and oil. Record the water and oil displaced, and the time when the 
fraction was taken. 

8. Compute the cumulative fractions of water and oil collected. Plot 
the cumulative oil produced as a function of pore volumes of water 
injected. 

9. At each time period, determine the rates of water and oil flowing, 
relative permeabilities, and the average water saturation, S,(av), as 
follows: 

sw(av) = siw f VOiI(produced)/Vp (A1 2.4) 

Sample Calculations 

1. Alternate method (see Table A12.1): 

L/A = 0.899; vp = 4.012 Cm3; kabsolute = 0.312Darcy 

Q,(water injection rate - constant) = 0.0168 cm3/s 

Si, = 0.261; k,(at Si,) = 0.233 Darcy 

T = 73°F; Cr, = 25.7 cP; pw = 0.938 CP 

Example using the first data point for the water injection rate 
(0.0168 cm3/s): 

k,, = (0.0168 x 0.983 x 0.899)/1.41 = -0.185 

k, = 0.0185/0.312 = 0.33 
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TABLE A12.1 
ALTERNATE METHOD (LOOMIS AND CROWELL, 1962) 

60.7 1.02 .84 .000733 .47 1.41 .389 .033 
128.6 2.16 1.09 .00264 .53 .78 .254 .059 

799.4 13.43 1.61 .00024 .66 .42 .043 .lo9 
336 51.01 1.91 ,000083 .74 .34 .018 .135 

6,335 106.42 2.05 .00003 1 .77 .20 .008 .153 

255.4 4.29 1.31 .0008 1 .59 .57 .lob .081 

(I):  Time at which each fraction was taken, t, sec. 
(2): Cumulative water injected, Wi, em3. 
(3): Cumulative volume of oilproduced, V,, cm3. 
(4): VolumetricJow rate of oil, Qo, at the specijicpoint obtained from the slope of the line 

(5): Average water saturation, Sw(av) = Siw + (3)/Vp 
(6): Pressure digerence between inlet and outlet 
0): Relative permeability to oil (Equations A12.1 and A12.2) to be plotted versus Sw(av> 
(8): Relative permeability to water (Equations A12.1 and A12.2) to be plotted versus Sw(av). 

of vp0 versus time, cm3. 

-p2), atmospheres. 

kro = 0.120/0.312 = 0.389 

Sw(av) = 0.261 + 0.84/4.012 = 0.17 

2. JBN method: see Tables A12.2 and A12.3. 
3. Toth et al. method: 

Toth et al. developed formulas for calculation of relative permeabili- 
ties from unsteady-state fluid displacement data taken from constant 
rate and constant pressure experiments: 

(A12.5) 

The term Y is obtained from the cumulative injected fluid volume Vi, 
which is expressed as follows: 

vi = a2tbz (A12.6) 
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TABLE A12.2 
JOHNSON-BOSSLER-NAUMANN METHOD (TABLE 5 OF LOOMIS AND CROWELL, 1962) 

,209 .254 .533 3 3 0  1.41 .847 .5786 .320 ,0295 .00944 
,271 .539 .171 ,440 .783 ,471 1.351 .231 .176 .0407 
,327 1.071 .Of375 ,494 .570 .343 2.112 .185 3.80 .0703 
.401 3.349 .0234 .584 .417 ,251 3.299 .0772 1.52 .117 
.475 12.72 .00563 .664 .336 ,202 4.284 .0241 6.43 .155 
.511 26.54 .00265 .702 .296 ,178 4.701 .0125 13.7 .298 

(I ) :  Cumulative pore volumes of oil produced, Vv-pv, ml. 
(2): Cumulative pore volumes of waterproduced, Wi-pv, ml. 
(3): Fraction of oil flowing. 
(4): Terminal water saturation = Sw(av) -foWi. 
(5): Pressure difference between inlet (I) and outlet (2), atm. 
(6): Reciprocal of the relative injectivity, I/& = keo Ap/[p,,(L/A)Qw]. 
(7): Slope of the curve of l/wi plotted versus l /Wi  x I p  (Figure A12. I). Plot on log-logpaper 

and read across one decade of the I/Wi axis for values of lOg(l/Wi x Ir)2/(l/Wi x 
&)I/ = log(term). men calculate the slope at each point from: slope = I+/lOg(tem). The 
slopes also may be obtained by determining the equation of the line on log-log paper 
Cy  = Ba?) and determining the derivative at specifiedpoints (dy/dx = B x n x a?-'), 
where x = I / ( w i  x I p j .  

(8): Relative permeability to oil at the terminal end of the core (to be plotted versus Suj2 = 
f o  slope (Figure A12.2)). 

(9): Relative permeability to water divided by the relative permeability to oil. k,.,,,/kw = 
(pw/p& &/(l-fw)], where f w  =fraction of waterflowing. 

(I 0): Relative permeability to water at the terminal end of the core (to be plotted versus Sw2j, 
Column 8 multiplied by Column 9 (Figure A12.2). 

TABLE A12.3 
CALCULATION OF KRW AND KRO USING AN EXPONENTIAL EQUATION, Y = BXN 

1 M i  1 M i  x I, Slope 

3.937 3.335 1.006 
1.855 0.874 1.515 
0.934 0.320 2.059 
0.299 0.075 3.209 
0.079 0.016 5.156 
0.038 0.007 6.709 

kro = fo x slope k,/kro k, 
0.536 0.032 0.017 
0.259 0.177 0.046 
0.180 0.380 0.069 
0.075 1.523 0.114 
0.029 6.444 0.187 
0.018 13.731 0.244 

Use a least-squares solution to obtain an expression for I/Wi = f ( l / W i  x Ir); this 
is then used to obtain the slope [Slope = B n a?-'J.Refer to Figures A12. I and A1 2.2. 
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l/Wi*lr 

I * EXPERIMENTAL DATA --+- CALCULATED DATA 1 
Figure A12.1. Log-log plot of the reciprocal of cumulative water injected (11 Wi) 
Venus the reciprocal of the term relative injectivity times cumulative water injected 
[ I l (Z,* Will. 

Figure A12.2. Relative permeability calculated using the Johnson-Bossler-Nauman 
methodplotted as a function of the terminal water saturation. 
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For constant fluid displacement, Y is calculated from Equation A12.7 
as follows: 

(A12.7) 

where: A = core cross-sectional area, cm2 
a = correlation constant for cumulative volume injected 
b = correlation constant for cumulative volume injected 

K = absolute permeability 
k, = relative permeability 
L = core length, cm 
p = pressure, bar 
q = flow rate, cm3/s 
t = time, s 

Vi = cumulative volume injected (function of time), cm3 
Y = function of the displacing fluid saturation at the outlet 

p = viscosity, CP 
of the core 

Subscripts: 

d = displacing fluid 
i = injected fluid 
k = displaced fluid 
1 = inlet face of the core 
2 = outlet face of the core. 

QUESTIONS AND PROBLEMS 

1. What are relative permeability curves used for? 
2. What are pseudo-relative permeability curves? 
3. What is the effect of wettability on relative permeability curves? 
4. What is the effect of temperature increase on relative permeability 

curves? 
Use a least-squares calculation of the function y=bx". The 
derivative = dy/dx = Brix"-'; the integral = [B/(n + l)]x"+' 
(see Table A12.4). 
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~ 

3.335 3.937 0.523 0.595 0.274 0.311 

0.320 0.934 -0.494 -0.030 0.245 0.015 
0.075 0.299 -1.125 -0.525 1.266 0.591 
0.016 1.079 - 1.799 -1.104 3.237 1.987 
0.007 0.0368 -2.173 - 1.424 4.724 3.095 

-5.128 -2.220 9.749 5.983 

0.874 1.855 -0.0509 0.268 0.003 -0.016 

Sum(x) Sum(y) Sum(x2) Sum(xy) 

Constant B = IdSumOl)-nxsum@ll/N 
Constant n = purn(xj x Surnej - N x Surn(x x yjj /[~urnc2j - N x sum(2jj  
N(number of datapointsj = 6 B = 1.909192 n = 0.761449 

5. Plot the cumulative volume injection as a function of time on log-log 
paper. Determine the constant for Eq. A12.6, and calculate the 
Toth et al. relative permeabilities. Compare the Toth et al. calculated 
values to those of the Alternate and JBN methods and explain the 
differences observed. 

REFERENCES 
Text, Chapter 3 
Amyx, J. S., Bass, D. M., Jr. andwhiting, R. L. Petroleum ReservoirEngineering. 
McGraw Hill Publ. Co., New York, N Y ,  1960: Chapter 2.  

Archer, J. S. and Wall, C. G. Petroleum Engineering. Graham and Trotman Publ. 
Co., London, 1986: Chapter 7. 
Johnson, E. F., Bossler, D. P. and Naumann, V. 0. “Calculation of Relative 
Permeability from Displacement Experiments.” Trans. AIME, Vol. 216, 1959, 
p.370. 
Loomis, A. G. and Crowell, D. C. “Relative Permeability Studies: Gas-Oil and 
Water-Oil Systems.” US. Bureau ofMines Bull. No. 599, 1962, US Government 
Printing Office, Washington, D.C.: 39 pp. 
Merle, C. M. Multiphase Flow in Porous Media. Gulf Publ. Co., Houston, 
1981: Chapter 3. 
Toth, J., Bodi, T., Szucs, P. and Civan, F. “Convenient Formulae 
for Determination of Relative Permeability from Unsteady-state Fluid 
Displacements in Core Plugs.”JPSE, Vol. 36, Oct. 2002, pp. 33-44. 
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BASIC WELL LOG 
PETROPHYSICAL 
PARAMETERS 

INTRODUCTION 
The principal objectives of well log interpretation are the identification 

of porous zones containing hydrocarbons and the determination of the 
water saturation using Archie’s equation: 

FR, a Rw s w = - -  n x -  - - 
Rt om Rt 

(A1 3.1) 

where: n = Archie’s saturation exponent. 
F = formation resistivity factor (F = R,/R,,). 

R,, = resistivity of core 100% saturated with formation water. 
Rw = resistivity of the formation water. 
& = resistivity of the zone of interest. 
a = structural parameter. 
Q = porosity of the zone of interest. 

m = cementation factor. 

The average value of the saturation exponent for water-wet rocks is 
2.0, which is generally used in well-log interpretation; however, n is 
a function of the wettability of the system, increasing in value as the 
oil-water-rock system becomes progressively more oil-wet. The value of 
n has been reported to range from as low as 1.4 to values exceeding 10. 

035 
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TABLE A1 3.1 

RESISTIVITY FACTOR (F) 
GENERAL PARAMETERS USED FOR CALCULATION OF THE FORMATION 

Equation Criteria for Equation Selection 

F = 1.0/q2 Carbonates (limestones, dolomites) 
F = 1.45/@'.'' Calcareous sands 
F = 0.81/02 Consolidated sandstones 
F = 0.62/@2.'5 
F = i . o / p  Unconsolidated sands 
F = 1.97/$1.29 
F = 1.65/$1.33 Shaly sands 

Humble formula for consolidated sandstones 

Unconsolidated Miocene sands, US Gulf Coast 

The formation resistivity factor is a function of the formation lithology, 
grain size, grain shape, grain distribution, grain packing, internal 
structure or tortuosity (z), the porosity, and the degree of cementation 
of the rock. Therefore, the determination of F requires some knowledge 
of the lithology; several average formulas used for different types of 
formations are listed in Table A13.1. 

The resistivity of the formation water (Rw) may be determined 
directly from the formation water. If the measurement is made at mom 
temperature it must be corrected to the value of the subsurface zone 
temperature. It also may be calculated from the value of the self potential 
log (SP-log) in the zone of interest. Knowledge of the theory and behavior 
of the SP-log as well as practical experience must be developed for 
accurate evaluation of Rw from well logs; therefore, this aspect is not 
discussed as a part of these laboratory procedures. 

The resistivity of the formation of interest is obtained from logging 
tools that read deep into the formation: the deep laterolog, the deep 
induction log, the 64-in. normal log, or the 18-ft. lateral log. Knowledge 
of the theory and experience are required for this; therefore, it is beyond 
the scope of these procedures. 

The structural parameter is principally a function of the tortuosity 
of the capillary paths in the rock. Values that have been developed 
from comparisons of log interpretation results of core analyses and from 
experience (for example, the value used for the Miocene sands along the 
Gulf Coast, Table A13.1). 

Porosity may be obtained from core analyses or from special porosity 
logs, discussion of which is beyond the scope of these procedures. 



EQUIPMENT AND PROCEDURES 837 

The cementation parameter (m) is generally assumed to be 2.0, unless 
a specific equation for F is being used, or it may be determined from 
laboratory experiments with cores presented herein. 

EQUIPMENT AND PROCEDURES 
RESISTIVITY OF THE FORMATION WATER 

Place about 100 ml of brine (or reconstituted formation water), to be 
used for saturation of the rock cores, in a beaker and insert the water 
resistivity probe (dip cell). Make sure that the brine fills the small glass 
tube containing the electrodes. Record the resistance registered on the 
ohm-meter and multiply by the dip cell constant (0.001 m) to obtain Rw. 
Also record the temperature of the brine: for example, assume that the 
temperature of the brine is 77"F, and R, = 176 ohm (recorded on the 
ohm-meter). The resistivity R, is then: 176~0.001 = 0.176 ohm-m2/m. 

Assuming that the formation temperature is 155"F, convert the 
resistivity measured at laboratory temperature to the resistivity at 
formation temperature using Arp's Equation: 

Ti + 6.77 
R2 = R1 ( TZ + 6.77) 

ROCK RESISTIVITY SATURATED WITH BRINE 

1. Review the instruction manual for operating the resistivity matching 
unit. Using that, and any additional instructions given by the 
laboratory instructor, familiarize yourself with the instrument. 

2. Cut a core to the size required by the instrument and completely 
saturate it with the brine previously tested. Wrap the core with a 
piece of paper saturated with the brine and cut it so that it is about 
3 mm from the ends of the core. This is to avoid evaporation of water 
from the core while the measurement is being made. 

3 .  With the unit in the test position, check the calibration value by 
performing a resistivity match by setting the meter to zero using 
the output control knob. Set the variable resistor to 300 ohms and 
throw the potential-match-switch. Then note the direction in which 
the needle moves. Set the variable resistor to 700 ohms and throw 
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the potential-match-switch, and once more note the direction in 
which the needle moves. Finally, set the variable resistor to 500 ohms 
and throw the potential-match-switch. If the needle is in the same 
position both before and after the potential-match-switch is thrown, 
the resistance being measured and the resistance showing on the 
variable resistor are the same. 

4. Measurement of R, now can be made using this instrument if it 
was not done with an ohm-meter as described above. Connect the 
dip cell to the resistivity matching unit and immerse it in the brine. 
Make sure that the brine fills the small glass tube containing the 
electrodes. Turn the select switch to measure and determine the 
brine resistance (rw). TURN THE SELECT SWITCH BACK TO TEST. 
Record the temperature of the water after measuring it with the 
thermometer. Multiply r, by the dip cell constant (0.001 m) to obtain 
the brine resistivity (R,). 

5. In order to take core resistance measurements, attach the core holder 
to the resistivity unit. Soak two small pieces of a paper towel with 
brine and stick them to the faces of the electrodes. This is to ensure 
good electrical contact between the electrodes and the core. Keep 
the paper wet during the experiment. 

6. Place the core (100% saturated with brine) in the coreholder, 
making sure that a firm connection exists between the core and the 
electrodes and then CLOSE THE LID of the core holder. 

7. Turn the select switch to measure and find the core resistance, r,. 
Turn the select switch to test and remove the core. Using a caliper, 
find the diameter, D, and the length, L, of the core. 

8. Calculate the area of the core face, A, and then calculate the 
resistivity of the core 100% saturated with brine using the following 
equation: 

9. The formation resistivity factor may now be calculated from Archie's 
equation (Equation A13.1), because S, = 1.0 for a brine-saturated 
core: 

10. Assuming that the core is a sandstone, and selecting the appropriate 
equation from Table A13.1, and calculate the porosity. For 
example: 

0 = (0.81/F)0.5 (A1 3.5) 
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11. Calculate the tortuosity, 2, which is a measure of the heterogeneity 
of the rock pores: 

T = (F$)2 (A 13.6) 

12. Displace the brine in the core with oil using a centrifuge, or by 
pumping oil into the core until the irreducible water saturation 
(Si,) is attained, and then measure the resistivity of the water 
and oil-saturated core containing irreducible water saturation, Rt . 
Calculate the Si, using Archie’s Equation and compare it to the Si, 
estimated from the water displacement test: 

s,=(%) 0.5 =(?) 0.5 

(A13.7) 

13. Assuming that the porosity of the core being used was determined 
independently, as described under porosity measurement, report 
and compare the results of independent measurement of porosity 
with the porosity calculated using Equation A1 3.5. 

SAMPLE CALCULATIONS 
r, = 176ohms. 

R, = 176 x 0.001 = 0.176ohm.m. 

L = 1.95cm = 0.0195 m. 

D = 1.83cm = 0.0183m. 

A = 0.000263 m2. 

r, = 422 ohms (resistance of 100% brine-saturated core). 

R,, = (422 x 0.000263)/0.0195 = 5.692 ohm-m. 

F = 5.692/0.176 = 32.34. 

f = (0.81/32.34)2 = 0.158 = 15.8%. 

t = (0.158 x 32.34)2 = 26.109. 

Rt = 47.82 ohm-m (for core saturated with oil where brine is at S ~ ) .  

Si, = [(32.34 x 0.176)/47.28]0.5 = 0.345 = 34.5%. 

m = [log(R,/Rt) - 2 x log(S,)]/log(f). when 

S, = 1.0; m = log(R,/R,)/log(f). 

Assume : Rw = 3.00; & = 7.31; f = 0.224; and& = 1.0, then 

m = log(0.300/7.31)/log(0.224) = 2.134. 
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QUESTIONS AND PROBLEMS 
1. Explain the influence of water-oil-rock relative wetting on the Archie 

Saturation Exponent (n). 
2. Compare the formation resistivity factor for generally unconsolidated 

sand and the U.S. Gulf Coast Miocene Age sands using a sand porosity 
of 0.280. Why is there a difference between these values? 

3. Describe the relationship between water resistivity and temperature. 
If the brine resistivity measured at 80°F is 0.12 ohm m, what is the 
resistivity in the subsurface formation, which is at a temperature of 
180”F? 

REFERENCES 
Text, Chapter 4. 
Donaldson, E.C. and Chernoglazov, V. “Characterization of Drilling Mud Fluid 
Invasion.’’ JPSE, Vol. 1, Aug. 1987, pp. 3-13. 
Donaldson, E.C., Madjidi, A. and White, L. “Conductivity Mapping to Determine 
Interwell Fluid Saturation.” JPSE, Vol. 5, Apr. 1991, pp. 247-259. 
Donaldson, E. C. and Siddiqui, T. K. “Relationship between the Archie 
Saturation Exponent and Wettability.” SPE Formation Evaluation, Sept. 1989, 

Helandrer, D. P. Fundamentals of Formation Evaluation. Oil and Gas Publ., 
Tulsa, OK, 1983: Chapter 4. 

pp. 359-362. 
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SURFACE 
AND INTERFACIAL 
TENSIONS 

INTRODUCTION 
Attraction among molecules of a liquid at the surface is subjected to 

a net force directed toward the bulk liquid. This results in the formation 
of a film-like structure, or membrane, at the surface which resists change; 
therefore, work must be done to create a new surface and the liquid 
surface will tend to adjust itself in such a way as to minimize its surface 
area. The surface tension is the force per unit length required to create 
a new surface. 

The term “surface tension” refers to the tension of a liquid surface in 
contact with a gas (usually air). “Interfacial tension,” which means the 
same thing, is generally used when referring to the tension of an interface 
between two liquids. 

The SI units of interfacial tension are milli-Newtons per meter 
(N x lOP3/m), which is exactly equal to the now-obsolete unit dynes 
per centimeter. 

EQUIPMENT AND PROCEDURES 

Several methods for measurement of interfacial tension have been 
developed. The two methods selected for this experiment are: (a) the 

84 1 
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duNouy Ring Method employing a beam analytic balance to measure 
the force required to pull the ring through the interface, and (b) the 
Capillary Rise Method. Absolute cleanliness is essential for these 
experiments. 

duNouy Ring Method 

1. Select a platinum duNouy ring and measure its diameter accurately. 
Hold the ring in a flame until it is red in color in order to burn off 
any residual organic matter that may have remained from its last use. 
When the ring has cooled, place it on the hook at the left end of the 
beam analytic balance lever. 

2. Place the fluid whose air-liquid interfacial tension (surface tension) 
is to be measured in a beaker about 2 inches in diameter in order to 
avoid wall effects. 

3. Immerse the platinum ring in the liquid until it is just under the surface 
and adjust the balance to equilibrium. 

4. Slowly lower the beaker so that the ring gradually breaks the surface, 
and record the grams-force required to just break through the 
surface. Repeat the experiment a few times to gain skill and improve 
accuracy. 

5. Calculate the interfacial tension (IFT) using Equation A14.1: 

IFT = grams x gc/2nd (A14.1) 

where: IFT = interfacial tension (N x 10-3/m). 
g = grams-force measured with the analytic balance. 

d = diameter of the ring. 
g, = gravitational constant (980 cm/s2). 

There are instruments available that measure the IFT directly as the 
ring is pulled (sometimes automatically) through the interface of the 
liquid. They are all based on the same principle and use the relationship 
expressed by Equation A14.1. 

The interfacial tension between two liquids is measured by the same 
procedure, but certain precautions must be taken to avoid contamination 
of the ring. The denser liquid is transferred to the glass vessel first, and the 
ring is then immersed below the surface (< 1/8 inch). Then the lighter 
liquid is carefully poured on top of the denser liquid until it is covered by 
the lighter liquid with a thickness of about one centimeter. At this point, 
the procedure detailed in Steps 1 to 5 are followed. 
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Capillary Rise Method 

The height of the rise of a liquid in a capillary tube is expressed by: 

(A1 4.2) 

where: h = distance to which the liquid rises in the capillary tube 

(J = interfacial tension, N x 10-~/m.  

capillary to the capillary wall. 

above the open surface of the liquid, cm. 

cos 8 = cosine of the contact angle of the surface inside the 

r = radius of the capillary, cm. 
p = density of the more dense liquid, g/cm3. 

g, = gravitational constant (980 cm/s2). 

1.  Insert the capillary tube into the beaker of distilled water and measure 
the height of the rise of water in the tube. Record the temperature 
of the water, and obtain the interfacial tension of water/air and the 
density for that temperature from Table A14.1 (interpolate from values 
of temperatures not listed in the Table). Assume that the cos 8 is equal 
to 1.0,  and calculate the radius of the capillary from Equation A14.2. 
This step may be omitted if the manufacturer of the capillary tube has 
given the exact diameter of the tube. 

2. Dry the capillary tube in an oven and then place it in the liquid whose 
air/liquid interfacial tension is to be measured, and measure the height 
of the liquid rise in the tube. Assuming that the cos 0 = 1 .O, calculate 
the interfacial tension from Equation A14.2. 

TABLE A1 4.1 
SURFACE TENSION (A IMATER)  AND DENSITY OF WATER 

AT SEVERAL TEMPERATURES 

Temperature (“C) Surface tension (N X 10-3/m) Density (g/cm3) 

15 73.49 0.9991 
18 73.05 0.9986 
20 72.75 0.9982 
25 71.97 0.9971 
30 71.18 0.9957 
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3. If the interfacial tension between two liquids is to be measured, the 
same precautions used for the duNouy method must be employed 
with the capillary rise method: 

a. Stopper the top of the capillary: a finger may be used, or a small 
cork may be fitted over it. 

b. Pour the denser liquid into a beaker, place the stoppered capillary 
tube into the liquid, and then pour the lighter liquid on top of the 
denser liquid until it is covered by about 2 cm of the lighter liquid. 

c. Remove the stopper from the top of the capillary and allow the 
denser liquid to rise in the tube. Measure the height of the rise and 
record the temperature of the liquids. 

d. Use the density of the denser liquid (from a handbook or from 
previous measurement) to calculate the interfacial tension from 
Equation A14.1. 

SAMPLE CALCULATIONS 
DuNouy ring: 

Diameter of the duNouy ring = 1.75 cm 
Force required to pull the ring through the interface 

IFT = (0.8075 x 980)/(2 x 3.1416 x 1.75) 
= 0.8075 grams-force 

= 71.97 N x 10P3/m (from Equation A14.1) 

Capillary rise: 
Height of rise of distilled water in the capillary = 0.5 cm 
Temperature of the water = 25°C 
Density of water at 25°C = 0.9971 

r = 2 x 71.97/(0.5 x 0.9971 x 980) = 0.1473cm (from Equation A13.2) 
cos8 = 1.0 

Surface tension of kerosene: 
Height of rise in the capillary tube = 0.6 cm 
Density of kerosene at 25°C = 0.9917 
<r = hrdg,/2 = 0.6 x 0.1473 x 0.8817 x 980/2 = 38.18 N x 10P3/m 

QUESTIONS AND PROBLEMS 
1. Suppose that a small amount of residual detergent contaminated 

the water being used to determine the radius of the capillary tube. 
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What would this do to the height to which the water would rise in 
the capillary? What would it do to the surface tension of the water? 

2. Why is the surface tension of a hydrocarbon solvent less than the 
surface tension of water at any specific temperature? 

REFERENCES 
Text, Chapters 5 and 6. 

Amyx, J. W., Bass, D. M., Jr. and Whiting, R. L. Petroleum Reseruoir 
Engineering. McGraw Hill Publ. Co., New York, NY, 1960: Chapter 3. 

Dullien, F. A. L. PorousMediu. Academic Press, New York, NY, 1979: Chapter 2. 
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APILLARY 
RESSURE 

INTRODUCTION 
The pore openings of most porous rocks are only a few microns (pm) 

in size. When the rock contains two immiscible fluids, one of the fluids 
tends to wet the rock surfaces preferentially and is labeled the “wetting” 
fluid. The relative wetting characteristics of the system are functions 
of the chemical properties of the fluids and the rock surfaces. Capillary 
pressure is the difference between the pressure in the non-wetting phase 
and in the wetting phase: 

where: cos 8 = angle of contact of the wetting phase to the 
capillary wall (degrees). 

g, = gravitational constant (980 cm/s2). 
h = height of capillary rise of the wetting 

fluid (cm). 
Pc = capillary pressure (Pascals, N/m2); function of 

water saturation. 
PnOnewet = Pressure of the non-wetting fluid. 

Pwet = pressure of the wetting phase. 
r = radius of the capillary (m). 

Pwet = density of the wetting fluid (g/cm3), 
s = interfacial tension (N x 1o-3im). 

846 
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EQUIPMENT AND PROCEDURES 

There are three common methods used for measuring capillary 
pressure as a function of water saturation in rocks. The mercury injection 
method is the most rapid, but the core cannot be used for other tests 
after injection of mercury because the mercury cannot be removed from 
the rock. In addition, the mercury injection curve does not yield data 
on capillary hysteresis. Nevertheless, because it offers a rapid method 
for obtaining capillary pressure data on irregular-shaped samples (any 
shape can be used), it remains as one of the standard petrophysical 
tests. 

A second method is the use of a porous diaphragm, which relies 
on the selection of a suitable porous disk to provide a barrier that 
excludes the passage of the non-wetting fluid and permits the passage 
of the wetting fluid. Porcelains can be made with low permeability 
(< 5 mD) and very uniform pore openings; therefore, it is the most 
frequently used material for the porous diaphragm. When water-wet 
systems are used, the diaphragm is saturated with water and a core is 
placed on it in good capillary contact. Then, the pressure exerted in the 
non-wetting phase (gas or oil) is recorded for incremental displacements 
of water. The displacement also may be reversed by saturating the disk 
with the non-wetting phase and recording the pressure required to 
displace incremental volumes of the non-wetting fluid. The drawback 
of this method is the long period of time required for completion 
of the test (sometimes several weeks), because one must wait for 
completion of the incremental fluid displacement after each increase 
of pressure. 

The third method is the centrifuge method. Cores are placed in 
specially designed holders equipped to collect either water or oil in 
a calibrated portion of the coreholder. A centrifuge is then used to 
displace one of the fluids by centrifugal force. The angular velocity of the 
centrifuge (revolutions per minute) is increased in increments, and the 
amount of fluid displaced at each incremental velocity is measured. 
The capillary pressure is calculated from the centrifugal force. 

CORE PREPARATION FOR CAPILLARY PRESSURE MEASUREMENT 

1. Cut the core and make sure that the ends of the core are smooth and 

2. Extract the hydrocarbons from the core by solvent extraction. 
3. Dry the core and measure its permeability using gas flow. 
4. Measure the porosity of the core by any convenient method and 

parallel. 

calculate its pore volume, Vp. 
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5. Weigh the dry core, saturate with the fluid to be displaced, and weigh 
again. Using the density of the fluid, calculate the pore volume and 
compare it with the pore volume of Step 4. 

MERCURY INJECTION METHOD 

Calibrations are required before the mercury injection instrument is 
ready for use. First, the volume of the sample chamber is measured by 
evacuating the system and then injecting mercury to the lower reference 
mark. The reading scale is then set to zero, and the amount of mercury 
required to reach the upper mark is recorded as the sample chamber 
volume. The second calibration is to run a blank (with a core in the 
sample chamber) in order to obtain an instrument expansion calibration 
as a function of pressure. 

A dry core sample is placed in the sample chamber of the mercury 
injection apparatus. The pump piston is withdrawn and the system is 
evacuated. The vacuum valve is closed, and mercury is injected into the 
sample chamber. When the mercury level reaches the lower reference 
mark, the reading scale and the vernier are set to read the sample cham- 
ber volume. Mercury is then injected into the sample chamber until 
it reaches the upper reference mark. The bulk volume of the sample 
is read directly from the movable pump scale and hand-wheel dial 
numbers. The hand-wheel dial and pump scale are adjusted to read 
exactly 0.000 cm3. The vacuum valve is then closed by opening the 
bleed valve, and nitrogen gas is admitted to the system until the mercury 
level is 4-5 mm below the upper reference mark. The pressure of the 
system is noted, and by operating the pump, mercury is injected into the 
sample chamber until it reaches the upper reference mark. The volume 
of mercury injected into the core is noted. After atmospheric pressure 
is attained in the system, pressure is applied using the compressed 
nitrogen gas. After each incremental injection of mercury to the upper 
reference mark, a waiting period of 2-5 minutes is imposed to allow the 
system to reach equilibrium. The procedure is repeated for a number 
of intervals until a pressure of about 800 psi is attained. The volume of 
mercury injected corresponds to the non-wetting phase volume, because 
mercury is a non-wetting fluid, whereas the mercury vapor corresponds 
to a wetting phase. Each incremental pressure increase (P,) is plotted 
versus the corresponding wetting-phase saturation. 

POROUS DIAPHRAGM METHOD 

1. A schematic diagram of the Ruska Diaphragm Pressure Cell is 
presented in Figure A15.1. The base, together with the diaphragm 
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I-CORE CHAMBER 
2-ASSEMBLY BLOCK 
%DIAPHRAGM ASSEMBLY 
&BASE 
5-SUPPORT STAND 
6-QUABRING SEAL 
7-CLAMPS (UPPER) 
&O-RING VALVE 
%GAS INLET VALVE 

IO-REMOVABLE SPRING 
11-SPRING PLATE 
12-POROUS DIAPHRAGM 
13-BASE QUAD-RING SEAL 
14-LOWER CLAMPS 
15-CONTROL INLET VALVE 
16-DISCHARGE VALVE 
17-LIQUID INLET 
18-DRAIN 
19-PIPETTE 
20-PIPETTE NUT 
21-0-RING VALVE 
=-DRAIN 
23-TEST CORE 

Figure A15.1. Ruska diaphragm pressure cell for measurement of capillary pressure. 

2. 

3. 

4. 

5.  

6 .  

7 .  

assembly, is detached and the pipette (19) is withdrawn from 
the base. 
The diaphragm is dried in the oven with the core to be tested and 
then the diaphram and core are evacuated for at least 5 hours. The 
fluid to be used as the saturating fluid also is evacuated for a brief 
period to remove dissolved gases prior to contact with the core and 
diaphragm. 
While the vacuum is maintained on the system, the saturating fluid is 
introduced slowly into the evacuated diaphragm and core until they 
are immersed at least 1/2 inch. After one hour, air is slowly admitted 
to the system until atmospheric pressure is attained. 
The base valve (21) is closed, and while capping the pipette nut outlet 
with a finger, the diaphragm assembly cavity is filled with liquid. Air 
is displaced from the base flow channels through the pipette outlet 
and drained by opening them slightly. 
Grease the quad-ring (6) and position it properly, then insert the 
diaphragm assembly into the cavity and hold it firmly in place. 
A pipette of proper size (estimate the volume of fluid to be displaced 
for selection of the pipette) is inserted and the nut is tightened. 
Clamp the complete base and diaphragm assembly to the underside of 
the assembly block. Place a piece of soft tissue paper on the diaphragm 
and saturate it with liquid. Now place the core on the tissue paper. 
Drain the pipette to the reading of zero, and the cell is now ready to 
measure capillary pressure. 
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8. Apply gas (air or nitrogen) pressure to the upper chamber through 
the gas inlet valve (9) in increments of about 2 psi. After each increase 
of pressure, wait until fluid collection in the pipette stops. Record the 
pressure and the amount of fluid displaced, and then increase the 
pressure once more. Repeat this procedure until no more fluid is 
displaced from the core, or until the gas breaks through the porous 
diaphragm. 

9. Calculate the average saturations of the core after each step increase 
of pressure, and plot the pressure as a function of core saturation 
(% of pore volume, Vp) to obtain the capillary pressure curve. 
Extrapolate the curve to 100% fluid saturation to obtain an estimate 
of the threshold pressure (pressure required to enter the largest pore 
of the sample). The irreducible saturation (Siw) of the fluid is the 
limiting saturation where no more fluid can be displaced for continued 
pressure increase. 

Vp - Cum. vol. of fluid displaced 
Si,(fraction) = 

VP 

CENTRIFUGE METHOD 

Several different types of centrifuges are available for the centrifuge 
method. The bowl temperature, however, must be controlled within 
a few degrees because oil-water-rock systems become more water-wet 
as the temperature is increased. Therefore, the temperature at which the 
measurement is made should always be specified. 

Only the initial displacement of fluid to irreducible saturation 
was discussed for the preceding tests (capillary pressure curve I, 
Figure A15.2). Mercury injection may be used for displacement of air, 
in which case the capillary pressure is generally plotted as a function 
of mercury saturation; or it may be used for mercury displacement of 
a wetting fluid such as water, and in this case the capillary pressure 
is plotted against the wetting phase saturation. The porous diaphragm 
method may be used for displacement of a wetting phase by a gas, or the 
core (saturated with the wetting fluid) may be covered with a non-wetting 
phase and gas pressure used to cause displacement of the wetting phase 
by the non-wetting phase. All of these yield P, curve I. 

The centrifuge may be used to obtain three capillary pressure 
displacement curves (Figure A1 5.2): 

a. Pc-I: initial displacement of a fluid to irreducible saturation. A wetting 
or a non-wetting fluid may be used for the initial saturation. For 
ease of understanding, however, it is assumed that the core is 
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Figure A15.2. CapiUarypressure curves showing the three curves that can be obtained 
from displacements using a centrifuge and calculation of wettability by the USBM 
method. For water-oil capilhry pressure, the jigure shows Curve I for displacement of 
water from a 100% water-saturated core with oil to the irreducible water saturation, 
Curve II represents displacement of oil by water to the residual oil saturation, and 
Curve III represents displacement water (porn the core saturated with water and oil 
at residual oil saturation) to irreducible water saturation. 

initially saturated with water, and oil is used to displace the water 
to irreducible saturation: (PJ, oil >> water, from S, = 1.0 to Si,). 

b. PJI: displacement of the oil with water to the water saturation 
equivalent to the residual oil saturation (S,,, = 1 - Sor). This displace- 
ment is equivalent to a waterflood where water is displacing oil from 
a core that was initially at saturation Si,. So, = residual oil saturation. 

c. Pc-III: displacement of the water to irreducible water saturation (Siw) 
once more by starting with the core saturated with water and oil at 
saturation &or. (PJII, oil >> water, from &or to Siw). 

Centrifuge Procedure 

1. Small core plugs for centrifuge measurement (2.5 cm in dia. by 2.5 cm 
long) should be jacketed with a thin Viton innertube surrounded 
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Figure A15.3. 
or air. 

CenMfuge shield 

Centrifuge tube corebolder assembled for displacement of water ' by oil 

2. 

3. 

by heat-shrinkable Teflon tubing. The reduction of exposed surface 
area is 67%. Without the jacket, it is difficult to control the outside 
fluid-films when changing coreholders at the endpoint of runs, and 
large errors of saturation measurement may occur. 
(Pc-I): At least two saturated cores are placed in graduated centrifuge 

core tubes, and the tubes are filled with oil (Figure A15.3). The 
tubes are then placed in the metal shields, and the weights of 
the assemblies are adjusted with small weights until they are 
equal. 

The assemblies are placed in the trunnion rings across from each other 
in the centrifuge. 
In order to complete the USBM wettability test in a single day, the 
centrifuge speed may be increased until the maximum speed is 
attained. It is operated at the maximum speed until water displace- 
ment stops, as observed using a strobe light. Water displacement will 
usually stop within fifteen minutes for a light oil (API gravity > 20) 
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and within 30 minutes for a heavy oil. The water displacement is used 
to calculate the irreducible water saturation, which is the beginning 
point for the USBM wettability test. 

If the initial oil-displacing-water capillary pressure curve (Pc-I) is 
required, the centrifuge is started at low RPM (200 or less). Using a 
strobe light, the volumes of water collected in the graduated end of 
the coreholder tubes are recorded. 

The capillary pressure at the top end of the core, P,1, is calculated 
using Equation A 1 5 2  and plotted against the corresponding water 
saturation at the top of the core, S,1, using Equation A15.3 or A15.4. 
Occasionally the slope of the curve Sa versus P, (dS,/dP,) is so great 
that these corrections cannot be applied; in such cases, the average 
saturation versus the capillary pressure are used to determine the 
wettability index. 

4. (Pc-II): The cores (containing water at Si, and oil) are removed 
from the glass coreholder tubes and placed in a second pair 
of glass core-tube. The tubes are then filled completely with 
water and stoppered. Caution is taken to minimize the time spent 
in transferring the core from one glass centrifuge core-tube to 
another to prevent loss of fluid from the core due to evaporation. 
The core-tubes are then inverted and placed in metal centrifuge 
shields, and the weights of the two assemblies are adjusted to zero 
(Figure A15.4). 

5. The assemblies are placed in trunnion rings and centrifuged at 
incremental centrifugal velocities as before. The volume of oil 
displaced to the top, into the graduated end of the core-tubes, is 
measured at each increment of RPM. 

6. The capillary pressure and water saturation (Pc-II) are calculated 
using Equations A 1 5 2  and A15.3. The density difference is reversed, 
yielding a negative capillary pressure value (p, - p,) for the 
displacement from Si, to S,,,. The radius of the centrifuge arm for this 
displacement is different from the one used in the first displacement 
(Table A15.1). 

7. (Pc-III): The cores are removed from the glass centrifuge core-tubes 
and placed in a new set. The cores are immersed in oil and the 
core-tubes are inserted in the appropriate centrifuge shield. Calculate 
the capillary pressure and saturation at the top of the core using 
Equations A15.2 and A15.3. 

8. The assemblies are placed in trunnion rings and centrifuged once more 
at incremental centrifugal velocities to the limit of the centrifuge, 
or to some preset limit. The stabilized volumes displaced at each 
incremental rotational velocity are recorded and the capillary pressure 
is calculated using Equation A1 5.1. 
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Centrifuge shield 

Rubber cushion 

Figure A15.4. Centriyuge tube corebolder assembled for displacement of oil by water 
or air. 

TABLE A15.1 
PC CURVE II. BRINE DISPLACING CRUDE OIL FROM Slw TO Sw,, 

RPM Oil Disp. (cm3) SA PCl (PSI) 
0 

300 
750 

1,200 
1,650 
2,210 
2,600 
3,280 
3,650 
4,090 
4,610 

0.000 0.221 
0.600 1.416 
0.650 0.432 
1.175 0.063 
1.400 0.676 
1.575 0.732 
1.625 0.749 
1.650 0.757 
1.750 0.789 
1.700 0.773 
1.750 0.789 

HYPER constants for P,1 = f(S,): 
A = -0.0605 B = -1.1824 C = -1.9016 

0.000 
-0.040 
-0.253 
-0.647 
- 1.223 
-2.194 
-3.036 
-4.832 
-5.984 
-7.513 
-9.545 

5 = 3.08; Porosity = 0.238; K = 3,422; L = 2.55; Rz = 16.68; Brine density = 
1.01; Oil density = 0.938; Pc = 1.588 x I O p 7  x 0.072 x (Rz - L I Z )  x L x RPM’. 



EQUIPMENT AND PROCEDURES 855 

Calculation of Capillary Pressure and Saturation 

The cores, which are saturated with one or two phases and surrounded 
by the displacing fluid phase, are rotated in the centrifuge at incremental 
speeds. The expelled fluid is measured at each incremental speed with 
the aid of a strobe light, which yields the average fluid saturation of 
the core. The saturation along the core, however, varies from a low 
value at the inlet to 100% at the outlet, whereas the capillary pressure 
exhibits a maximum at the inlet and zero at the outlet. The maximum 
capillary pressure at the inlet of the core is calculated from Equation 
A15.2. The saturation at the inlet end of the core (corresponding to the 
maximum capillary pressure saturation) is calculated from the following 
equations: 

Pc1 = 1.096 x x (pw - p,) x N2 x (A15.2) 

x dP, dSAV x -  
dPc1 

(A15.3) 

(A15.4) 

L =  
N =  
Pc = 

pc1 = 
R =  

R1 = 
R2 = 

S =  

s1 = 
Po = 

Pw = 

pc(AV) = 

SAV = 

core length, cm. 
centrifuge speed, revolutions per minute (RPM). 
capillary pressure at any point in the core. 
capillary pressure at the center of the core, kPa. 
capillary pressure at the inlet end of the core, kPa. 

centrifuge arm radius to the inlet end of the core, cm. 
centrifuge arm radius to the outlet end of the core, cm. 
brine saturation at any point in the core. 
average brine saturation. 
saturation at the inlet end of the core. 
oil density, g/cm3. 
water (brine) density, g/cm3. 

R1 /R2. 
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Hassler and Brunner (1945) proposed a solution (Equation A15.4), 
which is a simplification made by neglecting the centrifugal gravity 
gradient and assuming that R1 /R2 = 1 .O. This approximation is frequently 
used when R1/R2 > 0.7; however, for values less than 0.7 errors will 
result. 

USBM Wettability Index 

The USBM Wettability Index (Iu) is defined as the logarithm of the 
ratio of (1) the area under Pc-I11 from P, = 0 to P, at S, = Si, divided 
by (2) the area under P,-II from P, = 0 to Pc at S, = S,,, , Figure A1 5.2. 
The area under the curve may be determined by first matching the curve 
with a least-squares solution of the hyperbola (Equation A15.5) and by 
integrating the analytic expression, by using Simpson’s rule, or by simply 
using a planimeter. 

l . O + A  x S, 
B+CxS,  

P, = (A15.5) 

Neutral, or 50%/50% relative wetting of the two phases, occurs at 
I, = 0.0; increasing positive values represent increasing water-wet 
conditions, whereas increasing negative values represent increasing 
oil-wet conditions. The example problem below exhibits a wettability of 
-0.085, which means that this water-oil-rock system is slightly oil-wet. 

Energy Required for Fluid Displacement 

The area under the capillary pressure curve represents the thermo- 
dynamic energy required for displacement of the volume of fluid from 
the core: 

dF = P, x d(S, x Vp) between the limits of saturation change (A15.7) 

where: F = free energy of displacement, Joules (Nm)/volume 
displaced. 

P, = capillary pressure, Pascal (N/m2). 
vP = pore volume, m3. 

SAMPLE CALCULATIONS 
Capillary pressure Curve I was not determined (Figure A15.2). Crude 

oil was used to displace the brine to irreducible water saturation at high 
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w 1. a: 
3 cn cn 
a 
>- a: 

h 
0 

$ 0  

3 -1- 

a 

-2- 

..................... .............. 

-3 
0 0.25 0.5 0.75 1 

SATURATION (BRINE) 

Figure A15.5. Capillary pressure Curves II and III (Figure A15.2) matched with a 
least-squares solution using Program HYPER for determination of the areas under 
the curves, wettability, and the energy required for fluid displacement. 

centrifuge speed. Curves I1 and 111, which are used to determine the USBM 
wettability index, were obtained as explained previously. The curves 
were corrected using the simpler Hassler-Brunner correction with the 
aid of the least-squares fit of capillary pressure curves using program 
HYPER. All of the data and results are presented in Tables A15.1 to A15.7 
and are illustrated in Figure A15.5. 

Program HYPER is first used to fit Sa = f(P,-) and to obtain the slope 
(dS,/dP,) for the Hassler-Brunner correction (constants AI, B1 and Cl). 
It is then used a second time (for constants A2, B2 and C2) to obtain a fit 
for S,1 = f(P,1); this curve is used to obtain the area for the wettability 
index by integration between the saturation limits (Si, to S,,,). 

Capillary pressure was expressed in psi; consequently, the area under 
the curves have the units of psi because the P,-axis is expressed in psi 
and the S,-axis is dimensionless. The displacement energy per volume 
of fluid displaced is the area multiplied by the pore volume, which yields 
the units of psi x cm3. This is then converted to SI units by changing the 
psi to Pascals and then cm3 to m3 as follows: 

(psi x cm3) x (6,985Pa/psi) x (m3/cm3 x = Pa x m3 

= (N/m2) x m3 =Joules 



858 PETROPHYSICS: RESERVOIR ROCK PROPERTIES 

TABLE A1 5.2 
CALCULATION OF swl  USING HASSLER-BRUNNER METHOD 

P c l  dS /dPc  Pc X dS/dP, 

0.221 
0.416 
0.432 
0.603 
0.676 
0.732 
0.749 
0.757 
0.789 
0.773 
0.789 

0.000 
-0.040 
-0.253 
-0.647 
- 1.223 
-2.194 
-3.036 
-4.832 
-5.932 
-7.513 
-9.545 

-0.259 
-0.034 
-0.024 
-0.016 
-0.062 
-0.119 
-0.138 
-0.148 
-0.193 
-0.170 
-0.193 

0.000 
1.001 
0.006 
0.01 1 
0.076 
0.261 
0.420 
0.718 
1.156 
1.278 
1.844 

0.221 
0.417 
0.438 
0.613 
0.752 
0.883 
1.168 
1.474 
1.945 
2.051 
2.633 

swl = sav -k PHp X dSav/dPHp; ds,v/dPc = ( I  + C X Sav)2/(B - AC) Brine 
saturation increasing; therefore, Sa, < Swl.  (where: Swl = inlet water saturation; 
Sa, = average water saturation; PHP = capillaty pressure from HYPER). 

TABLE A1 5.3 
Pcl AT EVEN INCREMENTS OF s w ~ l ,  

SW1 pc 1 

0.228 
0.250 
0.300 
0.350 
0.400 
0.450 
0.500 
0.550 
0.600 
0.650 
0.700 
0.726 

0.007 
-0.008 
-0.044 
-0.086 
-0.136 
-0.197 
-0.273 
-0.369 
-0.495 
-0.666 
-0.915 
- 1.095 

~ 

HYPERfit of valid corrected values of Sa to Swl 
urom Si, (0.2213) to S,,, (0.7891)J. A2 = 0.1141; 
82 = -0.4783; C2 = -1.0841. 

QUESTIONS AND PROBLEMS 
1.  What are some applications of capillary pressure curves? 
2. How are mercury capillary pressure curves made equivalent to water 

3. What is the capillary pressure J-function? What is it used for? 
capillary pressure curves? 
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TABLE A1 5.4 
Pc-Cu~v~ 111 

RPM Brine Disp. Sav PC1 (Psi) 
750 

1,500 
1,950 
2,400 
2,960 
3,350 
4,030 
4,400 
4,840 
5,360 
5,830 

0.250 
0.525 
0.625 
1.025 
1.300 
1.475 
1.600 
1.650 
1.675 
1.725 
1.750 

0.789 
0.619 
0.586 
0.457 
0.367 
0.31 1 
0.270 
0.254 
0.246 
0.229 
0.221 

0.121 
0.486 
0.82 1 
1.244 
1.892 
2.423 
3.506 
4.180 
5.058 
6.203 
7033 

HYPER constants for P,I = f(Sav): A I  = -2.6932; BI = -4.8378; C1 = -6.4630 
Oil displacing brine from S,,, to Si, centrifuge radius (R1) = 8.68. 

TABLE A1 5.5 
CALCULATION OF USING HASSLER-BRUNNER METHOD 

0.789 
0.619 
0.586 
0.457 
0.367 
0.311 
0.270 
0.254 
0.246 
0.229 
0.221 

0.121 
0.486 
0.821 
1.244 
1.892 
2.423 
3.506 
4.180 
5.058 
6.203 
7.338 

-0.851 
-0.452 
-0.390 
-0.188 
-0.091 
-0.048 
-0.025 
-0.018 
-0.015 
-0.010 
-0.008 

-0.10336 
-0.21939 
-0.32000 
-0.23366 
-0.17280 
-0.1 1593 
-0.08875 
-0.07645 
-0.0769 
-0.06 1 3 5 
-0.05621 

0.686 
0.399 
0.266 
0.223 
0.194 
0.195 
0.181 
0.177 
0.169 
0.168 
0.165 

Brine saturation decreasing; therefore, Sa, > SL. 

4. What is the value of threshold pressure for an oil-wet core? 
5. What is the capillary number? What is it used for? 
6. What is the meaning of wettability? 
7. a. Calculate the capillary pressure, Pc, at the inlet (Equation A15.2) 

and the saturation, S,, at the inlet (Equation A 1 5 . 3 ,  and plot Pc 
vs. S,. Label this as curve A. 
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TABLE A 1  5.6 
Pc, AT EVEN INCREMENTS OF Sw, 

S W 1  Pc 1 
0.789 
0.750 
0.700 
0.650 
0.600 
0.550 
0.500 
0.450 
0.400 
0.350 
0.300 
0.250 
0.221 

0.098 
0.112 
0.131 
1.154 
0.182 

0.260 
0.317 
0.395 
0.507 
0.685 
1.005 
1.340 

0.216 

HYPER jit of valid corrected values of Sa, 
to S,I @om Swor to Siw). A2 = -1.2112, 
82 = 0.8773, C2 = - 7.9473. 

TABLE A1 5.7 
WETTABlLlTY AND DISPLACEMENT ENERGY CALCULATION USING THE AREAS UNDER 
Pc-CURVES 11 AND 111 (TABLES A1 5.3 AND A1 5.6, REFER TO FIGURE A1 5.2) 

A2 = Area under NEGATIVE curve, Pc-I1 = 0.250206 
A1 = Area under POSITIVE curve, Pc-111 = 0.205808 
Wettability Index = log(Al/A2) = 0.08483 
Displacement energy for oil displacing brine from Si, to Lo, = 

Displacement energy for water displacing brine from Si, to 
0.65 Joules/cm3 = 0.031 BTU/bbl 

S,,, = 0.236 Joules/cm3 = 0.028 BTU/bbl 

Using the HYPER curves, Area = (B2 x Sw/C) + [(A2 * C2 - B2)/C22/ x In (1 + 
c2  x S,). 

b. Calculate the capillary pressure at the inlet (Equation A15.2) and 
the saturation at the inlet using the approximation expressed in 
Equation A15.4. Plot Pc vs. S, on the same graph used in (a) and 
label it as curve B. 

c. Calculate the average capillary pressure (Equation A15.5) and plot 
it on the same graph vs. the average saturation. Label this curve C. 

d. Compare the three curves and discuss the deviations of curves B 
and C from curve A. 
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PORE SIZE 
DISTRIBUTION 

INTRODUCTION 
An air-water capillary pressure curve may be used to obtain a 

distribution of the average pore entry radii of a porous medium. Air is 
non-wetting; therefore, the contact angle can be considered to be 90°, 
which makes the cos 8 in Equation A15.1 equal to 1 .O. Thus, the equation 
to measure the average pore entry radius is as follows: 

R = 20/PC (A16.1) 

R = 144/Pc (A 16.2) 

where: P, = capillary pressure, Pascals (N/m2). 
R = average pore entry size (microns, pm). 
(3 = interfacial tension (m - N/m) (72 for air-water). 

The centrifuge yields S, = f(P,-), the average saturation as a function 
of capillary pressure at the inlet end of the core (explained and illustrated 
in Experiment 15). The average saturation is corrected to the core inlet 
saturation using either the Rajan method or the Hassler-Brunner method; 
but in some cases, the slope (dS,/dP,) required by the correction equa- 
tions (for air displacing water) is too great to allow the correction to be 
made. In such cases, the average saturation is used to obtain an estimate 
of the pore size distribution. 
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EQUIPMENT AND PROCEDURES 

The core analysis centrifuge used for the wettability analysis (Experi- 
ment 15) also is used for determination of the airdisplacing-brine 
capillary pressure curves for pore size distribution measurement. 

1 .  

2. 

3. 

4. 

Cut several cores to appropriate size for the core analysis centrifuge. 
Clean them with solvents, and steam and dry the cores. 
Obtain the mass of cores as accurately as possible, saturate with brine 
of known density, and obtain the mass of the saturated cores. 
Place the cores in centrifuge tubes for collection of brine, balance the 
pairs of assemblies, and place the balanced pairs in opposition in the 
centrifuge. 
Starting at the lowest rpm that is permissible with the centrifuge, 
obtain the amount of brine displaced as a function of step increases 
in centrifuge speed. Stop the experiment when no more brine is 
displaced in two successive runs (Table A16.1). 

TABLE A16.1A 
PORE SIZE DISTRIBUTION OF A BEREA SANDSTONE CORE 

N (RPM) Vwater sa" p c  (psi) p c  (kP4 
1300 
1410 
1550 
1700 
1840 
2010 
2200 
2500 
2740 
3120 
3810 
4510 
5690 

0.30 
0.40 
0.50 
0.60 
0.70 
0.75 
0.80 
0.90 
1 .oo 
1.05 
1.10 
1.20 
1.25 

0.8266 
0.7688 
0.71 10 
0.6532 
0.5954 
0.5665 
0.5376 
0.4798 
0.4220 
0.3931 
0.3642 
0.3064 
0.2775 

4.1351 
4.8645 
5.8780 
7.0713 
8.2840 
9.8854 

1 1 .8426 
15.2927 
18.3698 
23.8184 
35.5184 
49.7687 
79.2 188 

28.51 
33.54 
40.53 
48.76 
57.12 
68.16 
81.66 

105.44 
126.66 
164.23 
244.90 
343.16 
546.21 

N = Centrifuge speed, rpm 
2 Vwatm = brine displaced, cm 

Sa, = average brine saturation (Vp - VwaW)/Vp 
Pc (psi) = 1.588 x 
P (kPa) = 6.895 x P (psf )  
Calculation of the cap$llarypressure as a functton of the average water saturation. 

(V - 173; I$ = 0.170; K = 144; L = 2.01; Siw = 0.278; pair = O.OOI2). CentriJiuge P -  
measurement of air displacing water from SW = 1.0 to SW = Si,. 

x 0.9988 x (8.68 - L/2) x L x Nz 
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TABLE A1 6.1 B 
PORE SIZE DISTRIBUTION OF A BEREA SANDSTONE CORE 

~ 

sa" P(HYPER) (psi) P(HYPER) (kpa) Ri D(Ri) 
1 .ooo 
0.950 
0.900 
0.850 
0.800 
0.750 
0.700 
0.650 
0.600 
0.550 
0.500 
0.450 
0.400 
0.350 
0.300 
0.278 

2.258 
2.682 
3.167 
3.731 
4.391 
5.177 
6.127 
7.300 
8.782 

10.716 
13.345 
17.127 
23.033 
33.549 
57.533 
81.631 

15.570 
18.490 
2 1.840 
25.724 
30.279 
35.697 
42.249 
50.331 
60.550 
73.885 
92.014 

118.092 
158.812 
231.323 
396.688 
562.846 

9.249 
7.788 
6.593 
5.598 
4.756 
4.034 
3.408 
2.861 
2.378 
1.949 
1.565 
1.219 
0.907 
0.623 
0.363 
0.256 

0.367 
0.454 
0.549 
0.654 
0.767 
0.890 
1.022 
1.162 
1.312 
1.471 
1.639 
1.817 
2.003 
2.198 
2.403 
2.496 

Ri = 144/P(kPa) 

dSldP = - ( I  + C x S)*/(B - A  x C )  
Calculation of the pore size distribution as a function of even increments of the 

average brine saturation. Program HYPER was used to smooth the data and to obtain 
the capilla y pressure for even increments of average saturation. HYPER constant: 
A = - 15.5296; B = 17.61 18; and C = -4.5064. 

D(Ri) = (P  x VplRi) X (dSldP) 

SAMPLE CALCULATIONS 
The volume of water displaced at incremental speeds of the centrifuge 

is used to calculate capillary pressure as a function of average saturation 
as shown in Table A16.1A. 

The air-water capillary pressure curve is fit with program HYPER 
(Chapter 5), and the HYPER constants are used to obtain capillary 
pressure as a function of even increments of average saturation 
(Table A16.1B). The pore radii and pore size distribution corresponding 
to the even increments of saturation are then calculated as illustrated in 
Table Al6.1B and are plotted in Figure A16.1. 

QUESTIONS AND PROBLEMS 
1. Explain the meaning of the distribution function, Dfi. 
2. Discuss and illustrate how measurement of pore entry size 

distributions can be used to evaluate formation damage. 
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PORE ENTRY RADII BASED ON Sav (microns) 

Figure AI6.1. Pore entv  size distribution of a core determined from an air-water 
capillary pressure curve. 
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OF 
DETERMINATION 

Z-FACTORS 
FOR IMPERFECT 
GASES 

INTRODUCTION 
The object of this experiment is to quantify the pressure-volume- 

temperature @VI‘) behavior of imperfect gases. A diagram of required 
equipment is shown in Figure A17.1: pressure vessels, vacuum pump, 
water bath, and pressure gauges. 
The ideal, or perfect, gas law expresses the pressure-volume- 

temperature relationship of an ideal gas, and is a combination of 
Charle’s, Boyle’s, and Avogadro’s laws, which are special cases of the 
ideal gas law: 

PV = nRT (A17.1) 
where: P = pressure. 

V = volume. 
n = number of moles (mass/molecular mass). 
R = gas constant which depends on the system of units used 

T = temperature. 
inEquationA17.1, aslistedinTableA17.1. 

The ideal gas law contains several inherent assumptions that result 
in deviation from the behavior of real gases: (1) the gas molecules do 
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Y 
to C o p  source 

small tank 

needle 
valve 

Z-FACTOR CELL 

to vacuum pump 

large tank 

Figure A17.1. Assembly of equipment for pressure-volume-temperature (Pm 
analyses of imperfect gases. 

TABLE A1 7.1 
NUMERICAL VALUE OF THE GAS LAW CONSTANT AS RELATED TO THE UNITS 

USED IN THE GAS LAW EQUATIONS 
P 

psi 
lb/ft2 
atmospheres 
atmospheres 
atmospheres 
mm mercury 
g/cm3 

V 

f t3  
f t3  
ft3 

cm3 
liters 
cm3 
cm3 

T R 

OR 

"R 
OR 
K 
K 
K 
K 

10.7 
1545.0 

82.1 

62369.0 

0.730 

0.0321 

8.315 

n 

pound-moles 
pound-moles 
pound-moles 
gram-moles 
gram-moles 
gram-moles 
gram-moles 
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not have interactive attractive forces, (2) they themselves have zero 
volume, and (3) the only energy possessed by the molecules is kinetic 
energy, which is proportional to the absolute temperature. The real gases 
approach ideal behavior only under special conditions, such as elevated 
temperature where the molecular attractive forces are diminished by the 
rapid movements of the gas molecules and at low pressures where the 
intermolecular forces are diminished because the molecules are far apart. 
Since non-ideal behavior is obvious outside of the two specific conditions 
mentioned, two methods to add corrections to the ideal gas law were 
developed to account for the non-ideal behavior of real gases. 

VAN DER WAALS’ EQUATION 

The general Van der Waals’ correction for n moles of a gas is: 

( +;: ’) x (V - nb) = nRT, or in cubic form: 

n3 ($) - n2 (t) + n(Pb + RT) - PV = 0 (A1 7.2) 

where: a = compensation for the attractive forces of the molecules. 
b = compensation for the volume of molecules. 

The Van der Waals’ constants are different for each gas, and tables 
of these constants are available in handbooks of chemistry and physics. 
The constants for a few common gases are listed in Table A17.2. 

The second method for correcting for non-ideal behavior is to add 
a parameter (2) to the ideal gas law and determine this parameter for 
any gas of interest. Tables and charts of the compressibility, or 2-factors, 

TABLE A1 7.2 
VAN DER WAALS’ CONSTANTS FOR A FEW GASES 

Gas a b 

3.592 
2.253 
4.390 
4.471 
5.489 

0.04267 
0.04278 
0.05136 
0.05714 
0.06380 

*These apply only when the variables are expressed In the following units: P in 
atmospheres, V in liters, T in K, n in gram-moles and R = 0.08205. Using these units, 
the constants are expressed as: a (atm-liters2j and b (liters). 
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for a wide variety of gases are available in numerous handbooks and 
textbooks. The non-ideal (or imperfect) gas law is: 

PV = ZnRT (A1 7.3) 

EQUIPMENT AND PROCEDURES 

1. Place the pressure vessels in a water bath and raise the temperature 

2.  Connect the vessels to the vacuum pump and evacuate both cells. 
3. Close the valve between the two cells and introduce a test gas into 

the small cell; final pressure should be about 500 psi. 
4. Make several readings of the pressure in the smaller cells until two 

of them are the same. The contents of the cells are now at thermal 
equilibrium. 

5. Slightly open the valve between the cells and bleed gas from the 
smaller cell (at high pressure) into the larger (under vacuum) until 
the pressure in the larger cell reaches approximately atmospheric 
pressure; then close the valve. 

6. After the cells reach thermal equilibrium (constant pressure), record 
the pressure readings of both cells. 

7 .  Calculate the number of moles of gas bled into the larger cell using 
the ideal gas law (Z = 1 .O). 

8. Evacuate the larger tank, bleed gas into it until it reaches 
approximately atmospheric pressure once more, and record both 
pressures, as before. 

9. Repeat the procedure until the pressure in the smaller cell reaches 
atmospheric pressure, and then calculate the moles of gas that remain 
in the system. 

10. The total number of moles of gas introduced into the small cell in 
the beginning is the sum of the moles bled out of the system and the 
moles remaining in both cells at the end. 

1 1. Use the non-ideal gas law to determine 2 at each step of the procedure 
(subtract the moles bled off at each step from the initial moles in the 
system to keep track of the moles in the system at each pressure 
decrement). 

of the bath to 100'F. 

QUESTIONS AND PROBLEMS 

1. List all calculations for each step of the procedure. Plot Z as a function 
of P (at the constant temperature of the test) for the test gas. 
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2. Obtain the Van der Waals’ constants for the test gas and calculate the 
moles of test gas that were initially introduced into the smaller cell. 
Compare this to the calculations made using the ideal gas law. Explain 
the difference. 

3. A 30 ft3 tank containing carbon dioxide is pressured up to 600 psi at 
85°F. How many pounds of carbon dioxide were placed in the tank? 

4. Calculate the temperature of 0.02 lb - moles of ethane contained in 
a 6.6 ft3 vessel at a pressure of 20 psia using the ideal gas law 
and Van der Waals’ equation. Compare the results, and explain the 
difference. 
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BASIC SEDIMENT 
AND WATER 
(BS&W) 

INTRODUCTION 
The basic sediment and water test is designed to determine the amount 

of water and sediments, or sludge, that is present in a stock-tank crude oil. 
Using a centrifuge, the water and sludge are accumulated and measured 
in a conical centrifuge tube. 

The test is described in the ASTM manuals as D9652T. It should be 
noted that this test does not remove all of the water contained in the oil. 
Some water remains as emulsified micelles that cannot be removed by the 
low speed centrifuge generally used for this test. Pear-shaped centrifuge 
tubes containing a smalldiameter, graduated tube at the bottom should 
be used for samples that contain small amounts of BS&W. 

EQUIPMENT AND PROCEDURES 

1. Place 50 cm3 of benzene (industrial grade or better) into the centrifuge 
tubes and add 50cm3 of the oil to be tested; mix thoroughly. Place 
stoppers (lightly) at the top of the tubes and heat the tubes in a water 
bath to 120'F (49°C) for approximately 10 minutes. If the crude oil 
has a large quantity of waxy material, preheat the oil-benzene mixture 
to 140°F (60°C) before placing the tubes in the centrifuge. 
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2. Place the centrifuge tubes in holders, or shields, provided for the type 
of tube being used, and use a balance to match pairs of centrifuge 
tubes by adding, or subtracting, small amounts of fluids from the tubes. 
Place the pairs of tubes across from each other in the trunnion rings. 
The samples are centrifuged at sufficient RPM to produce a minimum 
relative centrifugal force (RCF) of 600 at the tips of the tubes. The RCF 
is calculated from the following equation: 

RCF 0'5 
RPM = 265 X (7) (A18.1) 

where: RCF = relative centrifugal force. 
d = diameter of rotation (inches). Measure the radius 

from the center of the rotating arm to the tip of 
the tubes and multiply by 2.0. 

3. Centrifuge for 10 minutes and record the amount of BS&W collected 
at the bottom of the tubes. Re-heat in the water bath and centrifuge 
once more for another 10 minutes. Record the second measurement. 
If the measurements are not equal, repeat the heating and centrifuging. 
Four repetitions should be the maximum number required to obtain 
stabilized measurements. 

4. The combined measurement (water and sediment) in the tube is 
reported as percent BS&W. 

QUESTIONS AND PROBLEMS 
1. Test several crude oils for basic sediment and water (BS&w). 
2. What are the forces acting on the mixture of fluids and sediments that 

3. Why is a centrifuge preferred for this test? 
cause their separation? 

REFERENCES 
Text, Chapter 9.  
ASTM Text D96-52T. 
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POINT= LOAD 
STRENGTH TEST 

INTRODUCTION 
The point-load test is designed to provide a rapid, portable index test 

for rock strength. A sample is compressed between solid steel cones 
that generate tensile stress normal to the axis of loading. The point-load 
strength index (I,) is defined as the load (pressure) measured at the point 
of failure of the rock sample (Fa) divided by the distance between the 
conical platens at the moment of failure (L,). 

Empirical testing has revealed a direct correlation of the I, index to 
the uniaxial compressive rock strength when the test is performed using 
a cylindrical core (the length of the core is greater than 1.4 times the 
diameter of the core) and the diametral test is performed. 

EQUIPMENT AND PROCEDURES 

The point-load test equipment is illustrated in the text (Figures 7.19 
and 7.20). It consists of a hydraulic pump connected to a maximum 
indicating pressure gauge that measures the applied load (Fa, psi) and 
a movable conical platen. It is also equipped with a distance-measuring 
system to indicate the distance, L,, between the platen contact points 
when failure occurs. 

The loading system should be adjusted to accept and test available rock 
specimens; for example, in the size range of 25-100 mm for a maximum 
loading capacity of 50 kN. 
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Samples should normally be tested when saturated with brine to 
simulate natural strength conditions; however, ovendried samples also 
may be tested. Ambient humidity weakens the rock, therefore, oven 
drying and testing immediately after cooling is necessary for consistent 
results. 

(a) Diametral Test: Prepare a core specimen with a length/diameter 
ratio equal to or greater than 1.4. The specimen is inserted in the test 
machine and the platens are closed to make contact along the core 
diameter at the center. The distance, &, is recorded and the load is 
increased to failure. The failure load, Fa, and the distance traveled by 
the platens, L,, are recorded. 

(b) Axial Test: Prepare core specimens with 1engtNdiameter ratios of 
1.1 f 0.5. The specimen is inserted in the test machine and the 
platens are closed to make contact along the core axis. The distance, 
&, is recorded and the load increased to failure. The failure load, Fa, 
and the distance traveled, &, are recorded. 

(c) Irregular Lump Test: Rock lumps with a diameter of 50 mm and 
the ratio of the longest to shortest diameter of between 1 .O and 1 .4  
are prepared. The specimens are inserted in the test machine with 
contact along the longest diameter of the lump. The load is applied 
and Fa and & are recorded. 

SAMPLE CALCULATIONS 
The point-load strength index, Is, is defined by the ratio: 

Fa I, = - 
Ls2 

(A19.1) 

For standard classification, the I, index should be corrected to the 
equivalent value of 50mm samples (when other sizes are used) using 
the correction chart (Figure A8.1). For example, the measured value 
of a 90-mm core is 0.9 MN/m2 for a medium-hard sample. The I, (50) 
value is 1.1 MN/m2. 

Empirical correlation tests between the uniaxial compressive strength 
and the point-load test index have shown a direct ratio of 23.7 (ratios of 
uniaxial strength to point-load strength), therefore: 
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QUESTIONS AND PROBLEMS 

1 .  Define uniaxial compressive strength. How is it measured? 
2. What are the advantages and disadvantages of the point-load strength 

3. What is the Brazilian point-load strength test? 
test? 

REFERENCES 
Text, Chapter 10. 

Broch, E. and Franklin, J. A. “The Point-Load Strength Test.” Int. J. Rock Mech. 
Min. Sci., Vol. 9, 1972: pp. 669-697. 



UTILITIES 

This section is added to explain a few useful laboratory procedures 
that were not developed into experiments. 

PRESERVATION OF CORES 
1. Original wettability of cores can be preserved for long periods by 

immersing the core in degassed formation crude oil as soon as possible 
after it is obtained (at the wellsite) and then storing it in a “cold room” 
at about 2°C (36°F). 

2. Humic materials and small amounts of residual polynuclear aromatic 
compounds (such as asphaltenes and resins) can be removed from 
cores by cleaning them with steam (Figure AU.1). Steam does not 
disturb water-sensitive clays (Donaldson et al., 1991). 

3. Cores used in waterflood experiments, etc., with oils and water may 
be returned to original wettability using the following procedure: 

a. Clean with toluene to remove crude oils. 
b. Clean with steam to remove residual toluene and some heavy ends 

that cannot be removed with toluene alone (Figure AU.l). Steam 
will not disturb the clays. 

c. Dry, evacuate, and saturate the core with brine. 
d. Displace the brine to Si, with crude oil from the formation. 
e. Place the core under the crude oil in a sealed steel vessel and heat 

at 65°C (150°F) for at least 100 hours. The core supposedly will be 
restored to original wettability. 

4. Poorly consolidated sands have to be protected from mechanical 
disturbance as much as possible. Cores of friable sands can be secured 
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Water in from tap Water out to drain 
Solenoid valve electrically 

to the heater switch 

condenser coil 

Door, hinged at top 

118" rod screen 

Rock sample to be 
cleaned by steam 

Knob on door 

Water level (regulated) W 

Heating element Stainless steel or aluminum 
sides and door insulated on outside 

Figure A19.1. Design of equipment for cleaning cores with steam. A standard hot water bath 
was modzfied with a hardware screen and an insulated box equipped with a condenser coil at 
the top. 

using a pressure liner in the core barrel or by freezing with dry ice at 
the wellhead. 

Core plugs can be obtained with a cutting drill using liquid nitrogen 
for the lubricant. The growth of ice crystals in the pores can cause 
mechanical disturbance of the grain contacts; therefore, frozen cores 
must be cut at a very slow rate of drill penetration. The core plugs can 
be encapsulated in a plastic or steel tube with resin painted on the 
outside to provide a tight fit, or heat-shrink tubing may be used for a 
jacket. 

5. Some crude oils contain polar organic compounds that render rocks 
oil-wet and react with atmospheric oxygen to form large molecules, 
appearing in the oil as a flocculent material. Filtration for their 
removal is not possible because precipitation of more oxygen-linked 
compounds occurs as the material is exposed to more atmospheric 
oxygen. If the crude oil behaves in this manner, a sample will have 
to be obtained at the well under a blanket of nitrogen (displace 
air from the container with nitrogen and then introduce the oil, 
at the well, using a piece of tubing that reaches almost to the 
bottom of the container). AU laboratory tests with the crude oil 
will have to be conducted under a blanket of nitrogen. Any contact 
with atmospheric oxygen will immediately cause formation of the 
flocculent precipitates. 
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SYNTHETIC BRINE SOLUTIONS 
Synthetic brines are used to ensure the purity of the solution and the 

availability of a constant supply. Consequently, reagent-grade salts, which 
have been dried in a vacuum oven at 150°C or a nonvacuum oven at 
25OoC, to constant mass should be used. The water should be deionized 
or triple distilled and free of dissolved carbon dioxide. The presence 
of atmospheric carbon dioxide in the purified water can be infenred 
by determining the resistivity of the water. Water in equilibrium with 
atmospheric carbon dioxide has a resistivity of about 15,000 ohm-m, 
whereas pure water, which is free of carbon dioxide, has a resistivity of 
about 100,000 ohm-m. 

The synthetic brines should contain calcium chloride to provide 
divalent cations as well as monovalent sodium from sodium chloride. 
The ratio of calcium chloride to sodium chloride should generally be 
about 1 to 5, respectively. 

If the brine solution is to be used over a long period of time (several 
months), a small about of mercuric chloride (about 10 ppm) should be 
added to the solution to prevent the growth of microbes in the brine 
solution. 

The most accurate method for preparing the solution is to accurately 
weigh each of the components. Select an electric balance that is capable 
of obtaining the mass of the final solution. Place the empty container on 
the balance, obtain the mass of the salts on a separate balance, transfer 
the salts to the solution container, and observe the mass of the container 
and the salts. Add some water to the container and shake to completely 
dissolve the salts, replace the container on the balance, and add water to 
the desired level and obtain its mass. 

ppm = grams solute/(grams solvent x lo6) 
If the solution is prepared by adding a measured volume of water to 

a given mass of salt, calculation of the parts per million (pprn) must be 
made using the density of the water at the temperature at which the 
volume of water was measured: 

pprn = grams soIute/[volume solvent (cm3) 

x density of solvent (g/cm3) x 10'1 

DEAD-WEIGHT TESTER 
The dead-weight tester is used to calibrate and adjust bourdon-tube 

type pressure gauges. The dead-weight tester essentially consists of a set 
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of weights and a piston. A known force exerted by the weights on the 
piston is transmitted to the gauge through a column of oil. The gauge 
pressure readings are plotted as a function of the true pressure exerted 
by the dead-weights to obtain the correction to be applied to the gauge. 
If the gauge pressure is parallel to a line that represents the true dead- 
weight pressure (45O-line on linear graph paper), the gauge can be mech- 
anically adjusted by resetting the position of the measuring arm (the 
hand). If the gauge pressure deviates (plus or minus) monotonically 
from the true pressure, the gauge can be corrected by adjusting the 
length of the connecting arm between the bourdon tube and the 
supporting pin (the pin supporting the hand). 

PROCEDURE 
1. Make sure that oil fills the pipe leading to the gauge connection. Attach 

the pressure gauge to the dead-weight tester at the port provided, and 
tighten with a wrench. 

2.  Make sure that oil completely fills the tube that holds the dead-weight 
piston before inserting the piston. Turn the screw to properly support 
the weight-piston in the cylinder. The weight-piston should turn 
freely. 

3. Place known weights on the weight-piston and rotate them freely 
as measurements of the pressure readings of the gauge are recorded 
beside the weight being used. Tap the pressure gauge lightly with 
a finger during the calibration test to ensure that parts of the gauge 
mechanism are not sticking because of friction. 

4. After reaching the limit of the gauge, continue the calibration 
procedure by removing weights and recording the results. 

5.  Prepare a chart of the true pressure; note any deviation from the 
exact pressure exerted by the weights and the gauge pressure. If the 
chart indicates that the gauge can be adjusted, make the necessary 
adjustments as detailed and recalibrate the gauge to make sure that 
it is operating correctly. If the deviation is such that mechanical 
adjustments of the gauge will not correct the problem, then prepare 
a calibration chart to be used with that gauge to obtain correct 
pressures. 
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INDEX 
A 
Abnormally pressured 

formations, 640 
Acceleration 

centrifugal, 333 
gravitational, 3 19, 333 

Bronsted, 369 
in crude oil, 369 
weak, 369 

Activity, surface, 361 
Adhesive tension, relative, 

360,392 
Aerobic bacteria, 53 
Africa, 33,38 
Algae, marine, 47 
Alkanes, 73,75,77 
Alp Mountains, 33 
Alpine regions, 33 
Anadarko basin, O K ,  56 
Anaerobic 

condition, 46, 48, 59 
bacteria, 46 

Analyses, spot-surface, 2 
chemical, 2 
earth crust, 3 

Angle, contact, 5 1 ,  

Anisotropy, 148 
Anticlinal structure, 45 
MI gravity, 67,69,773 

hydrometers, 773, 774 
measurement of, 774 
Research Project, 65 

Acid 

360-362 

Appalachian Mountains, 

Apparent velocity, 4 18 
Archie’s equation, 222 

saturation exponent, 
398,399,402 

Archimedes’ principle, 

Arctic islands, 56 
Area, surface, 314,343 

physiographic, 43 
specific, 116 

34, 37, 39 

774,775 

Argon-40, 36 
Arithmetic mean, 794 
Aromatic compounds, 73 

naphtheno, 73 
A r p ’ s  equation, 209, 837 
Ascending zones, 32 
Asia, 33 
Asphalt, 78 
Asphaltene, 53, 73, 382, 

346,366 
Atlantic ocean, 34, 37 
Atomic adsorption, 371 
Attractive forces, 

molecular, 3 14 

B 
Bacteria, 46 

Balance 
aerobic, 46, 53, 59 

Westphal, 775 
gas density, 778 

Barium dinonyl sulfonate, 
393 

Bars, sand, 45 
Bartlesville Sandstone, 

Basic sediment and water 

Basin 

O K ,  42 

test, 871 

sedimentary, 37 
physiographic, 38, 4 1 ,  

42 
formation, 40 

Beads, glass, 317, 398 
Benzene, 47 
Berea Sandstone, OH, 347, 

Biosphere, 47 
Boiling 

373,379 

point, 769, 770 
flask, 770 

silicon-oxygen, 368 
clay mineral, 368 

Boyle’s law, 420 
Bradford Sandstone, PA, 

Brazilian test, 583 
Breakthrough, water, 371, 

387,388,389 

Bond 

42 

C 
CaIcium carbonate, 393 
Canyons, 42 
Capillary number, critical, 

Capillary pressure 
353 

air/water, 327 

88 1 
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Capillary pressure 
(continued) 

breakthrough, 335 
calculation, 855 
centrifuge method, 

328, 330, 331, 

core inlet, 337-339 
critical, 336 
curves, 324-328, 

333,851-855 

330-332,338, 
341-343 

curves, area under, 374, 
380,381,313 

definition, 313,846 
diaphragm method, 

849,850 
drainage, 334 
equation, 314, 317, 

gradient, 334 
hysteresis, 327, 375 
measurement, 847 
mercury injection, 

324-329,343 
negative, 332 
number, 352-354 
porous disk, 323, 324 
positive, 313 
pseudo, 340 
rise, 318 
zero, 334 

Capillary tubes, 218 
Caprock, 41-43 
Carbohydrate, 47 
Carbon-12, 36 
Carbon-14, 36 
Carbon dioxide, 36 
Carbon tetrachloride, 784, 

Carbonic acid, 10 
Carman-Kozeny equation, 

320 
Catagenesis, 58 
Cation, 16 

divalent, 368 
exchange, 368,371 

333,334 

785 

exchange capacity, 260 
monovalent, 368 
trivalent, 368 

Cellulose, 47 
Cementation, 11,89 

factor, 142 

Channel, river, 45 
Chemical damage, 697 
Chemisorb, 370 
Clay 

of grains, 794 

dehydration, 58 
dispersed, 245 
dispersion, 369 
hydrogen base, 369 
illite, 58, 368 
ion exchange, 368 
laminar, 243 
lattice structure, 369 
minerals, 369 
montmorillonite, 58, 

369 
smectite, 50, 369 
structural, 248 
structure, 368 
swelling, 346,814 

Cleveland Sandstone, OK, 

Coefficient, Lorenz, 163 
18 

of permeability 
variation, 164 

Cohesive forces, 
molecular, 3 19 

Coke, 769 
Compaction, 50,52 

Compounds 
correction factor, 291 

acidic, 369 
basic, 369 
carboxylic, 370 
humic, 393 
interfacialty active, 361, 

naphthenic acids, 390 
organosilane, 388,390 
phenolic, 370 

368 

polar organic, 361,367, 
398 

polynuclear aromatic, 
368,382 

surfactant type, 382 
Compressibility, 1 1,61, 

564,586 
water, 61 

Compressive stress, 556 
Computer program 

HYPER, 857,864 
Concave surface, 318 
Conductance, equivalent, 

259,264 
Connate water, 91 
Contact angle, 313,314, 

317,318,328 
advancing, 365,366 
receding, 367 

Continent, Indian, 33 
Continental 

drift, 32 
masses, 3 1 ,  32 
shelf, 31 
spreading, 32 

Convection 
cells, 32 
currents, 32, 38 

Convex surface, 318 
Core 

aging, 388 
earth’s liquid outer, 29 
earth’s solid inner, 29 
holder, Hassler, 521, 

616 
preservation, 876 

Coring, oriented, 285 
Cottage Grove Sandstone, 

OK, 381 
Coulomb’s law, 576 
Cracking process, 764 
Craton, 38 
Creep, 569 
Cretaceous Period, 53 
Critical rate, 701 
Critical velocity, 7 13 
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Crude oil 
acidic compounds, 370 
asphaltenes, 369 
basic compounds, 369 
resins, 369 

Crusher, impact, 788, 858 
Crust 

continental, 3 1 
earth, 3, 3 1 ,  38 
elements in, 3 
ocean, 29 

Curvature, interfacial, 3 13, 
364 

Cuttings, 284, 285 
Cyclohexane, 47 

D 
Dalmatian wetting, 360 
Darcy, 21 
Darcy’s, 

equation, 100 
law, 354,415 

Dead weight tester, 878 
Deformation, inelastic, 

402 
Dehydration, 765 
Delta, 40 
Density, 773 

bulk, 788 
grain, 788, 794 
water, 773 

Deposition, clastic, 42 
Deposits 

hydrocarbon, 34 
salt, 34 

Descending zones, 32 
Deviation, standard, 796 
Diaphragm, porous, 400, 

847 
Diapirs, 33, 45 
Diastrophism, 44 
Digenesis, 58 
Dimensionless pressure, 

Disk, semipermeable, 322, 
444 

400 

Displacement 
forced, 371, 372 
piston-like, 387 

Mines, 74 
Distillation, U.S. Bureau of 

Distribution, grain size 
mean, 794 
median, 797 
mode, 794 
normal, 796 
particle size, 798 

Drainage boundary index, 

Drift, continental, 32 
Drop, sessile, 364 
Dynamic measurement, 

438 

580 

E 
Earth 

history, 34 
magnetic field, 32 
tide, 32 

Compression (P) 

focal point, 30 
foci, 38 
shear (S) waves, 30 

Earthquake, 29,33 

waves, 30 

Electrical properties, 
effect of wettability, 
398 

399 
Elgin Sandstone, OK, 

Energy 
free, 362, 378, 379 
surface, 364 

aerobic, 46 
anaerobic, 46, 59 
depositional, 45 
high energy, 40 
low energy, 40,46  
marine, 58 
water, 51 

Epoxy resin, 373 
Era, mesozoic, 37 

Environment 

Erosion, 10, 41 
Eurasia, 33 
Europe, 38 
Evaporites, 4,  14 

sodium halite, 59 
sylvite, 59 

Extractor, Soxhlet, 397 

F 
Faults, transform, 33, 39 
Feldspar, 4,  5, 368 
Film, chemisorbed, 370 
Filter cake 

external, 734 
internal, 736,752 

Filtration, 744, 747 
Fines migration, 685, 695 
Flow unit, 112,  120 
Flow zone indicator, 121 
Fluid saturation, 96 
Fluids, subsurface, 54 
Fluorescence, 782 
Forces 

body, 32 
buoyant, 52,348,778 
capillary, 5 1 ,  52 
centrifugal, 333 
electrostatic, 361 
gravitational, 33 
hydrodynamic, 5 2 
molecular, 3 19 
rotational, 33 
van der Waals, 804 

Foreign solids, 709, 720 
Formation 

damage, 671 
fines, 726 
resistivity factor, 110, 

204,836 
temperature, 837 

gradient, 621 
propagation, 635 

Fractures, natural, 140 
Free energy, 315, 378 
Free water level, 348, 350, 

Fracture 

352 
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Frequency, cumulative, 
797,798 

Friable sand, 4 
Friction factor, 459 

G 
Gamma ray index, 25 1 
Gas 

cap, 44 
compressibility, 66 
density, 66 
deviation factor, 42 1 
equation of state, 66 
formation volume 

factor, 99 
in place, 99 
marsh, 48,59 
pseudocritical 

temperature, 66 
solubility in water, 62, 

63 
specific gravity, 66 
viscosity, 66 

Gas/oil contact, 44 
Gas law, ideal, 791 
Gas law constants, 867 
Geologic 

age, 34 
eras, 35 
events, 37 
history, 34 
time, 34 

Geometric mean, 819,820 
Geosphere, 47 
Geosyncline, 39 
Glaciers, Pleistocene, 38 
Globe, 29, 31, 32 
Gradient 

abnormal pressure, 55 
capillary pressure, 334 
geothermal, 55,  56 
hydrostatic, 54, 55 
lithostatic 

pressure, 54 
saturation, 334 

(overburden), 54 

subsurface, 57 
temperature, 55 

density, 612 
roundness, 16 
sphericity, 16 

angular, 16 
uniformity of, 89 

Grain 

Grains, sand 

Granite Wash, OK-TX, 44 
Gravitational acceleration, 

319 
Gravity 

API, 767, 768 
specific, 54,767,768 

Great Lakes, 38 
Gulfcoast, USA, 55, 56, 58 

H 
Half-fracture length, 

Heat flux, geothermal, 55 
Heterogeneity, 159 
Hexylamine, 393 
Himalayan Mountains, 33 
Histogram, frequency 

distribution, 797 
History, depositional, 798 
Holocene Epoch, 37 
Hooke's law, 562 
Hydraulic radius, 32 1 
Hydrocarbon 

migration, 323 
petroleum, 764 
reservoir, 323 

341,380 

636 

Hyperbolic function, 338, 

Hysteresis, capillary, 847 
Humble equation, 22 1 
Humic acids, 393 
Humus materials, 814, 876 

I 
Imbibe 

oil, 360 

Imbibition, 371, 372, 381 
spontaneous, 371-373, 

Imperfect gases, 2 factor, 

Incompressible fluids, 417 
Index, reservoir quality, 

120,121 
Indexed boundary system, 

438 
India, 33 
Inlet 

375 

866 

capillary pressure, 

saturation, 336-338 
336-338 

In situ stress, 636 
Interface, 

carbonate/water, 
382 

Interfacial 
duNouy ring, 842 
surface, 315 
tension, 51,  342, 362, 

84 1 
Internal geometry 

parameter, 225 
Interstitial velocity, 710 
Ion 

calcium, bo 
exchange, 61,368 
magnesium, 60 
sulfate, 59 

Island, arcs, 33, 39 
Islands, 32 
Isoprenoid, 46 
Isostatic 

forces, 38 
equilibrium, 38 

dating, 34 
daughter, 34 
radioactive, 34 

Isotope 

J 
J-function, 115, 320-322, 

325, 327,328, 335, 
water, 360 349,355 
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K 
Kern River Formation, CA, 

Kerogen, 47, 48,81 
Klinkenberg effect, 

44 

816-817,822 
verification of, 822 

L 
Lava, 33 
Leaching, 11,  40, 52 
Lead isotope 

(2061, 36 
(2071, 36 
(2081, 35 

Leak-off pressure, 641 
Least squares 

fit, 338,339,346 
hyperbola, 338, 340, 

Lewis acid/base reaction, 

Life 

341 

3,370 

aquatic, 47 
terrestrial, 47 

Lignin, 47 
Lipid, 47 
Liquid core, earth, 32 
Lithification, 25 
Lithology, 37 
Lithosphere, 29, 32 
Lorenz coefficient, 163 

M 
Magma, 7,  29 
Magnesium, 40 
Mantle, 29, 31, 32, 38, 58 

plastic, 38 
upper, 32 

continental, 34 
convergent, 34, 39 
divergent, 34 
transform, 34, 38 

Matrix stress coefficient, 

Margins 

622 

Mercury injection, 325, 
326 

Metals, transition, 2 
Milliequivalents 

anion, 60 
cation, 60 
per liter, 60 

alkali feldspars, 5 
aluminum silicates, 5 
biotite, 5 
clay, 690 
muscovite, 6 
quartz, 6 

Minerals, 2 

Mississippi River, 37 
Modulus 

bulk, 564 
of elasticity, 562 
of rigidity, 562 

Mohorovicic (Moho) 
discontinuity, 29, 3 1 

Mohr's stress circle, 574 
Molecule, surfactant, 52 
Morrow formation, OK, 55 
Mounts, sea, 39 

N 
Naphthenic acid, 354, 

390, 391 
Niger delta, 55 
Nitrogen-14, 36 
Non-Darcy factor, 453, 

468 
Nonwetting fluid, 316 
North America, 34,37 
North Sea, 55 

0 
Ocean floor, 32, 33 
Octylamine, 393 
Oil 

API gravity, 67,69 
Density, 67 
enhanced recovery, 53 
ganglia, 353 
in place, 98 

migration, 34,52 
naphthenic, 73 
paraffinic, 73 
recycled, 53 
reservoir, 698 
seep, 53 
specific gravity, 69 
trap, 768 
viscosity, absolute, 71 
viscosity, Furol, 71 
viscosity, Saybolt, 71 

Oil/water contact, 348, 
349,352 

Oklahoma City oilfield, 
OK,  73 

Organic compound 
acid, 369 
basic, 369 
polar, 3, 367 

Oriskany Sandstone, PA, 
41 

Orogeny, 39 
Overburden, 54 

effect on permeability, 

pressure, 9, 54, 817 
817 

Oxidation, 394 

P 
Pacific Ocean, 33 
Packing, 89 
Paleozoic Era, 34 
Pangaea, 24, 37 
Paraffins, 346 
Parameters, well log, 835 
Partial water drive, 438 
Peninsula, Scandinavian, 

Pentane, 47,784 
Permeability, 8, 51, 100, 

349 

38 

absolute, 100, 813, 822, 
826,827 

damage, 674 
effective, 827 
fracture, 427 
gas, 822,824 
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Permeability (continued) 
horizontal, 41, 42 
relative, 21,826 
relative, alternate 

relative, Johnson- 
method, 828,829 

Bossler-Naumann 
method, 828-83 1 

826 

828 

relative, steady state, 

relative, unsteady state, 

vertical, 41 
Permeameter, Ruska, 814 
Petroleum 

accumulation, 49 
associated water, 60 
biogenic origin, 46 
chemistry, 71 
chromatographic 

composition, 65 
distillation, 7 3  
enhanced oil recovery, 

53 
genesis, 58 
migration, 49-51 
organometallic 

recovery efficiency, 

separation, 80 

compounds, 79 

292 
pH, 369,370 
PHI-size scale, 17, 801, 

802 
Pit, tar, 53 
Plants, 47 
Plate 

American, 33 
Asian, 33 
crustal, 29, 32 
Ocean, 33,39 

Plate tectonics, 32 
Pleistocene Epoch, 53 
Point load 

axial test, 874 
diametral test, 874 
irregular lump test, 874 

strength test, 580, 874 
test, 581 

Poiseuille’s equation, 106 
Poiseuille’s law, 424 
Poisson’s ratio, 566 
Polyethylene, 393 
Polyvinylidene, 393 
Ponca City oilfield, OK, 65 
Pore 

bIocking, 720 
plugging, 677 
pressure, 590, 591 
shape factor, 603 

geometry, 325 
interconnected, 91, 787 
size distribution, 5 1, 

Pores 

115,342-346, 
862 

Sandstone, OH, 
863,864 

calculation, 864 

size distribution, Berea 

size distribution, 

throat, 51,  354 
Porosimeter, 765,790 
Porosity, 40, 51,88-99, 

105,217,320,349 
absolute, 91, 787, 788, 

classification of, 91 
effective, 91,787,788, 

isolated, 788 
magnitude of, 89 
mean, 135 
partitioning, 506 
primary, 92 
secondary, 93 
total, 788 
visual description of, 

790 

790 

94 
Porous plate, 401 
Porphyrin, 46,79,81 
Potassium-40, 36 
Preservation of cores, 876 

Pressure 
absolute, 788 
barometric, 788 
buildup, 181 
buoyant, 52 
capillary, 51-52 
drawdown, 181 
hydrodynamic, 52 
hydrostatic, 332 
injection, 326 
overburden, 58 
threshold, 324,325, 

346,352 
Properties, petrophysical, 

Protein, 47 
Pseudosteady-state flow, 

Pycnometer, 770, 788, 

500,769 

317,339 

790 

R 
Radial flow, 336 
Radii of curvature, 313, 

315 
Radioactive 

decay, 35 
elements, 36 
half-life, 36 

Radius, mean hydraulic, 

Rays (cosmic), 36 
Real gas pseudopressure, 

Reefs, 38,45 
Regressive cycle, 39 
Reservoir, carbonate, 426, 

Reservoir pressure, 437 
Resistivity, electrical, 203 

32 1 

447 

480 

index, 229 
shale, 243 

Retort, 764,765 
calibration, 764 
distillation method, 

469-465 
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Reynolds number, 32 
Ridges, mid-ocean, 38 
Rifts, mid-ocean, 29, 32, 

Rock hardness, 580 
Rocks 

38 

aluminum silicate, 5 
amphibolite, 9 
basalt, 10,31 
biogenetic chalk, 5 
biogenetic coquina, 14, 
biogenetic limestone, 

biological, chalk, 13 
biological, diatomite, 13 
biological, origin, 13 
biological, reef, 13 
biotite, 5 
calcium feldspar, 5 
carbonate, 13, 40, 140 
chert, 4 
classification, 2-14 
coarse grained, 40 
conglomerate, 24 
diorite, 7 
dolomite, 14, 45 
evaporite, anhydrite, 14 
evaporite, sodium 

halite, 14 
evaporite sylvite, 14 
extrusive, 7 
feldspar, potassium, 5, 

11 
fine grained, 46,47,50 
gabbro, 7 ,  31 
gneiss, 9 
granite, 7 
hornblend, 6 .9  
igneous, 7 
intrusive, 7 
limestone, 13, 40,45 
limestone, calcite, 5, 13 
limestone, coquina, 14 
limestone, oolite, 92 
mechanics, 554 
metamorphic, 9,41 

13 

metamorphic, 

metamorphic, 

muscovite, 6 
resistivity, 504, 837 
rhyolite, 7 
schist (mica), 10 
sedimentary, 10 
sedimentary, clay, 10 
sedimentary, silt, 10 
shale, 12, 40 
shale composition, 26 
silicate, 382 
siltstone, 11 
slate, 10 
volcanic, 7 

amphibolite, 10 

greenschist, 10 

Rocky Mountains, 37 
Roundness, 19 

S 
Saint Peter Sandstone, IL, 

41 
Salinity, 207 
San Andreas Fault, 33, 39 
Sand 

arkose, 41,43 
fractional volume of ,  

247,248 
graywacke, 41,42 
quartzose, 4 1,42 
unconsolidated, 4, 

320 

arkosic, 24, 41 
calcareous, 4 
composition, 3 
graywacke, 4,42 

average, 339 
connate water, 427, 

428 
core inlet, 355 
exponent, 230,231 
irreducible, 298, 850 
measurement by 

extraction, 769 

Sandstone 

Saturation 

original oil, 764 
profile, vertical, 

Scanning electron 

Sediment 

340-352 

microscope, 2 

accumulation, 40 
chemical, 15 
clay, 4 
detrital, 15, 38 
marine, 33,47 
sand, 40 
shale, 15, 40 ,41 

Seismic waves, 29 
SIAL layer, 31, 38 
SIMA layer, 31 
Shale correction factor, 

249 
Shape factor, 438 
Shelf 

continental, 24, 38, 

slope, 40 
Shield (craton) 

Brazilian, 38 
Canadian, 38 
continental, 38 
Fenno-Scandian, 38 
Indian, 38 

Sieve analysis, 798, 
80 1 

Skin factor, 441 
Smackover Formation, AK, 

59 
Solution channels, 431 
South America, 29, 38, 

Southeast Asia, 39 
Space velocity, 699 
Specific gravity, 775,777, 

40 

56 

786 
of gases, 777 
multipliers, 774 

Spill point, 44 
Steady-state flow, 415-435 
Sterenes, 46 
strain, 559 
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Stress 
intensity factor, 635 
minimum horizontal, 

638 
Stress matrix, 557 
Subduction, 29, 33 
Subsidence, 29 
Surface area, 315,800 

Measurement, 806 
of sediments, 810 

Surface tension, 313,841 
aidwater, 843 
capillary rise, 843, 844 
duNouy ring, 842,844 

preparation, 878 
Synthetic brine 

T 
Tectonic motion, 37 
Temperature 

bottom hole, 55 
subsurface, 55 

adhesive, 362 
surface, 313, 315 

Tension 

Tensleep sandstone, WY, 

Thorium-232,36 
Time 

383 

readjustment, 441 
transit, 579 
travel, 579 

Tortuosity, 817,839 
Transformation 

catagenetic, 48 
digenetic, 47, 48 

Transgressive cycle, 39, 47 
Traps 

anticlinal, 44 
diapiric, 45 
fault, 45 
fold, 45 
geologic, 39 
hydrocarbon, 44,45,50 
oil, 37, 45 
stratigraphic, 45, 50, 53 
structural, 39 

Tube, capillary, 316, 322, 

Turbulent flow, 354, 452 
363 

Ultraviolet light, 784, 786 
Unconformity, 45 
Uniaxial compressive 

strength, 874 
Unsteady-state flow, 415 
Ural Mountains, Russia, 49 
Uranium 

-235, 36 
-238, 36 

v 
van der Waals 

constants for gases, 868 
equation, 868 

Variance, coefficient, 796 
Viscometer 

Cannon-Fenske, 780, 
781,782 

Saybolt, 781, 782 

absolute, 64, 780 
kinematic, 64, 780 

Void ratio, 617, 787, 788 
Volcanoes, 33 
Volume 

Viscosity 

bulk, 788,789,798 
grain, 788, 789, 791, 

798 
pore, 788 

Volumetric flow rate, 422 

W 
Water 

bound, 50 
compressibility, 6 1 
connate, 61 
crystallization, 764, 765 
expansion, 62 
fossil, 61 
interstitial, 61 
irreducible saturation, 

838,839 

marine, 764 
maximum density, 54 
oilfield, 58 
original, 61 
quality ratio, 736 
resistivity, 837 
sea, 58, 59 
subsurface, 53, 54 

Water blocking, 685 
Waves 

compression (P-waves), 

shear (S-waves), 30, 31 

chemical, 41-43 
mechanical, 4, 10 

Wellbore fillup, 733 
West Howard-Glassock 

Unit, 297 
Wet 

30 

Weathering 

intermediate, 383 
oil, 361, 371-373 
water, 361, 369, 371 

alteration, 390 
combined USBM-Amott, 

371,375 
dalmatian, 360 
effect on oil recovery, 

384 
effect of temperature, 

385,395 
fractional, 361, 384 
index (Amott), 371, 372 
index OISBM), 373,856 
intermediate, 383 
mixed, 361 
native state, 232 
neutral, 360,372 
restoration, 397 
Strongly oil wet, 370, 

372,373,384 
strongly water wet, 

360, 361, 372, 
373 

372 

Wettability, 

weakly water wet, 
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Wetting 
fluid, 316 
relative, 318, 364 

Wikox sandstone, OK, 42, 

Williston basin, ND, 56 
Work 

324 

isothermal, 3 16 
reversible, 378, 380 

thermodynamic, 373, 
38 1 

Zircon, 41 
Y Zone 

gas, 44 Yellowstone Park, WY, 37 
Young’s oil, 44 

equation, 362 transition, 44 
modulus, 633 Zoning, 115, 126 
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are encountered every day in locating oil reservoirs. The material has been fully revised and 
expanded to  cover new topics in engineering and geology that have emerged since the high& 
respected first edition was published in 1996. 

This book reviews the origin, composition, and geology of sedimentary rocks and their 
interstitial fluids and the important role they play in reservoir engineering. Chapters concen- 
trate on the specific theories and mathematics of rock and fluid interactions, and the reader 
will find complete coverage of electrical, capillary pre sure, and fluid transport properties. 

Every chapter has references, problems, and soluti ns at the end for further study or for 
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